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Preface 


The Casing and Tubing and Design Manual establishes the minimum global casing and 
tubing design requirements for all ConocoPhillips operated wells. This manual is 
intended to provide, establish and clarify the ConocoPhillips Way of designing tubulars 
associated with wells and completions. 


Certain practices in this manual are considered to be of sufficient importance to warrant 
recognition and a defined level of adherence. The recognition symbols and the defined 
level of adherence for these practices are: 


O This symbol denotes a Standard practice that shall be applied to all operated 
ConocoPhillips well operations. Standards require formal dispensation from 
the Senior BU Wells/Drilling Manager and consultation from the Global Chief 
Wells Engineer. 


R) This symbol denotes a Recommended practice that should be the practice of 
choice for all ConocoPhillips well operations. Recommended practices require 
a documented technical risk assessment to justify an alternative practice. 


Changes in the use of these symbols are not to be effected without risk changing the 
intent of the practice and manual. 


Authorization and procedural requirements to approve dispensation for practices 
warranting recognition can be found in the Wells Excellence Framework document and at 
the Wells Manual pick within the Wells Excellence portal. 


The ConocoPhillips Casing and Tubing and Design Manual is managed by the Wells 
Technology Manager within Drilling and Production. Suggestions for changes and 
revisions should be forwarded to the Wells Technology Manager. 


This manual is owned by ConocoPhillips Company and is for internal use only. The 
contents of this manual are confidential and no part of this manual may be distributed 
outside of ConocoPhillips in any form or by any means. No part of this manual should be 
stored in a data base or retrieval system, without the prior written permission of the Wells 
Technology Manager. 


Brett M. Borland Michael W. Wheatall Joseph A. Leone 

Manager, Manager, Vice President, 

Drilling Technology Wells Technology Drilling and Production 
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Purpose 


The purpose of the ConocoPhillips Casing and Tubing Design Manual is to provide a 
reference document with a consistent approach to the design of tubular goods within 
ConocoPhillips. This manual is not to be used as a substitute for good engineering 
judgment and analyses, as instances may occur where the use of these design practices 
would result in an over design of a casing or tubing string. This manual also provides a 
mechanism for management approval for deviations from the minimums set forth when 
lower strength designs are obviously acceptable. 


The Design Engineer has four major responsibilities when performing casing and tubing 
designs. They include: 


= Ensure the mechanical integrity of the well by providing a design basis, accounting 
for all the anticipated loads applied during the life of the well. 


= Provide clear documentation of the design basis to ensure that the design operating 
envelope is not exceeded by the application of loads not considered in the original 
design, and to ensure the design basis is captured for future reference by means of 
recoverable media (electronic or paper). 


= Design tubulars, as required to optimize well performance and reliability at minimum 
cost over the life of the well. 


= Follow correct procedures and obtain proper approvals. 


This manual is a tool to help the engineer perform these responsibilities with a systematic 
approach to the casing and tubing design process. It provides a consistent and sound 
design basis, including theoretical as well as practical discussion, and highlights special 
considerations. It is written for use with casing and tubing design software. The 
corporately supported software within ConocoPhillips is the StressCheck casing design 
and WellCat® tubular stress analysis programs. The use of comparable design software is 
acceptable. Personal spreadsheet designs are discouraged. 


StressCheck is a casing design program, an application that will design casing for weight 
and grade based on the outside diameter (OD) and load conditions the engineer provides. 
The current version of StressCheck does not design tubing. To perform any analysis on 
tubing, the engineer must use WellCat. WellCat is a thermal flow simulator, incorporating 
drilling and production events and thermal effects, enabling stress analysis of standard 
and applied loads on casing and tubing strings. Unlike StressCheck, WellCat is not a 
design application; the engineer must enter the information to be analyzed (OD, weight, 
grade and load conditions). Design examples are included in Appendices B and C to 
illustrate how the design methodology should be implemented, using StressCheck and 
WellCat. 
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1.0 Well Planning and Preliminary Design 


A properly planned program is vital to the success of any well. Such planning requires 
assembling and analyzing the best information available about the expected subsurface 
conditions. ConocoPhillips uses a system to gather and store all the requirements and 
pertinent information from all disciplines that is needed in the Well Planning process. 


1.1 Introduction to Casing Design and MaxWell 
Process 


The Well Planning management process is called MaxWell and is used by 
multi-discipline teams to manage all types of well construction and well interventions. 
Drilling and Production Wells Technology supports this process and should be used by 
all Business Units. Design of a casing or tubing string consists of determining the 
collapse, burst and axial loads, and then selecting tubular sections to handle these loads. 
Figure 1-1 depicts a typical casing and tubing program. 
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Figure 1-1 Typical Casing and Tubing Program Plan 


Each casing string that is run reduces the size of the borehole. For this reason, deep wells 
must be started with larger boreholes in order to finish with an acceptable size of 
borehole after several strings of casing have been run. Encountering an unexpected 
problem that requires an unplanned string of casing will often prevent a well from 
reaching its objective depth. 


Some of the factors that should be considered in planning a program are discussed in 
Section 1.2 and are shown in Table 1-1. 
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1.1.1 Structural Casing 


Structural conductor casing is usually cemented, jetted, or driven and provides structural 
support to the wellhead, blowout preventer (BOP), and the tree. The pipe is of a large 
diameter — usually greater than 13 3/8 inch OD — and provides support to soft, 
unconsolidated sediments encountered at the start of a well. It also provides a conduit for 
mud returns to surface. The term structural casing is reserved for the first casing string set 
in an offshore well, then, a string of conductor casing is also set before the surface casing. 
Structural casing almost never requires pressure integrity testing. 


In offshore applications, it is recommended that a structural engineering analysis be 
performed to address environmental loads, such as wave and tidal forces, platform 
interface loads and interaction ratios between the structural casing and inner casing 
strings. It is common to use structural/civil engineers to perform these type analyses as 
they are outside the scope of normal oil country tubular goods (OCTG) design methods. 


1.1.2 Conductor Casing 


The conductor casing provides a means for mud returns to the rig, isolates shallow 
sloughing sediments, reduces hole washout and provides support for subsequent casing 
and tubing strings. Offshore and onshore, the conductor casing can often be driven in lieu 
of drilling and cementing. 


The conductor casing is usually set at shallow depth and any significant pressure 
encounter could broach the surface from the conductor casing shoe. A casing shoe is a 
short assembly, typically manufactured from a heavy steel collar having a profiled 
cement interior screwed to the bottom of a casing string. A rounded profile helps guide 
the casing string past any ledges or obstructions in the wellbore (see Figure 1-2). 
Conductor casing is the first casing string that can be fitted to the wellhead system and 
equipped for either diverting or shutting in the well. 


1.1.3 Surface Casings 


Surface casing is the first string of casing that is equipped for well control operations 
other than diverting. Surface casings serve the following purposes: 

= Protect freshwater sands from contamination 

= Normally provide a mechanical support for the BOP stack 

= Establish well pressure control capability 

= Support the hole 

= Provide a conduit for mud returns and drilled solids 


= Limit the amount of open hole exposed prior to reaching the desired setting depth of 
the next casing 


= Isolate lower fracture resistant formations 


= Design basis to meet regulatory requirements 
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In most instances, surface casings are normally cemented back to the surface or mud line. 
Some wells employ only a few hundred feet of surface casing, while deep wells may have 
surface casing set to depths of 5,000 feet or more. 


1.1.4 Intermediate Casings 


An intermediate casing string is any string of casing following the surface casing that 
does not fit the description of a production string. The primary propose of intermediate 
casing is to permit further drilling to greater depths. Some instances in which an 
intermediate string may be necessary include: 


= Separate zones with significant pressure differences 


= Allows drilling to a depth requiring higher mud weights by isolating lower fracture 
gradient intervals 


= Limit the amount of open hole to case off salt, sloughing shale, keyseats, and other 
borehole problems 


= Provide increased pressure-containing capability for well control 


Cement height is variable depending on conditions. In some cases, cement is brought 
back to the next higher casing. In others, the cement is only brought back a height above 
the casing shoe. This is often called "tacking the shoe." It is normally necessary to bring 
the top of the cement height above any hydrocarbon bearing formation to isolate these 
formations. The use of cementing stage tools, allowing cement to be placed above the 
initial cement top are commonly used where sufficient cement height cannot be obtained 
during the primary cement job due primarily to weak wellbore zones. Occasionally 
reversing cement down the annular space has found application when weak intervals at 
the bottom of the borehole will not support normal circulation and displacement 
pressures. Figure 1-2 shows the common cementing nomenclature (Figure 1-2 , courtesy 
of Schlumberger). 


Top plug 


Centralizer 
Bottom plug 


Float collar 
or landing collar 


Shoe track 


Guide shoe or float shoe 


Figure 1-2 Common Cementing Nomenclature 
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1.1.5 Production Casing 


The production casing serves to preserve the borehole during testing and production. It 
serves as a seat for well test tools and production packers. Production casing provides a 
second pressure barrier to keep a well under control in case the tubing fails. 


Cement height usually depends on the location of zones to be tested or produced. If a 
long section must be covered with cement, a stage tool is sometimes used to permit 
placement of additional cement above the first stage. 


1.1.6 Drilling and Production Liners 


Liners are casings that do not extend back to the surface but serve as extensions to 
existing casing strings. As such, they are subject to the same design rules as the lower 
portion of a full string extending to liner depth. 


In deep wells, when a liner is used to drill to deeper depths, it is called an intermediate or 
drilling liner and is often run instead of setting a second full string of casing. For design 
purposes, the intermediate casing and liner is looked at as one continuous string and both 
must meet the continuous string load design. 


When the liner is used to cover productive formations, it is called a production liner. For 
design purposes, the intermediate casing and production liner are considered one 
continuous string and both must meet the production casing string loads designed. 


In addition to saving pipe, liners permit the use of better hydraulics because larger drill 
pipe can be used down to the top of the liner. In some cases, to maintain hole size, a solid 
tubular is expanded as a liner to facilitate drilling deeper. The expanded liner is usually 
weak in collapse and is generally used as a contingency drilling liner. In almost all cases, 
the expandable liner must be covered up with standard casing to allow for deeper drilling 
or production loads. 


Liners are usually cemented throughout their entire length. 


1.1.7 Tieback 


A tieback is a casing string that provides additional pressure integrity from a liner top to 
the wellhead. An intermediate tieback is used to isolate a casing string, which cannot 
withstand possible pressure loads if drilling is continued (usually due to excessive wear 
or higher than anticipated pressures). Similarly, a production tieback isolates an 
intermediate string from production loads. 


Tiebacks can be uncemented, partially cemented and in some cases fully cemented to 
surface. 
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1.1.8 Production Tubing 


Tubing strings are used in many different types of installations for confining and 
transmitting produced fluids to the surface. Tubing is also used to inject fluids into the 
wellbore. Examples include produced water disposal or for enhanced recovery such as 
waterflood, pressure maintenance or gas recycling. See Sections 1.10.1 and 1.10.4 on 
completion types and artificial lift for several common types of production installations. 


1.2 Casing and Tubing Design Data 


The most important design parameters used in casing design are the formation properties 
as a function of depth. The pore pressure, fracture gradient, temperature profiles, and hole 
stability are used during preliminary design to determine mud weights and shoe depths. 
The need for geologic and reservoir data, along with testing requirement and production 
rates, drive hole and casing size. Depth, mud hydraulics, hole and casing size drive rig 
selection, and pressures, temperatures, mud weight, and cementing requirements provide 
input for the load cases that determines the final detailed design. 
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Table 1-1 Casing and Tubing Design Data 


Information 


Data Check 


Design 
Sensitivity 


Formation 
Properties 


Pore pressure 


Formation strength (fracture pressure) 


Temperature profile 


Location of salt, sloughing shale, and other problem zones 


Location of permeable zones 


Location of abnormally pressured zones and the mud weights required for their 
control 


ml2lm/ola}= 


Location of hard and/or abrasive zones 


= 


Regions where formation stability is sensitive to mud chemistry, weight and 
exposure time 


x 


Lost circulation zones 


Depth of unconsolidated surface zones 


Shallow gas 


Location of fresh water sands 


Presence of H2S and/or CO 


Directional Data 


Surface location 


Directional drilling needs and hole deviation problems 


Importance of reaching the objective depth 


Geologic target(s) 


Well interference data 


Minimum Minimum hole size required to meet drilling objectives. 
ae vis Logging tool OD 
Requirements 
Tubing size(s) 
Packer requirements 
Subsurface safety valve OD (offshore well) 
Completion requirements 
Drilling Data Air drilling possibilities 


Bit selection and availability 


Well control needs 


Drilling hydraulics 


Primary cementing needs 


Production Data 


Packer fluid density 


Size of production casing required 


Well testing needs 


Produced fluid composition 


Loads which may occur during completion, production and work over 


ZE/Z/SISITIS/SITIEIT/S|S/S/ TSE ZTS EST JSE E|] 


Other 
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operations 

Available inventory L 
Regulatory requirements H/M 
Rig capability M 
Rig equipment limitations M 
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1.3 Preliminary Design 


The major considerations of preliminary design are highlighted below; certain structural 
components, BOPs and others may not be included. 


Preliminary casing design provides the greatest opportunity for cost savings, with the 
least amount of engineering effort as compared to detailed designs. Several points should 
be noted when performing a preliminary casing design: 


= The establishment of a well-engineered, cost-effective preliminary design is highly 
dependent on the quality of the input data, most particularly the formation properties. 
As a result, the same level of effort should be made to obtain accurate input data as to 
perform the subsequent engineering design. 


= Safely minimizing the number of casing strings while meeting design objectives can 
have a substantial impact on the overall well cost. Since the required number of 
strings is principally a function of formation properties, (see Section 1.4), this makes 
a strong argument for obtaining accurate input data. 


= Reducing the casing diameters can have a larger impact on well costs. However, the 
minimum required pipe diameters are typically a function of evaluation, completion 
or production requirements. Paying close attention to these requirements can often 
result in significant cost benefits (see Section 1.5). 


1.4 Shoe Depths and Number of Strings 


The appropriate selection of shoe depths and, consequently, the required number of 
casing strings is critical to the well design. Too conservative a design will result in 
significant increases in the cost of the well due to the larger diameter of conductor, 
surface and intermediate casing required to accommodate the additional string(s). The 
consequences of a non-conservative design can be much worse, including the inability to 
reach the well objective. Following selection of the setting depth of individual casing 
strings, drill bits and casing sizes are determined. 


There are two general methods that are shown for the selection of shoe depths; the 
bottom-up design and the top-down design. 


Local practices and experience should also be used to fine-tune this process. To 
determine an initial estimate of shoe depths, first construct a pore pressure/fracture 
gradient/mud weight graph as follows (see Figure 1-3 and Figure 1-4): 


= Draw the predicted pore pressure with depth expressed as an equivalent mud weight 
(EMW). If lithological information is available, it should be noted. Note also any 
potential problems areas such as high pressure gas zones or depleted intervals. 
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Draw the predicted fracture gradient profile. Relevant offset data should be used 
where possible, and the effects of hole angle, on both the offset data fracture values 
and the well under design be considered in constructing the gradient profile. Where 
possible areas of unstable hole, lost circulation or increased differential sticking 
should also be indicated. 


Draw a design fracture gradient profile, which is offset, to the left of the predicted 
curve by a prescribed amount to roughly account for a kick margin and the increased 
equivalent circulating density (ECD) during drilling and cementing. A common range 
used by the industry for kick margin is from 0.0 lbm/gal to 0.5 lbm/gal. 


Draw the mud weight profile based on the pore pressure and fracture gradient data. In 
general, the mud weight profile should be offset to the right of the pore pressure curve 
to provide a sufficient overbalance for trips, called a trip margin. A common range 
used by the industry for the trip margin is from 0.0 lbm/gal to 0.5 lbm/gal. 


If mud weight and leak-off test (LOT) information is available from offset wells, 
include it on the graph for reference. If large disparities exist between the offset well 
information and the predicted values, further investigation and discussion is highly 
recommended. 


The margin ranges quoted above are not minimum requirements. They are general in 
nature and specific values should be determined for each well on a case-by-case 
evaluation of the pore pressure/fracture gradient margin and operating requirements. 
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Figure 1-3 Casing Setting Depths - Bottom-Up Design Method 
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The offset from the predicted pore pressure/fracture gradient nominally accounts for kick 
tolerance and the increased ECD during drilling. There are two ways to estimate setting 
depths, as shown in Figure 1-3, the bottom-up design, and as shown in Figure 1-4, the 
top-down design. 


Bottom-up Design 


This design is the standard textbook method for casing seat selection and is 
recommended as a starting point in determining casing seats. From point A in Figure 1-3 
(the highest mud weight required at the total depth), draw a vertical line upward to point 
B. A protective 7 5/8-inch casing string must be set at 12,000 feet, corresponding to point 
B, to enable safe drilling on section AB. To determine the setting depth of the next 
casing, draw a horizontal line BC and then a vertical line CD. 


Point D is determined for setting the 9 5/8-inch casing at 9,500 feet. The procedure is 
repeated for other casing strings, usually until a specified surface casing depth is reached. 
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Figure 1-4 Casing Setting Depths - Top-Down Design Method 
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Top-down Design 


In Figure 1-4 from the setting depth of the 16 inch surface casing (here assumed to be at 
2,000 feet), draw a vertical line from the fracture gradient dotted line, point A, to the pore 
pressure dashed line, point B. This establishes the setting point of the 11 3⁄4 inch casing at 
about 9,800 feet. Draw a horizontal line from B to the intersection with the dotted 
fracture gradient line at C, and then draw a vertical line to D at the pore pressure curve 
intersection. This establishes the 9 5/8 inch casing setting depth. This process is repeated 
until the bottom of the hole is reached. 


Observations 


There are several things to consider about the bottom-up design and top-down design 
methods. First, they do not give the same setting depths. Second, they do not necessarily 
give the same number of strings. In the top-down design, the bottomhole pressure is 
missed slightly requiring a 7 inch liner section. Fix this error by resetting the surface 
casing depth. The top-down method is similar to drilling a well, where the casing is set 
when necessary to protect the previous casing shoe. This analysis anticipates the need for 
additional strings, given that the pore pressure and fracture gradient curves have some 
uncertainty associated with them. 


A bottoms-up design will optimize the casing scheme where data uncertainty is small; for 
example development wells, whereas a top-down design will maximize available 
contingency where data is uncertain, such as in exploration wells. 


After the preliminary shoe depths have been established, an additional check should be 
made based on a kick tolerance, comprised of a kick intensity in lbm/gal, and a kick 
volume, in barrels. A kick margin of 0.5 lbm/gal is commonly used. The kick tolerance 
volume is the maximum size kick of a certain intensity that can be circulated out of the 
hole without causing the formation to fracture in the open hole section (often near the 
shoe). The kick margin is the calculated maximum increase in equivalent mud weight 
created when circulating out the influx. As a guide, kick volumes of 70 barrels and 50 
barrels for exploration and development wells, respectively, may be used. 


Smaller kick volumes of 30 to 50 barrels should be used with smaller hole sizes. This is 
due to the smaller annular volumes and equivalent heights for a given influx volume. In 
exploration where only seismic data has been used to estimate pore pressures, use of a 
100 barrels kick volume is common. The exact values for volume and intensity should be 
decided and approved on a well-by-well basis. The kick modeled should be based on the 
same parameters as those used in the gas kick load case described in Chapter 3.0. A more 
detailed discussion and example of calculating kick tolerance for casing design is 
provided in Section 3.10. 
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It is not required that the above kick tolerance volumes be used. In some higher-pressure 
wells with a small margin between the mud weight and the fracture pressure, the desired 
kick tolerance may be impossible to achieve. This is true for many wells drilled in the 
Gulf of Mexico, North Sea and high-pressure/high-temperature (HP/HT) wells. If this 
situation occurs, the lost returns with water load case should be included in the burst 
design basis (see Chapter 3.0). This will help ensure sufficient casing burst strength near 
the surface. 


For surface and intermediate casing designs, it is recommended that the estimated 
fracture pressure of the weakest point below the casing shoe (normally at the casing shoe) 
be increased by a minimum of 0.2 Ibm/gal. (Equivalent to 100 psi per 10,000 vertical 
feet.) This additional margin allows for choke operation pressure control errors and other 
pressure estimation errors. 


There are numerous other factors, which affect the design of shoe depths. These factors 
include, but are not limited to: 


= Regulatory requirements. Applicable local regulations should always be obtained 
before beginning the design. 


= Hole stability. This can be a function of mud weight, deviation and stress at the 
wellbore wall or can be chemical in nature. Often hole stability problems exhibit time 
dependent behavior (making shoe selection a function of penetration rate). The plastic 
flowing behavior of salt zones also needs to be considered. 


= Differential sticking. The probability of becoming differentially stuck increases with 
increasing differential pressure between the wellbore and formation, increasing 
permeability of the formation, and increasing fluid loss of the drilling fluid (that is, 
thicker mud cake). 


= Zonal isolation. Shallow fresh water sands need to be isolated to prevent 
contamination. Lost circulation zones need to be isolated before a higher pressure 
formation is penetrated. 


= Directional drilling concerns. A casing string is often run after an angle changing 
section has been drilled. This avoids key-seating problems in the curved portion of 
the wellbore due to the increased normal force between the wall and the drillpipe. 


= Uncertainty in predicted formation properties. Exploration wells often require 
additional strings to compensate for the uncertainty in the pore pressure and fracture 
gradient predictions. 


= Fault location. Drilling near or through faults can cause wellbore stability and lost 
circulation situations. The rock type (lithology) may change from one side to the 
other and if enough movement along the fault exists, this will cause a drilling 
problem if not prepared for such a change; for example, sand on one side and shale on 
the other side of the fault. 
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1.5 Hole and Pipe Diameters 


The selection of pipe diameters has the largest impact on well costs of any process in 
both preliminary and detailed casing design. Hole and pipe diameters should be designed 
to be the smallest possible, which meet all design requirements, well objectives, and 
safety and environmental requirements. The final hole or casing diameter is generally 
determined by evaluation, completion or production requirements. Because of this, casing 
sizes should be determined from the inside outward. 


Hole and casing diameters are based on the following requirements: 


= Production - production equipment requirements including tubing, subsurface safety 
valve, submersible pump and gas lift mandrel size, completion requirements (for 
example, gravel packing), and weighing the benefits of increased tubing performance 
of larger tubing against the higher cost of larger casing over the life of the well. 


= Evaluation - logging interpretation requirements and tool diameters. 


= Drilling — Bottomhole assembly (BHA) selection for adequate directional control and 
drilling performance, available downhole equipment, rig specifications, and available 
BOP equipment. 


Figure 1-5 is a tool to help the design engineer select standard casing and hole sizes. 
Move downward through the chart to a design using standard casing and bit sizes. If the 
route taken involves a path designated by a dashed line, low clearance considerations 
should be made. This may require special consideration of, or modification to, connection 
ODs, mud properties, cementing operations, and doglegs in the wellbore profile. 
Expandable solid tubulars and non-American Petroleum Institution (API) sizes are not 
included in the chart. In more complex wells, it is sometimes necessary to underream 
hole sections below a casing shoe to attain sufficient hole/casing clearance to allow 
running close tolerance casing strings. Drilling in some formations has resulted in a spiral 
shaped wellbore path or ledgy boreholes. This can result in a reduced effective borehole 
diameter and can result in failure to get the casing to the planned setting depth. Normally, 
this is caused by improper bottom-hole assembly design or undersized drill collars for a 
specific hole size. If this is prominent in an area, the wellplan and casing size selection 
should consider this reduction in effective hole diameter. 
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Figure 1-5 Typical Casing and Hole Sizes - API 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 1-14 
Version: 02-Apr 2011 


ConocoPhillips 
1.6 Top of Cement Depths 


Top of cement (TOC) depths for each casing string should be selected in the preliminary 
design phase because this selection will influence axial load distributions and external 
pressure profiles used during the detailed design phase. TOC depths are typically based 
on the following considerations: 

= Zonal isolation 

= Regulatory requirements 

= Prior shoe depths 

= Formation strength 

= Buckling 

Buckling calculations are not performed until the detailed design phase. The TOC depth 


may be adjusted as a result of the buckling analysis to help reduce buckling in some 
cases. 


1.7 Directional Plan 


Establishing a directional plan consists of determining the wellpath from the surface to 
the geological targets for casing design purposes. The directional plan will influence all 
aspects of casing design including mud weight selection for hole stability, shoe seat 
selection, casing axial load profiles, casing wear, bending stresses, and buckling. It is 
based on the following factors: 

= Geological targets 

= Surface location 

= Interference from other wellbores 

= Torque and drag considerations 

= Casing wear considerations (see Section 1.8 and Chapter 4.0) 

= BHA and bit performance in the local geological setting 


= Connection types 
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The following additional considerations are suggested when performing the detailed 
design based on the directional plan: 


= When calculating the effect of bending on tubular stress, the doglegs used in the 
analysis should be double the planned build or drop rate (for example, when a build 
rate of 2°/100 feet is planned, a dogleg of 4°/100 feet should be used in the analysis). 
Wells with very large build or drop rates should follow a modification of this plan to 
prevent doglegs used in the analysis from becoming too large. For all wells with a 
build rate of 2 to 12°/100 feet, add 4°/100 feet to the build rate. For all wells with a 
build rate of 12°/100 feet or greater, add 5°/100 feet to the build rate. This will 
account for the variance from the planned build, drop and turn rates, which occur due 
to the bottom hole assemblies used and operational practices employed. The use of 
rotary steerable systems can reduce the uncertainty of the variance of the dogleg 
severity and can help mitigate the magnitudes of the dogleg variances (tortuosity) and 
may be considered in the range of variances used. 


= A minimum 2 degree/100 feet dogleg should be superimposed over the whole 
wellbore for both deviated and straight holes when calculating the effect of bending. 
This will account for the general hole tortuosity which occurs in all wells. 


1.8 Casing and Tubing Wear 


Casing wear is caused by the rotation of the drill string inside the casing and tripping the 
drill string. It can significantly lower the burst resistance (as well as other load resistance 
ratings) of casing by reducing the wall thickness. Casing wear should be considered on 
all straight wells. While it has been normal practice to allow for some wear (normally up 
to 10% of wall thickness) on all casing strings that are drilled through, in some 
applications greater wear allowance may be necessary to prevent failure. When designing 
casing for straight holes, consideration should be given to calculate the potential wear of 
shallow doglegs. 


Casing wear can also be significant in directional wells. The well's directional plan can be 
modeled to determine the potential for casing wear. While heavier casing can be run to 
accommodate a wear allowance, consideration should be given to the different means of 
preventing casing wear. Chapter 4 addresses casing wear modeling and a number of 
means to minimize casing wear. 


Wear caused by sucker rods and wireline operations can similarly lower the burst 
resistance of tubing. However, tubing can be periodically retrieved, inspected for wear, 
and replaced as necessary to prevent failure. 
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1.9 Pressure Integrity Tests 


Accurate measurement of the pressure integrity of the casing and formation is extremely 
important during the drilling of a well. Critical decisions such as casing setting depths, 
mud weights, and well control alternatives are based on these values. In addition, 
government regulations often require that the minimum pressure integrity of the well be 
determined at various stages of the operation. 


A pressure integrity test (PIT) is a general term for a field procedure used by drilling 
personnel to evaluate cement jobs, detect casing leaks, and/or estimate the formation 
fracture gradient. PITs, sometimes referred to as formation integrity tests (FIT) are 
conducted to determine the pressure limits of the formation exposed below the casing 
shoe and to check for possible cement channels. 


Two common types of PITs are LOTs and FITs. A LOT is a pressure test in which the 
formation grains start to move apart and take in fluid. A FIT is a pressure test that is 
taken to a point below the leak-off pressure. A FIT is conducted to verify the formation 
integrity to a pressure that is unlikely to be exceeded during drilling operations. First, a 
casing pressure test is conducted. Pressure and volume data are recorded during the 
casing pressure test. The casing pressure test would be performed after drilling out the 
shoe track to below the first connection above the shoe, and the hole circulated to the 
planned drilling fluid. 


The maximum pressure for a FIT is normally based on offset well information. A FIT is 
sometimes run when the maximum mud weight will definitely be one lbm/gal or more 
below the leak-off equivalent mud weight, and when it is almost certain that a kick will 
not be encountered. For the purpose of clarity in this text, all pressure integrity tests 
(formation integrity and leak-off tests) will be referred to a PIT. 


The PIT is performed by closing the BOP and slowly pumping mud into the well until a 
specified test pressure is reached or there is evidence of fluid loss. Pressure/volume data 
are plotted and the curve is interpreted according to established guidelines. 


PITs are necessary on critical wells, especially where abnormal pressure is anticipated or 
the final mud weight is not known. PITs are used to evaluate questionable cement jobs 
and to determine fracture gradients. They are routinely run in wells where the final mud 
weight is anticipated to be greater than 11 lbm/gal. 


When a casing program is designed for a well, the engineer develops a fracture gradient 
profile generally based on seismic and offset logging and PIT data. As described in 
Section 1.4 of this chapter, this fracture gradient profile is used along with a kick 
tolerance assumption to design the casing. When drilling the well, after surface or 
intermediate casing has been run and cemented, the shoe is normally drilled-out and a 
PIT performed. If the PIT value is lower than expected, the shoe is normally squeezed 
with cement and retested. It is sometimes necessary to perform the squeeze and retesting 
process more than once. 
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If the required PIT cannot be obtained, it may be necessary to set the next casing string 

shallow, or to use a contingency liner string to get safely to the next casing point. If PIT 
test results are questionable or surface equipment problems existed during the PIT, it is 

recommended the test be repeated. 


Lower than anticipated PIT values can have serious cost implications, as described above. 
Therefore, it is necessary to make sure that the data recorded during a PIT are accurate, 
and that they are correctly interpreted. 


The plot of a typical LOT is shown in Figure 1-6. This plot is relatively easy to interpret. 
The first step is to gather casing pressure test pressures and pumped volumes to establish 
a baseline for comparison during the PIT. The PIT is then performed as previously 
described. The linear portion of the plot represents compression of the drilling fluid 
during pumping. Filtrate losses to the formation also occur during this time, but are 
usually small and at a relatively constant-rate, so they normally do not affect the linearity 
of the plot, assuming the pump rate is held constant. 
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Figure 1-6 Typical LOT Plot 
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The leak-off point or PIT limit (Point A) is at the point where the data deviate from the 
straight-line trend by bending to the right. This is the minimum fracture initiation 
pressure of the exposed formation. This is defined as the minimum pressure required to 
initiate a small, stable fracture into the formation. When the crack begins, fluid is lost in 
two ways: whole mud enters the fracture, and filtrate is lost across the faces of the 
fracture because of permeability. These fluid losses lead to a smaller increase in pressure 
as more fluid is pumped, which accounts for the change in slope of the pressure versus 
volume plot. 


The pump is stopped at Point B, before breakdown occurs. Breakdown pressure is the 
pressure at which large-scale, unstable fracturing of the formation occurs. At breakdown, 
the small fractures initiated at Point A rapidly grow in height and penetration, and large 
fluid losses occur. On a pressure versus volume plot, breakdown is indicated by a 
decrease in pressure with increasing pumped volume; that is, the rate of fluid entering the 
formation is greater than the pump rate. 


After the pump is stopped, shut-in pressure is monitored to check for leaks. When the 
shut-in pressure declines to a nearly constant value, the test is concluded. If the leak-off 
pressure is adequate and the test plot indicates no cement channels, routine drilling 
operations are resumed. 


A PIT is a precisely controlled miniature hydraulic fracture job. In hydraulic fracturing, 
however, pump rates are much faster and less controlled. No effort is made to distinguish 
between fracture initiation pressure and breakdown pressure. In a PIT, it is very 
important to distinguish between the two because of the potential for lost circulation at 
breakdown. 


Some PIT plots do not resemble the classic plot. The shut-in pressure decay may be more 
severe, or the build-up data may show two slopes or nonlinear behavior. In these 
non-classic PIT plots, the leak-off point is not readily apparent, so the test is more 
difficult to interpret. 


The causes of non-classic behavior include permeability, rock properties, cement 
problems, formation fractures, and test procedures. Discussion of these variables and 
their influence on PIT data interpretation is beyond the scope of this manual. Other 
drilling engineering resources should be referenced for this information. 


Another test, called an extended leak-off test (XLOT), is sometimes performed in lieu of 
the conventional PIT. These data are used by rock mechanic specialists to more 
quantitatively determine in-situ rock stresses. In these tests, fluid is injected at fluid 
pressures exceeding the formation breakdown pressure and a limited fracture is created 
and initial shut-in pressure and flowback volume data obtained. This is often repeated a 
limited number of times for formation strength determination. 
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1.10 Production Requirements 


Tubing is the last integral string of pipe placed in the well and is run inside the 
production casing or liner and provides tubing-to-casing isolation via a packer or casing- 
seal assembly (for example, polished bore receptacle, packer-bore receptacle). Tubing is 
designed to be retrieved from the well, and differs from other tubular strings that are 
normally cemented in place. In general, most wells are designed so that production flows 
through the tubing string; however, in some instances, production may flow through the 
tubing-casing annulus. API tubing ranges in size from 1.050 inches up to 4-4 inches; 
however, in some high-rate wells, substantially larger tubing sizes may be required. In 
these instances, API casing sizes are often used as tubing. Tubing: 


= Provides a conduit for produced or injected fluids 
= Protects the production casing string from high pressures 


= Provides a replaceable tubular string so that corrosion, wear, and other undesirable 
effects on the tubing can be remedied by replacement if necessary 


=" Provides a means to use artificial lift methods 


= Allows the installation of auxiliary equipment needed for production control, safety, 
or regulatory compliance 


= Provides a means to circulate the well inside the production casing 


The tubing size is based on the anticipated production or injection rates and pressures 
along with operational input such as facilities requirements, and need for workovers. The 
tubing diameter is usually determined by a vertical two-phase analysis of the well based 
on projected reservoir performance. 


Regardless of the type of completion, the workover capability of any well is an important 
consideration in the selection of tubing size. Tubing should be sized to accommodate the 
maximum sustained production rate, but should not be so large that there is difficulty in 
running or removing it from the well. In particular, tubing should be sized, if possible, so 
that it can be washed over in the event that equipment becomes stuck downhole. A good 
rule-of-thumb is to provide for a minimum diametrical clearance of 5/8 inch; however, 
the minimum clearance can vary from case to case. Regardless of the diameter of tubing 
selected, the availability of wash pipe should be confirmed to satisfy workover operations 
in the event the tubing cannot be removed from the well by normal methods. 
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1.10.1 Completion Type 


The completion type of a well is specified based on the analysis of the anticipated well 
production and workover requirements. Depending on conditions, a well may be 
completed as a single, multiple, conventional, multilateral, or tubingless completion. 
Other considerations include whether it will be completed packerless, with a packer, 
perforated, or open hole. 


Single Completion 


Single completions are generally used when only one interval is produced. Examples of 
single completions can be conventional-perforated, open-hole, and tubingless 
completions. 


Single Completion Tubingless Single 
Completion 


Hi 


Surfaco 
Casing 


À 


Pan 


Figure 1-7 Single Completion Examples 
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Selective Completions 


Selective completions allow one or more of the zones originally completed in a well to be 
isolated or restricted for reservoir management or other reasons. This allows multiple 
completion intervals to be opened up or closed off by use of wireline tools, and 
eliminating the need for rig intervention. This is accomplished through the use of 
multiple packers to isolate sections of the wellbore, profile nipples to isolate sections of 
the tubing and tubing-to-annulus communication devices (ported nipples, valve mandrels, 
sliding sleeves, and others) to allow controlled communication between the appropriate 
tubing and wellbore sections. 


Produstion Casing 


Figure 1-8 Selective Completion Example 
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Multiple Completions 


Multiple completions are where two or more zones are produced simultaneously in a 
well. Sometimes these completions require larger diameter casing strings because two or 
more strings of tubing are run in the well. Generally each production interval requires an 
individual tubing string. An exception to multiple tubing strings is where an upper zone 
produces through the tubing-casing annulus. In some situations, the commingling of 
separate zones is permitted through a single tubing string. However, due to reservoir 
control and government regulations, this practice may not be allowed. Multiple tubingless 
completions are where a number of small-diameter casing strings are run to total depth. 
Each string produces separately through its own conduit without requiring a packer. 


Dual Tubing by Annulue Dual 
Completion Dual Completion 


Figure 1-9 Multiple Completions Examples 
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Multilateral Completions 


Multilateral wells are wells that share a common conduit, but where two or more holes, 
are drilled to different reservoirs or different locations in the same reservoir. The wells 
production can be commingled or produced separately. The multilateral wells are usually 
created in one of two ways. They can be created with a manufactured template that is run 
in the hole to provide access to the different wells that will be drilled, or they can be 
created with systems that require building access to the different wells downhole. 


Mutilateral Monobore Completion 


Gurfees Casing 


Figure 1-10 Multilateral Completion Example 
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1.10.2 Stimulation Considerations 


Stimulation considerations are also important. The design of the stimulation in many 
cases will drive the tubing, casing, and packer design and will dictate whether the well 
will be stimulated with a work string, down tubing, or down the casing. Regardless of the 
completion type or stimulation method, equipment details will be necessary covering 
critical dimensions for artificial lift, sand control, corrosion systems, and downhole safety 
systems. 


1.10.3 Completion Considerations 


There are a number of different completion configurations depending on the well design 
and the number of intervals to be produced. Examples are conventional, dual, open-hole, 
multilateral, and tubingless completions some of which are illustrated in Figure 1-7 
through Figure 1-10. Tubing should be sized to accommodate the maximum sustained 
production rate, but should not be so large that it impedes workover and recompletion 
operations. A recommended practice is to provide sufficient clearance to allow use of 
washpipe and a full strength overshot in the event that equipment becomes stuck 
downhole. 


1.10.4 Artificial Lift 


The purpose of artificial lift is to maintain a reduced producing bottom hole pressure so 
that the formation can give up the desired reservoir fluids. A well may be capable of 
flowing under its own power, but in the latter stages of flowing life, a suitable means of 
artificial lift must be used. A number of means of artificial lift exist such as gas lift, 
plunger lift, sucker rod pumping, rotating rod pumping, electric submergible pump, and 
jet pumping. 
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Gas Lift 


Gas lift usually uses high-pressure gas on the casing by tubing annulus in conjunction 
with orifice valves as a means of aerating or lightening the fluid column in the tube to 
reduce the bottom hole pressure of the reservoir causing the well to produce the desired 
rate of flow. 

OL, GAS AHWOR WATER 


TUBING 
LIFT GAS 


Figure 1-11 Gas Lift Completion Example 


Plunger Lift 


In plunger lift, a plunger or free piston fits inside the tubing string with small tolerance 
and is allowed to travel freely in the tubing string. As gas pressure builds up below the 
plunger, it lifts a column of fluid to surface. As the fluid and gas are produced, the 
pressure below the plunger is bled down and the plunger falls to the bottom of the tubing 
string where the process is repeated. Plunger lift can be used with gas lift gas or with gas 
from the reservoir. 


Sucker Rod Pumping 


The sucker rod pumping system is comprised of four principal parts: 


= Pump 
= Sucker rod string 
= Pumping unit 


= Prime mover 
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As energy is transmitted from the prime mover to the polished rod, speeds are reduced 
through a speed reducer on a gearbox. Rotary motion is translated to reciprocating motion 
through the crank, pitman and beam. The sucker rod string is used to transmit horsepower 
from the beam to the pump. When the pump is actuated, work is performed on the well 
fluid as it is lifted to the surface and into stock tanks. 


OL ADOR WATER 4 4 ROD 
PRODUCTION 
TUBING 


Figure 1-12 Sucker Rod Pumping Completion Example 


Electrical Submersible Pump 


The submersible pump is composed of five basic components: 


1. Electric motor 

2. Multistage centrifugal pump or progressive cavity pump 

3. Electric cable from the surface to the pump 

4. Switchboard 

5. Power transformer 
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The assembled pumping unit is essentially a single rotating shaft with the motor on the 
lower end and the pump impellers or rotor on the top end. The pumping system is 
lowered, suspended on the tubing string, to the desired setting depth in a well. A cable 
from the surface supplies electricity to the motor and the pump lifts the fluid. 
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PRODUCTION 
ELECTRC 
— CABLE 
PRODUCTION 
FLECTICAL 
SUBSE RMBLE 
PUMP 


Figure 1-13 Electrical Submersible Pump Completion Example 


Rotating Rod Pump 


A rotating rod pump uses a rotating rod string, driven by an electric motor at the surface, 
to drive a progressive cavity pump. 


Jet Pump 


Jet pumps are bottom hole pumps that are fluid powered. The drive fluid can be either 
liquid or gas. The drive fluid is pumped downhole and operates a pump that lifts both the 
drive fluid and reservoir fluid out of the hole. 
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Hydraulic Pump 


Hydraulic pumps utilize hydraulic power fluid from the surface to power piston or 
turbine pumps normally located below the perforated intervals. The power fluid is routed 
downhole with a separate tubing string. The power fluid can be recovered requiring a 
second separate return fluid string or combined with the produced fluid. 


Figure 1-14 Hydraulic Pump Completion Example 
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2.0 Design Guidelines for Casing and Tubing 


The objective of successful casing design is to provide sufficient mechanical integrity in 
the wellbore to allow all drilling, completion, production and workover objectives to be 
met over the life of the well. Tubular strings are subjected to a variety of loads over the 
life of a well. All designs must be able to accommodate these loads. Anticipating the 
possible future events and allowing for them in the casing design results in significant 
cost savings for subsequent operations in the life of a well. 


2.1 Design Philosophies and Guidelines 


Design of a casing and/or tubing string consists of determining the collapse, 
burst, and axial (tension and compression) loads and selecting the appropriate 
tubular to withstand these loads. Designs shall be based on the maximum 
pressure and/or load conditions that may be reasonably expected. These 
pressure and load conditions are not always the actual maximums. Reasonable 
and prudent operating practices are assumed. 


The basic design method includes graphically displaying the net burst and 
collapse pressures. Casing sections are then selected to meet these conditions. 


Tension design requirements are met by adjusting the weight and grade of 
sections and selection of connections to meet tension loads. 


Compression design loads should be considered as these can greatly influence 
the type of connections to be chosen. In conjunction with tension and 
compression, bending should also be considered for its additional effect on the 
tension and compression loads. 


2.2 Well Types 


Well types with differing design requirements are exploration/appraisal and development 
and injection/disposal wells. Load application depends on the well type. 


2.2.1 Exploration/Appraisal Wells 


Exploration/appraisal wells have minimal offset operation pore pressure and geological 
data control. Service life loads are uncertain. 


O Exploration and appraisal wells that may be retained and possibly completed 
and/or a Drillstem Test performed shall be designed with both exploration and 
production service loads. 
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2.2.2 Development Wells 


Development wells have well defined service life loads, geological control, and pore 
pressure regimes. 


O If a development well is to be drilled into an unexplored area of the field, 
exploration well load cases shall be used for the casing that will be affected by 
exposure to that exploration section of the well. An exploration well drilled 
from a production platform or within an existing field may also be defined as a 
combination of a development well and exploration well. The first casing 
strings in the known formations may be regarded as being a development well, 
whereas the deeper strings shall be treated as exploration. 


2.2.3 Salt Water Injection and Disposal Wells 


O Salt water injection or disposal wells or producing wells in which an annulus 
will be used for injection shall be designed and constructed based on the same 
criteria as producing wells, considering any additional loads due to injection. 


2.3 Design Factors 


Design factors are used to establish an upper limit to the loads that can be applied to 
casing or tubing. The upper load limits are used to prevent failure of the considered 
string. Design factors account for uncertainties in tubular material properties and tubular 
loading predictions that can result from inaccurate or insufficient well data. 


2.3.1 Role of Design Factors 


The magnitude of design factors varies with the amount of uncertainty that exists with the 
application such as exploratory wells versus development wells. It is also dependent upon 
the consequences of failure, often reflecting environmental or safety issues. Design 
factors are also used to calculate upper load limits if reductions in wall thickness are 
anticipated due to corrosion or wear. Wear is not considered in ConocoPhillips design 
factors. 


2.3.2 Design Ratings 


Design ratings, based on minimum yield strength, represent maximum loads to which 
casing or tubing may be subjected without failure. Failure is usually defined in terms of 
material yielding. Depending on the limits of the pipe body or connection, failure may 
also be defined in terms of fracture or leak resistance. In either case, design ratings 
simply indicate the various applied loads that the tubular can withstand. 
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Design ratings for tubulars typically include: 


Collapse 

Internal yield pressure 
Leak resistance 

Pipe body yield strength 
Joint strength 


Design ratings for tubulars may also include: 


Compression 
Bending 
Torsion 


Combined loadings 


2.3.3 Design Factors 


O Design factors are standardized constants used to prevent wellbore pressures 
and applied loads from approaching levels that could cause failure of the 
tubular. Design factors are used to de-rate tubular ratings to a level below 
which loads can be safely applied. ConocoPhillips minimum design factors 
shall be applied to both pipe body and connections. These design factors, not 


including the effects of wear include: 


Table 2-1 Corporate Minimum Design Factors 


Burst Collapse Axial* Triaxial** 
Casing 1.15 1.05 1.40 1.31 
Tubing 1.20 1.15 1.50 1.37 


*The Axial design factor is applicable to tension and compression in design analyses. Connection 
tension design factors are based on minimum yield strength of the material. API pipe body tension 
performance ratings are based on minimum yield strength and API casing connection joint strength 


ratings are based on ultimate yield strength. Reference Section 5.2.6. 


**The Triaxial design factor is calculated from the burst design factor divided by the API wall thickness 


tolerance of 87.5%. The commonly seen Triaxial design factor of 1.25 is based on a 1.10 burst design 


factor divided by 0.875. 


For HP/HT or other critical service wells, it may be desired or necessary to adjust the 
design factors to values greater than the minimums stated above. 
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2.3.4 Allowable Working Load Limit 


The allowable working load limits are the maximum loads that can be safely applied to a 
tubular. This allowable load is determined by dividing the material rating by the 
appropriate design factor: 


Material P Rati 
Allowable Working Limit = ES ee 
Design Factor 


Allowable load limits are used as the maximum load levels that can be imposed instead 
of design ratings which accommodate variations in manufacturing tolerances and 
uncertainties in tubular loading calculations. 


2.3.5 Safety Factors 


Safety factors indicate the margin of safety between the applied load and the material 
performance design rating. These may be API ratings or other agreed and justified values. 


The Absolute Safety factor is the ratio of material performance rating to the calculated 
applied load(s): 


Material Performance Rating 
Calculated Applied Load(s) 


Absolute Safety Factor = 


The calculated absolute safety factors for any given pipe and load condition shall equal or 
exceed the ConocoPhillips minimum design factors. 


A normalized safety factor is the ratio of the absolute safety factor to the design factor 
and is not normally used during the design process because of the tendency for misuse 
and misinterpretation. 


Triaxial safety factors are determined by dividing the specified material yield stress by 
the calculated triaxial stress (see Section 3.9). The triaxial stress analysis is equally 
applicable to the tube and the connections. 
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2.4 Tubular Loads and Considerations 


Casing and tubing design includes an evaluation of the stresses acting on a tubular at any 
one time. To evaluate these stresses, it is necessary to understand not only the end 
condition, but the starting point as well. This is the case in tubular design: to look for the 
change in stress state. 


The initial condition can be viewed as a special load case established at installation. 
Pressure and temperature profiles make up the components for load case simulation and 
subsequent safety factor calculations. The initial condition recognizes that tubulars 
installed in a wellbore are placed there in a stressed position. Tension due to hanging 
weight, pressure due to the hydrostatic forces inside and outside the pipe, and elevated 
temperatures downhole all generate forces acting on the installed tubular. The forces 
generated during installation all work on the cross-section of the pipe and result in 
stresses due to the initial conditions. 


Each condition = f (Pi, Po, T) 
nitial Condition s. Final Condition 


$= 


i 
y 


Initial Conditions = the Load 3 
moment when the = J|] >| Ie TSO A N 
string is LOCKED in 
place. 


Cement hardens 
and prevents the 
string from moving à 


Figure 2-1 Tubular Loads Example 


All subsequent load cases are superimposed on the initial conditions generating resultant 
stresses. The order of load case consideration is not important, as long as no stress 
exceeds the yield strength of the material. Good tubular design practice limits operating 
stresses to the elastic region and maximum stresses less than material yield. 


Only three profiles must be described for each tubular analyzed: internal pressure (Pi), 
external pressure (Po), and temperature (T). The three profiles form the building blocks 
for the load cases. Load cases, in turn, form the denominator of the absolute safety factor 
ratio. 
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Inside Pressure (P;) Profile 


P; addresses the internal pressure at the depth of interest. Specific pressures may be called 
out at specific depths. Gradients often supply the information required. In order to build 
the initial conditions for a casing string, Pi would normally reflect the mud weight at 
installation, that is, the appropriate density gradient of fluid from the surface to the casing 
shoe. Producing conditions, well control, or deeper drilling may drive subsequent internal 
pressure profiles. 


Outside Pressure (P3) Profile 


P, is the external pressure profile recognized at the point in time appropriate to the load 
case being analyzed. Specifically for the initial conditions, Po generally includes a mud 
weight gradient or a cement column. Visualize the initial conditions as a picture taken at 
the point the cement is beginning to set. Natural pore pressure and packer fluids also 
serve as external gradients in subsequent load cases. 


Temperature Profile 


Temperature affects the loads in the initial conditions. Changes in temperature will affect 
later load cases. Static temperatures often characterize initial conditions and contribute to 
the installed stress state. Subsequent events, such as well control simulations, circulating 
while drilling, and flowing conditions will require calculation of unique temperatures. 


Treating or killing temperatures can be as high as the bottomhole temperature (BHT) or 
as low as the liquid surface temperatures. Static temperature profiles are the geothermal 
gradients for an area or well. 


The final condition of the tubular will be related to any design load condition being 
examined. Each load condition will have a unique internal pressure, an external pressure 
and a temperature profile. A comparison of these pressures and temperatures to the initial 
conditions creates a AP and a AT, from which the loads and subsequently the changes in 
stresses are determined. 


The pressures are equated to a differential pressure AP, that is, Pi— Po. A positive 
differential pressure denotes a bursting scenario. A negative differential pressure denotes 
a collapsing scenario. Similarly, a positive AT denotes an increase in temperature and a 
negative AT denotes a decrease in temperature. Compressive stresses/forces are negative. 
Tensile stresses/forces are positive. 
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2.4.1 Minimum Load Cases 


O Table 2-2 and Table 2-3 summarize the minimum casing and tubing load cases 
that shall be used in all ConocoPhillips' casing and tubing designs. In most 

cases, additional load cases, some of which are described in Chapter 3.0, and 
other special considerations discussed in Chapter 7.6, may be required to 
adequately simulate anticipated loads that will reasonably be expected during 
the lifetime of a well and form the wells basis of design. Basis of design load 
cases that result in absolute safety factors less than the minimum design factors 
in Table 2-2 require dispensation. Load cases not included in the basis of 
design do not require dispensation. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 2-7 
Version: 02-Apr 2011 


Table 2-2 Summary of Minimum Load Cases by Casing Type 


Version: 02-Apr 2011 


Phase Load Case Load Internal Pressure Profile External Pressure Profile Temp. Profile 
Cond. 

Conductor Running with overpull and shock Axial Mud weight (MW) MW Geothermal 

installation 

Conductor Pressure test (if diverter installed) Burst MW hydrostatic + test Pressure > frac grad at shoe + Above TOC mud weight Geothermal 

installation 0.5 Ibm/gal EMW Below TOC pore pressure 

Conductor drilling Evacuation Collapse 100% evacuation MW casing was set in on top of lead and Geothermal 
tail cement 

Surface, intermediate | Running with overpull and shock Axial MW MW Geothermal 

and liner installation 

Surface, intermediate | Pressure test Burst MW hydrostatic + test pressure > fracture gradient (FG) | As in Surface, intermediate & liner gas kick | Geothermal 

and liner installation at shoe + 0.5 lbm/gal EMW case, below 

Surface, intermediate | Cementing Collapse Cement displacement fluid MW casing was set in on top of lead and Geothermal 

and liner installation tail cement 

Surface, intermediate | Gas kick maximum allowable surface Burst 1.) MW next section = PP + kick margin, 2.) Salt water | TOC above prior shoe: MW above TOC, Circulating 

and liner drilling pressure (MASP) = greater of internal (SW) bullhead to shoe FG + 200psi, 3.) Kick volume at | mix water TOC-shoe, pore below shoe. 

eas os 1-4 limited to fracture S R ae pn E ee — Gas Grad to TOC below prior shoe: MW above TOC, 
at weak poin surface, limited to (FG atsioe + 0.2 ppg.) pore press below TOC 

Surface, intermediate | Evacuation Collapse 1/3 evacuation to next casing depth MW Geothermal 

and liner drilling 

Surface, intermediate | Drill ahead (buckling) Axial Highest MW used in drilling to next casing depth As in surface, intermediate and liner gas Circulating 

and liner drilling kick case, above 

Production/liner Running with overpull and shock Axial MW MW Geothermal 

installation 

Production/liner Pressure test Burst MW hydrostatic + test pressure > SITP or MPSP As in surface, intermediate and liner gas Geothermal 

installation kick case, above 

Production/liner Cementing Collapse Cement displacement fluid MW casing was set in on top of lead and Geothermal 

installation tail cement 

Production/liner Evacuation Collapse 100% evacuation As in surface, intermediate and liner gas Geothermal 

completion kick case, above 

Production/liner Surface tubing leak — static Burst SITP + completion fluid hydrostatic As in surface, intermediate and liner gas Geothermal 

completion kick case, above 

Production/liner Bullhead Burst Fluid hydrostatic + injection pressure As in surface, intermediate and liner gas Kill fluid 

completion kick case, above 

Production/liner Normal production Burst Completion fluid + annulus pressure As in surface, intermediate and liner gas Flowing 

completion kick case, above 
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Table 2-3 Summary of Minimum Load Cases for Production Tubing 


String Type Load Case Load Internal Pressure External Temperature 
Condition Profile Pressure Profile Profile 
Production Dynamic Axial Completion fluid+ | Completion fluid | Geothermal 
tubing surface pressure + surface pressure 
Overpull/ Axial Kill fluid Completion fluid | Geothermal 
fishing 
Pressure test Burst Test pressure + Completion fluid | Geothermal 
fluid density 
Evacuation — Collapse 100% evacuation Completion fluid | Geothermal 
static temp hydrostatic 
pressure 
Evacuation — Collapse 100% evacuation Completion fluid | Production 
hot temp hydrostatic 
pressure + 
additional 
pressure due to 
thermal 
expansion of fluid 
Shut-in gas Burst Shut-in pressure Completion fluid | Geothermal 
static temp — loss 
production 
casing leak 
After Burst Bottomhole Completion fluid | Geothermal 
perforating pressure (BHP) — hydrostatic 
completion fluid pressure 
hydrostatic 
pressure 
Acid Burst Treating fluid Completion fluid | Injection 
stimulation hydrostatic hydrostatic + any 
pressure + back-up pressure 
injection pressure 
Fracture Burst Treating fluid Completion fluid | Injection 
stimulation hydrostatic hydrostatic + any 
pressure + max back-up pressure 
pump pressure incl 
screen out 
Normal Burst Normal production | Completion fluid | Production 
production pressure profile + annulus 
pressure 
Well kill — Burst Kill fluid Completion fluid | Injection 
production hydrostatic loss 
casing leak pressure + 
pumping pressure 
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2.4.2 Burst Loads 


Burst loads result from a positive net internal pressure in the tubular string. The net 
internal pressure is the difference between the internal and external pressures acting on 
the tubular. Burst loads can be a significant design consideration at shallow depths where 
the difference in internal and external pressures is high. 


2.4.3 Collapse Loads 


Collapse loads result from a positive net external pressure on the tubular string. Collapse 
design considerations may increase in magnitude as the well increases in depth. 


2.4.4 Tension Loads 


Tension loads are imposed on tubular strings primarily as a result of the weight of the 
pipe suspended below each joint of pipe, preceding it in the wellbore. As a consequence 
of sequentially running the tubulars in the well, the last joint run must be capable of 
supporting not only its own weight, but the combined effective weight of all the joints run 
before it. Additional tension forces (that is, overpull) must also be considered in the 
tubular design to permit pulling on the pipe to allow running, cementing and bumping the 
plug, or removal if the string becomes stuck or plugged. After the casing string is 
cemented in place or a tubing string is landed, other tension loads can occur due to 
temperature and pressure changes that result from pressure tests, stimulation treatments, 
deeper drilling, injection or production. 


2.4.5 Compression Loads 


Compression forces are not normally a major consideration in most tubular string designs 
since tension forces dominate. Exceptions include surface casing or conductor casing 
since it is generally the first tubular string attached to the wellhead, and must therefore 
support the weight of all subsequent strings run and the surface equipment. Additional 
situations exist where compressive forces must be appropriately accounted for in the 
tubular design to avoid failure. These situations usually result from significant increases 
in wellbore temperature. Steam injection, arctic production and HP/HT operations are 
situations where compressive loading can become severe and must be considered. 
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2.4.6 Buckling Loads 


Buckling loads result from internal/external differential pressures or compressive loading 
on a tubular string that is not laterally supported. Buckling is usually associated with 
unsupported tubing strings, uncemented casing strings, or casing strings across washed- 
out intervals. Even minor buckling in casing strings is undesirable while drilling because 
casing wear can be a problem. Severe buckling can cause problems in running bits, BHAs 
and completion tools through casing. Buckling in tubing strings can cause problems with 
running wireline tools. 


2.4.7 Bending Loads 


Bending loads result from deviations in the wellbore and are generally most severe in the 
build sections of directional wells. At high bending loads, tubular connection 
performance can become severely affected, particularly those dependent on metal-to- 
metal seals. For subsea wells, significant bending loads may be imposed on the structural 
and conductor casing resulting from lateral loads imposed by the marine riser. These 
loads often become the key factor determining casing design near the top of the well. 


2.4.8 Other Loads 


Torsion and fatigue should be considered for tubular strings in some applications. For 
example, in directional wells, torsional loads can approach the connection design ratings 
for casing/liner rotation for casing drilling applications, during cementing operations, or 
for tubing rotation during completion tool manipulation. In addition, fatigue loads can be 
severe in unsupported casing strings (uncemented) where significant drill-string whipping 
and vibrations are occurring, or in tubing strings where sucker-rod artificial lift systems 
are used. 


2.4.9 Tubular Design Considerations 


The function of a well’s tubulars is to control the injection or withdrawal of fluids from 
subsurface formations. A variety of factors can influence tubular designs and can vary 
significantly from field to field. 


Some of the more important tubular design considerations for casing and tubing follow 
and are described below: 

= Well function 

= Corrosion 


a Flow rate 


=" Erosion 
= Well depth 
= Wear 


= Hole angle 
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= Pressure 

= Temperature 

= Subsidence 

= Annulus pressure management (APM) 


Well Function 


A well can be classified as a producer or an injector. A producer withdraws gas or oil 
from a subsurface formation to the surface where it is processed and sold. An injector 
takes fluid from the surface, usually gas or water, and injects it into a subsurface 
formation. Many wells are often designed as production wells, and later converted to an 
injection well or the annulus converted to accommodate gas lift. Designing casing to 
accommodate the various well functions that a well may undergo during its life time is a 
key challenge. 


Corrosion 


O Corrosion shall be accounted for in the initial design and materials for use in 
corrosive environments shall be in accordance with National Association of 

Corrosion Engineers (NACE) MRO175/ISO 15156. See Chapter 6 for details. The 
most common causes of corrosion in wells are carbon dioxide (CO2), hydrogen 
sulfide (H2S), oxygen, or formation water. Certain completion fluids placed in the 
annulus above the production packers (packer fluids) can subject tubulars to 
corrosion. The material and the completion fluids must be designed to be 
compatible over the wells life. 


Methods to control corrosion include: 


= Corrosion inhibition 

= Corrosion-resistant alloy materials 
= Cathodic protection 

=  Plastic-coated tubulars 

= Fiberglass tubulars 

= Annular cement lining 


The selection of a method is based on its effectiveness in the particular application and 
the corresponding cost. 


Flow Rate 


Flow rate is a primary design consideration in determining the diameter of the tubing 
string. Therefore, the tubing string diameter dictates the sizes of all the casing strings that 
surround it. Large diameter tubing strings usually are associated with high-production 
rate wells. High rate wells have significant loads that must be considered to avoid failure 
of tubing and casing design. 
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Erosion 


Erosion is a design consideration for tubing exposed to high-velocity fluids. API has 
developed equations to predict when erosion may present problems. The velocities that 
are calculated using equation API RP 14E (see Equation 6-1) are considered to be 
extremely conservative. Erosion has contributed to tubing or flowline failures when 
corrosion and/or sand production has also been present in the flow stream. Erosion should 
be considered in all high-production rate wells where sand production is possible 

(see Chapter 6.0). 


Well Depth 


Well depth has a direct bearing on tension loads. It influences tubular size, material 
selection, connection selection, and other factors associated with tubular design. 
Therefore, since depth is also related to well pressure and temperature, the deeper the 
well, the higher the pressures and temperatures. 


Wear 


Casing wear is the reduction of casing wall thickness caused by the rotation of the drill 
string. Such wear can significantly lower the burst resistance of casing. See Chapter 4.0 
for examples of casing wear problems. Wear caused by sucker rods and wireline 
operations can similarly lower the burst resistance of tubing. However, tubing can be 
periodically retrieved, inspected for wear, and replaced as necessary to prevent failure. 


Casing wear should be considered on all straight wells. While it has been normal practice 
to allow for some wear on casing strings that are drilled through, in some applications 
greater wear allowance may be necessary to prevent a failure. When designing casing for 
straight holes, consideration should also be given to determining the potential wear 
caused by shallow doglegs. 


O Casing wear shall be considered on all directional wells to determine the 

potential for wear. A directional well is a well purposely deviated from a 

straight trajectory. See Chapter 4.0 for casing wear modeling and ways to 
minimize casing wear. 


Hole Angle 


Hole angle, like well depth, impacts the length and size of the various tubular strings that 
are run in the well. Due to a longer flow path, larger sized tubing may be required to 
achieve optimum productivity. The connections on casing and liner strings may require 
higher tensile strength and torsional resistance to overcome friction and facilitate pipe 
reciprocation or rotation for cementing. Higher strength tubulars may also be required to 
overcome the additional drag encountered during running and pulling operations. 
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Pressure 


Pressure that a well encounters will control burst and collapse design considerations, but 
it will also establish the pressure ratings for wellheads and other equipment. Wells that 
require high-pressure stimulation treatments will require the maximum treating pressures 
in the tubular design. Knowledge of the treating pressures and volumes is required when 
designing for stimulation treatments to assess the impact of the stimulation treatment on 
the tubular design. 


Temperature 


Wellbore temperature from production or stimulation treatments can significantly affect 
the forces imposed on tubulars. These forces may be either high tensile forces that result 
from significant cooling or compressive forces that occur as the well heats up. Tensile 
forces generated are often capable of parting the tubing or unseating packers. 
Compressive forces generated can cause wellheads to rise and tubular connections to fail 
and can destroy the cement-formation bond on casing strings. In cases where high tensile 
or compressive loads resulting from changes in temperature can be identified, the effects 
of these forces must be included in the tubular design. 


Subsidence 


Subsidence of the ground sediments around the well due to reservoir production can 
impose significant compressive loading on different casing strings. Designing for this 
occurrence in subsidence prone areas is advisable. See Chapter 7.6 for more detail. 
Subsidence is generally accommodated in the casing design by using heavy wall 
thickness pipe with high efficiency connections. 


Annulus Pressure Management 


HP/HT and large bore wells can generate significant annular pressures due to thermal 
expansion of packer fluids. Casings strings may need to be designed as a system and 
include an annulus pressure management system as part of the design 
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3.0 Design Load Cases and Equations 


The design of a casing and/or tubing string consists of determining the collapse, burst, 
and axial loads and then selecting the appropriate tubular to withstand these loads. 
Designs shall be based on the maximum pressure and/or load conditions that may 
reasonably be expected. These pressure and load conditions are not always the actual 
maximums, but assume the use of reasonable and prudent operating practices. The design 
load case matrices in this chapter provide a general guide to the key design considerations 
that go into a casing and tubing design. While elements of a design can begin with a 
bottom up approach, the matrix tables in this chapter present the order of operations and 
identify many of the loads to which the casing or tubing may be exposed: 


= Installation loads 
e Running casing 


e Cementing operations 


Conventional cementing 
Stab in cementing 


Stinger cementing without stab in 


O O O 0 


Bumping cement plug 


With the cemented condition establishing the base case, all subsequent load cases, 
drilling or production, vary the forces and displacements calculated for the base case. The 
base case loads are as follows: 


= Internal load: MW or displacing fluid 
= External load: MW, spacer, cement hydrostatic 


= Temperature: Cementing temperature after waiting on cement (WOC) 


Any axial or pressure loads applied during the WOC period must be included in the "as 
cemented" condition. 


= Drilling load cases 
e Pressure testing of casing after WOC 
e Maximum drilling mud weight 
e Well control — gas kick 
e Well control — no hydrocarbons (salt water kick) 


e Drilling lost circulation 
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= Production loads 

e Pressure testing with completion fluid or mud as required 

e Drill stem test (DST) pressure testing with mud or kill weight fluids 

e DST — Gas or hydrocarbons to surface 

e Near surface tubing leak during production 

e Collapse loading due to completion fluids or operations 

e Collapse loading below production packers 


e Special production operations; artificial lift, injection, stimulation 


The headings and abbreviations used in the matrix tables follow: 


= Load condition 
e Initial installation 


e Burst loads 
e Collapse loads 


= Load case 
e Running casing 


e Cementing casing 
e Drilling 
e Production 


= Additional load considerations 
e Bending due to dog leg severity (DLS) 


e Axial Loads, bumping plug, lost circulation, over pull, ballooning due to increase 
in mud weight, tension, helical buckling, and temperature changes 


e Casing wear 
= Internal pressure Hydrostatic pressure profile inside the casing 
= External pressure Hydrostatic pressure profile in the annulus of the casing 


= Temperature profile Cementing temperature after WOC 
e Static Geothermal Gradient (Geothermal) 


e Cemented temperature (CMT) 
e Circulating temperature (Drilling — Circ. Temp.) 


e Production temperature (Prod. Temp.) 
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Following are simple and detailed design process flowchart examples. 


Obtain Data: 


Geophysical Parameters 
Directional Plans 
Drilling, Cement, & Mud Plans 
Available Inventory 
Acceptable Csg / Hole Sizes 
Wear Factors 


Desired Safety Factors 
Operating & Producing Loads 


Basic 
Triaxial Design 


Compaction, Salt loading, 
Thermal Loads, Special 
Structural Loads? 


Mitigation Plan 


Figure 3-1 Simplified Casing Design Process Example 
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3.1 General Design Load Case Matrix 


The minimum load cases described in Chapter 2.0 define the absolute minimum 
combination of loading conditions that would be used to define a casing design program 
for all ConocoPhillips' wells. Additional loading conditions must also be considered 
when developing the casing design load case matrix for a program in order to evaluate all 
loading conditions that are likely to be present during the life of the well. Some additional 
load cases are listed in Table 3-1 through Table 3-5. Reasonable efforts have been made 
to capture most defined load cases. Occasions will exist when certain other load cases 
may be developed for particular applications and conditions that are not contained in the 
general matrices. 


A glossary of terms used in Table 3-1 through Table 3-5 follows: 


Glossary of Terms in Design Load Case Matrices 


AFE Annular fluid expansion 
BHP Bottomhole pressure 
BOP Blowout prevention 

CMT Cemented temperature 

D Outside diameter 

DLS Dogleg severity 

DST Drill stem test 

Frac Fracture pressure/gradient 
FW Fresh water 

GLM Gas lift mandrel 


HTHP High temperature high pressure 


ID Inside diameter 

LC Lost circulation 

MW Mud weight 

PP Pore pressure/gradient 

SI Shut-in 

SV Safety valve 

SW Salt water 

t Pipe wall thickness 

TCP Tubing conveyed perforating 

TD Total depth 

TOC Top of column 
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Table 3-1 Conductor Casing General Design Loads 


Phase or Load Load Case Axial Loads and Additional Internal Pressure External Pressure Temp. Profile 
Condition Load Considerations 
Conductor Running conductor Bending due to DLS MW MW Geothermal 
installation Axial loads from lowest MW due 
to lost circulation during running 
Dynamic (shock) loads 
Over pull/set down 
Cementing — conventional Bending due to DLS MW or displacing fluid MW, spacer, CMT column from TOC | Geothermal 
Axial load from bumping plug 
Cementing — stab in Bending due to DLS MW or spotted annular fluid MW, spacer, CMT column from TOC | Geothermal 
Cementing — stinger without stab + bridging operation caution: packing 
i of the annulus can result in high 
collapse loads 
Burst loads Drilling — pressure test if Bending due to DLS MW + test pressure > frac at Pore pressure/ Geothermal 
after installation | applicable or if diverter used Additional axial loads created by shoe 0.5 Ibm/gal SW gradient 
pressure test as calculated based 
on Poisson’s effect 
(F-ballooning) 
Collapse loads Drilling lost circulation Evacuation 100% evacuation or seawater | MW used to set casing on top of Geothermal 


after installation 


Tension analysis 


or fresh water (FW) or if 
known lost circulation (LC) 


cement 


Bending due to DLS zone, the lowest fluid level 
with SW or FW to stabilize 
hole 

Service loads Wellhead loading and movement BOP/diverter weight 


(WellCat model) 


Rig tensioning 
Addition casing strings 
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Table 3-2 Surface Casing General Design Loads 


Phase or Load Load Case Axial Loads and Additional Load Considerations Internal Pressure External Pressure Temp. Profile 
Condition 
During installation Running casing Bending due to DLS MW MW Geothermal 
Axial loads from lowest MW due to lost circulation 
during running 
Dynamic loads 
Over pull/set down 
Cementing — conventional Bending due to DLS MW or displacing fluid MW/SW (as applicable) spacer, cement column CMT 
from TOC 
Cementing — stab in job Bending due to DLS MW in casing annulus + surface pressure, if any MW, spacer, cement column from TOC + bridging CMT 
off annulus during operation and high collapse 
loads 
Bumping cement plugs, green cement test Bending due to DLS MW or displacing fluid + pressure used to bump plug MW, spacer, cement column from TOC CMT 
Axial load due to pressure acting across area of 
casing inside diameter (ID) 
Burst loads after Drilling — pressure test Bending due to DLS Pressure + MW during test TOC above prior shoe: Geothermal 
installation ss : MW above TOC, mix water 
Additional axial loads created by pressure test as 
calculated based on Poisson’s effect (ballooning) TOC:shoe, pore pressure below shoe 
CEN ; ees mg TOC below prior shoe: 
Casing wear, as required MW above TOC and pore pressure below TOC 
Drilling — well control no hydrocarbon Pressure profile exerted due to circ out a SW kick Geothermal 
expected 
Drilling — Displace to Gas Minimum of frac at outer shoe or pore pressure at bottom Cire. Temp. 
of next interval minus gas gradient 
Drilling — frac at shoe w/ gas gradient Frac at shoe minus gas gradient Circ. Temp. 
above 
Lost returns with water Frac at shoe minus fresh water gradient Circ. Temp. 
Surface protection (BOP) Surface pressure based upon frac at shoe minus fresh Cire. Temp. 
water, on top of a gas gradient to shoe 
Drilling — frac at shoe w/ 1/3 BHP at Linear interpolation of pressures between 1/3 BHP at Circ. Temp. 
wellhead surface to frac pressure at shoe 
Drilling — max drilling MW if not Bending due to DLS Maximum MW to drill next hole section Cire. Temp. 
cemented to Surface Additional axial loads created by pressure increase 
due to ballooning 
Helical buckling 
Drilling — well control gas kick Bending due to DLS Pressure profile exerted due to circ out a gas kick of some Geothermal and 
Additional axial loads created by pressure increase given minimum volume Cire.Temp. 
due to ballooning Circ. Temp. for 
Casing wear as required HP/HT wells 
Collapse loads after Development drilling — lost circulation Tension analysis f f Lowest internal gradient of partial or full evac. due to mud MW used to set casing Geothermal 
installation Biaxial effect on collapse resistance due to axial level fall equal to hydrostatic pressure to balance that at 
stress lost circulation depth. 100% evac. for air/foam drilling 
Triaxial stress for D/t<15 
Exploration drilling — lost circulation Same as development well As "development" case above, where data is limited use MW used to set casing Geothermal 
SW/FW filled casing full/partial evac. due to loss of mud column equiv. to 
balance a normal pressure zone at TD 
Static load after Wellhead loads Static axial compressive loads from wellhead and other MW As in burst loads, above Geothermal 
installation (WellCat model) strings. See Chapter 8 for details. 
APB Multistring AFE Analyses of thermal effects on pressure build-up in Trapped pressure on top of MW Trapped pressure on top of cement or pore Production 


(WellCat model) 


trapped annuli 


pressure, as applicable 
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Table 3-3 Intermediate Casing and Drilling Liner General Design Loads 


Phase or Load Condition Load Case Axial Loads and Additional Load Internal Pressure External Pressure Temp. Profile 
Considerations 
During Installation Running casing Bending due to DLS MW MW Geothermal 
Lowest MW due to lost circulation during 
running 
Cementing — conventional cemented base case Bending due to DLS MW or displacing fluid MW/SW (as applicable) spacer, cement CMT 
column from TOC 
Cementing — Bending due to DLS MW in casing annulus + surface pressure, if MW, spacer, cement column from TOC + CMT 
stab in any bridging during operation and high 
collapse loads 
Bumping cement plugs, green cement test Bending due to DLS MW or displacing fluid + pressure used to MW, spacer, cement column from TOC CMT 
Axial load due to pressure acting across area bump plug 
of casing ID 
Burst Loads after installation Drilling — pressure test. Green cement test Bending due to DLS Pressure + fluid density during test TOC above prior shoe: Geothermal 
Drilling — well control no hydrocarbon Additional axial loads created by pressure Pressure profile exerted due to circ out an SW MW above TOC, mix water TOC-shoe, Geothermal 
expected test as calculated based on Poisson’s effect kick pore pressure below shoe 
F-ballooning 
(F-ballooning) TOC below prior shoe: 
Casing wearas required MW above TOC and pore pressure below 
Drilling — max drilling MW if not cemented to Bending due to DLS Maximum MW to drill to next section TD TOC Cire. Temp. 


surface 


Development drilling — well control gas kick 


Exploration drilling — well control gas kick 


Additional axial loads created by 
pressure inc calculated based on 
Poisson's effect 

(F-ballooning) 

Casing wear as required 

Helical buckling 


Pressure profile exerted due to circ out a gas 
kick. of some minimum volume 
(50-70 bbl dev/70-100 bbl expl suggested) 


Geothermal and Circ. Temp. 


Circ. Temp. for HP/HT wells 


Drilling — frac at shoe w/ gas gradient above Frac at shoe minus gas gradient Cire. Temp 
Drilling — frac at shoe w/ 1/3 BHP at wellhead Linear interpolation of pressures between 1/3 Cire. Temp 
BHP at surface to frac pressure at shoe 
Lost returns with water Frac at shoe minus fresh water gradient Circ. Temp 
Surface protection (BOP) Surface pressure based upon frac at shoe minus Circ. Temp 
FW, on top of a gas gradient to shoe 
Gas migration (subsea wells only) Bottom hole pressure on top of mud, limited to Geothermal 
frac pressure at shoe if TOC below shoe 
Collapse loads after installation Development drilling — lost circulation Tension analysis Lowest internal gradient of partial or full evac MW used to set casing Geothermal 
due ti d level fall equal to hydrostati 
Biaxial effect on collapse resistance due to clara etnies ea X ros i T 
Saal enes pressure to balance that at lost circulation 
i depth. 100% evac. for air/foam drilling. 
Triaxial stress for D/t 15 
Exploration drilling — lost circulation Same as above As "Development" case above, where data are MW used to set casing Geothermal 
SW/FW filled casing limited use full/partial evac. due to loss of mud 
column equiv. to balance a normal pressure 
zone at TD 
APB Multistring AFE Analyses of thermal effects on pressure Trapped pressure on top of MW Trapped pressure on top of cement or Production 


(WellCat model) 


build-up in trapped annuli. 


pore pressure, as applicable 
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Table 3-4 DST/Production Casing and Liner General Design Loads 


Phase or Load Load Case Axial Loads and Additional Load Considerations Internal Pressure External Pressure Temp. Profile 
Condition 
During installation Running casing Bending due to DLS MW MW Geothermal 
Lowest MW due to lost circulation during running 
Cementing Bending due to DLS MW or displacing fluid MW, spacer, cement column from TOC Cire. Temp 
Bumping cement plugs Bending due to DLS MW or displacing fluid + pressure used to bump plug MW, spacer, cement column from TOC Circ. Temp. 
Axial load due to pressure acting across area of casing ID 
Development burst Pressure test casing Bending due to DLS Pressure + fluid density during test TOC above prior shoe: Geotherma 


loads after 
installation 


Additional axial loads created by pressure test as calculated 
based on Poisson’s effect (ballooning) 
Helical buckling 


Misc. completion operations 


Same as pressure test casing above 

Pressure and temp loads for acid stimulation, fracture, water 
injection etc 

Helical buckling 


Pressure for production loads and fluid density 


Stimulation surface leak 


Tubing leak 


Same as pressure testing casing 

For hi-temp production or DST (temp > 250 degrees F, 120 
degrees C), the impact of temperature distribution should be 
assessed for the impact on all casings (WellCat appl) 


Tubing stimulation surface pressure + completion fluid 


Tubing surface pressure + completion fluid 


MW above TOC, mix water TOC-s! 
pore pressure below shoe 


TOC below prior shoe: 


MW above TOC and pore pressure 
TOC 


elow 


Geothermal and 
Prod. Temp. 


Geothermal and 
Prod. Temp. 


Geothermal and 


Applicable to int. casing if used Prod. Temp. 
as production Prod Temp for 
HP/HT wells 
Exploration burst DST pressure load Same as pressure test casing Annulus pressure for DST + MW includes max. pressure for Geotherma 
loads after downhole tools or tubing conveyed perforating (TCP) guns 
installation whichever is the greatest 
DST - Same as pressure test casing As "Development" case above, where data is limited use partial 
ac due to loss of mud col iv to balance < | press 
Gas or hydrocarbon to surface - For hi-temp production or DST (temp > 250 degrees F, An oe See TAUG COTAN GAMI. ODA nce A NOMAA Presse 
120 degrees C), the impact of temperature distribution should be a 
assessed for the impact on all casings. 
Applicable to Int. Casing if used 
as test or production casing. 
Collapse loads after Production collapse Tension analysis Annulus above Pkr 
installation — Biaxial effect on collapse resistance due to axial y ‘ 
1) Lowest completion fluid 
stress 
— Triaxial stress analysis for D/t<15 2) For gas lift op's casing will be completely evacuated to max 
depth or with annulus SV use sys. pressure plus gas gradient to 
depth of GLM 
3) Other completions and operations 
Below pkr 
Gas gradient (.1 psi/feet) or full evac. for gas wells 
4) Gas lift operation 
5) Other operations 
APB Multistring AFE Analyses of thermal effects on pressure build-up in trapped Trapped pressure on top of completion fluid above packer Trapped pressure on top of cement or pore Production 
(WellCat model) annuli. pressure, as applicable 
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Table 3-5 Production Tubing/Test String Design Loads 


Phase or Load Condition 


Load Case 


Axial Loads and Additional Load Considerations 


Internal Pressure 


External Pressure 


Temp. Profile 


Tubing 


installation 


Tubing running 


Bending due to DLS 

Axial load adjustments at surface 
Hydraulic set packers 

Shock 


Completion fluid + surface 
pressure, if required 


Completion fluid + surface 
pressure, if required 


Geothermal (static) 


Burst loads after installation 


Pressure test 


Bending due to DLS 
Helical buckling 
Additional axial loads created by pressure test as calculated 
based on Poisson’s effect 


Pressure + fluid density during test 


Completion fluid 


Geothermal 


Shut in static temp and hot 
pressure load 


Bending due to DLS 
Helical buckling 
Additional axial loads created by shut-in (SI) pressure as 
calculated based on Poisson’s effect 

Triaxial stress D/t < 10 


Shut in pressure on gas or oil based 
on production fluids 


Completion fluid 


Geothermal and 
Prod. Temp. 


Misc. completion operations 


Bending due to DLS 


Pressure for production loads based 


Completion fluid + 


Geothermal and 


Triaxial 


on specific operations 


back-up annular pressure as 
applicable 


Helical buckling on specific operations back-up annular pressure as Prod. Temp. 
Additional axial loads created by pressure test and applicable 
ballooning. 
Pressure and temp loads for acid stimul., fracture, water 
injection, etc. 
Collapse loads after installation Production collapse Tension analysis 1) Gradient at .1 psi/feet Completion fluid and surface Geothermal 
7 Biaxial effect on collapse resistance due to axial stress pressure if required 
Evacuation-hot Triaxial stress analysis for D/t<10 2) Full evac. for gas wells 
Evacuation - Static Temp Trapped annulus 3) Gas lift design 
4) Other operations 
Remedial operations Pulling/fishing Overpull to release seals or packer Kill fluid Completion fluid Geothermal 
Production operations Production Temperature and pressure effects Pressure for production loads based Completion fluid + Production 


For high temperature production or testing (temperature > 250 degrees F, 120 


legrees C), a temperature distribution should be assessed for the impact on all tubing and casings. 


WE-MN-DRL-002 
Version: 02-Apr 2011 


This document is owned by ConocoPhillips Company and is for internal use only. 3-10 


ConocoPhillips 


3.2 Installation Loads 


Table 3-6 Installation Load and Cases 


Installation Load Functional Account and Equivalent WellCat Load Case 
Running This load case should be run for all long strings in order to determine the 
Conductor/Casing/Tubing effect of dynamic loading on the pipe and connections. This load is 


modeled by the "Running in Hole" load in the Wel/Cat Casing module. 


Cement Job — Conventional | This load case is modeled by "Initial Conditions" in StressCheck and 
WellCat. This loading condition is automatically calculated for all casing 
strings evaluated in WellCat. 


Cement Job — Stab in This load case is selected if a chance exists that a Stab-in cement job will 
be run. 
Bumping Cement plugs This load case is modeled by the "Green Cement" pressure test load in 


StressCheck and WellCat, and is considered a standard load case that 
should be run for all strings that will undergo a bump-plug pressure test. 


Wellhead Loading This load case should be selected If a structural pipe (conductor or 
surface casing) will be supporting any portion of the wellhead load (and 
casing hanging loads). This type load is only available in Wel/Cat for 
strings labeled as "Surface" and is not available in StressCheck. To 
perform this type operation on a conductor pipe in WellCat, label the 
string as "Surface" casing and then the "Surface" casing as 
"Intermediate", "Drilling" or "Protective" casing. WellCat only allows 
one string with the name "Surface". 


Note that this installation load is defined as a "Wellhead Load" for 
Surface Casing in Table 3-2. 


Refer to Section 8.2.4 of the Casing and Tubing Design manual for 
further discussion of this load case. 


Shock loading This is a load that simulated the instantaneous deceleration by an 
accidental setting of the slips. 
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3.3 Burst Load Cases 


Burst loads result from a positive net internal pressure in the tubular string. The net 
internal pressure is the difference between the internal and external pressures acting on 
the tubular. Burst loads can be a significant design consideration at shallow depths where 
the difference in internal and external pressures is high. 


3.3.1 Displacement to Gas 


This load case models an internal pressure profile consisting of a gas gradient extending 
upward from a formation pressure in a deeper hole interval or from the fracture pressure 
at the casing shoe. It physically represents a well control situation where gas from a kick 
has completely displaced the mud out of the drilling annulus from the surface to the 
casing shoe. 


This is the worst-case drilling burst load that a casing string could experience, and if the 
fracture pressure at the shoe is used to determine the pressure profile, it ensures that the 
weak point in the system is at the casing shoe and not the surface. This, in turn, precludes 
a burst failure of the casing near the surface during a severe well control situation. 


+ -Gas gradient 


Limit load case 
by the fracture 
pressure at the 
shoe. 


Fracture pressure 
at shoe 


Pore pressure ee 


Internal Casing Pressure Influx depth 


Figure 3-3 Displacement to Gas 


NOTE: Typical usage — This load condition is a common load used on surface casings, 
modeling an influx of shallow gas, which has a tendency to completely fill the 
open hole. 
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3.3.2 Gas Kick 


This load case models an internal pressure profile which reflects the maximum pressures 
experienced by the casing while circulating out a gas kick using the driller's method. It 
should represent the worst-case kick to which the current casing can be exposed while 
drilling a deeper interval. Typically, this means taking a kick at the TD of the next hole 
section. This load case is not required for a conductor casing on which a diverter stack is 
installed. 


If the kick intensity or volume causes the fracture pressure at the casing shoe to be 
exceeded, the kick volume should be reduced to the maximum volume, which can be 
circulated out of the hole without exceeding the fracture pressure at the shoe. If the kick 
volume is reduced to a value less than the recommended kick tolerance volume, the Lost 
Returns With Water load case should also be used to ensure sufficient burst strength at 
the surface is designed. 


If a constant bottomhole pressure is maintained, the maximum pressure experienced at 
any casing depth occurs when the top of the gas bubble reaches that depth. 


Reduce kick volume if 
pressure profile 
exceeds the fracture 
pressure at the shoe. 


Envelope of maximum 
pressures experienced 
while circulating gas kick 
out of the hole. 


Internal Casing Pressure Influx depth 


Figure 3-4 Gas Kick 


NOTE: Typical usage — The gas kick load is primarily used on all casing strings below 
the surface string that is drilled through, typically the fracture gradient plus 
0.2 Ibm/gal is used to limit the pressure. 
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3.3.3 Frac at Shoe with Gas Gradient Above 


This drilling load case applies only to burst design. It models complete displacement of 
the mud in the casing to gas. This load case represents a shut-in well after taking a large 
kick. It is commonly used as a worst-case burst criterion for protective (intermediate) and 
surface casing. The internal pressure profile is based on a gas gradient and the fracture 
pressure plus 0.2ppg margin at the shoe above the open hole TD. 


This load case is very similar to the "Displacement to Gas" load case except the pressure 
at the shoe is always controlled by the fracture pressure. The "Displacement to Gas" load 
case is normally only controlled by the fracture pressure if the calculated pressure at the 
shoe exceeds the fracture pressure. 


<i—- Gas gradient 


Fracture pressure 
at shoe 


Internal Casing Pressure Influx depth 


Figure 3-5 Frac at Shoe with Gas Gradient Above 


NOTE: Typical usage — As with displacement to gas, only the pressure is limited to the 
fracture by default. 
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3.3.4 Frac at Shoe with 1/3 BHP at Wellhead 


This drilling load case applies only to burst design. It represents pressures that may occur 
during a shut-in while taking a kick. This design philosophy is based on experience in the 
Gulf of Mexico where pressures greater than 1/3 BHP are rarely seen at the wellhead, and 
where the pressure at the shoe cannot exceed the fracture pressure. 


The load case represents a linear profile between these two points. This load case is less 


conservative than the "Displacement to Gas" and "Frac at Shoe w/Gas Gradient Above" 
load cases. 


Wellhead 


Fracture pressure 
at shoe 


Internal Casing Pressure Influx depth 


Figure 3-6 Frac at Shoe with 1/3 BHP at Wellhead 


NOTE: Typical usage — The frac at shoe with 1/3 bottom hole pressure at wellhead is a 
very similar load condition to the previous loads (in pressure definition and 
usage). The four load conditions can be used for varying severity 
(Displacement to gas, frac at shoe with gas gradient above, frac at shoe with 
1/3 BHP at wellhead and gas kick — in order of severity with all parameters 
being equal). 
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3.3.5 Lost Returns with Water 


This load case models an internal pressure profile, which reflects pumping water down 
the annulus to reduce surface pressure during a well control situation where lost returns 
are occurring. The pressure profile represents a fresh water gradient applied upward from 
the fracture pressure at the shoe depth. A water gradient is used assuming that the rig's 
barite supply has been depleted during the well control incident. For intermediate and 
production strings, this load case will typically dominate the burst design when compared 
to the gas kick load case because a water gradient is usually less (that is, steeper) than the 
pressure profile resulting from circulating a gas bubble out of the hole with mud. 


Use this load case if the recommended kick tolerance discussed in Section 3.10 is not met 
or a risk of lost returns otherwise exists. It is not required for a conductor casing on which 
a diverter stack is installed. 


Fracture pressure 
Fresh water —p» at the shoe 
gradient 


Internal Casing Pressure 


Figure 3-7 Lost Returns With Water 


NOTE: Typical usage — This load case does not have wide usage, as it models a scenario, 
which under normal conditions is not planned for. This load case should be 
used as a back up load condition. 
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3.3.6 | Surface Protection (BOP) 


This load case is less severe than the displacement to gas criteria and represents a 
moderated approach to preventing a surface blowout during a well control incident. It is 
not applicable to liners. The same surface pressure calculated in the Lost Returns with 
Water load case is used, but in here a gas gradient from this surface pressure is used to 
generate the rest of the pressure profile. 


This load case represents no actual physical scenario. However, when used with the gas 
kick criterion, it ensures that the casing weak point is not at the surface. Typically, the 
gas kick load case will control the design deep and the surface protection load case will 
control the design shallow, leaving the string's weak point somewhere in the middle. 


<< Fresh water gradient 


. Fracture pressure 
“sat the shoe 

Gas ——» t 

gradient 


Internal Casing Pressure 


Figure 3-8 Surface Protection (BOP) 


NOTE: Typical usage — This load case has no real usage as noted above. 


3.3.7 Pressure Test 


This load case models an internal pressure profile which reflects a surface pressure 
applied to a mud gradient and may or may not dominate the burst design depending on 
the mud weight in the hole at the time the test occurs. The pressure test is normally 
performed prior to drilling out the float equipment. For a conductor casing on which a 
diverter stack is installed, the applied pressure should represent the desired pressure 
during the formation pressure integrity test, if performed. 


Applied surface 
pressure 


Mud gradient —»> 


Internal Casing Pressure 


Figure 3-9 Load Case Pressure Test 
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NOTE: Typical usage — Most if not all casings should be checked against the expected 
(planned) pressure test. 


3.3.8 Green Cement Pressure Test 


This drilling load case applies to both burst and axial design and is included in both the 
Burst and Axial Loads in the StressCheck and Wellcat dialogs. To include this load as an 
axial criterion, select it from the Axial Loads dialog also. This load case is special 
because it calculates its own external pressure profile regardless of which external 
pressure test profile had been specified on the Select tab. The green cement pressure test 
models performing an internal pressure test immediately after bumping the plug during 
the primary cement job. The values specified on the Cementing and Landing dialog are 
used to construct the external pressure profile of mud and lead and tail cement slurries, 
and the displacement fluid density inside the casing. The specified test pressure will be 
applied down to the float collar depth (specified on the Cementing and Landing dialog). 
A green cement pressure test is often performed to save operational time and to prevent 
the formation of a micro-annulus caused by applying a high test pressure after the cement 
has hardened. 


Applied Surface 
Pressure 


Green 


| 
Cement ws 7 


Mud gradient p 


Internal Casing Pressure 


Figure 3-10 Green Cement Pressure Test 


NOTE: Typical usage - As with the pressure test (cement being hard), the Green 
Cement Pressure Test (or plug bump) should be considered with casings for 
expected (planned) pressure. 
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3.3.9 Maximum Load Concept 


This load case is a variation of the displacement to gas load case that has wide usage in 
the industry and is taught in several popular casing design schools. It has been used 
historically because it results in an adequate design (though typically quite conservative, 
particularly for wells deeper than 15,000 feet) and it is simple to calculate. The load case 
consists of a gas gradient (typically 0.1 psi/feet) extending upward from the fracture 
pressure at the shoe up to a mud/gas interface and then a mud gradient to the surface. 


The mud/gas interface is calculated in a number of ways, the most common being the 
"fixed endpoint" method. The interface is calculated based on a surface pressure typically 
equal to the BOP rating and the fracture pressure at the shoe and assuming a continuous 
pressure profile. The interface can also be based on a specific gas volume or a percentage 
of the open hole TD. 


Mud 
gradient 


Gas 
gradient 


Figure 3-11 Maximum Load Concept 


NOTE: Typical usage — Only has historical usage. 
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3.3.10 Annulus Pressure Buildup - Modeled in Wellcat 


This loading condition is especially important for HP/HT wells. The pressure loading 
may be quite severe in terms of burst and/or collapse differential pressures, and is a result 
of the expansion of fluids in trapped annuli during long-term production operations. This 
loading condition must be evaluated for subsea wells and platform wells where trapped 
annuli exist. 


Trapped pressures may reside on the inside, outside, or both inside and outside the pipe. 
This condition must be modeled by applying the pressure buildup result for an annulus on 
top of the displacement mud if inside the casing, or on top of mud/pore pressure if in the 
annulus. 


Figure 3-12 shows a well with three trapped concentric annuli. The produced fluid in the 
tubing heats up the entire well, resulting in expansion and pressure buildup in the trapped 
annuli. Model each string with APB inside only, and then with APB outside only as worst 
case pressure loading conditions. 


(A Do not use the MultiString Custom Load functionality in WellCat to model 
the effects of annulus pressure buildup on casing integrity. MultiString 
Custom Loads for casing strings DO NOT correctly model external 
pressure profiles, and are prone to error when defining pressure profiles 
inside casing. 


To work around this issue, copy a Pressure Buildup result from Mu/tiString for a trapped 
annulus, and paste it as a pressure value in a Pressure Test load case in the Casing module 
for the casing string of interest. 


Note that APB Custom Loads are suitable for tubing, however its functionality is limited. 
APB Custom Loads are defined as "Max Burst", "Max Collapse", and "APB" in 
MultiString. Use only the "Max Collapse" load option, since it is the only load that makes 
sense for tubing. 


= The "Max Burst" load for tubing simply consists of packer fluid hydrostatic pressure 
inside the tubing and in the annulus, and is meaningless. 

= The "Max Collapse" load consists of packer fluid hydrostatic inside the tubing and 
"A" annulus buildup pressure on top of packer fluid. 


= The "APB" load is a combination of "Max Burst' and 'Max Collapse" pressure 
profiles, and has the same internal and external pressure profiles as the 
"Max Collapse" load. 
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Refer to Sections 8.16 and 8.19 of the Casing and Tubing Design manual for further 
discussion of this load case. 


Figure 3-12 Annulus Pressure Buildup - Modeled in We//Cat 


NOTE: Typical usage — This loading condition is relevant for trapped annuli with long- 
term production temperature conditions. 


3.3.11 Tubing Leak - Production Strings 


This load case applies to both production and injection operations and represents a high 
surface pressure on top of the completion fluid due to a tubing leak near the hanger. A 
worst case surface pressure is usually based on a gas gradient extending upward from 
reservoir pressure at the perforations. If the proposed packer location has been 
determined when the casing is designed, the casing below the packer can be assumed to 
experience a pressure based on the produced fluid gradient and reservoir pressure only. 


<—Completion 
fluid gradient 


Produced fluid = 


(gas) gradient \ 


Reservoir pressure 


Internal Casing Pressure 


Figure 3-13 Tubing Leak - Production Strings 


NOTE: Typical usage — All casings that are exposed to production pressure due to a 
leak in the tubing should be checked with this load case. 
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3.3.12 Stimulation Surface Leak - Production Strings 


This production load case applies only to burst design. It models an injection pressure 
applied to the top of the production annulus due to a tubing leak near the wellhead. The 
internal pressure profile is generated from production and injection data. Above the 
production packer, the internal pressure profile is based on the injection pressure and a 
selected packer fluid density. Below the packer, the internal pressure profile is based on 
the injection pressure and the injection fluid density. 


pressure 


fluid —_»\° 


gradient 


Figure 3-14 Stimulation Surface Leak - Production Strings 


NOTE: Typical usage — As with the tubing leak case, which is checking a leak during 
production, this load case is for during a stimulation (injection down tubing) 
scenario. All casings, which could be exposed, must be checked. 
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3.3.13 Injection Down Casing - Production Strings 
This load case applies to wells, which experiences high pressure annular injection 
operations such as a casing fracture stimulation job. The load case models a surface 


pressure applied to a static fluid column. This is analogous to a screen-out during a 
fracture job. 


Applied 
surface 
pressure 


Fluid ——> 
gradient 


Internal Casing Pressure 


Figure 3-15 Injection Down Casing - Production Strings 


NOTE: Typical usage — All casings exposed to this injection scenario should be 
examined. 
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3.3.14 Gas Migration (Subsea Wells) - Production Strings 


This load case models bottom hole pressure applied at the wellhead (subject to fracture 
pressure at the shoe) from a gas bubble migrating upward behind the production casing 
with no pressure bled off at the surface. The load case only has application to the 
intermediate casing in subsea wells where the operator has no means of accessing the 
annulus behind the production casing. This is also shown in the Collapse Loads section. 


Protective Casing Internal Pressure 


Figure 3-16 Gas Migration (Subsea Wells) - Production Strings 


NOTE: Typical usage — For the next casing outside the production casing 
(intermediate), this load case can be used to model for gas trapped in the 
annular space. It is not intended to model for fluid expansion, as the pressure 
gradient used is the gas gradient. 


3.3.15 Production Tubing Burst Loads 


The maximum burst load occurs at the depth of minimum external pressure (or backup 
pressure). This load normally occurs at the surface just below the wellhead where often 
little or no annular surface pressure exists, and tubing wellhead pressure has been 
applied. In general, tubing surface pressure is greater than the annular surface pressure. 
The worst case normally occurs during shut-in or during pump-in for well killing, 
stimulation, fracture jobs, or corrosion control operations when high tubing surface 
pressure is applied. Bullhead kill operations with a cool fluid is normally applicable to 
the burst design. 


Burst Loads 


Shut-in surface pressure. 


2. Surface injection pressure required for well killing, stimulation, fracture jobs, or 
corrosion control operations. 


3. Pressure test. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 3-23 
Version: 02-Apr 2011 


ConocoPhillips 
3.4 Collapse Load Cases 


Collapse load cases are included in the following sections. 


3.4.1 Lost Returns with Mud Drop 


This load case models an internal pressure profile which reflects a partial evacuation or a 
drop in the mud level due to the mud hydrostatic column equilibrating with the pore 
pressure in a lost circulation zone. The heaviest mud weight used to drill the next hole 
section should be used along with a pore pressure and depth which result in the largest 
mud drop. 


For exploration wells where data is limited, or when there is a high uncertainty as to what 
pore pressures will be encountered, the design engineer may assume the lost circulation 
zone to be at the TD of the next hole section and be normally pressured (for example, a 
0.465 psi/feet gradient). A partial evacuation of more than 5,000 feet due to lost 
circulation during drilling will normally not be seen. 


‘<¢—Mud gradient 


Mud drop due to 

hydrostatic column 
_ equilibrating with 
“spore pressure 


Pore pressure 


Internal Casing Pressure Lost circulation zone 


Figure 3-17 Lost Returns with Mud Drop 


NOTE: Typical usage — Any casing being drilled through, whether into a known loss 
circulation zone or not should have this scenario as a minimum. A worst case 
scenario would be if the hole section became fully evacuated due to fluid loss. 


3.4.2 Full/Partial Evacuation 


This load case allows the distinct mud drop point to be entered. It is intended to model 
exactly the same scenario as the above loss returns with mud drop except the level of the 
mud is not calculated based on pore pressure and mud weight. The extreme nature of this 
load is that a full evacuation can be modeled (evacuated to air). 


NOTE: Typical usage — This load case should be considered if drilling with air or foam. 
It may also be considered for conductor or surface casing where shallow gas 
is encountered. This load case would represent all of the mud being displaced 
out of the wellbore (through the diverter) before the formation bridged off. 
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3.4.3 Cementing 


This load case models an internal and external pressure profile which reflects the collapse 
load imparted on the casing after the plug has been bumped during the cement job and the 
pump pressure bled off. The external pressure considers the mud hydrostatic column and 
different densities of the lead and tail cement slurries. If a light displacement fluid is 
used, the cementing collapse load can be significant. 
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Figure 3-18 Cementing 


NOTE: Typical usage — All casings that are cemented into place should have this 
scenario modeled. 


3.4.4 Water Gradient 


For wells with a sufficient water supply, an internal pressure profile consisting of a fresh 
water or seawater gradient is sometimes used as a collapse criterion. This assumes a lost 
circulation zone that can only withstand a water gradient. 
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3.4.5 Full Evacuation 


This load case definition covers partial and full evacuation from a production perspective. 


Gas filled 
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surface pressure) 


0 
Internal Casing Pressure 


Figure 3-19 Full Evacuation 


NOTE: Typical usage - This severe load case has the most application in gas lift wells 
and is representative of a gas filled annulus, which loses injection pressure. 
This case could also apply to severely depleted reservoirs or a large 
drawdown due to low permeability or plugged perforations. 


3.4.6 Above/Below Packer 


This production load case represents a combination of internal pressure profiles above 
and below the packer that can occur during different operations. It applies only to 
collapse design. 


Above the packer during production, it is assumed that the casing will never see the fully 
evacuated pressures that can occur below the packer since the production annulus is 
never in pressure communication with the open perforations. In this case, the internal 
pressure profile consists of a hydrostatic gradient due to the packer fluid density above 
the packer and a fully evacuated profile below. 


However, during completion or workover operations where the workover or packer fluid 
is exposed to a depleted zone, a fluid drop may occur corresponding to the hydrostatic 
head of the fluid equilibrating with the depleted pressure at the perforations, shown in 
Figure 3-20. 
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This second scenario is modeled by specifying a reduced pressure at the perforations and 
enabling the fluid drop above packer. This load case uses the worst-case collapse 
pressures from both scenarios (that is, a partial evacuation above the packer and full 
evacuation below) and represents a less severe alternative to a full evacuation. 
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Figure 3-20 Above/Below Packer 


3.4.7 Gas Migration (Subsea Wells) 


This load case models bottomhole pressure applied at the wellhead (subject to fracture 
pressure at the prior shoe) from a gas bubble migrating upward behind the production 
casing with no pressure bled off at the surface. The load case only has application in 
subsea wells where the operator has no means of accessing the annulus behind the 
production casing. An internal pressure profile consisting of a completion fluid gradient 
is typically used. 
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Figure 3-21 Gas Migration (Subsea Wells) 
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3.4.8 Salt Loads 


If a formation, which exhibits plastic behavior such as a salt zone, is to be isolated by the 
current string, an equivalent external collapse load (typically taken to be the overburden 
pressure) should be superimposed upon all of the collapse load cases (except cementing) 
from the top to the base of the salt zone. A minimum of 1 psi/foot gradient is 
recommended. 


StressCheck and WellCat model salt loading as simple hydrostatic pressure on the full 
circumference of the pipe. 


The configuration shown in Figure 3-22 consists of flowing salt contacting a composite 
casing and liner section. Each of these two strings is to be modeled separately with the 
full pressure of the salt flow. WellCat does not model composite strings under salt 
loading conditions. Refer to Section 8.10 of the Casing and Tubing Design manual for 
further discussion. 


— Overburden gradient 
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External Casing Pressure 


Figure 3-22 Salt Loads 


NOTE: Typical usage — This loading condition must be modeled for all strings that may 
be exposed to flowing formations. 


3.4.9 | Underbalanced Drilling 


Underbalanced drilling consists of drilling with a fluid that produces flowing pressures 
less than pore pressure, often resulting in the flow of live fluids while drilling. The 
pressures inside the casing during this activity are low, and therefore this condition needs 
to be modeled as a collapse load. 


For intervals to be drilled under-balance, drilling events must be modeled and load cases 
defined that link to the drilling events to populate the load case with the correct inside 
casing fluid densities, pressures, and temperature versus depth profiles. This load case is 
a Drill-link type load in the Casing module of WellCat. 


Refer to Section 8.11 of the Casing and Tubing Design manual for further discussion. 
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Figure 3-23 Underbalanced Drilling 


NOTE: Typical usage — This loading condition must be modeled for all strings that may 
be exposed to under-balance drilling pressures. 


3.4.10 Production Tubing Collapse Loads 


The maximum collapse load is assumed to be a function of the pressure differential 
occurring when the tubing is empty and the external pressure is at a maximum. Maximum 
external pressure normally occurs at the bottom of the tubing string just above the packer 
where the total static pressure is equal to the surface pressure plus the hydrostatic head of 
the annular fluid. This situation can occur if the perforations become plugged and the 
tubing pressure is drawn down to zero (such as after a deep swab or depletion). Also, it is 
important to de-rate the collapse rating due to axial tension stress. The external collapse 
pressure should be adjusted for internal pressure support, should it be assumed that the 
tubing is filled with fluid. Consideration should be given to analyze the effects of annular 
fluid expansion in high-temperature wells and subsea wells or annular fluid freezeback in 
arctic environments. 


Collapse Loads 


= Packer fluid at bottom of tubing string. 

= Consider typical tubing-casing annulus pressure at surface. 
= Tubing evacuated (0 Ib/gal internal fluid density). 

= Derate collapse rating of tubing due to tension. 


= Adjust external pressure for effective internal pressure support if tubing is assumed to 
be filled with fluid. 


= Consider annular fluid expansion in high-temperature wells. 


NOTE: The collapse design criteria for production collapse load cases for production 
casing and tubing are quite varied and highly dependent upon the productive 
life of the well, artificial lift methods and production zone characteristics. All 
these issues should be discussed thoroughly with completion and production 
engineering resources. 
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3.5 External Pressure Profiles 


External pressure profiles are included in the following sections. 


3.5.1 Mud and Cement Mix Water 
The Mud and Cement Mix Water external pressure profile is based on the mud density 


from the hanger to the TOC, and the cement mix-water density from the TOC to the shoe. 


No Surface Pressure 


Mud Gradient 


Mix-Water Gradient 
(Default value of 8.33 ppg) 


Figure 3-24 Mud and Cement Mix Water 
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3.5.2 Permeable Zones - Poor Cement Disabled 


This external pressure profile is based on the pore pressure of any permeable zones in the 
hole section, mud density, TOC, cement mix-water density and the assumption of a good 
cement job. The permeable zones considered in this external pressure profile formulation 
are those that lie between the shoe depths for the current and prior strings. If no 
permeable zones are specified within this interval, the Permeable Zones profile is 
identical to the Mud and Cement Mix- Water profile. 
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Figure 3-25 Permeable Zones - Poor Cement Disabled 
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3.5.3 Permeable Zones - Poor Cement Enabled - 
High Pressure Zone 


This profile is used when the permeable zones have a higher pressure than the 
surrounding formations. The higher pressure balanced by the mix water and mud gradient 
creates a surface pressure. 
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Figure 3-26 Permeable Zones - Poor Cement Enabled - High Pressure Zone 
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3.5.4 Permeable Zones — Poor Cement Enabled - 
Low Pressure Zone 


This profile is used when the permeable zones have a lower pressure than the surrounding 
formations. The low pressure balanced by the mix water and mud gradient creates a fluid 
drop at surface. 
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Figure 3-27 Permeable Zones - Poor Cement Enabled - Low Pressure Zone 
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3.5.5 Minimum Formation Pore Pressure — 
TOC Inside Previous Shoe 


This external pressure profile is based on the pore pressure profile specified, mud density, 
TOC, and cement mix-water density. To use this profile, the TOC must be inside the 
previous casing. This profile is only available as a burst criterion for casing strings (not 
liners). The Minimum Formation Pore Pressure external profile always uses a pressure 
profile reflecting the EMW corresponding to the minimum pore pressure gradient in the 
open hole interval (that is, the interval below the prior shoe depth, either applied from 
prior shoe depth or current TOC). This profile is most realistic and is the recommended 
external pressure profile with TOC as in this well configuration. 
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Figure 3-28 Minimum Formation Pore Pressure — TOC Inside Previous Shoe 
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3.5.6 Minimum Formation Pore Pressure - TOC In Open Hole 
(with and without Mud Drop Enabled) 


This external pressure profile is the same as the preceding external profile, with the 
exception of the mud drop option. The option of mud drop is only available if the TOC is 
in open hole (that is, the interval below the shoe of the previous string). This profile is 
most realistic and is the recommended external pressure profile with TOC as in this well 
configuration. 
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Discontinuity at 
Previous Shoe 
w/o Mud Drop 


Equilibrate hydrostatic 
pressure with formation 
pressure at Previous 
Shoe with mud drop. 


Gradient in open 
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corresponding to 
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equivalent mud 
weight (EMW) in 
the interval. 


Figure 3-29 Minimum Formation Pore Pressure — TOC In Open Hole 
(with and without Mud Drop Enabled) 
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3.5.7 Pore Pressure with Seawater Gradient 


This burst external pressure profile is based on a seawater gradient from mean sea level 
(MSL) to the mudline and a linear pressure profile from the pressure at the mudline to the 
pore pressure at the shoe depth for the current string. If this profile is selected for an 
onshore well, the profile simplifies to a linear pressure profile from 0 psig at MSL to the 
pore pressure at the shoe depth for the current string. This external pressure profile has 
the greatest applicability for surface and conductor strings in offshore wells. 


Mean Sea 


No Surface Pressure 
Level 


Seawater Gradient 


MUDLINE 


Semi-Static Pressure 


[Resolves to Pore 
Pressure Profile for a 
Land Well] 


Cement 


Formation Pressure 


Figure 3-30 Pore Pressure with Seawater Gradient 


NOTE: This profile is principally used for an offshore well, but not exclusively. 
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3.5.8 Fluid Gradients (with Pore Pressure) 


This external pressure profile is constructed from a mud density above the TOC, a fluid 
gradient from the TOC to the prior shoe (when applicable), and in open hole, either the 
fluid gradient below the TOC or the pore pressure profile. Tieback strings can only use 
this external pressure profile. 


No Surface Pressure 


Specified Gradient 
(Defaults to Mud Gradient) 


Discontinuity at 
previous shoe with 


pore pressure in 
open hole. —> Specified Gradient 
(Default value of 


E 8.33 ppg) 
Specified pore Used w/o pore 


pressure used 
with pore pressure 
in open hole. 


—> pressure in open 
hole. 


Figure 3-31 Fluid Gradients (with Pore Pressure) 
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3.5.9 Mud and Cement Slurry 


This external pressure profile is based on the mud density from the hanger to the TOC 
and the cement slurry density from the TOC to the shoe. It is identical to the external 
profile used with the Cementing load case, but it can be used with any of the other load 
cases. This is the most conservative external pressure profile and has the most 
applicability to operations associated with inner-string cementing jobs. 


No Surface Pressure 


Mud Gradient 


Lead Cement Slurry Gradient 


Top of Tail 


Tail Cement Slurry Gradient 


Figure 3-32 Mud and Cement Slurry 
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3.5.10 Frac at Prior Shoe with Gas Gradient Above 


This external pressure profile is constructed from the fracture pressure at the prior shoe, a 
gas gradient extending upward from that depth, and a mud gradient extending downward. 
It represents a worst-case collapse external profile where gas flow has occurred behind 
the casing. 


Surface Pressure 


Gas Gradient 


Fracture Pressure at Shoe 


Mud Gradient 


Figure 3-33 Frac at Prior Shoe with Gas Gradient Above 
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3.6 Standard Axial Load Cases 


Axial load cases can be divided into two categories: 


= Dynamic axial loads 


=" Static axial loads 


Dynamic loads are considered loads experienced by the casing during running. These 
loads include shock loads and cement plug bumping loads. The casing is considered to be 
hanging either in running fluid or with wet cement in the hole. Static loads are axial 
conditions following the setting of the cement. Slack off or pickup forces are axial loads 
applied to the string following setting of cement or setting of packer and they alter the 
initial stress state accordingly. Any pressure condition, thermal condition or buckling and 
bending will induce an axial force, and when the string is static, that is, cement is hard 
and the casing is locked in place. 


3.6.1 Running In Hole 


This installation load case represents the maximum axial load that any portion of the 

casing string experiences when running the casing in the hole. It includes the following 

effects: 

= Self weight 

= Buoyancy forces at the end of the pipe and at each cross-sectional area change 

= Wellbore deviation 

= Bending loads superimposed in dogleg regions 

= Shock loads based on an instantaneous deceleration from a velocity 50% greater than 
the average running speed (typically 2-3 feet/second) 


No drag forces are considered. Typically, the maximum axial load experienced by any 
joint in the casing string is the load when the joint is picked up out of the slips after being 
made up. 


NOTE: Define this load case for all long strings and strings with limited connection 
strength. 
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3.6.2 Overpull While Running 


This installation load case models an incremental axial load applied at the surface while 
running the pipe in the hole. Casing designed using this load case should be able to 
withstand an overpull force applied with the shoe at any depth if the casing becomes 
stuck while running in the hole. The following effects are considered: 

= Self weight 

= Buoyancy forces at the end of the pipe and at each cross-sectional area change 

= Wellbore deviation 

= Bending loads superimposed in dogleg regions 

= The applied overpull force 


An overpull force of 100,000 pounds is recommended and should be defined for all 
strings. 


3.6.3 Green Cement Pressure Test 


This installation load case models applying surface pressure after bumping the plug 
during the primary cement job. Since the cement is still in its fluid state, the applied 
pressure will result in a large piston force at the float collar and often results in the worst 
case surface axial load. The following effects are considered: 

= Self weight 

= Buoyancy forces at the end of the pipe and at each cross-sectional area change 

= Wellbore deviation 

= Bending loads superimposed in dogleg regions 

= Piston force due to differential pressure across float collar 

The applied pressure should be based on operational practices. At a minimum, the 


planned bump plug pressure should be used. This load case should be analyzed for all 
strings that are likely to have pressure applied after the cement plug is bumped. 


3.6.4 Service Loads 


For most wells, the three installation loads described above will control axial design. 
However, in wells with uncemented sections of casing and where large pressure or 
temperature changes will occur after the casing is cemented in place, changes in the axial 
load distribution due to the burst and collapse design load cases can be important. 
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The following effects are considered: 


= Self weight 

= Buoyancy forces 

= Wellbore deviation 

= Bending loads 

= Changes in internal or external pressure (ballooning) 
= Temperature changes 


= Buckling 


3.6.5 Drill Ahead 


The Drill Ahead load case is recommended for strings that are not fully cemented in 
order to quantify the bucking that can occur in uncemented sections, which can impact 
casing wear. This load case captures the temperature profile and updated mud density for 
various string types and represents weight up/down after casing landing for drilling 
subsequent hole sections. This load case is applicable for all strings, except the last string. 


3.7 Service Loads 


For most wells, the installation loads described above will control axial design. However, 
in wells with uncemented sections of casing and where large pressure or temperature 
changes will occur after the casing is cemented in place (see Section 3.6.5), changes in 
the axial load distribution due to the burst and collapse design load cases can be 
important. The following effects are to be included in the design analysis: The same will 
affect the loading of tubing strings that are fixed at the packer, see Sections 3.7.1 and 
3.7.2, below. 

= Casing Self weight 

= Buoyancy forces 

= Wellbore deviation 

= Bending loads 

= Changes in internal or external pressure (ballooning) 

= Temperature changes 


= Buckling 


NOTE: In WellCat, these effects are automatically taken into account during analysis 
and are taken into consideration in the StressCheck design. StressCheck 
however, may not account for all the service life loads which may not be burst 
or collapse dominant. 
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Service loads are those loads imposed after the casing string has been cemented in place. 
These loads are typically those loads used as burst and collapse criteria in casing design. 
However, all loads also represent a combined stress environment, which includes the 
effects of: 


= Internal and external pressure changes (ballooning effects due to Poisson's ratio and 
pressure forces at area changes) 

= Temperature changes 

= Bending loads 

= Buckling loads 

= Point loads 

= Unsupported self weight 


= Static friction loads 


NOTE: Equations designed for use with English/oilfield units. 


Service loads are normally calculated assuming a fixed wellhead and zero strain (no 
movement either axially or radial) in cemented intervals. For offshore platform wells 
where the wellhead is not fixed, the fixed wellhead assumption is conservative (except 
when considering axial load distribution on the outer casing strings due to landing inner 
strings of casing). 


In order to correctly calculate the magnitude of service loads, the initial (as cemented) 
conditions need to be accurately modeled as well as the applied load condition. This is 
because it is principally the change in applied temperatures and pressures, which result in 
significant service loads. Over the free length of the casing above the top of cement, these 
changes in temperatures and pressures will have the largest effect on the ballooning and 
temperature load components. The incremental forces due to these effects are given in 
Equation 3-1 and Equation 3-2. 


AF, = 2v(Ap,4, — Ap, A, )+ VL(AP,A, — AP, A, ) 


Where: 
AF pai = incremental force due to ballooning, pounds 
v = Poisson's ratio (0.30 for steel). 
Api = change in surface internal pressure, psi 
Ap = change in surface external pressure, psi 
Aj = cross-sectional area associated with casing ID, inches? 
A, = cross-sectional area associated with casing OD, inches” 
L = free length of casing, in 
AP; = change in internal fluid density, psi/feet 
AP, = change in external fluid density, psi/feet 
Equation 3-1 
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AF ,,,, =—-Q@EA,AT 


temp 


AF temp = incremental force due to temperature change, pounds 

a = thermal expansion coefficient (6.9 x 10° for steel), degrees F’ 
E = Young's modulus of elasticity (30.0 x 10° for steel), psi 

A, = cross-sectional area of tubular, inch? 

AT = average change in temperature over free length, degrees F 


Equation 3-2 


F rending = (z A =| % D(a/L)x A, 


Foending = axial force due to bending, pounds 

E = Young’s modulus of elasticity, psi 

D = nominal outside diameter, inches 

a/L = dogleg severity, deg/feet 

A, = cross sectional area of the tubular, inches” 


Equation 3-3 


All service loads should be evaluated for changes in the axial load profile, triaxial stress, 
and the onset and degree of buckling. Buckling will occur if the buckling force, Fb, is 
greater than a threshold force, Fp, known as the Paslay buckling force. ' 


Where: 


F, =-F, + p,;A;-P,A 


oO 


Fp = buckling force, pounds 

F, = actual axial force (tension positive), pounds 
pi = internal pressure, psi 

Po = external pressure, psi 


Ai= 1P — 2t} , inches? 
Ao = re inches* 


Equation 3-4 


Mitchell, R. F., "Effects of Well Deviation on Helical Buckling", SPE 29462, Proc. 1995 Production 
Operations Symposium, April 1995, pp. 189-198. 
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F, =,/4o(sin0 El/r) 


Where: 


F,= Paslay buckling force, pounds 

w = distributed buoyed weight of casing, pounds 
0 = hole angle, degrees 

EI = pipe bending stiffness, pound/inches” 

R = radial annular clearance, inches 


Equation 3-5 


Buckling criteria are summarized in Table 3-7. 


Table 3-7 Buckling Criteria 


Buckling Force Result 
Magnitude 
Fp < Fp No buckling 
F,<F,< J2 F, Lateral (s-shaped) buckling 


J2 F, <F,<2 JI F, Lateral or helical buckling 


2 J2. F, <F, Helical buckling 


An increase in internal pressure will act on the buckling force in two ways: 


1. Increase F, due to ballooning, which will tend to decrease buckling. 


2. Increase the p;A; term in Equation 3-4 which will tend to increase buckling. 


The second effect is much greater; hence, an increase in internal pressure will result in an 
increase in buckling. 


From Equation 3-2, a temperature increase will result in a reduction in the axial tension 
(or increase in the compression). From Equation 3-4, this reduction in tension will result 
in an increase in buckling. 


Equation 3-5 indicates that the onset and type of buckling is a function of hole angle. Due 
to the stabilizing effect of the lateral distributed force of a casing lying on the low side of 
the hole in an inclined wellbore, a greater force is required to induce buckling. In a 
vertical well, F, = 0 and helical buckling will occur at any F, > 0. 


Buckling of casing should be kept to a minimum to avoid casing wear during drilling 
operations. This can be achieved by landing and cementing the casing in tension. In 
production operations, casing buckling is not normally a critical design issue. A large 
amount of buckling can occur due to increased production temperatures in some wells. A 
check should be made to ensure that plastic deformation or "corkscrewing" will not 
occur. This check is possible using triaxial analysis. Corkscrewing will only occur if the 
triaxial stress exceeds the yield strength of the material. 
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3.7.1 Production Tubing Tension and Compression Loads 


Axial loads (tension or compression) are the most difficult of all loads to accurately 
determine due to the many different forces acting on a string in the well. Axial tensile 
loads are generated by the buoyant weight of the tubing during initial landing operations. 
In addition, some deviation always occurs during drilling, which leads to frictional and 
bending forces in the tubulars. Bending occurs at changes in well direction which cause 
lateral forces to affect tensile loads. Bending can also occur as the result of instability 
caused by pressure forces or slackoff weight. Either the air weight of the tubing or the 
buoyant weight plus a specified amount of overpull (usually 15,000-20,000 pounds) 
normally is assumed to define the maximum tensile load. In many cases, the tubing is 
anchored to a packer, and additional axial tension loads above the buoyant weight of the 
string may be applied at the surface to manipulate tools, provide stability, or overcome 
friction. Also, wellbore pressure and temperature changes may induce additional axial 
loads during subsequent producing or stimulation operations. Depending on specific well 
conditions, the combined loads of buoyant weight and overpull can exceed the air weight 
of the tubing. WellCat should be used to assess stability and loading analysis for the 
specific tubing-to-packer configuration (that is, latched or floating). The string air weight 
can actually occur as a tension load during well operations due to loss of buoyancy. If the 
perforations become plugged, the tubing pressure may be drawn down to near zero, and 
tubing might elongate if it is allowed free movement downward. 


Tension and Compression Loads 
For tension and compression loads: 


1. Use maximum of: 
a. Weight of tubing in air 


b. Buoyant weight of tubing with overpull (workover requirements), usually 
15,000-25,000 pounds, depending on size, weight and grade 


2. Use WellCat for stability and loading analysis for the specific packer-to-tubing 
configurations (that is, latched or floating). 


3.7.2 Production Tubing Helical Buckling 


A maximum helical curvature due to tubing string instability (helical buckling) of 

6 degrees/100 feet is suggested at present for wells in which wireline operations are 
anticipated. This curvature limit is derived from equations for the geometry of a three- 
dimensional helix and is not related to the in-plane bending associated with the build 
zone in a directional well. Although the basis for this limit was obtained from analyses of 
tubing movements, loads, and stability of tubing strings sealed in a packer, this design 
limit is not considered precise. However, operational experience has indicated that if 
tubing strings are designed to maintain helical curvature below 6 degrees/100 feet, 
minimal operational problems in running wireline tools will result. WellCat may be used 
to calculate the maximum tool lengths. 
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3.8 Pipe Ratings 


Pipe ratings are included in the following sections. 


3.8.1 Burst Strength 
The burst strength of a pipe body is derived from Barlow's equation: 


2Y 


p 


~ D/t 


Where: 
P = minimum internal yield pressure, psi 
Yp = minimum yield strength, ksi 
T = nominal wall thickness, inches 
D = nominal outside diameter, inches 


Equation 3-6 


API Bulletin 5C3 quotes the internal yield pressure for a tubular to be a modified version 


of Equation 3-6. 
2Y,t 
P =0.875| — 
D 


P = minimum internal yield pressure, psi 
Yp = minimum yield strength, ksi 

T = nominal wall thickness, inches 

D = nominal outside diameter, inches 


Where: 


Equation 3-7 


Equation 3-7, commonly known as the Modified Barlow Equation, calculates the internal 
pressure at which the tangential (or hoop) stress at the inner wall of the pipe reaches the 
yield strength (YS) of the material. The expression can be derived from the Lamé 
equation for tangential stress by making the thin wall assumption that D/t >> 1. Most 
casing used in the oilfield has a D/t ratio between 15 and 25. The factor of 0.875 
appearing in the equation represents the allowable manufacturing tolerance of -12.5% on 
wall thickness specified in API Specification 5CT (see Section 3.8.7). 
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Since a burst failure will not occur until after the stress exceeds the ultimate tensile 
strength (UTS), using yield strength criteria as a measure of burst strength is an 
inherently overdesigned assumption. This is true for lower grade materials such H-40, 
K-55 and N-80 whose UTS/YS ratio is significantly greater than that of higher grade 
materials such as P-110 and Q-125. 


This burst criterion has three major deficiencies: 


1. For thick wall pipes with a D/t ratio < 12, the thin wall assumption is non- 
conservative and may result in an under designed string. 


2. The effect of axial load is ignored. This is a non-conservative (underdesigning) 
assumption if the pipe is in compression, a conservative (overdesigning) assumption 
for low to moderate tensile loads, and a non-conservative (underdesigning) 
assumption for high tensile loads. 


3. Instead of accounting for the external pressure as a separate variable, the applied 
internal pressure is taken to be the differential pressure, Pi — Po. This is a 
conservative assumption and may result in over design. 


If a triaxial stress check is performed after an axial design has been established, all three 
deficiencies can be quantified and the design modified, if necessary. See Section 3.9 for a 
discussion of triaxial design. The first two deficiencies can be plainly seen in the plot 
shown in Figure 3-34. 
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Figure 3-34 API Burst Rating vs. Triaxial Rating 
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3.8.2 Collapse Strength 


In API Bulletin 5C3, different equations are given to characterize collapse strength in 
four regions based on the pipe's D/t ratio and yield strength. To account for some 
non-conservative combined loading effects, equations are also given for the effect of 
tension and internal pressure on collapse strength. 


Many manufacturers market "high collapse" casing claiming collapse performance 
properties that exceed the ratings calculated using the formulae in API Bulletin 5C3. This 
improved performance is achieved principally by using better manufacturing practices 
and stricter quality assurance programs to reduce ovality, residual stress and eccentricity. 
High collapse casing was initially developed for use in the deeper sections of high- 
pressure wells. The use of high collapse casing has gained wide acceptance in the 
industry, but remains controversial.” When using proprietary high collapse pipe, test data 
should be obtained to evaluate manufacturers’ qualification. (If high collapse casing is 
deemed necessary in a design, appropriate expert advice should be obtained to evaluate 
the manufacturer's qualification test data.) 


3.8.3 Collapse Strength Equations 


For thin wall pipes (D/t > 25+), the equation given in API 5C3 is based on a theoretical 
equation describing an elastic instability failure of the wall, which occurs before the yield 
strength of the material is reached. 


T 46.95 x10° 
* (DjtX(D/t)-1)° 
Where: 


Pg = elastic collapse pressure, psi 
t = nominal wall thickness, inches 
D = nominal outside diameter, inches 


Equation 3-8 


? Klementich, Erich F., “A Rational Characterization of Proprietary High Collapse Casing Grades”, SPE 
30526, Proc. 1995 SPE Conference, October 1995. 
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However, for thick wall pipes (D/t < 15+), the equation given in API 5C3 is based on the 
Lamé equation for tangential stress reaching the yield strength at the inner wall of the 
pipe before the instability failure occurs. 


n =a eine! 


(D/ty 


Where: 


Py = yield strength collapse pressure, psi 
Yp = minimum yield strength, psi 


Equation 3-9 


The majority of the pipes used in the oilfield have a slenderness ratio in the range 

15 < D/t < 25 and do not exhibit collapse behavior which can be described by either 
Equation 3-8 or Equation 3-9. The failure mechanism here appears to be an inelastic 
stability failure for which no satisfactory theoretical expression has been derived. Over 
approximately half of this range, the API collapse criterion is based on 2,488 collapse 
tests performed on K-55, N-80 and P-110 seamless casing. A regression analysis was 
performed using this data to arrive at the "plastic" collapse pressure equation. Between 
the plastic and elastic regions, a numerical curve fit was used to characterize "transition" 
collapse pressure. The plastic and transition equations are found below and are repeated 
in API Bulletin 5C3. 


Where: 
Pp = Plastic collapse pressure, psi 
Pr = Transition collapse pressure, psi 
A, B, C, F, G = Factors found in the following two tables: 
Equation 3-10 
F 
P, =Y, = 
Dit 
Where: 
Pp = Plastic collapse pressure, psi 
Pr = Transition collapse pressure, psi 
A, B, C, F, G = Factors found in the following two tables: 
Equation 3-11 
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Table 3-8 Plastic and Transition Collapse Factors 


Plastic Collapse Factors Transition Collapse Factors 
Grade 


m | C | dtratio | 


a | soos oosa ast 240 
mo | 3.219) oos] — sisif122110 19.8 
jas | 3239) oos] 301] 121110 19.63 
siss | 3279] oos] 3601] 119210 19.19 
F140 | 3.207] oon] _s7si] 1.8410 18.97 
fis0 | sss 0.1021] 4053] 1.67 0 1857 
ris | ssd onog] 4204] 11.5910 1837 
reo | ssr onon] esse] 520 18.19 


Grades indicated without a letter designation are non-API grade and are pipe grades 
either in use or being considered for use and are shown for information purposes. 


In summary, the collapse equations used in API Bulletin 5C3 shown in order of 


increasing D/t ratio are: 


Yield strength collapse Not a collapse pressure, but the pressure at which the pipe begins to yield at the 


inner wall based on the Lamé thick wall elastic equation (see Equation 3-9) 
Plastic collapse Based on empirical data from 2,488 tests (see Equation 3-9) 
Transition collapse A numerical curve fit between the plastic and elastic regions (see Equation 3-10) 


Based on theoretical elastic collapse, this criterion is independent of yield strength 
and applicable to thin wall pipe (see Equation 3-8). 


Elastic collapse 
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A plot of the hoop stress at which collapse or yield failures occur for a material of a given 
yield strength is shown in Figure 3-35. The figure shows the relationship between the 
four API collapse regions. 
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Figure 3-35 Collapse and Yield Behavior 


3.8.4 Effect of Tension on Collapse Resistance 


As casing is subjected to increasing axial stress due to tension, its collapse resistance will 
decrease. This effect is calculated in API Bulletin 5C3 by decreasing the apparent yield 
strength of the material. 


Where: 


Ypa = reduced yield strength of axial stress equivalent grade, psi 
F, = axial stress, psi 
Yp = minimum yield strength, psi 


Equation 3-12 


This reduced yield strength is then used with the appropriate collapse equation to 
calculate a reduced collapse resistance. Equation 3-12 is based on the Hencky-von Mises 
maximum strain energy of distortion theory of yielding. This is the theory used to derive 
the triaxial or von Mises equivalent (VME) stress. In this case, the radial stress is 
assumed to be negligible (a thin wall assumption). 


Equation 3-12 is a biaxial effect, which only applies to elastic yield failure (that is, the 
yield collapse region). However, it is applied to all of the collapse regions discussed in 
this section. This is a conservative assumption since with increasing D/t ratios, the effects 
of elastic instability reduce the amount of correction required. 
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It should be noted that for low and moderate levels of negative axial load or compression, 
the collapse resistance is increased. This increased resistance is not normally considered 
in collapse design. 


3.8.5 Effect of Internal Pressure on Collapse Resistance 


As with increasing tension, casing subjected to increasing internal pressure will have its 
collapse resistance decreased. Standard API collapse ratings assume zero internal 
pressure. Instead of reducing collapse resistance as a function of internal pressure, the 
API has chosen to account for internal pressure by defining an equivalent external 
pressure. Equivalent external pressure is a function of internal pressure, external pressure, 


and D/t. 
pep op 
E 


Pe = equivalent external pressure, psi 
P, = external pressure, psi 
P; = internal pressure, psi 


Where: 


Equation 3-13 


Note that Pe is always greater than or equal to the differential pressure, Po - Pi. This 
relationship can be derived from Lamé if higher order terms are ignored. To provide a 
more intuitive understanding of this relationship, Equation 3-13 can be rewritten as: 


P.D=P,D-Pd 
Where: 


d = nominal inside diameter, inches 


Equation 3-14 


The equation is based on the external pressure acting on the outside diameter and the 
internal pressure acting on the inside diameter. 
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3.8.6 Axial Strength 


The axial strength of the pipe body is determined by the pipe body yield strength formula 
found in API Bulletin 5C3. 


F, =“(p* -a’y, 


y 


Where: 


Fy = pipe body axial strength, lbs 
Yp = minimum yield strength, psi 
D = nominal outer diameter, in 
D = nominal inner diameter, in 


Equation 3-15 


The axial strength is the product of the cross-sectional area and the yield strength and that 
the formula is based on nominal dimensions. The manufacture of seamless pipe, per API 
Specification 5CT allows for greater variances in wall thickness due to eccentricity 

(see Section 3.8.7) than variances in the nominal diameters. Axial strengths less than the 
nominal value calculated using Equation 3-14 are accounted for in the design process by 
using an appropriate design factor. 


3.8.7 Reduced Wall vs. Nominal Dimensions 


The use of a minimum wall section is practically universal in the oilfield when 
calculating the burst rating of casing. The minimum section represents a permissible 
12.5% wall loss due to acceptable tolerances in the piercing and rolling process of 
manufacturing seamless pipe (see Figure 3-36). This is consistent with the internal yield 
pressure equation used in API Bulletin 5C3 to characterize burst resistance, as in 
Equation 3-9. 
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Similarly, the use of a wall section based on nominal dimensions to calculate collapse 
and axial resistance is nearly as widespread. Most collapse failures in the oilfield are 
inelastic stability failures for which no standard theoretical equation has been derived. 
The expression for "plastic" collapse used in API Bulletin 5C3 is based on a statistical 
regression analysis on empirical data. The statistical analysis accounts for dimensional 
tolerances; hence, nominal dimensions should be used with this collapse equation. 
Nominal dimensions should also be used when calculating axial ratings because the 
piercing process during manufacture may result in non-uniform wall thickness; the cross- 
sectional area of the pipe will remain constant (see Figure 3-36). The equation used in 
API Bulletin 5C3 to define the axial rating is based on the product of the cross-sectional 
area and the yield strength. 


87.5% of nominal 
J pipe thickness. 


Pipe cross-sectional 
area remains 
constant even when 
the thickness is 
non-uniform due to 
eccentricity. 


Figure 3-36 Reduced Wall Section 


3.8.8 Deration of Yield Strength with Temperature 


Both the burst and axial ratings are proportional to the yield strength of the material. The 
collapse rating may or may not be a strong function of the yield strength. Minimum yield 
strength values for standard grades are provided in API Specification SCT and should be 
used as a starting point when calculating the pipe strength. However, yield strength is 
temperature dependent. In most grades of low alloy carbon steel used in the oilfield, this 
dependence is approximately linear and can be characterized as a reduction of 0.03% per 
degrees F. A large amount of scatter in the yield strength reduction data exists provided 
by casing manufacturers, but 0.03% per degrees F is a representative mean value. 

Table 3-10 shows this dependence using a correction factor. 
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Table 3-9 Deration of Yield Strength for Carbon Steel, 
Based on 0.03% per Degrees F 


Temperature Yield 
Strength 
°F IG Correction 
Factor 
68 20 1.000 
122 50 0.983 
212 100 0.956 
302 150 0.929 
392 200 0.902 


In most wells, the effect of yield strength deration is small, except for wells with 
temperatures exceeding 250 degrees F. The effect of temperature on yield strength should 
always be considered using anticipated temperatures associated with the selected load 
cases. The above factor is based on carbon steel, when dealing with chromes and alloys 
the manufacturer of the material can provide the temperature deration schedule. 


The mechanical integrity of the pipes is also reduced for wells drilled in the permafrost 
regions. For information on how they are affected, see ConocoPhillips Alaska's Oil 
Country Tubular Specification, OCTS SPC-PT-NS-80506, located in Attachment E. 


3.9  Triaxial Design 


3.9.1 Theory 


With the exception of the combined loading effects on collapse discussed in Section 3.8.4 
and Section 3.8.5, all the pipe strength equations presented to this point have been based 
on a uniaxial stress state (that is, a state where only one of the three principal stresses is 
non-zero). This situation essentially never occurs in oilfield applications since pipe in a 
wellbore is always subjected to combined loading conditions. 
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The fundamental basis of casing design is that if stresses in the pipe wall exceed the yield 
strength of the material, a failure condition exists. Hence, the yield strength is a measure 
of the maximum allowable stress. The yield strength is defined as the nominal uniaxial 
stress at which the material exhibits a specific deformation based on tensile testing. 


Nominal Stress, o 


Ultimate Tensile Strength — Josssssessseessseeesssseensneeensneeennseeensseernaresenseermsesesenre assy 


API Yield Strength 
0.2% proof yield 


Elastic Limit 


Failure 


Ductile Zone Brittle Zone 


«— Plastic Deformation ———————» 


Total Strain, € 


Elastic limit The point to which the material can be deformed (stretched) and 
return to its original shape and dimension 


0.2% proof stress (minimum yield) The exact position of the elastic limit is difficult to define 
experimentally, so to overcome the problem a proof stress is 
defined. The 0.2% is the stress required to produce a permanent 
strain of 0.002 on removal of the stress. 


API yield 0.5% As with the proof stress above, API defined at 0.5%. 
Ultimate tensile strength The maximum value of stress that any material can withstand. 
Failure The point when the material finally breaks or parts. 


Figure 3-37 Stress-Strain Diagram for Ductile Material 


API Specification 5CT defines the yield strength as the stress which occurs at 0.5% total 
strain for materials up to 95,000 psi yield strength, at 0.6% total strain for 110,000 psi 
yield strength, and at 0.65% total strain for 125,000 psi yield strength. Since actual 
material failure is not imminent until the stress reaches the ultimate tensile strength, use 
of the yield strength as the maximum allowable stress is inherently conservative. 


Triaxial stress analysis provides a convenient method of comparing a generalized three- 
dimensional stress state with the yield strength (that is, the uniaxial failure criterion). It is 
based on the Hencky-von Mises "strain energy of distortion" theory given in most 
strength of materials textbooks. 
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U= lo, -0,} +o, -03} + (0; -0,}] 


Where: 


Up = strain energy of distortion per unit volume, psi 
v = Poisson's ratio 

E = Modulus of elasticity or Young's modulus, psi 
01, O2, O3 = principal stresses, psi 


Equation 3-16 
During tensile testing, the onset of yielding occurs when the axial stress reaches the yield 


strength. Since this is a uniaxial test, ol = Yp and o2 = o3 = 0. In this case, 
Equation 3-16 becomes: 


U, -“ by] 


Where: 
Yp = yield strength, psi 
Equation 3-17 


Solving Equation 3-16 and Equation 3-17 simultaneously results in the triaxial or von 
Mises failure criterion. 


1 
Y, 2 OymE -zlo -o,) +(o, -0;) 


Where: 


o VME = the von Mises equivalent stress or triaxial stress, psi 


Equation 3-18 


As long as the yield strength of the material is greater than or equal to the calculated 
triaxial stress, the triaxial failure criterion is met. It is important to note that if the yield 
strength of the casing has been reduced due to temperature in the wellbore, the reduced 
yield strength should be used when performing triaxial analysis. 


The triaxial stress can approach the yield strength only if the differences between the 
principal stresses are large. The absolute value of all the principal stresses can be very 
large, but if they are all equal, the triaxial stress will be zero indicating that the principal 
stresses are not contributing to material yield at all. This situation occurs when casing is 
subjected to hydrostatic forces only. 
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When performing casing design, the principal stresses are expressed in cylindrical 
coordinates as follows: 


1 
Ome = V2 (o. -= 


Where: 


©z = axial stress (principal), psi 
Oo = tangential or hoop stress (principal), psi 
0, = radial stress (principal), psi 


Equation 3-19 


Principal stresses in a tube expressed in cylindrical coordinates are shown in Figure 3-38. 


C 


S. i 


Figure 3-38 Principal Stresses in Tubular Analysis 


The calculated axial stress at any point along the cross sectional area should include the 
effects of self-weight, buoyancy, pressure loads, bending, shock loads, frictional drag, 
point loads, temperature loads, and buckling loads. Except for bending and buckling 
loads, axial loads are normally considered constant over the entire cross-sectional area. 


The tangential and radial stresses are calculated using the Lamé equations for thick wall 
cylinders. 


Where: 
P; = internal pressure, psi 
Po = external pressure, psi 
ri = inner wall radius, in 
r= outer wall radius, in 
r = radius at which the stress occurs. 
Equation 3-20 
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Where: 


P; = internal pressure, psi 

Po = external pressure, psi 

r; = inner wall radius, inches 

r= outer wall radius, inches 

r =radius at which the stress occurs 


Equation 3-21 


It is important to note that the absolute value of © is always greatest at the inner wall of 
the pipe and that for burst and collapse loads where |P; — P,| >> 0, then |oo] >> |o]. For 
any P; and Po combination, the sum of the tangential and radial stresses is constant at all 
points in the casing wall. 


The maximum triaxial stress usually occurs at the inner wall of the pipe. However, when 
bending and/or torque is applied, the maximum stress can occur either at the ID or OD. 
Both need to be checked when performing a triaxial analysis. 


Assuming that oz and o9 >> or, Equation 3-19 becomes: 


lo? T 
Oymue ~“ |0; -0,0 +09 


Equation 3-22 


This is the biaxial criterion used in API Bulletin 5C3 to account for the effect of tension 
on collapse (see Section 3.8.4). It is also often used to characterize the effect of axial load 
on the API burst resistance (the biaxial Barlow method). 


If shear stresses resulting from formation compaction or torque are considered, 
Equation 3-19 can be expressed as: 


(o. -0,} +(o,-0,) +0, -0.} + 602, +602 +602” 


1 
Cnn = -FF 
VME fry 


Where: 
TZO, tOr, trz = shear stresses, psi 
Equation 3-23 
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Normally, the shear stresses Tør and Tz are negligible in oilfield applications. The 
torsional shear stress due to torque is given by: 


Where: 
T = torque, lb-feet 
Equation 3-24 


3.9.2 Practical Usage 


In the past, detailed triaxial analyses were performed on a limited basis when designing 
casing because of the tedious effort required for calculating all the loads and resultant 
stresses at numerous depths by hand. This effort was typically reserved for high pressure, 
high temperature wells, which required thick wall pipe and for which a consideration of 
the combined stress state was critical to the design. Little effort is required to perform 
triaxial analyses, with the computing tools available to design engineers. Because of this, 
a triaxial check should be performed on all designs. 


The triaxial yield criterion can be represented by a cylindrical yield envelope. Stresses in 
the material which lie within the cylinder will not cause the material to yield while those 
that fall outside will. The portion of the yield envelope, which intersects the plane of zero 
radial stress, forms an ellipse. This ellipse can be directly compared with the uniaxial 
burst and axial ratings and the biaxial collapse rating defined in API Bulletin 5C3. 
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Figure 3-39 Design Limit Plot 
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In some cases, triaxial analysis will indicate that a design can be made less conservative. 
In others, it will expose underdesigned designs. In other situations, the triaxial criterion 
does not apply to the design at all. These issues are discussed in the following sections. 


3.9.3 Combined Burst and Compression Loading 


Combined burst and compression loading corresponds to the upper left-hand quadrant of 
Figure 3-39. This is the region where triaxial analysis is most critical because reliance on 
the uniaxial criteria alone would not predict several possible failures. 


For high burst loads (that is, high tangential stress) and moderate compression, a burst 
failure can occur at a differential pressure less than the API burst pressure. For high 
compression and moderate burst loads, the failure mode is usually permanent 
corkscrewing (that is, plastic deformation due to helical buckling). 


This combined loading typically occurs when a high internal pressure is experienced (due 
to a tubing leak or a build up of annular pressure) after the casing temperature has been 
increased due to production. The temperature increase in the uncemented portion of the 
casing causes thermal growth, which can result in significant increases in compression 
and buckling. The increase in internal pressure also results in increased buckling. 


3.9.4 Combined Burst and Tension Loading 


Combined burst and tension loading corresponds to the upper right-hand quadrant of 
Figure 3-39. This region is where reliance on the uniaxial criteria alone can result in a 
design, which is more conservative than necessary. 


For high burst loads and moderate tension, a burst yield failure will not occur until after 
the API burst pressure has been exceeded. As the tension approaches the axial limit, a 
burst failure can occur at a differential pressure less than the API value. For high tension 
and moderate burst loads, pipe body yield will not occur until a tension greater than the 
uniaxial rating is reached. 


Taking advantage of the increase in burst resistance in the presence of tension represents 
an opportunity for the design engineer to save money while maintaining wellbore 
integrity. Similarly, the designer might wish to allow loads, which fall between the 
uniaxial and triaxial tension ratings. However, great care should be taken in the latter case 
because of the uncertainty of what burst pressure may be seen in conjunction with a high 
tensile load (an exception to this is the green cement pressure test load case discussed in 
Section 3.6). In addition, connection ratings may limit the ability to design in this region. 
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3.9.5 Combined Collapse and Tension Loading 


For most pipes used in the oilfield, collapse is an instability failure, which occurs before 
the computed maximum triaxial stress reaches the yield strength (see Section 3.8.4). The 
triaxial criterion should not be used with collapse loads. The one exception is for thick 
wall pipes with a low D/t ratio, which have an API rating in the yield strength collapse 
region. This collapse criterion along with the effects of tension and internal pressure 
(which are triaxial effects) result in the API criterion being essentially identical to the 
triaxial method in the lower right-hand quadrant of the triaxial ellipse for thick wall 


pipes. 


3.9.6 Combined Collapse and Compression Loading 


For high compression and moderate collapse loads experienced in the lower left-hand 
quadrant of Figure 3-39, the failure mode is usually permanent corkscrewing due to 
helical buckling. It is appropriate to use the triaxial criterion in this case. This load 
combination typically only can occur in wells experiencing a large increase in 
temperature due to production. The combination of a collapse load (which causes reverse 
ballooning) and a temperature increase acts to increase compression in the uncemented 
portion of the string. 


3.9.7 Nominal Dimensions and Design Factor 


Section 3.8.7 discusses the use of a minimum wall for burst calculations and nominal 
dimensions for collapse and axial calculations. Arguments can be made for using either 
assumption in the case of triaxial design. Nominal dimensions are recommended for use 
in triaxial analysis. Of more importance than the choice of dimensional assumptions is 
that the results of the triaxial analysis should be consistent with the uniaxial ratings with 
which they may be compared. 


Section 3.9.3 and Section 3.9.4 indicate that a triaxial analysis provides the most value 
when evaluating burst loads. It is consistent to calibrate the triaxial analysis to be 
compatible with the uniaxial burst analysis. This can be performed by the appropriate 
selection of a design factor of 1.25 for triaxial analyses and burst design factor of 1.10. 
Since the triaxial result nominally reduces to the uniaxial burst result when no axial load 
is applied, the results of both of these analyses should be equivalent. 
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3.9.8 Summary 


Figure 3-40 illustrates the triaxial, uniaxial and biaxial limits that should be used in 
casing design along with the example design factors. Note that ConocoPhillips is using a 
1.15 and 1.20 burst design factor for casing and tubing respectively. 
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Figure 3-40 Governing Design Limits 


Engineering judgment should prevail as to the final design criteria to follow when casing 
design results reveal that a string meets triaxial design but not uniaxial design. Many 
operators will take advantage of the dark shaded region of Figure 3-40, called the 
"Region of more efficient design", where triaxial design is met but not uniaxial burst 
design criteria. The decision to do so, however, will depend on the nature of the well. If 
the well is critical in nature, risk may outweigh any benefits that might be derived by 
taking advantage of this region. The uniaxial design criteria must be used where the 
triaxial ellipse extends beyond the tension, collapse, or compression uniaxial design lines. 


3.10 Kick Tolerances in Casing Design 


Kick tolerance is an estimate of the volume of a gas influx at bottomhole conditions that 
can be safely shut in and circulated out of the well. 


The casing seat determination process described in Section 1.4 can be more appropriately 
defined by using a kick volume tolerance calculation for the design basis. The commonly 
used kick margin, of 0.5 Ibm/gal, allows for uncertainties in the predicted versus the 
actual pressure at which the formation will fracture, and the additional pressure that 
results from circulating a certain kick volume from the hole without exceeding the 
fracture pressure at the casing seat. 
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The kick volume tolerance calculation is based on the Driller's Method (two circulations) 
of circulating out a gas kick using a constant bottomhole pressure. This method is 
preferred since the Driller's Method results in higher pressures in the wellbore compared 
to the Wait and Weight Method (single circulation). The gas influx is considered to be a 
single gas bubble in order to determine the maximum pressures. The calculations will 
determine the wellbore pressure at the top of the gas bubble and the maximum volume of 
influx that can be safely circulated from the wellbore. 


3.10.1 How to Calculate Kick Tolerance 


The kick tolerance should be calculated at initial shut-in conditions and when the kick is 
displaced to the openhole weak point. (This may not be the casing shoe.) 


In calculating the kick tolerance, the following must be considered: 


= Additional pressures caused by displacing the kick from the hole 


= Maximum allowable pressure at the open hole weak point 
The following procedure can be used for calculating the kick tolerance for casing design: 


1. Estimate the safety margin to be applied to the leakoff pressure at the open hole 
weak point. When the influx is displaced from the hole, there will be additional 
pressures acting in the wellbore. Following are possible causes of such additional 
pressure during circulation: 

e Annulus friction 


e Choke operator error 

e Choke line losses (if not compensated) 
The total safety margin to be applied to the leakoff pressure will be the sum of these 
additional pressures. The maximum allowable static weak point pressure can 


therefore be determined. (The maximum allowable weak point pressure before 
circulation is initiated.) 


The Drilling Engineers must use their best judgment to determine the most 
appropriate safety factor to be applied to the leakoff pressure at the open hole weak 
point. This recommended safety margin is 0.2 lbm/gal at the weakest point in the 
openhole, but can be increased based on operating area experience. 


2. Calculate the maximum allowable static weak point pressure (Pmax). 
The maximum allowable pressure is given by: 


P ax = Po — (safety margin)( psi) 


Where: 


Pmax = Maximum allowable weak point pressure (psi) 
Pio = leakoff pressure at the open hole weak point (psi) 


Equation 3-25 
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3. Calculate the maximum allowable height of Influx in the open hole section. 
The maximum height of influx that can be taken in the open hole without exceeding 
Pmax at Dup is given by: 
Prax ~ Pf + (TD - D „p )MWx0.052 
0.052xMW — Gg 


H = 


Where: 


H = height of influx (feet) 

P nax = maximum allowable pressure at the open hole weak point (psi) 
MW = mud weight in the hole (lbm/gal) 

Gg = gas gradient psi/feet 

TD = bit depth (feet) True vertical depth (TVD) 

Pf = formation pressure at TD psi 

Dyp = depth of shoe or weak point 


Equation 3-26 
Calculate the volume that this height corresponds to at initial shut-in conditions. 
At initial shut-in conditions, this can be converted to an influx volume, as follows: 
V, =HxC, (bbl) 


Where: 


V, = kick tolerance for initial influx (bb/) 
Cı = annular capacity at the BHA (bbl/feet) 


Equation 3-27 


C; must be determined bearing in mind the hole dimensions in relation to the height 
of the influx, H. For example, if H is greater than the height of the BHA, both the 
capacity at the drillpipe/open hole annulus and the drill collar/open hole annulus 
must be used to calculate the kick tolerance, V. 


Calculate the volume that this height corresponds to when the top of the influx has 
been circulated to the open hole weak point. 


This height corresponds to a volume at the open hole weak point given by: 
Vwp=HxC(bbl) 
Where: 


C = annular capacity below the open hole weak point (bb//feet) 
Equation 3-28 


C must be determined bearing in mind the hole dimensions immediately below the 
open hole weak point in relation to the height of the influx, H. 
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Calculate what V,,, (as calculated in (5)) would be at initial shut-in conditions. Use 
Boyle's law to convert this volume to its original volume at initial SZ conditions (V2): 


P,xV=P,xV, 
or in this case: 


P,x V, = PrraxX ae 


a 
V, =R max 
Py 


Equation 3-29 
The kick tolerance is the lower of V; and V2. 


Example: The following is an example kick tolerance calculation: 


Bit depth: 13,123 feet 
Estimated pore pressure at 13,123 feet: 13.2 Ibm/gal 
Last casing shoe at 8,842 feet 
LOT Equivalent mud weight: 14.3 lbm/gal at shoe 
Current hole size: 12 4 inches 
Drillstring OD 5 inches 
BHA length/OD: 597 feet/8 inches 
Safety margin for choke operator error: 92 psi 


Annular capacity = Hole diam2 — Pipe OD2/1029.4 


a. Estimate the 0.2 lbm/gal error margin to be applied to the leakoff pressure at the 
open hole weak point. 


Total safety margin on leakoff pressure = 0.2 x 0.052 x 8848 feet = 92 psi 


b. Calculate the maximum allowable static weak point pressure (Pmax). 
Maximum allowable static pressure at shoe: 


(14.3x8842x0.052) —92 = 6483 psi 
Formation pressure Py is given by: 
P, =13123x13.2x0.052 = 9008 psi 


c. Calculate the maximum allowable height of influx in the open hole section. 


6483 — 9008 + (131 —8842)(13.2x0.052) 


H= 
0.052(13.2) —0.1 
H = 704 feet 
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d. Calculate the volume that this height corresponds to above the bit. 

Vıdp= (704-597) feet x 0.1215 (bbl/feet) 


= 13 bbl 
Vidc= (597) feet x 0.0.0836 (bb//feet) 
= 49.9 bbl 
V, =V ae tV tae = 13 + 49.9 = 62.9 bbl 


e. Calculate the volume that this height corresponds to when the top of the influx is 
at the open hole weak point. 


Vip = 704 x 0.12149 bbl 


= 85.5 bbl 
f. Calculate what this volume (as calculated in (e)) would be at initial shut-in 
conditions. 
= 6483x85.5 -61.5bb1 
9008 


Therefore, the kick volume tolerance is V; that is, 61.5 bbl. 
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Recommended Minimum Kick Tolerance Volumes 


The following are minimum recommendations as discussed in Chapter 1.0. As a starting 
point in casing design, these should provide an adequate basis for casing seat selection. If 
casing seat selection is limited, due to a narrow pore pressure - fracture gradient window, 
these minimums may need to be adjusted. 


Table 3-10 Recommended Minimum Kick Tolerance Volumes 


Hole Size Expl/Appr Well Dev Well 
17 '4 inches 100 70 
12 1⁄4 inches 70 50 
8 4 inches 50 30 
6 inches 30 20 
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3.11 Maximum Surface Pressure 


The maximum pressure that can be expected at the surface when drilling is when gas first 
reaches the surface when circulating out a kick of a given volume, with the shoe strength 
being the limiting factor. The method presented below was developed by Peter Mills in 
1984? and is used extensively by industry to determine casing pressure profiles during 
well control situations and pressure when gas is first at surface. This method is used to 
determine the maximum expected surface pressure the casing may be exposed to during a 
kick situation. Casing designs should always be calculated based on the Driller's Method 
with influx volumes and factors with no failure at the previous casing shoe. This ensures 
that the near surface casing burst capacity is sufficient for the maximum possible internal 
pressure. 


1/2 
_| 8S?  K(MW 0.052 ) S 
Psurf t 
i 4 C 2 


Where: 


P suf = Maximum pressure at top of influx 
S= (TD, feet TVD) ( MW ) (0.052) + P injux - BHP 


Equation 3-30 
For subsea operations with the BOP on the seabed at depth D m, 


S=( TD, tvd - Dy) (MW ) (0.052) + Pin: - BHP 


TD, ft = Deepest openhole section, TVD ft 
MW = Mud weight in the hole, equal to the expected pore pressure plus 
any overbalance as a trip or safety margin. 
P influx = Hydrostatic pressure of initial gas influx, psi (h gas x gas gradient) 
BHP = Bottomhole pressure of kick volume, estimated worst case 
C= Annular capacity below surface, bbl/ft (Casing ID? — 
Drillpipe OD’)/1029.4 
K= Pox Vox Zax Tz, where Zo x To 
Po = Initial influx pressure. psi 
To = Initial influx temperature (degrees Renkine [R]) 
Zo = Initial compressibility of influx 
V = Initial influx volume, bbl 
P= Pressure at depth if interest, psi 
Ta = Temperature at depth of interest, (degrees R) 
Za = Compressibility of influx at depth of interest 


Equation 3-31 


3 Mills, Peter G. “Blowout Prevention — Theory and Practice” copyright 1984, International Human 
Resources Development Corporation. Pg 57-68. 
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As in the kick tolerance example, above, using the same basic information: 
Calculate the maximum estimated shoe strength including a 0.2 lbm/gal fracture margin: 
P;= (LOTest + 0.2 Ibm/gal) (0.052) (8842) = 6667 psi at 8842 feet TVD 
Calculate the BHP, estimating a 13.6 lbm/gal maximum possible pore pressure: 
BHP = (13.6)(0.052)(13123) = 9280 psi 


Calculate the hydrostatic of the gas influx, Agas of a 61.5 bbl kick, V2 from the previous 
example: 


61.5 bbl = 597 feet across the BHA and 11.6 bbl in a 12-1/4 inch x 5 inch annulus 
The height of the influx in the drillpipe x openhole annulus is: 
11.6 bbi/ (12.25° - 5°)/1029.4 bbl/feet = 95 feet 


Plus the height of the influx across the BHA of 597 feet yields a total influx height of 
95 + 597 feet or 692 feet. 


Using a 0.1 psi/feet gas gradient, this yields a gas influx hydrostatic of 69 psi. 
Calculate the factor S: 

S = (TD) (MW) (0.052) + Pinftux - BHP 

= (13123)(13.2)(0.052) + 69 — 9280 
= - 203 psi 
Determine the K factor: 
K = Pox Vox Zax Ta 
Zox To 


In this example, for simplification, the effects of temperature and compressibility are 
ignored, and 


_ P,xV, = BHP(V) 
570720 


= (9280)(61.5) 
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Determine the Annular capacity factor, C for the geometry below the wellhead; 


C = (12.25? - 5°/1029.4 = 0.1215 bbl/feet 


/ 
S? K(MW_\(0.052 ) weg 
4 C 2 


Solve for Psurf= 


= [(-203)/4 + (570720)(13.2)(0.052)/0.1215] (-203)/2 
= (10302 + 3224216) 24104 
Psu¢= 1902 psi 


Hence the expected maximum choke pressure for the example kick tolerance volume and 
kick intensity is 1,900 psi, and the minimum required burst rating for this particular 
casing string. 


A check of the expected pressures at the casing shoe, can be determined using the same 
methodology, adjusted for the change in pressure of the influx volume at the casing shoe 
when circulating the influx out of the hole. 
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4.0 Casing and Tubing Wear 


This section addresses casing and tubing wear. 


4.1 Casing Wear Design Guidelines 


Casing wear is an important consideration in planning and drilling wells and 
understanding its cause can minimize its potential impact. 


Casing wear takes place in straight and deviated wells, so its impact in straight holes is 
important. There has been a conscious effort not to include automatic wear or allowance 
factors in the design factors. Engineers should look at potential wear based on each 
individual well design. The following steps should be included in the design process to 
account for casing wear: 


= Perform the casing design and calculate the absolute safety factor based on burst and 
collapse design loads. 


= Run the current version of CWEAR™, a casing wear modeling program developed 
by Maurer Engineering, on all wells to determine the potential for wear. 


In straight holes, a 2 degrees dogleg severity with some tortuosity should be imposed 
in the surface casing hole section and maintained in the subsequent casing strings to 
determine if the sideloads exceed the threshold pressure of 250 psi. A sideload of 

250 psi between the drill pipe tool joint and the casing is the load that transitions from 
grinding wear to machining wear. In deviated wells, the actual directional plan with 
an added 2 degrees dogleg severity with some tortuosity should be imposed in the 
angle build section and be maintained in the subsequent casing strings, to determine if 
the directional plan exceeds the threshold pressure of 250 psi. 


= In addition to determining the sideloads, a wear prediction should be run. If the wear 
prediction indicates less than 10% wear, new burst and collapse properties should be 
calculated and the casing should be reevaluated to determine that it is still within the 
ConocoPhillips minimum design factors. Check the directional program and drilling 
practices (handbanding, mud, and lubricants) to determine whether they can be 
modified to reduce wear tendencies. If they cannot be modified, mitigate by 
increasing the weight of the casing until it meets the minimum design factor, or 
protect the casing from wear. If the wear prediction indicates more than 10% wear, 
then protect the casing from wear. See Section 4.3 and Section 4.5. 


4.2 Causes of Casing Wear 


The primary cause of casing wear is the rotation of the drill string against the casing wall. 
The resulting wall loss can have a major detrimental effect on the mechanical integrity of 
casing systems and should be included in the design premise. 
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Factors affecting casing wear: 


= Increasing contact force between the drill string and the casing 


Specific regions of concern are build, drop, and turn sections in deviated wells 
(particularly in the shallow regions of the wellbore), localized doglegs, and buckled 
sections of casing 


= Rotation of drill strings, casing, and BHAs 


= Increasing contact time 


Of concern are sections exposed to slow penetration rates over long intervals, and 
multiple hole sections drilled below casing strings 


= Type of tool joint hardbanding 
= Type and weight of mud being used 


Depending upon the operating conditions, three different wear mechanisms occur: 


= Adhesive wear 
= Abrasive wear — Machining 


= Abrasive Wear — Grinding/Polishing 


4.2.1 Adhesive Wear 


Adhesive wear is also known as galling and involves the transfer of material from one 
surface to another, by solid-phase "welding" (see Figure 4-1). Transfer commonly occurs 
from the casing to the tool joint. This process may result in the production of loose wear 
particles that can be flake-like wear debris. 


Tool 
4— joint 
© CO) @ o 
Steel Casing 
Adhesion Transport Flake Formation 


Figure 4-1 Adhesive Wear 


4.2.2 Abrasive Wear - Machining 


Machining is the removal of material from one surface due to the cutting action of hard 
projections on another as seen in Figure 4-2. Commonly, tungsten carbide particles of 
tool joint hardbanding are exposed as the softer binding material holding the particles in 
place wears away. Alternatively, hard particles may become embedded in one surface and 
machine the other. The resulting wear debris resembles long chips or "steel wool." 
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Tool Joint 


Chap 


Stoni Casing 
Figure 4-2 Machining Wear 


4.2.3 Abrasive Wear - Grinding/Polishing 


Grinding or polishing occurs when hard particles become trapped between the tool joint 
and casing surfaces and abrade one or both. This process is known as "ploughing" and is 
characterized as the formation of grooves or grinding producing a honed surface and fine 
powdery wear debris (see Figure 4-3). 


3 GO GO G 
Steal Casing Pessdior 


Figure 4-3 Grinding Wear 


Important points to note about the wear mechanisms include: 


= The wear rate increases by two to three orders of magnitude through the transition 
from grinding to machining wear. 


NOTE: Most casing wear is a type of machining and is generally caused by a poor 
choice of hardbanding materials. 


= The wear process determines the condition of the two sliding surfaces which in turn 
governs the friction. High friction and low wear can occur simultaneously, for 
example, a car brake shoe. 


4.3 Predicting Casing Wear 


Controlling the wear mechanism is key to minimizing casing wear. However, it is 
impossible to rank individual parameters as each contributes to balancing the whole 
system. Tests have shown that tripping pipe does not normally contribute to more than 
five percent of the wear depth. This is because the wear mechanism is due to ploughing 
and not a function of the mechanisms in the previous section. 
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Figure 4-4, shows that as a wear groove deepens, the area of contact between the tool 
joint and the casing increases. For a constant sideload, this equates to a decreasing 
contact pressure. It has been shown experimentally that the contact pressure between the 
two surfaces governs the wear mechanism. 


Figure 4-4 Contact Pressure vs. Load 


The transition between machining and grinding appears to occur at approximately 250 psi 
(see Figure 4-5). In practice, this means that the high initial contact pressure caused when 
the tool joint and casing first touches, causes severe machine wear. In turn, as the load is 
distributed, the load decreases quickly to a steady state of grinding wear. Figure 4-6 
shows the empirical result of full-scale handbanding/casing wear tests under two loads 
which validate this statement. Note the wear rate flattens when the wear grove depth 


reaches 0.15 inch. 


4 
| Grinding Machining / 
$ Adhesive Wear 
© 
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Contact Pressure (psi) 
Figure 4-5 Machining and Grinding Transition 
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Figure 4-6 Experimentally Measured Wear Factor 


Casing wear cannot occur unless the drillstring touches the inside of the casing. The main 
cause of a drillstring contacting the casing is a "dogleg". The typical method for 
measuring doglegs is in degrees per 100 feet. This gives an average value over the length. 
Unfortunately, casing wear often occurs around severe "local" doglegs (< 100 feet), and 
what appears to be a smooth survey profile may contain a higher dogleg severity than 
measured. 


When designing a well profile, note the importance of the effect a local dogleg would 
have on the life of the casing. Empirical data have shown that build and drop rates of 
directional wells can be locally exceeded by at least 1.75 times the planned rate. Well 
profiles should be checked for sensitivity to these unplanned doglegs by using the current 
version of the CWEAR™ program. 


NOTE: The wear factor used within the CWEAR™ program is important in predicting 
casing wear. The data vary significantly depending on casing material, tool 
joint hard banding, fluids, solids and other variables. Special attention should 
be given to matching the expected conditions to the data available. Even small 
differences in condition data can result in large analysis errors. In some cases 
it is suggested that specific tests be performed, if available data does not 
closely resemble the expected conditions. 


Data Link: 

\\conoco.net\ho_shared\MaxWell\DRLG Apps\ DEO\HoustonCentre\Maurer DEA42 Phase5 1 
7Mar2000\@\Reports 

No preferred well profiles exist to minimize casing wear. Using a deep kickoff can 
minimize high sidewall forces. Therefore, most horizontal wells do not suffer from severe 
casing wear as the sideloading generated by the BHA in the horizontal section is 
negligible. 
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4.4 Considerations to Minimize Casing Wear 


Various areas of the drilling operation impact casing wear. These areas should be 
addressed during well planning and operating to minimize casing wear. 


4.4.1 Casing Material — Steel 


The relationship between wear resistance and metallurgy for oilfield materials is 
complicated. It cannot be assumed that higher strength casings have greater wear 
resistance than lower strength casings. 


4.4.2 CRA Material - Chrome 


Chrome casing wears quicker than steel casing. If drilling inside chrome pipe, all effort 
should be made to keep the drill pipe from coming into contact with the casing. 


4.4.3 Glass Reinforced Plastic 


Experiments have shown that glass reinforced plastic (GRP) casing wears six times more 
quickly than steel casing. GRP casing should not be used where there is potential for 
casing wear. 


4.4.4 Crossovers (including Centralizers and Cementing) 


Although tripping wear is insignificant, instances occur when linear wear is important. 
The wellhead wear bushing which has to act as a drillstring guide and withstand many 
thousand tool joint passes each hole section is a good example. If poorly designed, 
wellheads and combination string crossovers can present shoulders for the tool joints to 
hang up on. This would be of little consequence except that the hardbanding on the 
18-degree taper of the tool joint cannot be ground smooth or flush. 
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Figure 4-7 shows this is the first point of contact between the tool joint and any exposed 
edges (including couplings) and can lead to excessive wear. All crossovers should have a 
shallow transition between diameters — sharp corners should be avoided. 


18 Degree Taper 


Daitistring 


Figure 4-7 18 Degreee Taper First Point of Contact at Crossover 


Where crossovers join two different weights or sizes of casing, ensure that the transition 
is well supported. The stiffness of the two joined sections will be different; and if not 
well supported, they will tend to form a local dogleg. Effective support means positive 
centralization backed up with cement. The placement of the TOC must be chosen to 
ensure that it does not lie in an area of high side wall forces as the transition from 


supported to free pipe can form a local dogleg. 


Centralizers should never be placed over the casing couplings in sections prone to casing 
wear. The casing coupling tends to support the casing away from the wellbore if 
uncemented (see Figure 4-8). If a centralizer enhances the standoff, a hump or mini 
shoulder forms, for the 18 degrees taper to wear against. The second point to note is the 
ineffectiveness of drillpipe protectors under such circumstances. 
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Several cases of this severe localized wear at the couplings have been observed including 
instances in the tangent section of the well profile. Such wear causes an unquantifiable 
reduction in casing strength. To smooth out the profile, centralizers should always be 
placed over stop collars in the center of each joint. 


Figure 4-8 Casing Couplings and the Hump Effect 


4.4.5 Tapered Casing Strings 


As previously stated, the weight and wall thickness of casing can be increased where 
potential for casing wear exists. The output from the CWEAR™ program can be used to 
identity the appropriate sections that require additional reinforcement. During the 
planning of the well, this could lead to heavier wall casing around the kickoff section. 


4.4.6 Hardbanding 


Recently there has been a move to "wear-resistant alloy" hardbanded layers. Some of the 
materials that can be considered for use are Pinnchrome, Armacor M, Arnco 100 XT, 
Arnco 200 XT, and Arnco 300 XT. Unlike tungsten carbide hardbanding, the wear 
resistance does not depend on large dispersed hard particles but on high uniform surface 
hardness. It is possible to produce a smooth “as welded” surface finish with these 
materials, that it is often unnecessary to grind flush with the tool joint. It is often 
unnecessary to grind flush with the tool joint. Most experience has been with flush 
hardbanded layers of these materials; hence this is presently the "normally preferred" 
option. In this context "flush" means a coating with an OD within + 1/32 inch that of the 
tool-joint. However, some recent evidence suggests that a proud hardbanding layer can be 
developed with these alloys (about 1/8 inch above the tool-joint OD) which does not 
result in increased casing wear, but which can take advantage of the lower coefficient of 
friction offered by these alloys. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 4-8 
Version: 02-Apr 2011 


ConocoPhillips 


Waid Matix with 


Tool Joint Box 


Figure 4-9 Tool Joint Cross Section 


In the past, hardbanding has consisted of a mild steel weld matrix imbedded with 
particles of hard tungsten carbide to give the wear resistance. A gas arc welding process 
in three, one-inch bands applies the matrix to the tool joint, as shown in Figure 4-9. The 
tungsten pellets are fed separately into the weld puddle to minimize the casing wear that 
this hardbanded layer can cause, producing a smooth flush hardbanded layer. This is 
usually achieved by grinding the layer flush to the tool joint after welding. 


In addition to the OD hardbanding, historically there has been an additional weld band 
with three fingers on the 18 degrees taper of the tool joint. This is designed to prevent 
undermining of the tool joint in open hole. In highly deviated wells (> 45 degrees), they 
can cause considerable damage to the casing couplings — the "hump" effect (mentioned 
previously). When selecting new drillpipe, this 18 degrees hardbanding can only be 
justified where exceptionally abrasive formations are likely to be encountered. Severe 
casing wear can still occur with tungsten carbide even if it is applied properly. Wear 
resistant alloys are preferred but if tungsten carbide must be used it should be flush to the 
tool joint to minimize casing wear. 


4.4.7  Drillpipe Protectors 


A drillpipe protector is an elastomer "stabilizer" designed to keep the drillpipe and tool 
joint from coming into contact with the casing. The protector should be treated as a 
"throw-away" item devised to "save" expensive drillstring rebuilds and prevent casing 
wear. There are various elastomer profiles available, most of which are formed around a 
steel cage that is used to clamp the protector to the drillpipe body. The size and 
deformation of the elastomer is critical to ensure sufficient stand-off under downhole 
conditions. The OD of the protector, measured at the surface, should be approximately 
half an inch greater than the tool joint, that is, a 6⁄2 inch tool joint requires a 7 inch 
drillpipe protector. Most protectors start life meeting this requirement but, during field 
use, they wear and must be checked and replaced on a regular basis. This process 
includes calipering and visually inspecting every protector for damage on each trip out of 
the hole. 
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Drillpipe protectors have unjustifiably received a poor reputation due to unexplainable 
failure. The majority of failures has occurred because of improper installation (which is a 
very repetitive job), poor rigsite management and overloading. 


When selecting protectors, choose the biggest, longest available for maximum load 
distribution. Do not exceed sideloadings of 2,500 pounds of force. Remember sideload is 
often quoted in pounds per foot and an average protector is only six inches long. 


The application of rubber drillpipe protectors is rather simple, but takes some effort. The 
criteria to effectively apply rubber drillpipe protectors requires the calculation of the 
lateral load on each protector installed so that the load on each protector is less than 
2,500 pounds of force at any point within the well. The current version of the CWEAR™ 
(V7) program calculates the lateral loads on each protector. The program should be rerun 
as wellbore conditions change so proper application of the drillpipe protectors is 
maintained. Install as many protectors per joint as it takes to keep the lateral force per 
protector below 2,500 pounds of force. Protectors with applied lateral loads above 

2,500 pounds of force have a greater tendency to slip and become lost in the hole. 


The decision to use rubber drillpipe protectors requires an understanding of the proper 
application of the tools. Without an understanding of the proper application and the 
maintenance of the protectors, protectors will be lost in the hole, and casing wear will 
occur. Note the following when applying drillpipe protectors: 


= Base the elastomer to use on the drillpipe protector on the drilling fluid being used. 


Specify the elastomer based on the anticipated drilling fluid that will be used. If the 
type of drilling fluid that will be used is uncertain, specify an elastomer that is 
compatible in both water-based and oil-based muds. 


= Ensure the drillpipe being used is Class One. 


If the OD of the pipe tube is 1/32 inch less than that of Class One, the protector could 
be near the point of slipping on the pipe. Do not place a protector on under-gauge 
pipe. Only a few drillpipe protector manufactures make protectors for under-gauge 
pipe tube. 


= Specify protectors with tapered pins. 


Do not use protectors with straight pins. Protectors with tapered pins grip the pipe 
tube better than the ones with straight pins. 


= Specify smooth or slick rubber protectors. 


Do not use straight-fluted protectors. The use of straight-fluted protectors causes 
excessive drillpipe vibration and can cause drillpipe and casing damage. Spiral-fluted 
protectors should only be used in small-diameter casing where added flow area is 
needed. The use of spiral-fluted protectors also can cause excessive drillpipe 
vibration. Spiral-fluted protectors do not provide as much drillpipe support or stand- 
off as high a lateral load as slick protectors. 
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= Install as many slick protectors per joint as it takes to maintain the lateral load per 
protector below 2,500 pounds force. 


If spiral-fluted protectors are used, install as many protectors per joint as it takes to 
keep the lateral load per protector below 2,000 pounds of force. 


= Specify continuous can protectors. 


Do not use hinged protectors. 


= Install the protectors when running in the hole to drill out float equipment on newly 
installed casing. 


For a one or two-day period, expect torque and drag to be higher than seen while 
drilling the open hole. This is a break-in period where the rubber protector polishes 
the casing. Once the casing is polished, expect torque and drag to be significantly 
below what was seen while drilling the open hole. 


= Maintain the protectors. 


Monitor and observe each protector on trips. Change out each protector that is cut, 
under-gauge, or that has slipped. Make sure all protectors are at least 1⁄4 inch larger 
than the tool joints, or casing wear will occur. Six thousand pounds of lateral force on 
a slick or smooth protector will cause the protector to deform about 1/8 inch. Hinge 
protectors can deform 1/3 inch in the hinge area. 


= Consider having a service hand on location to initially install protectors and educate 
rig crews on proper installation and maintenance. 


= Never rent or use secondhand protectors. 
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4.4.8 Mud Types 


Below is a description of the effect each mud component has on the wear process. 
Comments are valid for smooth flush tool joints operating under normal downhole 
conditions. 


Water Based Muds 


Water based muds can cause very severe adhesive wear with friction, caused by the lack 
of any solid barriers in the mud. 


Oil Based Muds 


Oil based muds reduce friction but potential exists for increased casing wear depending 
on hardbanding type and contact pressures (for example, turning metal on a lathe with a 
lubricant). 
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Unweighted/Weighted Muds 


In general, introducing a weighting material such as bentonite, barite or drill solids into 
the system will reduce casing wear. However, the percentage volume of solids does not 
seem to significantly affect the wear rate. The solid particles reduce wear by acting as 
small ball bearings between the rolling surfaces thus keeping them apart. The larger and 
smoother the solid particles, the greater the support and spacing between the two 
surfaces. All the effect is lost, should the particle size be less than that of any projecting 
tungsten carbide particles in the hardbanding. Barite, being bigger than bentonite, is 
therefore preferred. In addition, there is a limit to the hardness of the particles that can be 
used before abrasive wear begins to occur. This explains why barite performs better than 
either haematite or quartz as a means to reduce casing wear. Soft materials would simply 
be squashed out of the gap between tool joint and casing. Additional solids or particles 
added to a mud system already containing a weighting agent seem to contribute little 
extra to reduce casing wear (0-5%). Glass beads of % inch and similar products should 
not be used except in extreme cases. 


Sand/Silt 


Sand/silt has little or no effect on the wear rate. The particles of sand are too large to roll 
in the gap between tool joint and casing. In unweighted "simple" muds, adhesive wear is 
so severe that the abrasive contribution from the sand is negligible. In weighted muds, the 
sand is so diluted by the weighting agent that its effect is also negligible. 


Lubricants 


Lubricants’ effect on friction and wear rate depends on the surface conditions of the 
casing and tool joint and the type and amount of solids in the mud. Lubricants create a 
film on the tool joint and casing surfaces with a low gliding resistance. When the solids 
content of the mud increases, solid particles will penetrate lubricant films. Friction will 
be partly determined by lubricant film/film contact, partly by particle/particle and partly 
by steel/particle contact. At a certain solids content, the particle layer apparently reaches 
a thickness that prevents all film/film contact thus eliminating the effect of any 
lubrication. Experimental tests with various products have only shown worthwhile 
improvements in unweighted water based muds. 


4.5 Effect of Casing Wear on Casing Design 


Most triaxial design or analysis programs will give a result that describes the maximum 
allowable wear. This reported parameter shows a wear amount that would reduce the 
calculated absolute safety factor to be exactly equal to the desired design factor. For the 
initial casing design process, it is useful to compare the predicted wear with the 
calculated allowable wear. If the predicted wear is greater than the allowable wear, it is 
recommended that before action is taken, the wear prediction input data (particularly the 
wear factor) is examined and best efforts should be made to duplicate the expected 
conditions contributing to the predicted wear. 
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If the predicted wear remains greater than the allowable wear, then wear mitigation steps 
should be taken or the casing design improved to compensate for the predicted wear. 


4.6 Measuring and Monitoring Casing Wear 


At the rig site, three parameters exist that can be monitored and used as an indicator of 
casing wear: 


= High-torque (friction) 
= Metal shavings in the mud returns 


= Worn tool joints 


A combination of these indicators is a sure sign of casing wear. None of the 
measurements are, however, quantitative and rig site personnel should use them only as 
warning tools. This is true with metal shaving measurements, as most ditch magnets are 
incapable of recovering a representative sample of the metallic content of the mud. To 
obtain an accurate assessment of the depth and location of the casing wear groove, a 
positive caliper measurement is required. Three types of calipers include: 


a Mechanical 
= Acoustic 


= Electromagnetic 


4.6.1 Mechanical 


Mechanical calipers typically use multiple arms or fingers to follow and trace the 
contours of the internal casing surface. Measurements are either recorded on a downhole 
chart or are returned to surface using real time telemetry. These tools suffer from 
"average" radial resolution (typically 5-10% of the wall thickness) and poor wall 
coverage. 


4.6.2 Acoustic 


Acoustic calipers measure the transit time and strength of an acoustic signal reflected 
from the casing wall ID and OD boundaries to give both a radius and wall thickness 
measurement. Acoustic calipers are often limited by the solid particles in the mud 
reflecting the acoustic signals; best run in brine. 


4.6.3 Electromagnetic 


Anomalies in a magnetic field induced in the casing wall are recorded to give only a 
qualitative assessment of imperfections. Each of the main logging contractors provide 
comparable equipment although there can be small differences in resolution and methods 
of recording the data. Most of the caliper tools were originally developed to measure 
corrosion and record maximum casing diameters only. 
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As Figure 4-4 shows, the wear groove only occurs in a localized section of the inner 
casing circumference — typically less than 30%. This leaves a significant untouched area 
in the "as manufactured" condition. A series of finger recordings over the latter section is 
sufficient to determine the nominal casing diameter, thus negating the need for a baseline 
caliper. 


Table 4-1 contains a matrix of the caliper tools to measure casing wear and what is the 
best tool for the application. 


Table 4-1 Recommended Caliper Tools for Measuring Casing Wear 


Tool Radial Operating Reliability | Speed to Cost to Worldwide 
Resolution Conditions of Tool Run Run Availability 
Mechanical Good Excellent Excellent Fair Excellent | Excellent 
Acoustic Excellent Fair Good Fair Fair Poor 
Electromagnetic | Poor Poor Fair Poor Good Good 


4.7 Repairing Casing Wear 


After extreme wear or leakage has been detected in a string of well casing, engineers are 
faced with a replace/repair decision. 


4.7.1 Internal Casing Patches 


If substantial volumes of fluids are leaking into or out of the wellbore, immediate 
attention may be required. The pipe may have to be repaired, replaced, or the wellbore re- 
cemented, depending on the location and severity of the leak. In extreme situations, the 
well may have to be plugged and abandoned. 


If the leakage is at a collar, or if the damaged section of the pipe body has not been 
seriously deformed (possibly including parted pipe), a decision to repair the casing may 
be made. 


Following are four examples of types of repair (or patch) techniques that have 
applicability to repair casing damage and how they can be applied in operations: 
=  Enventure's Solid Expandable Tubular (SET) 

= Corrugated patch (Homco type) 

= Wireline conveyed patch (Teledyne-Merla type) 

= Liner hanger type patch 


Each of these repair technologies is applied to the inside of the casing; thus, they are 
referred to as internal casing patches. These patch techniques are discussed below. 
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Enventure’s SET and Corrugated Patch 


SETs or the corrugated patch may be used to repair small splits and thread leaks, isolate 
unwanted perforations, repair leaking diverter valve (DV) tools, or repair areas where 
wear or corrosion has decreased the thickness of the pipe body. It may be used to repair 
tubing as well as casing. There is no practical depth limitation; the patch may be run to 
repair shallow as well as deep casing or tubing leakage. 


The setting tools for SET or corrugated steel sections of patch material are typically run 
on tubing or a work string. A collar locator tool must be run to properly locate the patch 
relative to the leak location, or pipe must be accurately "strapped" or tallied out of the 
hole. When the patch has been properly located, the hydraulically activated setting tool 
pulls a mandrel equipped with a cone through the liner, forcing it to expand 
symmetrically and seal against the casing ID. The metal patch is stressed to its elastic 
limit to yield against the casing. A properly set patch will contain high internal pressure 
(burst) but is weak in the collapse. Total ID restriction of a set patch is dependent on the 
thickness of the liner expanded. Special packers with reduced diameter are required to 
pass through the patch, due to the restricted ID of the patched section. The operational 
aspects of this patching method make the field procedures for running it simple, flexible, 
and fast, usually requiring only one trip into the hole to set the patch, and a pressure 
integrity test before subsequent operations are then resumed. 


Wireline-Conveyed Patch 


The wireline-conveyed patch is made up of setting tools and joints of regular casing small 
enough in OD to snugly fit within the ID of the leaking string. Only weight limits the 
length of this patch when run on wireline. A setting tool with positive release is used to 
expand the packing elements at the top and bottom of the patch. This patch can be 
removed using common fishing tools. The patch can be run on wireline or tubing. Since 
the body of the patch is casing, the patch is highly rated in both the burst and collapse 
modes. 


Liner-Hanger Type Patch 


The liner-hanger type patch is run into the hole on tubing or a work string. A setting tool 
on top of a pack-off assembly mechanically stabilizes the patch element inside the casing. 
The patch consists of sufficient joints of casing appropriately undersized to overlap the 
damaged pipe. A conventional liner hanger is used at the top of the patch. The hold-down 
slips and top and bottom seal units are then set hydraulically. Hydraulic over pressuring 
shears release pins to resume circulation and allows removal of the setting tool. This 
patch can be retrieved with conventional fishing tools. 


There are several benefits or advantages to running an internal casing patch. A major 
advantage is low to moderate cost as compared to other casing repair techniques when 
equipment, rig, and service costs are considered. These repair techniques are fast and 
simple means for patching. 
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The tools can be run at any depth, and the elastomeric parts are designed to withstand 
maximum temperatures found in most oil and gas reservoirs. Pressure ratings in burst and 
collapse are high with the exception of the corrugated patch, which may not have an 
adequate collapse rating in some applications. If removal becomes necessary, internal 
patches can be milled or jarred out of the hole. 


The reduction in ID of the casing string is a major drawback to an internal patch. Only 
limited OD tools can be run through a patch. The corrugated patch is the least restrictive 
of the types discussed. The use of corrugated internal patches should be limited to 
applications where the leak is a small hole, split, or leaking collar, if such a limitation can 
be accurately determined. Corrugated patches are not recommended for use with parted 
pipe, large splits, or collapsed pipe. In the event of these circumstances consider one of 
the following recommendations: 


= Use SETs 
= Replace pipe 
= Use squeezed cemented 


= Run small diameter of pipe 


4.7.2 Casing Replacement 


When casing damage is detected and the decision is made to replace the casing instead of 
patching, several options are available. Cost and the expected life of the well must be 
considered, affecting the repair versus replacement decision. The options available for 
repair of a leak depend upon the extent and severity of the damage. If multiple leak areas 
or areas of damaged casing are involved, then it is recommended that a new inner string 
of casing be run and cemented, to alleviate pressure on the inferior string of existing 
casing. This is referred to as "complete replacement". However, if the damage is isolated 
to one or two joints of casing, it would be more economical to replace only the damaged 
casing, if possible. This process is referred to as "partial replacement". 


The choice between replacement of selected joints of casing and complete replacement 
depends upon the type of completion. An assumption is made that cemented casing 
cannot be removed for a partial replacement operation due to extremely high tension 
loads and the limited potential for success. 


4.7.3 Complete Replacement 


The simplest, yet most expensive, repair technique is installation of a new inner string of 
casing. This practice is common with gas storage operators who acquire old wells that 
were formerly used for oil or gas production. The wellbores may be in such bad physical 
condition that they could not withstand the severe pressure service required. In these 
cases, a new string of smaller diameter casing is set and cemented in such a manner as to 
completely isolate the old wellbore from any pressure. 
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The selection of the size and weight for the replacement casing is determined by the inner 
diameter of the existing casing string and the pressure requirements for the new string. 
The type of cement job is arbitrary. If a detailed thread preparation policy is used while 
running the casing, there is a reduced chance for leakage into the annulus and no need for 
complete cementation. If it is suspected that gas may be lost, a complete cement sheath 
covering the entire length of the replacement string, may be necessary. 


The procedure for installing an inner string of casing in a well is straightforward. A 
workover rig or small drilling rig is used, depending on the depth. The well is filled with 
the proper weight mud, being careful not to overbalance and possibly damage the 
formation with wellbore fluid. The replacement casing is run with centralizers and should 
be rotated and reciprocated while cementing. 


Sufficient setting time is allowed for the cement. The obvious benefit of a complete 
replacement is that a new, uncorroded or stress cycled pipe will greatly increase the life 
of the well. The most significant drawback to the complete replacement operation is the 
cost involved. For a 7-inch well with 26 pound/foot casing, the recommended 
replacement size would be 5 2 inches. The cost for replacement can be high when 
compared to a patch or even a partial replacement operation. The restriction incurred by 
running a smaller size casing should also be considered. In all cases, the reduction in the 
diameter of the casing may affect the deliverability of the well. 


4.7.4 Partial Replacement 


When isolated leakage or damage is located, partial replacement of casing may be a 
feasible repair option. The two partial replacement methods are rethreading and the 
overshot technique. With either method, the existing casing string must be competent in 
pressure and tensile strength except for the identified area being repaired. 


Rethreading Method 


When the leak is located, a threaded collar below the leak should be identified on the 
Casing Collar Locator log. A string-shot is run in the hole and placed opposite the 
connection to be unthreaded. Left-hand torque is applied to the casing string and the 
string shot, which contains primer cord or a similar explosive, is detonated to jar the 
connection and allow the left-hand torque to unscrew the joint. The string is rotated 
counter-clockwise a specific number of turns (dependent upon the size of casing) until 
the upper section of casing is free. 


An alternative to the string-shot method includes a downhole tool that unscrews the 
connection by pumping fluid down through the tool. The design eliminates the possibility 
of unscrewing a connection other than the intended one, and is called a casing backoff 
tool. 
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The partial replacement technique is completed by removing the upper section of casing 
and replacing the defective joints of casing. The repaired upper section is run back in the 
well, stabbed into the lower section and rotated to the desired makeup torque, accounting 
for the pipe twist in the casing string. The casing should be pressure tested before placing 
it back into service. 


The rethreading method is the preferred method for replacing a bad section of casing 
since it would be the least expensive method. No special tools are required unless the 
hydraulic back-off tool is used — a rental charge. Only the damaged casing would need 
to be replaced, which significantly reduces the cost compared to complete replacement. 
The main drawback includes the difficulty in stabbing and correctly making-up the 
casing-collar connection under downhole conditions. The possibility exists of cross- 
threading which would greatly increase the chances for leakage. The proper torque is also 
difficult to produce due to pipe torsion. Insufficient thread engagement could result in a 
parted string in deeper wells where more "wind-up" would occur while torquing. This 
should not present a problem in shallow wells. 


Overshot Method 


In many instances, it will be desired or necessary to cut the defective section of casing 
out instead of unscrewing as described in the rethreading method. There are several types 
of cutters available, such as wireline or pipe conveyed, mechanical, chemical or 
explosive. 


Once the casing is cut, the upper section containing the defective casing is removed. The 
casing must be properly "dressed" in order for the overshot (casing bowl) to seal. A mill 
is run over the casing to dress the top and outside diameter of the pipe and an overshot is 
then run over the stub. The repair casing string is pulled until the proper tension is 
achieved and then set in the wellhead at the surface. 


4.7.5 Squeeze Cementing 


If a leak that has been found in a well casing string cannot be repaired by patching or 
replacement, a third alternative for repair is to use a cement slurry and a procedure called 
"squeezing". This procedure involves the hydraulic placement of cement adjacent to the 
leak, and then forcing the cement into the leak with pressure. The slurry forms a seal 
between the inside of the casing and the formation or steel. Squeeze cementing is most 
commonly used to repair parted casing, tube ruptures, and inadequate or damaged cement 
sheaths. Squeeze pressure should always be kept below the formation fracture gradient, 
or about 0.8-0.9 psi/foot. In addition, API fluid loss of the slurry is normally reduced to a 
very low value to avoid premature dehydration. Since most casing leaks occur at the 
coupling, to repair such a leak by cementing will require a block squeeze. A block 
squeeze is performed by first perforating the pipe both above and below the coupling, and 
squeeze cementing both sets of perforations. This procedure has the inherent 
disadvantage of introducing more holes in the casing, and is not often used. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 4-19 
Version: 02-Apr 2011 


A . . 
ConocoPhillips 
Squeeze Methods 


The squeeze cement slurry must often be designed for special conditions. After the 
squeeze slurry is designed and mixed with clean water, the placement methods may vary. 
If the slurry is pumped into the well under pressure from the surface, the contents of the 
casing will be forced through the leak ahead of the slurry. This placement procedure is 
called "bullheading the slurry". Displacement may be performed either down the casing 
itself, or down the tubing, if it has been placed in the well. A packer may, or may not, be 
set to bullhead a squeeze slurry. If tubing is in the well, the cement slurry may be 
circulated into place, and subsequently forced out of the leak. This placement procedure 
eliminates the displacement of casing contents ahead of the slurry and is the 
recommended procedure. Careful placement of a squeeze slurry is critical to the success 
of the job. The slurry should not be over-displaced. 


The advantages of squeeze cementing to repair well casing leaks include cost and 
strength, if subsequent jobs are performed on the same leaking interval. The 
disadvantages include: 


= More time may be required to implement a job 
= Multiple jobs may be required to gain sufficient strength 
= High-pressure resistance may not be attainable at shallow depth 


= Couplings may have to be block squeezed 


4.8 Wireline Casing Wear and Tubing Wear 
Wireline casing wear, wear theory and tubing wear is addressed in the following sections. 


4.8.1 Wireline Casing Wear 


If wireline operations are carried out after drilling is completed, a wireline groove could 
be in the bottom of the moon-shaped tool joint wear groove, thereby compounding a wear 
problem (see Figure 4-10). 


Tool Joint Weor 


Stress Concentration 


Figure 4-10 Wireline Casing Wear Example 
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The wireline wear groove reduces casing burst strength by two mechanisms, the 
reduction of wall thickness and the formation of a 20-40% stress concentration factor, 
further reducing the burst strength of the casing. It is recommended to calculate the burst 
strength due to reduced wall thickness and then divide this strength by 1.4 to account for 
the stress concentration factor. 


Example: 


Casing — 9-5/8, 47 Ibs/feet, N-80 
Tool Joint Wear — 20% 

Wireline Wear — 10% 

Stress Concentration Factor — 1.4 
API Burst Strength — 6,870 psi 


Using this example, the burst strength of the casing will be reduced by 30% due to the 
reduction in wall thickness. 


Burst Strength = 6870 x 0.7 = 4,809 psi 
The stress concentration will further reduce the burst strength to: 
4,809/1.4 = 3,435 psi 


This corresponds to a 50% reduction in strength. This indicates that the 10% wireline 
wear reduces the burst strength by 30% due to the stress concentration. Wireline grooves 
have a less detrimental effect when the casing is subjected to external (collapse) pressure. 
In this case, the total reduction in strength is less than that calculated for the reduction in 
wall thicknesses (that is, less than 30%). 


4.8.2 Wireline Wear Theory 


Sliding wireline wears a circular groove in the casing as shown in Figure 4-11. 


— WARELINE GROOVE 


WIRELINE 


Figure 4-11 Wireline Casing Wear Geometry 


The wireline wear volume and groove depth can be calculated in the same manner as the 
calculation for rotating tool joints (see Figure 4-12), except that the input frictional 
energy is due to axial sliding of the wireline instead of rotation of the tool joint. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 4-21 
Version: 02-Apr 2011 


ConocoPhillips 


Tesi Jom 


Casing 
Figure 4-12 Rotating Tool Joint Geometry 
With the wireline, the input frictional energy E equals: 
E = fLs(inches / pounds) 


Where: 

f = Coefficient of friction 

L = Wireline lateral load (pounds) 

s = Wireline sliding distance (inches) 


Equation 4-1 
The volume of steel removed equals: 
V = E/S.E.(inches) 


Where: 
S.E. = Specific Energy required to remove a unit volume of steel. 
(inch-pound/inch) 


Equation 4-2 
Wear Factor, F, is defined as: 
F = f | S.E.(inch/ pound) 


Equation 4-3 


Combining Equations 4-1 through 4-3 shows that the wireline wear volume equals: 


V = FLs(inches) 
Equation 4-4 


Equation 4-4 shows that the wear volume is proportional to the wear factor. 
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When calculating wear volumes and wear depths, it is more convenient to use volume per 
foot and lateral load per foot as follows: 


y= Fls 


Where: 

V = Wear volume (inch/feet) 3 
F = Wear factor (psi! 

1 = Lateral load (pound/feet) 

s = Sliding distance (inches) 


Equation 4-5 
Wear factor, F, can be calculated as follows (from Equation 4-4 or Equation 4-5): 
F=V/Ls 
Equation 4-6 
F =v/ls 
Equation 4-7 


The lateral load, L, in Equation 4-5 can be calculated using a drill string torque drag 
model or with the following equation (Bradley et al. 1975A): 


L =2TSin(** /2)(Ib/ feet) 


Where: 
T = Buoyed weight of wireline below wear point (pounds) 
* * = Dogleg severity (degrees/feet) 


Example: 


For an 8 degree/100-foot dogleg with 7,000 Ibs of tension, the lateral load equals (from 
Equation 4-8): 


Equation 4-8 


L = 2x7,000xSin(0.08 / 2) = 9.8/bs 


This corresponds to the maximum lateral load that exists when the logging tool is at the 
bottom of the hole. The lateral load equals zero when the logging tool is at the wear 
point, so the average lateral load at the wear point equals: 


L=9.8/2 =4.9lbs.average 


Based on these calculations, wireline tests were run with lateral loads of 4.9, 9.8, and 
19.6 pounds/feet lateral load on the wireline. Once the wear volume per foot (v) is 
determined from Equation 4-5, the wear depth can be calculated from the geometry of the 
system (see Figure 4-13). These volume/depth equations are presented in Drilling 
Engineering Association (DEA)-42 report, Casing Wear Models. 
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CASING 


TOOL JOINT 


Figure 4-13 Wear Groove Geometry 


Figure 4-14 shows how the wear volume varies with wear depth for the 15/32 -inch 
wireline used in laboratory tests. The volume of the wireline wear groove increases 
nonlinearly with wear depth because the groove becomes wider as the wear depth 
increases. 
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Figure 4-14 Wireline Wear-Groove Depth/Volume Relationship 


4.8.3 Tubing Wear 


Sucker rod tubing wear is similar to tripping casing wear as described in Section 4.4.4 
except for geometry and the fact that the sucker rod is reciprocated instead of tripped in 
and out of the hole. Tubing wear is a problem with sucker rods because the coupling is 
usually much harder than the tubing, especially when spray-metal coating is used on the 
coupling. Mechanical wear can greatly accelerate corrosion because the rubbing action of 
the rod boxes removes the corrosion product layer that inhibits the corrosion process 

(see Figure 4-15). 
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Figure 4-15 Corrosion-Accelerated Tubing Wear 


Corrosion wear is generally difficult to distinguish from mechanical wear. One way to 
distinguish corrosion wear from mechanical wear is to analyze failure frequency as a 
function of water cut. Corrosion wear will usually become a factor only at higher water 
cuts, whereas mechanical wear should be a factor at any water cut. 


A well with a corrosion-wear problem would be expected to have corrosion products — 
such as iron sulfide, iron carbonate, or iron oxide — in the produced fluids. A well with a 
mechanical-wear problem will typically produce steel filings. 


When Grade J-55 tubing and API Grade T sucker-rod couplings are used, corrosion wear 
results in tubing leaks whereas mechanical wear results in rod failures, probably as result 
of the higher alloy content and greater corrosion resistance of rod boxes compared with 
tubing. 


Soft rod guides are often used to prevent rod couplings from contacting the tubing wall 
and reduce wear. Rod rotators are used to slowly rotate the rods and distribute the wear 
more evenly on the rod boxes and guides. Hardmetal spray coatings are used to reduce 
rod-coupling wear, but they often increase tubing wear. 


In most wells, the steel tubing and rods are initially oil wet, thereby providing a 
lubricating surface that reduces friction and tubing wear. As the well produces more 
water, these surfaces often become water wet, thereby increasing mechanical wear and 
corrosion. Corrosion inhibitors are often used to oil-wet the tubing and rods in high 
water-cut wells to reduce casing wear. 


Tests were conducted in West Texas with nylon-coated sucker rod couplings. These tests 
were conducted with 100 pounds contact force and a 2-inch per second stroke for 

24 hours. The test results show that the nylon-coated couplings completely eliminated 
tubing wear. 
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5.0 Connections 


This section contains an overview of different types of connections that are available, 
along with some general guidelines on the selection of connections for different 
applications. 


5.1 General Usage Guidelines 


Individual OCTG joints are joined by threaded connections. Connections in use today 
range from simple inexpensive API 8-Round and Buttress to complex and costly metal- 
to-metal seal proprietary types. 


Casing and tubing threaded connections are commonly categorized as API connections or 
proprietary (also known as "premium" exceeding API specifications) connections. The 
API has published a number of specifications, standards, recommended practices, and 
other documents prescribing minimum requirements covering the manufacture and 
physical performance of API connections. API connections have been in use for many 
years and have proven to be satisfactory for most applications. However, increased 
structural, dimensional and sealability demands placed on tubulars, particularly in hostile 
well environments, have led to the development of a number of proprietary or premium 
connection designs. 


If the well environment falls outside the recommended operating envelope of API 
connections, tensile, temperature and pressure, or other overriding factor such as radial 
clearance, sealing requirements, bending, compression, torque, flow rate or ease of 
installation exists, proprietary connections should be considered (see Section 5.6). 


General guidelines for connection selection come down to the choice of API, modified 
API or proprietary connectors. When choosing connections for tubing the main question 
is, what fluid is to be sealed and at what pressure? Industry experience indicates that if 
the produced fluid is a liquid and the shut-in pressure is below 3,000 psi, an API 
connection will suffice. If the fluid is a gas over 3,000 psi, the connection should be a 
proprietary thread. If the fluid is a liquid over 3,000 psi, the connection can be a modified 
API thread or a proprietary thread. For service greater than 5,000 psi, a proprietary thread 
should be used. 


5.1.1 API Connections 


There are three basic API connection designs: 


= Round thread 
= Buttress thread 


a Extreme-line 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 5-1 
Version: 02-Apr 2011 


ConocoPhillips 


Round thread and buttress connections are the most commonly utilized API connections; 
the extreme line connection is rarely used, and therefore will not be discussed in this 
document, beyond this section. 


Round Thread 


Round thread connections have threads with rounded crests and roots. The load and stab 
flanks of the threads are identical. Round thread casing connections normally have a pitch 
of eight threads per inch, and may be long-thread and coupled (LTC) or short-thread and 
coupled (STC). Pitch is defined as the number of threads that exist on a connection per 
inch of length. The fundamental difference between STC and LTC connections is their 
length, which affects tensile strength and sealability. LTC offers more resistance to 
jumpout due to the additional threads in the connection and has a longer spiral leak path 
along the thread circumferential length than STC. The connection seal is provided by the 
thread compound used when the pipe is made up. Optionally, a resilient elastomeric seal 
ring may be specified for connections for potentially increased sealability performance. 
Figure 5-1 depicts the API 8 Round Thread connection. 
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Figure 5-1 API 8-rd Thread 
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Figure 5-2 depicts the schematic of the API LTC connection. 


Figure 5-2 API LTC Connection 


Figure 5-3 depicts the schematic of the API STC connection. 


Figure 5-3 API STC Connection 


Buttress Thread 


Buttress thread connections (BTC) have threads that are not symmetric for the load and 
stab flanks. BTC connections are available only on pipe having an OD of 4 % inches 
through 20 inches, and have a pitch of 5 threads per inch. BTC connections have had a 
reputation for mediocre sealability performance, but excellent axial load capacity. BTC 
connections have higher axial load carrying capacity than either STC or LTC 
connections. Figure 5-4 is a schematic of the API buttress thread profile for 4⁄2 inches 
through 13 3/8 inches OD casing. 
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Figure 5-5 is a schematic of the buttress connection assembly. Note the API triangle 
stamp on each pin. This stamp is used as a torque indicator to pin engagement into the 
coupling during makeup. API power tight makeup is defined as a condition where the pin 
is engaged to a point where the base of the triangle stamp is no more than one turn 

(0.2 inch) from the edge (face) of the coupling (torque turns). 


TRIANGLE 
STAMP 


Figure 5-5 API Buttress Connection 


API buttress connections should be made-up using a procedure that monitors makeup 
torque along with the relative position of the API triangle stamp on the pin to the face of 
the coupling. Approximately 10 joints should be run, with makeup to the base of the 
triangle, and the torque recorded for each joint. The torque values should be averaged, 
disregarding abnormally high or low readings. The remaining casing should be made up 
to the average torque value using the base of the triangle as a check of pin thread 
engagement into the coupling. All connections should be made-up at least to the base of 
the triangle, and should not exceed the apex (top) of the triangle. 
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API X-Line (extreme line) connections are typified by Acme threads, a ball in cone style 
metal-to-metal seal, and a strong external torque shoulder, shown in Figure 5-6. While 
still used in many applications around the world, proprietary connections have replaced it 
in the United States. One of the surviving applications for the X-Line connection is in 
high dogleg sidetrack applications. The slim OD, combined with a strong thread and 
metal-to-metal seal has served the purpose well. Proprietary thread suppliers have 
improved on the concept or have undercut the price for this API connection and have 
effectively replaced the X-Line. 
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Figure 5-6 API X-Line (Extreme Line) Thread Profile 


5.2 API Connection Ratings 


The equations used to calculate performance properties for 8 round (STC and LTC) and 
buttress (BTC) connections are given in API Bulletin SC3. They represent minimum 
performance values recommended by the API. They can be used as a starting point when 
evaluating a connection, but should not be used instead of the design limitations or test 
data available from the manufacturer. API connection ratings for all API monogrammed 
sizes can be found in API 5C2. 


The pressure containing limit is described by the internal yield pressure for the coupling, 
or the internal leak resistance. 
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5.2.1 Internal Yield Pressure for Couplings 


The internal yield pressure is the pressure which will initiate yield at the root of the 
coupling thread. 


Where: 


P = minimum internal yield pressure, psi 

Y. = minimum yield strength of coupling, psi 

De = nominal outside diameter of coupling, inches 

dı = diameter at the root of the coupling thread in the power tight position, 
inches 


This dimension is based on data given in API Specification 5B and other thread geometry 
data. 


Equation 5-1 


Equation 5-1 is another form of the Barlow Equation (Equation 3-6) used to calculate 
pipe body yield. The pressure calculated using Equation 5-1 is typically greater than the 
pipe body internal yield pressure. 


5.2.2 Internal Pressure Leak Resistance 


The internal pressure leak resistance is based on the interface pressure between the pipe 
and coupling threads due to makeup. 


p_ETNP(D,” -E 


2E D? 
Where: 
P = Minimum internal yield pressure, psi 
E = modulus of elasticity (30x10° for steel), psi 
T = thread taper (0.0625 inch/inch for BTC and LTC connections), 
inch/inch 
N =a function of the number of thread turns from hand tight to power 
tight position as given in API Specification 5B. 
P,= thread pitch (0.125 for LTC and 0.20 for BTC connections), inches 
E, = pitch diameter at plane of seal given in API Specification 5B, inches 
(E: for round thread connections and E4 for buttress thread connections). 
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Example: 


A string of 5 1/2 inches, 17 1b/ft, N-80 casing fitted with API LTC connections, the leak 
resistance rating would be: 


_ (30x10°) x 0.0625 x3 x 0.125 x((6.05)? — (5.4034)? ) 


P 2 
2x5.4034x (6.05) 


= 13,164 psi 


Equation 5-2 


Equation 5-2 only accounts for the contact pressure on the thread flanks as a sealing 
mechanism and ignores the long helical leak paths which exist in all API connections. In 
round threads, two small leak paths exist at the crest and root of each thread. In buttress 
threads, a much larger leak path exists along the stabbing flank and at the root of the 
coupling thread. API connections rely on thread compound to fill these gaps and provide 
leak resistance. The leak resistance provided by the thread compound is less than the API 
internal leak resistance value, particularly for buttress connections. The leak resistance 
can be improved by using API connections with smaller thread tolerances (and hence, 
smaller gaps), but it typically will not exceed 5,000 psi with any long-term reliability. Tin 
or zinc plating will also result in smaller gaps and improve leak resistance. 


5.2.3 Round Thread Casing Joint Strength 


The round thread casing joint strength is given as the lesser of the fracture strength of the 
pin and the jump-out strength. 


Fracture strength: 
P,=0.954,U, 


Equation 5-3 
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Pull strength: 


0.74D°°U,, Y 


p 


+ 
0.5L, +0.14D L +0.14D 


P, =0.954,L 


Where: 


P; = minimum joint strength, lbs 
Ajp = cross-sectional area of the pipe wall under the last perfect thread; 


-= Z[p-0.1425} =a] 


D = nominal outside diameter of pipe, inches 
d = nominal inside diameter of pipe, inches 
L= engaged thread length, inches 
= L4 — M for nominal makeup, API Specification 5B 
Yp= minimum yield strength of pipe, psi 
Up = minimum ultimate tensile strength of pipe, psi 


Equation 5-4 


Equation 5-3 and Equation 5-4 are based on tension tests to failure on 162 round thread 
test specimens. Both are theoretically derived and adjusted using statistical methods to 
match the test data. Note that for standard coupling dimensions, round threads are pin 
weak (that is, the coupling is non-critical in determining joint strength). 


When performing casing design, it is very important to note that the API joint strength 
values are a function of the ultimate tensile strength. This is different criteria than that 
used to define the axial strength of the pipe body, which is based on the yield strength. 
The design factor for connections, based on minimum yield strength is presented in 
Section 2.4.3. 


API STC and LTC connectors do not provide a dependable, high pressure seal for gases 
and solids-free liquids. If pressure gets significantly into the threads, it will tend to 
separate the pin and box members and weaken the connection. 


API STC and LTC connections generally fail under axial tension loading by thread 
"jump-out". Under axial tension loading, the box tends to expand while the pin contracts, 
resulting in an unzippering effect. Fracture of the pin or coupling may occur in some 
cases. 


Internal pressure increases the jump-out strength of STC and LTC connections. Bending 
decreases the joint strength of these connectors. Both affects are addressed by the API. 


Connections are often rated based on their joint efficiency, which is equal to the axial 
tension joint strength divided by the pipe body tensile strength. API STC and LTC 
connections have a relatively low joint efficiency in the range of 50-75% depending on 
the size, weight, and grade. LTC connectors have a higher efficiency than STC 
connectors on the same casing. 
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5.2.4 Buttress Thread Casing Joint Strength 


The buttress thread casing joint strength is given as the lesser of the fracture strength of 
the pipe body (the pin) and the coupling (the box). 


Pipe thread strength: 
P, =0.954,U „|1.008-0.0396(1.083- Y, /U, )D| 
Equation 5-5 
Coupling thread strength: 
P, =0.954,U. 


Where: 


U. = minimum ultimate tensile strength of coupling, psi 
Ap = cross-sectional area of tubular, inches 


m ; 
Ac = cross-sectional area of coupling; = =(p e d? ), in? 


Equation 5-6 


Equation 5-5 and Equation 5-6 are based on tension tests to failure on 151 buttress thread 
test specimens. They are theoretically derived and adjusted using statistical methods to 
match the test data. Similar to the round thread equations, they are based on the ultimate 
tensile strength instead of the yield strength used in pipe body axial strength calculations. 
The design factor for BTC connections, based on minimum yield strength is presented in 
Section 2.4.3. 


Example: 


As an example, use Equation 5-5 and Equation 5-6 to determine the minimum joint 
strength for 5 4 inch, 17 pound/foot, N-80 grade casing fitted with buttress connections. 
Individually evaluate pipe thread strength and coupling thread strength, and select the 
lower value to represent minimum joint strength: 


D = 5.5 inch (Pipe OD) 

De. = 6.05 inch (Coupling OD) 

d = 4.892 inches (Pipe ID) 

dı = 5.37 inches (Diameter at the root of the coupling thread at the end of 
the pipe in the powertight condition) 


From API 5C3: d1 = E7 - (L7 + I) T + 0.062; 


Where 
1=0.50 
T = 0.0625 
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E7 and L7 can be found in API Standard 5B. 


A; = Izo ? - d? )=4.962 inches” 


An = Elo. -d?)= 6.10 inches” 


Where: 


Y, = 80,000 psi 

U, = Uc = 100,000 psi for N-80 material 

Fp = (0.95)(4.962)(100,000)[1.008-0.0396(1.083-80,000/100,000) 5.5] 
= 446 kips 

Fie = 0.95(6.10)(100,000) = 579 kips 


Equation 5-7 


Since the pipe thread strength is lower than coupling thread strength, it is used to define 
the minimum joint strength for this connection. 


The API BTC connection is threaded and coupled and the threads are cut on a taper. The 
taper is % inch per foot (0.0625 inch/inch) for sizes 13-3/8 inch and smaller and one inch 
per foot (0.0833 inch/inch) for sizes 16 inches and larger. 


API BTC is a full runout connection. The thread form has a 3 degree load flank and a 
10 degree stab flank. This thread form resists jumpout. 


When the BTC connection is made up, gaps are present at the stab flanks and, depending 
on the pin and box dimensions at the pin thread, crests to box thread roots interface. As 
with, STC and LTC, the solids in the thread compound will plug these gaps. 


As with the 8-round connections, an anaerobic thread compound and/or heavy zinc or tin 
plated couplings can be used on BTC joints to increase the leak resistance. 


The joint or tensile efficiency of BTC casing is between 70% and 92% depending on the 
size, weight, and grade. BTC connections perform relatively well under bending loads. 
Bending tends to lower the leak resistance of the connection. 


5.2.5 API Tubing Connections 


The API tubing connections are listed below: 
= External Upset Tubing (EUE) 


= Non-Upset Tubing (NUE) 
= Integral Joint Tubing (IJ) 
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API EVE and NUE are threaded and coupled connections machined on a taper of % inch 
per foot (0.0625 inch/inch). EUE and NUE have the same basic thread form as API STC 
and LTC. 


For EVE API tubing connections, 10 threads per inch for sizes 1.900 inch and smaller, 
and 8 threads per inch for sizes 2 3/8 inch and larger exist. There are 10 threads per inch 
for NUE tubing sizes 3 42-inch and smaller, and 8 threads per inch for 4-inch and 

4 4 inch OD tubing. 


API NUE and EUE affect a pressure seal through the use of a solids-containing thread 
compound. 


NUE and EUE are not recommended when a reliable high-pressure seal for gases for 
solid-free liquids is required. 


NUE tubing has joint efficiencies of approximately 45-80%. (The joint efficiency of 
tubing connectors is equal to the joint yield strength divided by the pipe body yield 
strength.) 


EUE connections are stronger than the pipe body under axial tension loading, and 
therefore, the joint efficiency is 100% for these connections. 


API IJ connections are available on tubing with ODs of 1.315 inch, 1.660 inch, 1.900 
inch, and 2.063 inch. The thread form and taper are the same as for NUE and EUE. 


As the name implies, the box is cut on the end of the pipe. Both the pin and box members 
are upset. 


Joint efficiencies for API IJ tubing range from 80-95%. 


5.2.6 Design Factor Adjustment for API Connections 
Strengths 


API Bulletin 5C3 calculates the tension ratings of the tube body based on the minimum 
material yield strength. The API casing joint strengths are based on the ultimate material 
yield strength. Since the tensile failure of the material will not occur until the axial 
stresses reach the ultimate tensile strength, designs based on the minimum yield have 
extra safety. Additional plastic deformations can occur as the material is loaded beyond 
the minimum yield point to the ultimate yield strength. The design procedure that utilizes 
the same tension design factors for the pipe body and the connection criteria is consistent 
and correct as long as both are based on minimum yield strength and not ultimate 
strength. 
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If the ultimate tensile strength is used as the basis of the connection strength, the tension 
rating should be de-rated by the ratio of the minimum yield strength, Yp, to the ultimate 
yield strength, Up. API Specification SCT provides values for the ultimate and minimum 
yield strengths. Table 5-1 gives the minimum and ultimate yield strength values and the 


ratio for API grade materials. 


Table 5-1 Connection Axial Design Factor Ratio by Grade 


Material Y psi U,, psi Y,/U, 1.4x 
Grade U,/Y, 
H-40 40,000 60,000 0.66 2.12 
J-55 55,000 75,000 0.73 1.91 
K-55 55,000 95,000 0.58 2.41 
N-80 80,000 100,000 0.80 1.75 
L-80 80,000 95,000 0.84 1.67 
C-90 90,000 100,000 0.90 1.56 
C-95 95,000 105,000 0.90 1.56 
T-95 95,000 105,000 0.90 1.56 
P-110 110,000 125,000 0.88 1.59 
Q-125 125,000 135,000 0.94 1.49 


No re-rating of the API burst strength or burst design factors for API connections is 
required since the connection burst and pipe burst ratings are based on minimum yield 
strength. 


NOTE: Some suppliers of OCTG will supply pipe with connections of a higher grade 
than that of the pipe body, as mentioned in Section 5.4. 


The same de-rating technique does not apply to API tubing as the tensile strength of the 
connections is based on the minimum yield. 


5.3 Design Considerations for API Casing 


Connections 


5.3.1 Connection Features - General 


Proprietary connections (see Section 5.6) are available with numerous designs. 
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One or more of distinguishing features can differentiate these connections from API 
connections. These include: 


= Type, location and number of metal-to-metal seals 
= Type or shape of threads 

= Profile of the connection taper 

= Use of elastomeric or plastic ring seals 


= Positive torque stop (internal-external shoulders) 


Connection taper is defined as the change in diameter for each inch of length. 


Connections for casing must withstand all expected wellbore loading for the life of the 
well, including axial tension and compression, collapse and burst pressures, and bending. 
In addition to wellbore loads, connections often have other requirements that may include 
OD/ID clearance, makeup characteristics, and hostile-service environments. 


External clearances and/or internal drift requirements sometimes become important 
factors in connection selection. Proprietary connections are frequently the best solution 
for small annular clearance applications. Smaller OD dimensions usually are achieved 
using integral-joint or flush-joint connection designs. In extreme cases, achieving 
increased ID dimensions requires the use of a nonstandard, slightly larger pipe OD in 
order to maintain connection performance. 


Reduced OD dimensions are also sometimes obtained with standard OD couplings that 
have had the ODs machined (that is, special clearance couplings). This practice should 
generally be limited to wells of moderate depth and pressure. All or some of the strength 
lost in machining the ODs of couplings may be regained by using couplings of higher 
grade than the pipe body. This may not be done when the service environment precludes 
the use of the higher strength materials. 


Makeup characteristics can be a factor during connection selection. A connection’s 
resistance to galling, mishandling, or cross-threading can greatly affect the selection 
process. Galling propensity in a connection is governed by local bearing pressures, 
torque, material composition, lubricant, makeup speed, type of material and its surface 
preparation, thread compound type, placement, and amount used. For the few 
applications where the casing string may be pulled and re-run, proprietary connections 
should be considered over API connections. Proprietary connections generally have less 
thread interference than API connections and as a result usually have greater resistance to 
galling. 


Resistance to handling damage is difficult to measure. With poor or inadequate pipe 
handling equipment, connections with low susceptibility to handling damage should be 
considered. Connections to consider would be proprietary connections with multiple 
metal-to-metal additional seal surfaces, or connections with no metal-to-metal seal 
surfaces such as API connections. 
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Cross-threading of casing connections, especially large diameter connections, can 
sometimes be a problem. To minimize the possibility of cross threading, connections with 
small thread heights and small threads — large number of threads per inch — should be 
avoided. Also, connections with thread crests that are cut parallel to the thread taper 
rather than parallel to the pipe centerline have historically had a greater propensity to 
cross-thread. Both of these criteria may steer the user away from BTC connections for 
large diameter pipe (pipe greater than 16 inches). Proprietary connections are available 
for large diameter casing (20 inches OD or greater) from several manufacturers. 


Hostile environments require special consideration in connection selection. When 
connections are to be used in a wellbore environment that can cause sulfide-stress- 
corrosion cracking (SSCC), care should be used to select a connection design that does 
not generate high tensile stresses under makeup or external loading conditions. 


The use of corrosion resistant alloy (CRA) materials requires special attention to 
connection selection, particularly with respect to galling. CRA materials have a 
significantly greater tendency to gall than steel. The most significant contribution to the 
reduction of galling tendency on connections machined onto CRA materials has been the 
development of advanced surface treatments such as copper plating over nickel strike by 
various connection manufacturers. In addition, some proprietary connections have been 
specially designed to minimize local bearing pressures, reducing galling problems. 


5.4 Why Connections Fail 


Connections must be selected to withstand the same load cases used to design the pipe 
body. However, according to industry experience a large majority of casing failures 
occurs at connections. These failures can be attributed to: 


= Improper design or exposure to loads exceeding the rated capacity 
= Failure to comply with make-up requirements 

= Failure to meet manufacturing tolerances 

= Damage during storage and handling 


= Damage during production operations (corrosion, wear, and others) 
Connection failure can be broadly classified into two categories: 


= Leakage 
= Structural failure 
e Galling during make-up 


e Yielding due to internal pressure 
e Jump-out under tensile load from internal pressure or from thread back-off 
e Fracture under tensile load 


e Split box due to excessive torque during make-up or subsequent operations 
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Avoiding connection failure is not only dependent upon selection of the correct 
connection, but is strongly influenced by other factors including: 


= Manufacturing tolerances 


= Storage 
e Storage thread compound 


e Thread protector 


= Transportation 
e Thread protector 


e Handling procedures 


= Running procedures 
e Selection of thread compound 


e Application of thread compound 


e Adherence to correct make-up specifications and procedures 


The overall mechanical integrity of a correctly designed casing string is dependent upon 
proper selection and care during transportation, storage and running. Connections are 
more prone to failure than pipe due to several factors. High stresses that approach actual 
yield strength exist in certain areas of the connection that are induced by the make up 
forces. The threads, by their nature, can act as stress risers whereby cracking can initiate. 
Couplings are sometimes made up from higher strength steel, such as the case for J or K 
grades that make the connection susceptible to environmental cracking or loss in notch 
toughness. 


NOTE: Coupling stock is often made by a third party that may not be an approved 
source or API certified. 


5.5 Connection Leak Resistance 


The design limits for leak resistance of a connection are not only dependent upon its 
geometry and material properties but are influenced by dimensional tolerances. Some 
additional factors that influence connection performance are: 


= Surface treatment 
e Phosphating 
e Metal plating (copper, tin or zinc) 
e Bead blasting 

= Thread compound 

= Make-up torque 


=" Use of a resilient seal ring (Teflon® rings may be used at temperatures up to 
250 degrees F.) 
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= Fluid to which connection is exposed (mud, clear brine, or gas) 
= Temperature and pressure cycling 


= Large doglegs (for example, medium or short radius horizontal wells) 


The leak resistance values for API connections as given in API Bulletin 5C3 should be 
used with caution. In production applications when exposed to a clear brine or gas, API 
connections may leak before the burst differential pressure reaches the API leak 
resistance value (see Section 5.2.2). 


More appropriate thread leak ratings for API connections are being sought from a 
combination of joint industry projects and other sources. Exercise caution when applying 
API threads, particularly buttress threads, to designs where sustained annular pressures 
with gas are anticipated. Do not use buttress threaded tubing for any role other than 
artificially lifted streams that are primarily liquid. 


5.6 Use of Proprietary Connections 


When a general-purpose API connection cannot provide the performance requirements 
for the application, special purpose or proprietary connections are available to meet most 
severe service requirements. The primary purpose of using proprietary connections is to 
ensure structural strength of the connection and maintain an effective seal during 
expected well operating conditions. To increase the connection performance proprietary 
connection manufacturers have offered various modifications to enhance joint strength, 
maintain seal integrity and reduce internal stresses. 


Other items may indicate premium connections are required: 


= Ifa string of pipe will be subjected to rotation while running in the hole or to aid in 
primary cementing, a premium connection with suitable torque rating is advisable. 


= Ifa string of pipe will be subjected to torque and compressive loads, drilling and 
some workover operations, a premium connection with suitable torque and 
compressive ratings should be selected. 


= Pipe that will be subjected to corrosive service, or high velocity flow rates, should 
have premium connections. Gaps or ID restrictions in the connections increase the 
potential for localized corrosion and turbulence resulting in erosion corrosion. 


= If dual or multiple strings of tubing are to be run, premium connections with external 
tapers are recommended. Square shouldered connections can snag if strings are not 
run, or pulled, simultaneously. Special clearance connections may be required if 
space is limited. 


= An externally flush or semi-flush connection may be required in close tolerance 
running conditions. 
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Availability of accessories, float equipment, crossovers, pup joints, landing nipples, and 
others, may be a factor in connection selection, particularly for short lead-time projects. 
Accessories are not available off the shelf for many premium connections. Some 
premium connections may only be cut by the connection manufacturer, or a select few 
licensed facilities. If such a connection is selected, back-up accessories should also be 
ordered to prevent costly delays at wellsite. 


Joint Strength 


Upset Connections — The thread form is cut into a thickened area at the end of the tube 
body upset area, resulting in strength greater than the tube body. 


Modified Thread Profiles — Most proprietary connections use a low flank angle to 
increase the tensile capacity of the connection and improve thread jump out resistance. 
Some connections have a stab high angle flank (leading edge of the pin end) to match 
with a counterpart in the box end to carry compressional loading. Other designs build a 
torque shoulder in the middle of the connection to carry the compressional loading and 
provide a positive make-up indicator. Threads with both flanks cut with negative flank 
angles provide tension and compression capability without the torque shoulder. 


Leak Resistance 


Teflon® ring — Modified API and proprietary connector suppliers offer designs 
incorporating a Teflon® ring inserted into a groove. This seal offers a positive 
enhancement to thread lubricant sealing compounds. 


Metal-to-Metal Seals — A metal-to-metal seal is a positive interference between metal 
surfaces over the entire circumference of the connection. Two typical metal-to metal 
seals are available: radial seal and axial seal. Radial sealing is preferred over axial seals. 
Axial seals can be the torque shoulder and usually lose some contact stress when loaded 
axially in tension and can be plastically deformed if overloaded in compression, such as 
during cyclical loading. 


Internal Stresses — Internal stresses are high in API type connections, and when properly 
torqued, are essentially at the minimum material yield strength of the connection 
material. Alternatives available include: 


= Cylindrical Threads — Cylindrical thread designs typically employ a torque shoulder, 
and sufficient frictional force is created to prevent connection rotation in the 
wellbore. Due to the low interference fit of the threads, improved galling performance 
is characteristic of these thread profiles. Near cylindrical thread designs incorporating 
different thread pitch also offer reduced stress and are generally acceptable in severe 
service. 


= Torque Shoulder — A positive stop torque shoulder provides a means to limit the 
amount of thread interference between pin and box. The torque shoulder provides an 
effective method of limiting excess make-up connection stresses. The torque shoulder 
should not be considered a metal-to-metal seal. 
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Proper make up is necessary for correct connection performance. There are five basic 
differences between API and proprietary connections: 

= Load and pressure ratings 

= Radial clearance 

=" Ease of assembly 

= Performance in hostile environments 

= Cost 

With the exception of cost, each of these differences may provide sufficient justification 
to select a proprietary connection over an API connection. Very few API connections 
provide better overall performance than proprietary connections. Therefore, proprietary 


connections could be used on all casing strings, if not for the higher cost and occasional 
longer procurement lead times. 


While API connections remain the standard in the oilfield, their inability to achieve a 
reliable gas-tight seal limits their application. The low leak resistance of API connections, 
in general, and buttress connections, in particular, results from their reliance on thread 
compound in the thread form as the primary sealing mechanism. Two common ways of 
addressing this problem are to enhance the API coupling by zinc or tin plating or to 
include a resilient seal ring, which can be made of Teflon®. However, even modified API 
connections cannot be relied upon to maintain a seal at pressures in excess of 5,000 psi. 
This has led to the development of a wide variety of proprietary connections. 


Proprietary connections are used primarily to achieve gas tight sealing reliability and 
100% connection efficiency compared to the pipe body under more severe well 
conditions including: 

= High pressures (typically >5,000 psi) 

= High temperatures (typically >250 degrees F) API temp threshold 

= Sour environments 

= Exposure to gas production 

= High pressure gas lift 

= Steam wells 

= Tight annular clearances (for example, liners) 

= Large doglegs (for example, horizontal wells) 

= High torsional loads (for example, rotation of liners while cementing, casing drilling) 
= Horizontal or extended reach 

= Deep wells 


= Improved running efficiencies 


Refer to Section 8.14 for information on connections for horizontal wells. 
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To achieve these aims, proprietary connections typically have one or more of the 
following features not found in API connections: 


= More complex thread forms 
" Resilient seals 
= Torque shoulders 


a Metal-to-metal seals 


When selecting a proprietary connection with a metal-to-metal seal for use in a high 
pressure environment, performance test data should be audited to ensure the connection is 
appropriate for use in a high pressure environment. Reputable proprietary connection 
manufacturers have conducted considerable testing and connection analysis of their 
connections and should have substantial data on their connection's performance limits, 
both in terms of axial load capacity and their sealability limits. Performance data related 
to combined loading is particularly relevant. 


When requesting tensile performance data, make sure that the manufacturer indicates 
whether quoted tensile capacities are based on the ultimate tensile strength such as, the 
load at which the connection will fracture and commonly called the parting load or the 
yield commonly called the joint elastic limit. If possible, use the joint elastic limit values 
in the design to maintain consistent design factors for both pipe body and connection 
analysis. If only parting load capacities are available, a higher design factor should be 
used for connection axial design as described in Section 5.3. 


Documented field history is one of the best measures of the suitability of use for a 
proprietary connection. Information of this type is generally available from the 
manufacturer. Careful review of the manufacturer field history data is recommended. 
Look beyond the manufacturer’s summary page for detailed information that could prove 
valuable in assisting with the connection selection decision. Not all field history will be 
directly applicable due to unique well designs and differences in tubular service 
conditions. Some differences include: 

= Cement tops 

= Annulus pressure management 

= Completion fluids 

= Completion techniques 

=" Stimulation requirements 

Proprietary connections (see Section 5.7) are available with a myriad of designs. One or 
more of several distinguishing features can generally differentiate these connections. 
These include: 

= Type, location and number of metal-to-metal seals 

= Type or shape of threads 

= Profile of the connection taper 

= Use of elastomeric or plastic ring seals (not recommended) 


= Positive torque stop (internal-external shoulders) 
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Proprietary connections are designed and manufactured outside the scope of API 
specifications. They are generally claimed by their manufacturers to meet or exceed the 
performance of API connections. Proprietary connections are usually governed by patents 
or special processes that are owned or licensed by the manufacturer. API 8-Round and 
Buttress connections were proprietary connections prior to being donated to the API. 


Both API and proprietary connections can have different end finishes. They may be: 


=  Metal-sealed Threaded and Coupled (MTC), per ISO 13679 nomenclature 
=  Integral-joint — Slim Line High (SLH) performance per ISO 13679 nomenclature 
= Flush-joint — Integral Flush Joint (IFJ) per ISO 13679 nomenclature 


Threaded and coupled connections are the most common connection configuration used 
today. They consist of two externally threaded ends of pipe (called pin ends) joined 
together by a shorter internally threaded section of pipe stock (called a coupling or 
collar). The OD of the coupling is larger than the OD of the pipe body. 


5.6.1 Integral Joint Connections 


Integral joint connections were developed to meet a requirement for a strong, leak-tight 
connection with an OD that was smaller than that of threaded and coupled (T&C) 
connections, reducing problems with downhole makeup or tight clearances at deeper 
depths and expanded loads. Integral-Joint (IJ) connections do not employ couplings, but 
are designed by pipe-end upsetting to achieve greater tensile strength. An IJ connection 
consists of two joints of pipe, joined together by an externally threaded pin end and an 
internally threaded box end. For this reason, an IJ connection has only half as many 
potential leak paths as a T&C connection. Figure 5-7 shows a schematic of an IJ 
connection. 


Figure 5-7 Integral-Joint Connection 


The integral-joint connection shown in Figure 5-7 has had both the pin and box upset 
giving improved tensile load carrying capacity for tubing and casing sizes. There are a 
large number of integral-joint connections available. 
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5.6.2 Flush-Joint Connections 


Flush-joint connections are a special class of IJ connections developed to meet the need 
for high-pressure integrity in small annular clearance applications. A true flush-joint 
connection has OD dimensions equal to that of the pipe body OD itself. The thread form 
is cut directly onto the pipe wall with no upsetting and no coupling. Therefore, the 
connection tensile efficiency — ratio of connection to pipe body tensile strength — is 
relatively low as compared to IJ, and especially as compared to T&C connections. 
Figure 5-8 shows a flush-joint connection. 


Figure 5-8 Flush-Joint Connection 


Many "true" flush-joint casing connections on the market exist. 


Many connections are available that at first glance appear to be flush-joint, but in reality 
have a slight internal upset of the pin, external upset of the box, or both. These are often 
referred to as "near" flush-joint connections, and provide improved tensile load capacity 
over true flush-joint connections. Some of the connections listed under the description of 
flush joint connections are "near" flush-joint connections. They are the ones with very 
little swaging of the pin, box, or both. 


5.6.3 Large Diameter 


Large diameter connections are a special class of connections developed to meet the need 
for joining large diameter tubulars (greater than 16-inch OD) in surface casing and 
conductor casing applications. These connections are principally selected for their tensile 
capacity during running operations and compression capacity for in-service use. Pressure 
integrity is a lesser requirement for these large diameter connections. 


Connection designs for large diameter tubulars are threaded directly on the pipe body or 
manufactured separately and welded onto the pipe body. Consequently, greater design 
choices exist for the weld-on connections. Weld-on connections can be designed as 
threaded ends or clamped ends. Both designs have their advantages. 


Various proprietary designs exist for connections threaded onto the pipe body through 
20 inches OD, aside from the API available connections. For tubulars greater than 

20 inches OD, large diameter flush-joint connections are available. Weld-on connections 
can be obtained for these same sizes from a number of manufacturers. An example of a 
weld-on connection is shown below. 
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Weld Bevel 


Welt Gevel 


Figure 5-9 Example Weld-on Connection 


5.7 Qualification of Proprietary Connections 


Connection qualification testing or qualification test data review is recommended for 
tubular connection selection in applications where cyclical loading is expected, HP/HT 
wells or other critical applications. Unfortunately, the test data available to the operators 
is varied and may not be applicable to the expected conditions. When test data and results 
are requested from the connection supplier, they should be in accordance with ISO 13679 
Connection Test Standards. ConocoPhillips does not intend to issue an approved 
connection listing because of varying conditions that individual wells can require. 

ISO 13679 and other test data are being accumulated and will be maintained for use by 
the business units by the D&P Wells Technology DEO Group. 


The main reasons for using a proprietary connection include: 


= Insufficient performance properties data 
= Lack of field performance history 

= Severe service environment 

= Sensitive locations 

= Cost 


In practice, these reasons may be considered individually or in combination to justify the 
time and expense of a connection qualification program. 
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5.7.1 Insufficient Performance Properties Data 


Insufficient data from manufacturers that ensure connection performance are the most 
important reason for conducting a qualification program. In general, manufacturers have 
been unable or unwilling to commit to conducting comprehensive connection 
qualification programs on all connection designs due to the expense and up to the 
adoption of API 5CS5/ISO 13679, varying qualification methodologies within the 
industry. Since connections are available typically in combinations of sizes, weights, and 
grades, manufacturers often list unverified performance properties based on limited or no 
test data for much of the range of connection applicability. 


An important performance property universally lacking definition is an internal pressure 
leak resistance rating for both API and proprietary connections. Most connection designs 
employ the API internal-yield pressure (that is, burst) rating. However, the connection 
may not provide an adequate seal against liquid or gas pressures at the burst rating. The 
lack of seal integrity may be exacerbated by the introduction of combined loads that can 
occur under field conditions. This is especially true of larger diameter tubulars subjected 
to internal pressures with either axial tension or axial compression and bending loads 
superimposed. The manufacturers of proprietary connections may not know the effect 
these loads have on their connection leak resistance. 


High Compressing Loading 


High compression loading is generally not a problem for pipe with exception to buckling 
severity that prevents the passage of tools in tubing. However, this is not the case for 
connections. For connections to sustain high compression loads without leaking is a 
challenge. Connections have been shown to be much more susceptible to leaking under 
compression than tensile loading, especially in gas environments. As a result, the 
engineer must estimate as accurately as possible the most severe compression loads that a 
connection will be exposed, and match a connection to the application. Many connection 
manufacturers publish connection compression load ratings along with tension and burst 
ratings. Vendor supplied connection ratings are often based on a material’s ultimate 
tensile strength, instead of minimum yield strength. If the ultimate tensile strength is used 
as the basis of the connection strength, the connection rating should be de-rated by the 
ratio of the minimum yield strength, Yp, to the Ultimate Yield Strength, Up. The 
compression rating normally presented as either a percentage of pipe body yield strength 
or as an axial load rating, above which the connection will leak. Unfortunately, much of 
the vendor supplied connection compression ratings information is based upon limited 
physical testing and some finite element analysis, which has been interpolated or 
extrapolated for different pipe sizes, weights and grades. Vendor supplied connection 
compression performance rating data should not be used, except for general comparison. 
For critical applications, or where premium connections are used, specific qualification 
testing of the connections of interest is encouraged, unless previously qualified for 
similar or more severe conditions. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 5-23 
Version: 02-Apr 2011 


ConocoPhillips 


ConocoPhillips will not normally list vendor supplied connection performance data in the 
in-house design program catalogs in the EDM database. Performance data extracted from 
available test data or information reviewed and approved by ConocoPhillips will be made 
available inside the in-house design catalogs in either the uniaxial ratings table, for 
previous API 5CT tests, and the service life envelope table for qualified ISO 13679 tests. 
Where test data is not available, ConocoPhillips recommends use of the following rating 
adjustment method in lieu of vendor supplied performance data. 


Table 5-2 Recommended Rating Adjustment 


Type Based on: Derated by: 
Tensile performance rating | Vendor supplied | Multiply by Y/U* 
Collapse performance rating connection See Sec. 5.2.6 and Table 5.1 
performance 
Burst performance rating rating 


Compression performance API pipe body Multiply by the deration percentage factors shown 
rating tensile rating below. 


Compression deration factors: 
° 12% for flush IJ 
22% for extra clearance T&C 
28% for extra clearance IJ 
30% for square or buttress threads T&C 
35% for hook thread full size T&C 
65% for wedge type threads, Tenaris Blue, 
NSCC, NSCT, and all full size couplings only. 
Contact Wells Technology for other connections. 


*Y = Minimum tensile strength, psi; U = Ultimate strength, psi 


The highest compression loads normally occur in a string during high temperature 
operations such as well production. In addition to compression loading, connection 
performance is further challenged due to deration of pipe and connection yield strength 
with increased temperatures during production. Also, in uncemented intervals, pipe can 
buckle as it attempts to elongate due to increased temperatures, exposing the connections 
to potentially large bending stresses/doglegs. These issues are examined when using the 
WellCat stress analysis. 


Collapse Ratings 


Collapse ratings are also provided by many connection manufacturers. To model a 
connection collapse rating that is lower than the pipe body collapse rating in WellCat, 
define the pipe for the string of interest as a special entry in the Pipes Inventory and enter 
the collapse rating for the connection in the Collapse rating field in the spreadsheet. 


NOTE: In completion equipment — packers, downhole safety valves, liner hangers, and 
others — the engineer should determine the load bearing connections 
contained within these type components and include them in the Wellcat 
stress analyses. Examine the non-OCTG equipment connections contained in 
packers, sliding sleeves, and other equipment that may have threaded 
connections. Many times these connections do not exhibit the same tensile or 
compression performance and should be thoroughly evaluated. 
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Liquid Testing 


Because of their limited laboratory capabilities, many manufacturers test their 
connections with liquid only. Since gas is typically more difficult to seal than liquid, the 
manufacturer's published internal pressure leak resistance rating may be suspect, if gas 
sealability is a requirement. Another performance property generally lacking for 
proprietary connections is an accurate estimate of the joint strength for flush-joint 
connections. Neglecting the effects of combined loading, field experience and laboratory 
testing have proven that many flush-joint connections jump-out at tension loads 
considerably less than manufacturer published joint-strength ratings. This same problem 
exists for some API round-thread casing connections under combined loading. 


Obtain a verifiable load ellipse from the connection manufacturer and ensure that the 
connection is suitable for all phases of loading throughout the life of the well. If a 
verifiable load envelope is not available, additional connection testing may be required. If 
a tubular string will be subjected to cyclical loads (alternating tension/compression), such 
as routine corrosion batch treating for example, obtain cyclical load test charts from the 
connection manufacturer to insure the connection is suitable for long term service. 


NOTE: Connection Performance 


In basic triaxial design, the focus is normally on the pipe body, especially 
when doing an optimal cost design. These types of designs initially assume an 
API connection will be used. After the pipe body design is completed, an API 
connection is selected that will satisfy the design criteria. For many casing 
strings, this procedure will provide an adequate safety margin and a 
reasonable cost design. STC and LTC connections have axial ratings that are 
less than pipe body ratings and BTC connections significantly lower rated in 
compression than pipe body. As a result, the absolute safety factors obtained 
for the connections will be less than those obtained for the pipe body. Note 
that the connections become the weak point in the design. The pipe body 
might need improvement to allow the use of a better strength connection. 
Most casing failures occur in the connections, not the pipe body. Connection 
selection must be elevated for an optimal design, and the lower ratings 
(particularly in compression) must play a vital role in the selection process. 
As mentioned in Section 5.5, industry is working to provide the entire von 
Mises performance envelope for API connections. A good design will include 
consideration of the connection as well as the pipe performance von Mises 
envelopes, and will confine all expected stresses to within that envelope. This 
will include the leak resistance of the connection. 
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NOTE: Connection Performance Continued 


With the adoption of API 5C5/ISO 13679 Recommended Practice on 
Procedures for Testing Casing and Tubing Connection proprietary 
connection qualification testing procedures, the same Von Mises performance 
envelope will be available for fully qualified premium connections. 
Information about bending strength will also be available. In this new 
standard for testing connections, consideration of proprietary connections 
performance ratings can be added into the design process in the same manner 
as for the API connections. Many proprietary connections, especially those 
with hook form threads and/or slim to flush construction are known to be 
weak in compression. For compression load cases, such as high rate or high 
temperature production load cases, the connection's predicted stress envelope 
should be within the connection performance envelope. 


The pipe body may be over designed or the connection under designed if 
there is a significant difference between the absolute safety factors of the 
connections and pipe body. Seek a good balance between the pipe body and 
connection absolute safety factor. 


5.7.2 Severe Service Environment 


Even if a specific connection design has been previously tested and has an impressive 
field performance history, application in a more severe service environment may warrant 
additional connection qualification. Environmental concerns may include higher 
temperatures, greater operating pressures and loads, and possibly severely sour service. 
Any one of these environmental concerns may necessitate the selection of a material or 
grade not previously used with an otherwise acceptable connection design. Under these 
circumstances, consider the performance of the connection under combined load 
conditions. 


5.7.3 Sensitive Locations 


Some fields are located in sensitive areas justifying the time and expense of qualifying a 
connection. These areas include close proximity to populated townships, navigation 
channels, fishing, protected marine life or wildlife, and any other region in which a 
connection failure would pose an immediate hazard to life and property. 
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5.7.4 Cost 


In some cases, cost is a consideration for justifying a connection qualification. This is 
true where API connections are being considered in place of higher-cost proprietary 
connections or what is known as low-cost proprietary connections. If API or low-cost 
proprietary connections are technically feasible in place of higher-cost proprietary 
connections, a qualification test program may be used to verify the most economical 
choice. 


5.8 Thread Compounds 


Connection thread sealability is a complex phenomenon. Interference fit between thread 
surfaces produces bearing pressure, which is very important for thread sealability. 
However, this alone will not produce a leak-tight seal because thread clearances are 
designed into the thread profile. This applies not only to API connections, but also to 
proprietary connections. Clearances are required to reduce stresses that can affect galling, 
and to reduce hoop stresses in the connection due to makeup. To prevent the leakage of 
gas or liquid through the thread clearances, thread compound and typically, some type of 
thread plating (tin, zinc, or phosphate) are used. The plating can reduce the magnitude of 
the clearances, and can therefore affect sealing performance. It is up to the thread 
compound to provide the remainder of the seal performance. 


Thread compounds serve three primary functions for connections: 


= Protect connections during storage (prior to running) 
= Provide lubrication during makeup 


= Actas a sealing material in the thread clearance areas of the thread form, only for 
API. 


NOTE: To satisfy the first function, storage compounds were developed. Storage 
compounds can only be used to protect against corrosion during the storage 
of the tubular, and should never be used as a running compound. These 
compounds do not have the lubricating or sealing characteristics required by 
a running compound. Prior to the application of running compounds, it is 
advised that storage compounds be completely removed from connections. 
Check compound characteristics for all storage compounds. 


ConocoPhillips typically has pipe delivered to location either from a threading shop or 
from a pipe storage facility. The pipe shipped from a storage facility will likely arrive on 
location re-doped to avoid the clean-up process of catching and disposing the storage 
dope. The threads on this pipe must have the storage compound completely removed and 
lubricated with the appropriate thread compound prior to the pipe being run. Some 
popular thread compounds with good performance history are Bestolife 2000 and 
Kendex Enviro Seal environmental compounds, or API Modified compound. Ninety 
percent of the time Kendex storage dope is on the threads. 
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If the pipe does not have Kendex, it already has Bestolife 2000 applied. Pipe that was 
threaded just prior to shipment to the rig should have the pin and box threads already 
lubricated with thread compound, and will not require cleaning of the connections, 
reference Chapter 10.0, for additional information on handling pipe. 


To fulfill the last two functions of thread compound, API Modified thread compounds are 
composed of three principal materials: 


= Fine metal particles 
= Graphite 


= Grease 


The grease acts as a base carrier to suspend the graphite and the fine metal particles (that 
is, zinc, lead, or copper); however, it provides only minimal lubricity and does not 
prevent galling. Graphite and copper flakes serve as the primary lubrication mechanism 
by reducing makeup torque, which also assists in reducing galling. Powdered lead and 
zinc dust act as the filler material and are the principal sealing agents. These sealing 
agents become squeezed in the thread gaps during makeup, and provide a barrier to well 
pressures by bridging off the leak path through the thread helix, thus providing 
sealability. Table 5-3 provides a summary of the metallic composition of API thread 
compounds specified in API Bulletin 5A2. 


Table 5-3 Metallic Constituents of API Modified Thread Compound (Percent by Weight) 


Constituent Total Metallic Compound 
Solids 
Powdered graphite | 28.0 18.0+1.0 
Lead powder 47.5 30.5+0.6 
Zinc dust 19.3 12.2+0.6 
Copper flakes 5.2 3.3+0.3 
Total 100% 64.0% 


NOTE: The values in the Total Metallic Solids column represent the percent by weight 
of each constituent as compared to the total weight of the metallic solids in a 
sample. The value in the Compound column represents the weight of each 
constituent as compared to the total weight of the compound. 


API Bulletin 5A2 is the industry document covering the chemical composition and 
testing of thread compounds for casing and tubing. The API makeup method is based on 
the use of thread compounds conforming to API Bulletin 5A2. 
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An assessment should be made of the potential for thread compound degradation over the 
life cycle of the well due to the interaction of the pressure, temperature and contacting 
fluids. For example, certain thread compounds experience significant reduction in 
performance properties (such as, sealing capability) after prolonged exposure to elevated 
temperature, pressure and rich hydrocarbon gases as would be encountered in a miscible 
gas injection process. 


These API thread compounds are generally acceptable to temperatures up to 

300 degrees F. For higher temperatures, silicone is often added to the grease carrier for 
stability. Silicone also improves the application of thread compounds to the threads 
(especially in very cold or very hot environments). For steam injection operations where 
the temperatures can be extremely hot (> 600 degrees F), Teflon” or higher percentages 
of copper are used by some thread compound manufacturers. 


In recent years, increasing government regulation of the cleanup, disposal, and discharge 
of thread compounds has prompted the consideration of lead-free alternatives to API 
thread compounds. The industry has learned from experience and laboratory testing 
programs that the performance of some "environmental" thread compounds is equivalent 
to that of the API Bulletin SA2 compounds. A thorough, careful review of available 
performance information should be conducted prior to the selection of one of these 
compounds. Also, when these or other thread compounds are used that do not meet the 
requirements for API-Modified thread compounds, adjustments to specified makeup 
torques will be required. Some of these compounds may include Teflon” or other friction 
reducing components. 


The use of a high quality thread compound is imperative, but does not alone guarantee 
consistent performance from connections. Appropriate connection preparation and thread 
compound application procedures must also be employed. The best performance can be 
obtained from a thread compound only when connections are thoroughly clean and free 
of grease and storage compound prior to the application of the thread compound, and 
when the thread compound is applied in a thin uniform layer on all pin and coupling 
threads. This will not only optimize performance, but can reduce the amount of thread 
compound that is squeezed out of the threads as the connection is made up and falls to the 
bottom of the well. Reduction of the volume of thread compound in the bottom of the 
well can be very important for production strings, since formation damage can potentially 
be reduced. 


The closer the operator can come to achieving the connection makeup conditions 
described above, the better the connection performance. Also, the connection should be 
made up as soon as possible following the application of thread compound to minimize 
contamination. Use thread protectors if a long delay is expected from the time the 
connection is cleaned and doped until it is time to be made up. Ensure that the thread 
protectors have also been thoroughly cleaned prior to their use. 
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The above mentioned procedures apply to API connections and most "enhanced" API 
connections. For proprietary connections, use procedures recommended by the 
manufacturer for best connection performance. Some manufacturers have specific 
procedures that employ the use of molycoat spray applied to the thread and seal surfaces 
prior to application of the thread compound, and many manufacturers are particular about 
the amount of thread compound that is applied to their connections. The adherence to full 
coverage of all thread and seal surfaces with thread compound is normally recommended 
for proprietary connections to minimize the likelihood of galling. Doing this without 
applying excessive thread compound can be very difficult, therefore, a manufacturer's 
representative should be on location during connection makeup for critical applications. 


Some proprietary connections are very sensitive to the amount of thread compound that is 
applied. For these connections, if excessive thread compound is applied, a phenomenon 
called dope entrapment can occur. Dope entrapment occurs when excess thread 
compound is trapped in the connection during makeup, resulting in hoop stresses in the 
near proximity of the metal-to-metal, sealing surfaces high enough to significantly reduce 
the bearing pressure between these surfaces. Proprietary connections rely on bearing 
pressure between the metal-to-metal sealing surfaces for their sealability performance, 
and if dope entrapment is occurring, there is a good chance that these connections will 
leak. 


Some manufacturers have recognized this problem and have redesigned their connections 
to prevent the occurrence of dope entrapment. Unfortunately, not all manufacturers with 
connections that exhibit dope entrapment problems have redesigned their connections. 
They instead rely on strict control of the amount of thread compound that is applied as 
the control mechanism. For the average user of proprietary connections, it is not always 
possible to know what connections are likely to exhibit dope entrapment problems. If 
manufacturer’s connection assembly procedures are strictly followed to this should not 
present a problem. 


If a casing string is to be run in a critical high-pressure application, and it will not be 
possible to strictly adhere to connection assembly procedures, it would be prudent to find 
a connection that does not exhibit dope entrapment problems. One method of determining 
if a problem with a connection exists is to review the manufacturer’s connection 
assembly procedures and determine if they are critical about the amount of thread 
compound that is used. If the manufacturer insists on using a specific volume or weight 
of thread compound, with little or no tolerance for error, they are being critical. If so, 
their connection has likely exhibited dope entrapment behavior in the past. 
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6.0 Corrosion 


Corrosion can significantly shorten the useful life of oil field tubulars and equipment. 
Corrosion can be defined as the chemical or electrochemical reaction between a material, 
usually a metal, and its environment that produces a deterioration of the material and its 
properties. 


Corrosion is inevitable in oil and gas operations. Many areas may be initially considered 
as non-corrosive, but over time corrosion problems often occur, resulting in the need for 
corrosion control methods. One of the best examples is the inevitable increase of water cut 
in oil production, resulting in corrosion at high water cuts, when no corrosion occurred at 
low water cuts. This chapter discusses the degenerative effects that the environment can 
have on the performance properties of tubular products and corrosion mitigation methods. 


6.1 Corrosion of Tubular Goods 


Corrosion can occur by exposure to carbon dioxide, water, and/or hydrogen sulfide. This 
section explains how these different types of corrosion occur, and how they can be 
controlled. 


6.1.1 CO, and Water Corrosion 


CO, and liquid water can result in general weight loss of low alloy carbon steels. Dry 
CO; itself is non-corrosive. However, in the presence of liquid water, CO, forms weak 
carbonic acid that can corrosively attack metals and alloys. Most oil and gas wells 
produce some liquid water, either formation or condensate. 


The severity of the corrosion from CO; is affected by the CO, concentration, water 
content, in-situ pH, water composition, pressure, temperature, flow velocity, flow regime, 
shear stress, presence of sand, oxygen, and hydrogen sulfide. 


CO2 


The CO, partial pressure of the system is used to determine if the well conditions are 
likely to be corrosive. The CO2 partial pressure is obtained by multiplying the mole 
percent of CO, in the gas by the total system pressure. 
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As a rule for sweet, low productivity, low temperature oil wells different CO2 partial 
pressures indicate the following: 


= 30 psi or higher — generally indicates that the well is corrosive 
= Between 7 and 30 psi — the well may or may not be corrosive 


= Below 7 psi — the well is considered non-corrosive. However, wells with CO, partial 
pressures less than 7 psi can be corrosive, especially if oxygen or H2S (sour wells) is 
present. 


Oxygen increases the severity of CO» corrosion. H2S can either increase or decrease the 
severity of CO, corrosion. 


Corrosivity due to CO, increases with increasing temperature. Therefore, if liquid water 
is present deep in a well with COs, the corrosion is often more severe near the bottom of 
the tubing string. However, at low flow rates, adherent CO2 films form at elevated 
temperatures, and greatly reduce corrosion. These same films are eroded by liquid flow 
rates around 3 feet/second. Thus identical environments can be non-corrosive in the 
annulus but highly corrosive in the flow-wetted portions of the tubing. 


Water 


Water cut affects corrosivity by CO», especially in oil wells. The fraction of water that 
will cause corrosion varies for different oils. Some gas condensates will be corrosive at 
2% water cut. A water cut of 40% is often cited as the critical water cut for becoming 
corrosive with ordinary oils. This water cut is near the value where emulsions may 
change from oil continuous to water continuous emulsions. Some oils are fairly 
non-corrosive because they contain naturally occurring corrosion inhibiting chemicals. 
One key point is that field history with insufficient time may not be suitable to predict 
long time durability against corrosion. 


The wettability of oil on carbon steel can have a highly beneficial effect. This effect is 
not well predicted. The films of paraffin can also have a benefit in reducing corrosion. 
This effect is also not predictable. 


The chemical composition of water controls the corrosivity of the production 
environment. Waters with high bicarbonate alkalinity will have high in-situ pH, and thus 
a low corrosion rate. The in-situ pH is the values at pressure and temperature. This value 
has to be calculated and is not measured in the oil field. Spreadsheets to calculate in-situ 
pH are available from D&P Production and Operations Production Assurance 
Technology. 


Organic Acids 


The presence of organic acids (acetates/formates) has a significant adverse effect on 
corrosivity. Historically, these components were not normally measured in produced 
water. The impact of organic acids is twofold. First, they influence the behavior of steels 
and 13 Cr alloys. Second, these acids interfere with the alkalinity measurement used in 
corrosion prediction, resulting in under predicting corrosion rates. 
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Scaling 


Connate waters can precipitate calcium carbonate which may form a protective scale on 
the inside of the tubing. This protective scale can mitigate further corrosion of the metal. 
A well can be described as scaling, de-scaling, or neutral. Different portions of the well 
can have different scaling tendencies, which may change over time. This accounts for 
cases where a well has changed from scaling to de-scaling or neutral. 


This also accounts for cases where an existing tubing string or flowline has new pipe or 
tubing added to the string. In this case, the new pipe may experience corrosion in 
preference to the older pipe. Reference 10, offers a method to predict scaling tendencies. 


Assessment 


It is difficult to predict if a well will be corrosive and how severe the corrosion will be - 
even when an accurate assessment of the composition of the produced fluid is available. 


In most cases, in the presence of CO2, some type of corrosion mitigation program should 
be implemented. 


CO; can also produce pitting corrosion and can occur in sweet and sour oil wells. This 
form of corrosion occurs in areas where the corrosion product or film is removed or 
cannot form - such as upstream of internal recesses or protrusions into the flow stream 
which may be present at tubular connections. 


Tubing in gas condensate wells may be subject to deep pitting from CO2 and water. The 
tubing can be attacked in well-defined sharp pits that can penetrate the tubing wall in a 
short time. Acidic gases, dissolved in water droplets condensed on the tubing wall, cause 
the pits. Below the condensation point, the tubing may be free of corrosion damage. 


Wells on gas-lift can have serious corrosion problems because the wells can be deep with 
high bottom hole pressures and therefore high CO, partial pressures. Some have a high 
water cut. The problem is aggravated because the gas-lift gas may contain small amounts 
of oxygen. The lift gas can also originate from a different field or formation, and can 
have a different corrosivity than the formation fluids being produced. 


6.1.2 H2S Corrosion 


H2S dissolved in water can cause weight loss and pitting corrosion. In dilute H2S 
concentrations, the corrosion (pH) can be influenced by the CO3 content of the gas. 
However, the H2S in the fluids can still have an impact on corrosivity. At lower 
temperatures and H2S partial pressures, an iron sulfide corrosion product film forms, 
protecting the pipe from further corrosion. Significant levels of chlorides or the presence 
of oxygen can hamper the formation of this protective film. 
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At high temperatures (> 300 degrees F) and high H2S partial pressures (thousands of psi) 
encountered in deep sour gas wells, a "barnacle" type of localized corrosive attack can 
occur. Corrosion rates of several hundred mils per year can occur. Some chloride 
concentration is necessary for this type of attack to occur. This type of attack was first 
discovered in deep sour wells; however, it can occur at lower corrosion rates with less 
severe environments. 


In H2S barnacle corrosion, the corrosion occurs below iron sulfide (FeS) deposits. A 
corrosion cell is formed between the FeS surface and the steel in the pipe. For this 
mechanism to operate, a thin layer of concentrated Ferrous or Iron Chloride (FeCl2) must 
be present beneath the FeS deposit. This FeCl, layer is acidic and prevents the FeS from 
forming directly on the steel. 


Sulfate-reducing bacteria metabolize sulfite ions and produce H2S. These bacteria can 
introduce H2S, and therefore H2S corrosion problems, into an otherwise H2S-free 
environment. These bacteria can also form a deposit that may promote under-deposit 
corrosion. 


6.1.3 Erosion/Corrosion 


Velocity can affect metal deterioration — termed erosion/corrosion — by: 


= Increasing mass transport 

= Removing corrosion products from the surface 

= Prevention of scale formation 

= Removal of inhibitor films 

= Bubble collapse on the surface to fatigue the metal 


= Providing a fresh surface as with scouring by sand. 


Often models do not identify which phenomenon or which combination of phenomena is 
being considered. 


From a practical viewpoint, erosion/corrosion by itself rarely exists in oil field 
applications because if corrosion is an issue, it will be suppressed either by use of 
corrosion inhibitors or corrosion resistance material. In cases where corrosion is 
controlled by corrosion inhibitors, the critical velocity that results in stripping the 
corrosion inhibitor film of the pipe wall is typically in the order of 40 to 50 feet/second. 
However, inhibitors can also fail at far lower velocities and, therefore, inhibitors must be 
properly evaluated at the proper velocity value. When corrosion resistance alloy is used, 
the concern, particularly for 13 Cr, is whether the passive scale can be formed in oxygen 
free system if it is removed by erosion. Higher velocities apply to corrosion resistant 
alloys. 
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An equation from API RP 14E for offshore piping systems predicts the critical velocity 
for erosion damage in non-corrosive systems has been applied with success to predict 
erosion/corrosion of tubing in wells with CO . The equation is: 


C 
Ve === 
a pm 
Where: 


V. = fluid erosional velocity (feet/second) 
C =empirical constant 
= 125 for intermittent service 
= 100 for continuous service 
P = gas/liquid mixture density at flowing pressure and temperature (1b/ft*) 


Equation 6-1 


Other authors have proposed different equations of a similar form to the equation from 
API RP 14E to predict the onset of erosion/ corrosion; refer to References 9 and 10 for 
additional information. For corrosion/erosion control with corrosion resistant alloys, a 
C-factor of 350 - 450 may be reasonable, based upon the following: 


= Industry experience indicates that for solids-free fluids values of C=100 for 
continuous and C=125 for intermittent service are conservative. 


NOTE: This C-factor is for carbon steel pipe. Other materials may have a higher C- 
factor. RP14E specifies a C-factor of 200 for CRAs. 


= Engineering Equipment and Materials Users Association (EEMUA) Guideline 194 
recommends C-factors of 300 for 13 Cr, and 350 for duplex/nickel alloys in 
multiphase flow. 


M. Salama (see Reference 9) recommends a C-factor of 400 for non-corrosive sand free 
systems based on several flow loop tests. He also proposed that this limit could be 
relaxed to a higher limit in the order of 600 based on theoretical consideration of 
threshold velocity for liquid impingement erosion. 
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Sand Erosion 


For sand producing environments specific conditions should be reviewed with D&P, 
Facilities Engineering. 


Unlike erosion in sand-free systems where erosion rate is related to a single parameter, 
that is mixture density, erosion due to sand is influenced by several factors including: 


= Fluid characteristics of: 


Flow rate 
Composition 
Density 
Viscosity 


=" Sand characteristics of: 


Concentration 

Impact velocity 

Impact angle 

Number of particles hitting the surface 
Shape/sharpness 

Hardness 

Size distribution 


Density 


= Material properties of: 


Hardness 
Microstructure 


Ductility 


= Component geometry. 
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There exists an extensive database that can be used to characterize materials erosion rate. 
This rate is generally presented using the following equation: 


ER = AV ,)" F(a) 


Where: 


ER is erosion rate measured as the ratio between the mass of metal loss 
and the mass of sand hitting the target material. The mass of sand hitting 
the target material depends on the flow conditions, sand concentration and 
the geometry of the component. 


A and n are experimentally determined constants that depend on the 
material properties and angle of impact. 


V, is the impact velocity of the sand particle on the metal surface. This 
velocity depends on the flow conditions and the geometry of the 
component and sand properties (density and size). 


F(a) is a function whose value varies between 0 and 1 depending on the 
impact angle. The function depends on the target material ductile/brittle 
behavior. The value of F(@) is maximum for ductile materials such as steel 
at impact angles of 20 to 40 degrees, and for brittle materials such as 
ceramics at 90 degrees. 


Equation 6-2 


The difficulty in calculating erosion rate is in predicting the proper values for impact 
angle a and particle impact velocity V,. One can, however, predict particle impact angle 
and velocity through the use of particle tracking simulation models. There are four main 
models that have been developed within the industry for predicting sand erosion in piping 
systems. These models are based on work done by Salama of ConocoPhillips, Kvernvold 
of Det Norske Veritas (DNV), Shirazi, et al, of Tulsa University and Lockett, et al of 
AEA. All models are limited to erosion predictions in simple pipe geometries such as 
pipe bends, tees, and straight pipes. One of DNV models has been issued as API RP 501 
and is widely used in Europe. However, this model can be conservative. 
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While the other existing models require special software, Salama's model is presented in 
the following equation: 


Where: 


The value of S in the equation depends on the pipe geometry; that is 
bends, capped tees, contractions, expansions, straight runs, and others. 
Using the units for mixture flow velocity (Ve) in m/s, fluid mixture density 
(Pm) in lbm/gal, pipe diameter (D) in mm and sand production (W) in 
Ibm/day, the value of the S-factor is 0.05 for pipe bends. 


For straight sections such as tubing and casing, the S-factor can be an 
order of magnitude lower than that of a bend. Capped tees are often used 
instead of elbows because they are perceived to offer better erosion 
resistance. While this is the case for gas, it is not always the case for 
liquids. 


Equation 6-3 


Sand Monitors 


If sand erosion is of concern, it is important that sand monitors be used. Sand monitors 
are required to determine the effectiveness of sand control procedures and to provide 
input to predict erosion rates of critical components. Currently available sand monitors 
can be classified as intrusive and non-intrusive. The probes of intrusive monitors 
penetrate the component wall while the probes of non-intrusive monitors are mounted on 
the outside wall of the component. The two basic principles for detecting sand are based 
on either measuring the noise generated by sand impact on a component wall, or by 
measuring a material loss due to sand erosion of a probe placed in the flow stream or of 
the component wall. Intrusive monitors include the CorrOcean electrical resistance (ER) 
monitor and the Cormon ER probe. The non-intrusive monitors include acoustic probes 
marketed by Fluenta, ClampOn and Simrad. 


6.1.5 Other Sources of Tubular Corrosion 


Several other sources of tubular corrosion include: 
a Acidization treatment 

a Chloride 

= Oxygen 

=" Packer fluids 
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Acidizing Treatment 


The acids used in well stimulation can corrosively attack low alloy carbon steel and CRA 
tubing. For low alloy carbon steels (LACS), this generally results in weight loss 
corrosion. In certain CRA materials, weight loss and stress corrosion cracking can occur 
(duplex and austenitic stainless steels being the most susceptible). Corrosion control is 
accomplished by using inhibitors, and limiting the exposure time to the acid. 


During acidizing treatments of highly productive wells, it is customary to measure the pH of 
produced water to determine whether the acids have been produced back and that they have 
been removed from the wellbore. Historically, acid removal was an uneventful task and a 
few hours of production may have been required. Once the acid was removed, the water pH 
rose quickly. 


Quick removal of acids from a well is not the case in horizontal wells. Acid removal may be 
difficult. It may take a long time (days) to remove the acid. For horizontal wells the acid 
treatment program has to be designed to effectively remove the acid. Acid removal may be 
enhanced by use of inner wash strings, coiled tubing or phased acidizing jobs. 


In high temperature wells (over 300-350 degrees F) the effectiveness of inhibitors is 
marginal. Less corrosive acidization fluids such as ethylenediaminetetraacetic acid (EDTA) 
solutions can be used to reduce the corrosivity. 


Martensitic (13 Cr stainless steels) and duplex stainless steels are more susceptible to 
corrosion in acidizing fluids than are carbon and low alloy steels. These CRAs have a 
temperature limit that is lower than for carbon and low alloy steels. Also, they use different 
acidizing inhibitors than are used for steels. The acidizing inhibitors must be qualified for 
these CRA. The maximum useful temperature limit may be 200-250 degrees F for these 
alloys. 


Acidizing returns have a detrimental effect on production separation equipment. Transport 
of spent acid returns through the production system should be prevented, if possible. 


Chlorides 


In the presence of oxygen or other oxidizing agents, the chloride ion can promote pitting. 
Oxygen-free environments are less susceptible to pitting, where the normal situation- 
provided oxygen is not introduced to the well from the surface. Chlorides in 
concentration greater than approximately 1,000 parts per million (ppm) can reduce the 
uniform corrosion due to wet CO3. 


The presence of chlorides at high concentrations (5-20 wt/%) can reduce the upper 
operating temperature limit for the use of Martensitic 13 Cr stainless steels. Due to the 
normally high chlorides found in produced water, the use of CRA tubulars for injection 
should be carefully reviewed against viable alternatives if oxygen might be present in the 
injection stream. See Oxygen section, below for more detail. 
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Oxygen 


Oxygen is not normally present in produced waters. Water in shallow wells may contain 
some oxygen. 


The most likely encounter of oxygen is in water injection wells where seawater is injected. 
The typical design for seawater injection systems is 20 parts per billion (ppb) oxygen. Often 
this value is not met. The highest concentration of oxygen is in locations close to the 
deaeration equipment/plant because oxygen scavengers take time to react and because 
corrosion of steel removes the remaining oxygen from the water. 


The second likely oxygen contamination is from slop tanks that do not have a protective 
blanket gas or from open drain systems where water is injected into the production system. 


Oxygen accelerates corrosion rates and usually results in pitting corrosion. 


Even very low concentrations of oxygen: 300 ppb or less, can be detrimental. Oxygen 
will increase the severity of corrosion from other dissolved gas such as H2S and CO, by 
making protective scales un-protective. Oxygen also provides a higher potential to 
overcome electrical resistance in the corrosion cells. 


Packer Fluids 


Brine packer and completion fluids can be corrosive, especially when contaminated with 
H2S and CO2. The bromide and chloride ions in these brines can cause stress corrosion 
cracking of some CRA material. 


Normally, the corrosivity of brine increases with brine density. Use of zinc bromide brine 
packer fluids should be avoided at elevated temperatures. Calcium chloride and bromide 
brines are corrosive when contaminated with acid gases (CO and H2S). These brines can 
be used as workover and completion fluids, provided that annulus pressures are not 
permitted to build to high levels. 


The use of inhibited potassium chloride or solids-free oil base packer fluids is 
recommended whenever possible. The use of oil-base packer fluids should be considered 
in corrosive wells. Inhibited sodium chloride brine is generally acceptable as a packer 
fluid if a density higher than that achievable with potassium chloride (KCl) is required. 


Oxygen removal is required for packer fluids where 13 Cr completion tubulars is 
exposed. The presence of oxygen in packer fluids is usually not a problem with carbon 
steel. The limited oxygen solubility and quick removal by corrosion with steel will 
prevent problems. If there is no steel to quickly remove the oxygen by corrosion, the 
oxygen combined with the high temperature can pit API L80 13 Cr in just a few days. 
Oxygen scavengers must be used in these applications. 


Attachment F is a report by Juri Kolts, D&P Production Assurance Technology entitled 
"Review of Packer Fluid Corrosivity", discussing packer fluids in detail. 
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6.1.6 Corrosion in Tubular Connections 


Connection corrosion resistance may be improved by adding certain features. Special 
purpose connections are available with features that provide several types of corrosion 
resistance. 


Ringworm Corrosion 


When tubing is upset (forged at about 2,200 degrees F (1,204 degrees C), a zone occurs 
near each end where the heated portion stops. This heat-affected transition zone creates a 
metallurgical condition that allows corrosion to occur more severely at this site. The 
resulting metal loss is referred to as ringworm corrosion and the tube is weakened in 
cross sectional area, lowering its tension capacity. 


The solution is to full-length heat treat all tubing following upsetting to restore metal 
uniformity across the upset heat affected zone. API Spec 5CT does not require this for 
J-55 tubing, so it must be specified by the purchaser for corrosive service. 


Internal Plastic Coatings 


API external upset (EU) tubing is often internally plastic coated on the ID to resist sweet 
(aqueous CO2) well corrosion. The upset is stiff enough to allow the pins to be assembled 
into the coupling without cracking the coating, provided that careful handling and 
running procedures are used and torque is controlled to limit make-up strain. Coupled, 
non-upset connections tend to crack coatings. The strain resulting from ordinary makeup is 
sufficient to crack some coatings. Ductile coatings may not crack but will delaminate from 
the metal. Special purpose, integral, and upset connections are also used with internal 
plastic coatings because they provide a smoothly machined transition between pin ends, 
and do not crack coatings. 


Plastic Gaskets 
Full coating performance requires that: 


= The connection assembly does not crack the coating on the pipe ID 
= The threaded area (J area) of the coupling between the pin ends be coated 


= A corrosion resistant seal be located to seal the thread interface at both pin ends 


API SR-13 seals will tend to crack internal plastic coatings on upset pipe, and will crack 
coatings on non-upset coupled connections, due to the hydraulic pressure created during 
assembly. Special purpose connections are often selected with improved plastic gasket 
seals at the connection ID to resist crevice corrosion. Clad pipe is discussed in 

Chapter 7.0. 
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Recess Free ID 


When the flow velocity (or entrained solids) becomes significant enough to wash-out 
connections or pipe wall due to cavitation or flow erosion, consideration must be given to 
eliminating the recess (J area) in API couplings between the ends of the pins. 
Connections with internal upsets provide the smoothest ID transition, because both pin 
and box can be bored to match. Special purpose tubing connections are selected instead 
of API connections to provide a smooth ID transition. Another solution is thick-wall pipe 
subs (flow couplings) that compensate for pipe wall erosion with extra thickness. 


6.1.7 Catastrophic Failure Environments 


This section discusses environments in which potential catastrophe can occur, along with 
suggested prevention measures. The main factors contributing to catastrophic 
environments are sulfide stress cracking (SSC) and stress corrosion cracking (SCC). 


Sulfide Stress Cracking 


This section discusses the environmental effects on sulfide stress cracking. Chapter 7.0 
discusses the metallurgical and mechanical effects on SSC. The application guidelines of 
NACE MR0175/ISO 15156 should be closely followed to address the risk of SSC. The 
current version of NACE MR0175/ISO 15156 is available from the prepaid IHS, Inc. 
website on the library computer network at the following link and is available to all 
ConocoPhillips personnel: 


http://estream.conocophillips.net/gis/librarynetwork/content/IHSweb/index.asp 


SSC is the spontaneous, brittle failure of a metal under the combined action of tensile 
stress and corrosion due to water and H2S. SSC can occur at stress levels lower than the 
material's yield strength. 


When steel is subject to corrosion by H2S and water, the steel absorbs nascent hydrogen. 
This reduces the load-carrying capabilities of the material under tensile stresses. HS can 
also cause pitting in some cases. Cracks can form at the base of these pits, leading to 
failure of the material. 


SSC is influenced by the environment, metallurgy, and stress. A change in any of these 
factors can significantly alter the SSC performance of a material. 


Environmental factors that affect SSC include: 
= pH 

= HS partial pressure 

= Temperature 

= Presence of organic acids 

= Presence of inhibitors 


=" Other surface films 


Metallurgical factors include: 
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= Strength 


= Hardness 

= Microstructure 

= Ductility or fracture toughness 
= Chemical composition 

= Cold-working 


Increasing pH alleviates SSC; however, stronger steels require higher pHs for safe 
operation.” 


This fact accounts for the safe use of high-strength material like N-80 and P-110 as 
drilling casing, in slightly-to-moderately sour wells, if the pH of drilling mud is kept at 
approximately 10 or higher. 


NACE MR0175/ISO 15156 defines four regions of sour environments with respect to SSC 
of steels, and outlines methods to control sulfide stress cracking: 
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Figure 6-1 SSC of Steel in Sour Environments 


Sour gas environments are defined as those whose partial pressure exceeds 0.05 psi H2S. 
Higher partial pressures of H2S are no longer permitted for low pressure multiphase 
systems. This change has no impact on wells, as wells have pressures greater than 

65 psig. 
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Region 0 is the sweet region with a partial pressure < 0.05 psi H2S. This is the same as for 
all earlier versions of MRO175. However, extra caution is suggested in the "sweet" region 
when the in-situ pH is less than 3.75. 


Region 3 is the severely sour region. All previous sour requirements in earlier versions of 
MRO175 apply to this region. 


Regions 1 and 2 are intermediate sour regions with respect to SSC of carbon and low 
alloyed steels only. There are presently no exemptions allowed for these two regions and all 
full sour requirements still apply. However, it is expected that the use of API P110 steels 
(with some additional metallurgy requirements) will be permitted in Region 1. This is a 
mildly sour region and restricted P110 grades are expected to be allowed in this region. 


SSC may be controlled by: 
1. Using the materials and processes described in MR-0175/ISO 15156 


2. Controlling the environment 
3. Isolating the components from the sour environment 


Metals susceptible to SSC have been used successfully by controlling drilling or 
workover fluid properties, during drilling and workover operations, respectively. 


Following are some salient points to consider: 


= Higher H2S partial pressures shorten the time to failure for susceptible materials. 
=" SSC can also occur at very low H2S concentrations and partial pressures. 
= Higher temperatures reduce the SSC tendencies of materials. 


= High-strength grades such as N-80, P-110, and Q-125 can be used, at locations in the 
well where temperature does not fall below the critical SSC temperature. 


= To provide a margin of safety, 25 degrees F can be added to the temperatures listed in 
Table 7-2. For example, grades N-80 (quenched and tempered) and C-95 can be used 
at temperatures of 175 degrees F and greater. 


Chemical inhibition cannot be used to control SSC according to MR0175/ISO 15156, 
although some inhibitors will reduce both corrosion and hydrogen entry. In sour 
environments, materials resistant to SSC must also be used. 


Stress Corrosion Cracking 


SCC is an interaction between chemical and mechanical forces that result in cracking 
caused by the combined action of corrosion and applied tensile stress. The result of the 
combined effect is a brittle failure of a normally ductile metal. For carbon and low alloy 
steels, chloride SCC is not a problem in production wells. SCC occurs primarily on 
corrosion resistant materials. 
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The requirements of MRO175/ISO 15156 should be followed for wells with sour 
production. The current version of MRO175/ISO 15156 specifies the environmental 
conditions for operation to minimize SCC. These conditions are quite complicated and 
are specific for each alloy or alloy group. For some components, Christmas trees for 
example, the permitted environmental conditions are different from those for production 
tubing. 


MR0175/ISO 15156 permits use of environmental conditions that are outside specific 
recommendations in the standard if appropriate laboratory testing is performed to 
demonstrate acceptability in that environment. Test procedures are outlined and passing 
criteria are indicated. The data must then be sent to NACE. 


The stress leading to stress corrosion cracking is always a tensile stress. It can be either 
applied or residual.” 


SCC can occur with little metal loss from corrosion. Pitting may be present, and cracks 
can form at the base of the pits. The cracking occurs at right angles to the highest tensile 
stresses. 


SCC tendencies generally increase with increased temperature, increasing chloride 
concentrations, reduced pH, increased oxidants (especially elemental sulfur), corrosive 
concentration, and stress levels. Methods to avoid SCC include minimizing stress 
intensity, and avoiding stress concentration areas. 


Chloride is the primary corrosive species which promotes SCC. The austenitic stainless 
steels (AISI 300 series) and precipitation-hardened stainless steels (16 Cr, 4 Ni) are most 
sensitive to chloride SCC. These materials are most susceptible at temperatures above 
approximately 140 degrees F. 


The presence of sulfides can aggravate chloride SCC of susceptible CRA materials. The 
sulfides destabilize passive films to increase the severity of the corrosive attack. 


Elemental sulfur increases susceptibility of CRA to both corrosion and SCC. Elemental 
sulfur is found in environments with high H2S contents in the one percent to many tens of 
percent range. Elemental sulfur is an oxidizing chemical, and affects SCC. 


Hydrochloric acid (HCl) stimulation acid, in the presence of H2S, can promote SCC. 
Inhibitors are available to prevent SCC of LACS and CRA materials during stimulation. 
If austenitic or duplex stainless steel is present, stimulation acid formulation and 
stimulation procedures must be carefully designed and executed to avoid cracking and 
weight loss corrosion. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 6-15 
Version: 02-Apr 2011 


A se . 
ConocoPhillips 
CO/CO: and CO4/HCO3- Stress Corrosion Cracking 


This form of cracking is more commonly found externally in buried pipelines, rather than 
internally with production tubing. No cases of cracking of tubing by this mechanism have 
been reported. LACS are subject to SCC produced by carbon monoxide/carbon dioxide 
and by carbon dioxide/bicarbonate. Both types of SCC can occur irrespective of the 
steel's strength. This must be considered when designing CO, flood systems for enhanced 
oil recovery, and when using CO2/HCOs3 drilling muds or packer fluids. 


6.2 Corrosion Prevention Methods 


There are two basic methods to control corrosion in oil and gas wells: 


= Use LACS tubulars in conjunction with a corrosion inhibitor program. 


= Use the appropriate corrosion resistant alloy for the tubulars, wellhead, tree and choke 
components exposed to corrosive well fluids. 


6.2.1 Chemical Inhibition Methods 


Corrosion inhibitors can effectively control corrosion in many oil and gas wells. Suitable 
inhibitors are readily available for routine gas wells. (A fewer number of effective 
inhibitors are available for deep, hot wells.) Elevated temperatures in gas wells present 
one limitation. Excessive cost of chemical presents another limitation in oil wells with a 
high water cut. Since some inhibitors prevent corrosion but not hydrogen entry, inhibition 
methods are not completely reliable to prevent sulfide stress cracking. 


Most corrosion inhibitors function by forming a film on the metal surface that prevents 
corrosion. Inhibitors are generally filming agents or quaternary ammonium compounds. 
Inhibitor selection is based on both effectiveness and film persistence. Inhibitors must be 
stable at the transportation, storage and application conditions. Inhibitors must be 
compatible with other chemicals used (such as scale inhibitors and kinetic hydrate 
inhibitors). Inhibitors must be effective under the conditions of shear found in service. 
Inhibitors must partition effectively to protect the steel in the flow regimes in service. 
Batch inhibitors must exhibit the required persistence and longevity. The inhibitor should 
be non-damaging to the formation, and should not cause problems with producing 
operations due to emulsification. 


When inhibiting high temperature and/or high pressure wells, the phase behavior must be 
examined. In some gas wells, no liquid at bottom-hole conditions exists, as the gas is 
super critical. Some inhibitor solvents will partition into the super critical gas, leaving the 
inhibitor to gunk. Special inhibitor solvents are required to assure that a liquid phase is 
present to transport the inhibitor. 


Laboratory testing is highly recommended in selecting an inhibitor for a given area. The 
inhibitor's supplier, and other operators in the area, should be contacted to aid in the 
selection process. 
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Several treating methods are commonly employed to supply inhibitor for production 
tubulars: 

= Batch treating 

= Tubing displacement 

= Squeeze treating 


= Continuous treating 


Batch Treating 


This treating method involves intermittently adding quantities of corrosion inhibitor 
solution to the annulus or tubing of a gas condensate well. Quantities used in batch 
treating range from a few gallons to one third or more of the tubing volume. The inhibitor 
is often mixed with diesel or condensate as a diluent. 


In producing wells that are completed without a packer, the inhibitor solution is placed 
into the annulus; the well is then circulated to distribute the inhibitor throughout the well. 


In flowing wells with a production packer, the inhibitor solution is dumped down the 
tubing; the well is then shut-in to allow the inhibitor to fall to the bottom of the well. 

Repeat this procedure periodically (once or twice a month or once every two or three 
months). This is probably the most widely used treating method in low volume wells. 


The frequency of batch treatments is related to the production rate of a well. As the 
production rate increases: 

= The frequency of batch treatment must be increased 

= The cost of downtime to treat the well increases 

= The cost of "risk of failure" increases 


= Batch treatment is no longer cost effective 


Tubing Displacement 


Tubing displacement is a variation of the batch treating process that entails loading the 
tubing from the top with an inhibitor solution (inhibitor mixed with a diluent or 
dispersant such as diesel, condensate, or water) and forcing the inhibitor to the bottom of 
the tubing with surface pressure. Nitrogen is often used to displace the inhibitor, 
especially if the well has a low bottom hole pressure so that filling the tubing with liquid 
could kill the well. 


Shut-in times are reduced in comparison to a standard batch treatment. The same 
comments apply on the impact of production rate on the cost of this batch treatment. 
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Squeeze Treating 


This is a form of the tubing displacement treatment in which the inhibitor solution is 
placed into the formation. The inhibitor can be displaced into the formation with 
hydrocarbon, water, or iron atomized in nitrogen. 


After the well is returned to production, initial inhibitor concentration in the produced 
fluid is high, but decreases quickly. Subsequent squeeze treatments give longer treatment 
life. This form of inhibition requires testing with cores to confirm that formation damage 
does not occur with squeeze applications and is the highest risk inhibition method. 


Continuous Treating 


This treating method involves the continuous introduction of inhibitor into the corrosion- 
produced fluids, and thereby maintains a protective film on the inside of the production 
tubulars. Inhibitor concentration in the produced fluids can be a few parts per million in 
oil wells to much higher percentage ranges in high pressure wells. All of these methods 
require stability of the corrosion inhibitor to downhole temperatures and pressures. Some 
methods permit longer residence times at the downhole conditions and may require more 
stability than other methods. 


There are several methods used to continuously treat a well with corrosion inhibitor: 


= Injection into annulus of packerless completions: 


In packerless completions, the annulus can be loaded up with an inhibitor solution. 
During production, the inhibitor is carried into the tubing. The inhibitor must be 
thermally stable at wellbore temperatures, since the inhibitor may remain in the 
annulus for some time. In some cases the inhibitor carrier (sometimes methanol) can 
set the upper temperature limit. 


= Injection into annulus and through a side pocket mandril: 


Wells which employ a production packer can be treated through a side-pocket 
mandril injection valve installed in the tubing string. The annulus is loaded with 
inhibitor; annulus pressure then causes the inhibitor to be injected through the valve. 
Thermal stability of the inhibitor is important. The annulus must also be very clean, 
since very small particles can plug the injection valve. Since the injection valve is 
loaded down the packer, the lower part of the string is not treated. If corrosion is 
possibly in the bottom of the tubing, CRA tubing can be used in the section below the 
valve. 
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= Injection through capillary strings: 


Capillary strings — very small diameter tubing, ODs of 4 inch to 2 inch — can be 
used to inject inhibitor through an injection valve. Generally, the injection valve is 
located above the packer. Complicated systems that extend the capillary string 
through the packer have been used. Plugging of the capillary tubing or injection vale 
can occur if the inhibitor is not carefully filtered. Installation of the capillary string 
that is typically run off a coil at the same time as the production tubing is easily 
crimped or mashed. Filtering of the corrosion inhibitor to around 10 microns is 
specified to prevent plugging. 


= Injection through parallel tubing strings: 


Parallel tubing strings (two tubing strings, run side by side) and concentric tubing 
strings (two tubing strings, one inside the other) completions can also be employed to 
facilitate continuous inhibitor treatment. 


These completion designs significantly increase the well cost for these reasons: 


= Larger size casing strings are required to accommodate two tubing strings instead of 
one. 


= Installation of the tubing strings is more difficult since hole clearance is at a 
minimum. 


= More expensive and complex production packers (for parallel completions) and 
wellheads are required. 


Corrosion Resistant Materials 


Corrosion resistant materials can be provided in the form of coatings applied to the 
tubulars, or the tubulars themselves can be made out of corrosion-resistant alloys, or 
fiberglass reinforced pipe. 


Coatings 


Coatings can be used to provide corrosion resistance to LACS tubulars. However, since 
no coating is 100% holiday-free, they cannot replace the corrosion inhibitor program. The 
same inhibitor and volume is required whether the tubing is bare or coated. Use of an 
internal coating helps protect areas the inhibitor cannot reach. 


Use of an internal coating affects the tubing connection selection. Connector 
manufacturers and the coating companies must be contacted to determine if the desired 
connection can be used in conjunction with internal coating. Some connections employ a 
corrosion barrier ring that is placed between the pin nose and the box shoulder to prevent 
damage to the plastic coating and protect any uncoated areas that are exposed to corrosive 
fluids. 


Coatings used on tubing include baked-on phenolics, epoxies and polyurethanes with 
fillers. Special care must be given to handling and installation of the tubing, to prevent 
damage to the coating. 
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Wireline operations can damage the coating. Wireline damage can be minimized by 
limiting running speeds, removing sharp edges from tools, using plastic coverings on 
tools if possible, and using wheeled centralizers. 


As a general rule, areas where wireline cuts occur do not experience accelerated 
corrosion rates. Severe corrosion at wireline cuts or holidays may occur in brine systems, 
however, if the bare area becomes anodic. In uncoated tubing, accelerated corrosion can 
occur at wireline cut areas. This is because the wireline cold-works the metal in the track, 
causing the area to become anodic to the bare metal around the cut. In coated tubing, the 
coating normally insulates the cathodic areas electrically. Thus, the cut areas corrode at 
approximately the same rate as uncoated tubing, with no wireline damage. 


Corrosion Resistant Alloys 


The use of CRA materials to combat corrosion in oil and gas wells is increasing. CRA 
production tubulars, wellhead, Christmas trees, and downhole equipment can provide a 
simple, reliable, long-term completion, provided that the appropriate alloys are selected. 


If the well does not exhibit severe scaling or paraffin build-up problems, no chemical 
treating is required. Consequently, it is not necessary to take the well off production 
periodically — to perform batch treating displacement or squeeze treatments. Any time a 
well is shut-in for treating, a risk of damaging the well or formation exists. Without 
severe scaling or paraffin build-up problems, there is also no need for capillary tubing or 
an additional string of tubing for a parallel or concentric completion (used in some wells 
that are continuously-treated). This is advantageous since capillary tubing and injection 
valves can become plugged, and since inhibitor programs can be unreliable. 


Another advantage associated with CRA tubular completions is that erosion and 
erosion/corrosion is not generally a concern. Consequently, linear velocities as high as 
90-100 feet/second are possible. In some wells, it may be possible to use a smaller size 
CRA tubing string and achieve the same production rates as with a larger OD LACS 
tubing string. This may allow for the use of smaller casing ODs which could reduce the 
cost of the casing strings in the well. 


Duplex stainless steel and higher alloys, that develop their strength through cold working, 
can have yield strengths of 125,000 to 140,000 psi and still retain their corrosion-resistant 
characteristics. Therefore, in many wells, it is possible to latch the tubing into the packer 
using the higher strength materials, whereas, API L-80 or C-90 is not strong enough to 
latch into a deep well packer. Static seals are more reliable than moving seals. The 
expensive, long seal assembly is eliminated and buckling tendencies are lessened. 


A string of CRA tubing can be expensive — in some cases, costs can be more than 
$100/foot. Over the life of the well, however, a CRA completion is often more 
economical than a LACS completion with an inhibitor program. In wells that rely on 
inhibition to mitigate corrosion, periodic workovers are often required to replace 
corroded tubing, plugged valves, and others. This adds significantly to the overall well 
cost. 
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Chapter 7.0 provides descriptions of the CRA materials used for tubing and casing, along 
with guidelines for selecting the appropriate materials for an application. 


Fiberglass-Reinforced Pipe 


Fiberglass-Reinforced Pipe (FRP) has been used in flowlines and gathering lines, and for 
tubing in injection and disposal wells. It has also been used in corrosive low pressure oil 
wells with a high water cut. FRP is generally immune to corrosion in aqueous 
environments and is only suitable for relatively low pressure, low temperature 
application. 


6.2.2 Advantages and Disadvantages 


There are various advantages and disadvantages to each method of providing corrosion 
resistance to tubulars. These advantages and disadvantages are discussed below. 


Batch Treatment 


Batch treatment is the most commonly used inhibition method. However, because the 
inhibitor falls only to the fluid level in the well, the effectiveness of this method depends 
on the well's fluid level. Batch treatment is somewhat more time-consuming, and requires 
a higher treatment frequency, than some techniques. Batch treatment costs increase with 
production rates and may become excessive in high productivity wells. 


Tubing Displacement 


The main advantage to this treating method is that it ensures that the entire tubing string 
is protected. 


The disadvantages include the possibility of formation damage from the inhibitor 
solution, the extra cost of pump trucks and nitrogen, if used, to displace the inhibitor and 
larger volumes of fluid required. This type of batch treatment costs increases with 
production rates and may become excessive in high productivity wells. 


Squeeze Treating 


With squeeze techniques, treating frequency is substantially reduced with respect to batch 
or tubing displacement treatments. Frequencies of six months or higher may be sufficient. 


The disadvantage is the possibility of formation damage from swelling clays or emulsion 
blocks. 


Continuous Treating 


This is the most effective corrosion inhibitor treating method. For very aggressive, high 
temperature, high-flowrate wells, it may be the only suitable choice. 


The additional cost and complexity required is the main disadvantage of the continuous 
treatment technique. 
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In annular injection with a downhole injection valve, the compressibility of the inhibitor 
volume in the annulus tends to act as a spring and inject excessive volumes of inhibitor 
into the tubing until the pressure in the annulus allows the injection valve to close. 


6.3 
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7.0 Materials 


Use of specialty tubular materials is increasing as more wells are being drilled in hostile 
and corrosive environments encountered in oil and gas wells. This chapter discusses 
various specialty tubular materials, which may be used in more severe applications. 


The following materials are included in this chapter discussion: 


= High quality, high strength LACS 

= Special sulfide stress cracking resistant LACS materials 
= CRA from 9Cr-1Mo and 13Cr to C-276 

= Non-ferrous alloys, such as titanium and aluminum 


= Glass reinforced pipe 


This chapter also provides selection guidelines for these materials. 


Corrosion resistant alloys are being selected because improved project economics exists. 
CRA materials offer savings when life cycle cost is evaluated as production rates increase 
and maintenance, workover and deferred production costs increase. 


Realize that availability of specific grades of specialty tubulars and equipments can be 
limited and require considerable lead times for delivery. 


Metallurgical Definitions 


Metallurgical definitions used in the following sections are included below: 


Austenitizing: Forming austenite by heating a ferrous alloy to a temperature in the 
transformation range (partial austenitizing) or above the transformation range (complete 
austenitizing). 


Carbon Steel: An alloy of carbon and iron containing a maximum of approximately 
0.4% carbon, 1.65% manganese, and residual quantities of other elements, except those 
intentionally added in specific quantities for deoxidation (usually silicon and/or 
aluminum). Carbon steels used in the petroleum industry usually contain less than 
approximately 0.3% carbon. 


Corrosion Resistant Alloy (CRA): an alloy that provides at least one order of magnitude 
reduction in corrosion rate over carbon and low alloy steel. 


Hardness: Resistance of metal to plastic deformation, usually by indention. 


Heat Treatment: Heating and cooling a solid metal or alloy in such a way as to obtain 
desired properties. Heating for the sole purpose of hot working is excluded from this 
definition. 


Low Alloy Steel: Steel containing less than 5% total alloying elements, but more than 
that specified for carbon steel. 
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Martensite: A supersaturated solid solution of carbon in iron characterized by an 
acicular (needle-like) microstructure. 


Martensitic Steel: A steel in which a microstructure of martensite can be secured by 
quenching at a cooling rate fast enough to avoid the formation of other microstructures. 


Normalizing: Heating a ferrous alloy to a suitable temperature above the transformation 
range (austenitizing), holding at temperature for a suitable time, and then cooling in still 
air to a temperature substantially below the transformation range. 


Quench Hardening: Hardening a ferrous alloy by austenitizing and then cooling rapidly 
enough so that some or all of the austenite transforms to martensite. 


Quench & Temper: Quench hardening followed by tempering. 


Rockwell C Hardness (HRC): A hardness value obtained by use of a cone shaped 
diamond indentor and a load of 150 kg. Rockwell hardness conversions may be made in 
accordance with the appropriate tables in ASTM E140 or Federal Standard No. 151 
Method 241.1. 


Stainless Steel: Steel containing sufficient chromium (usually more than approximately 
11%) to render the steel corrosion resistant. Other elements may be added to secure 
special properties. 


Sulfide Stress Cracking (SSC): Brittle failure by cracking under the combined action of 
tensile stress and corrosion in the presence of water and hydrogen sulfide. 


Tempering: Reheating a normalized or quench hardened ferrous alloy to a temperature 
below the transformation range, holding at temperature for a suitable time, and then 
cooling at any rate desired. 


Tensile Strength: In tensile testing, the ratio of maximum load to original cross- 
sectional area, also called “ultimate strength”. 


Wrought: Metal in the solid condition that is formed to a desired shape by working 
(rolling, extruding, forging, and others) usually at an elevated temperature. 


Yield Strength: The stress at which a material exhibits a specified deviation from the 
proportionality of stress to strain. The deviation is expressed in terms of strain by either 
the offset method (usually at a strain of 0.2%) or the total-extension-under-load method 
(usually at a strain of 0.5%). This is also called “minimum yield strength” 
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The API Specification for casing and tubing, 5CT (2001 edition), lists ten different 
grades with 19 variations. H-40 is the lowest strength grade and Q-125 is the highest. The 
grades can be electric resistance welded (ERW) or seamless (S). They can be supplied in 
the as-rolled condition or heat treated. Heat treatment may consist of normalizing and 
tempering (N&T), quench and tempering (Q&T), or normalized only (N). API 5CT is 
also issued as ISO 11960. 


The various grades are divided into four groups: 


= Group | grades are for general use with no specified chemistry or heat treatment. 


= Group 2 includes grades that have specified chemistry and heat treatment, with 
controlled strength. They are intended for sour service. 


= Group 3 includes one high-strength grade (P110). 
= Group 4 is a high-strength-casing (Q125) grade with close controls on chemistry and 
fabrication procedures. 


The quality level among the grades varies substantially. Variations exist even within the 
same grade. The process of manufacturing, the quality of the steel, the level of inspection, 
and the mill overall quality all add to the variations. All grades, except H-40, have 
minimum toughness requirements. Designing on strength only is often insufficient to 
obtain safe design. Other factors must be considered, including cost. 


The following is a brief description of some definitions, API groups and grades. 


7.1.1 Group1 


Casing and tubing grades included in API Group 1 and described in this section include 
H-40, J-55, K-55 and N-80. 


Grade H-40 


NOTE: The use of H-40 should be discouraged. The availability of H-40 may also be 
limited and the cost advantage may be nil. 


This is the lowest strength grade and has no specific manufacturing requirements. It must 
have a minimum of 40,000 psi yield strength and 60,000 psi tensile strength. It was 
intended for use in shallow non-critical wells. However, with better steels made today, 
obtaining higher strength steel is not as costly as in the past, which has made Grade H-40 
almost obsolete. Occasionally, some manufacturers may downgrade J-55 Grade to H-40. 
In essence, H-40 can be out of specification J-55. 
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Grade J-55 


This grade has a minimum 55,000 psi yield strength and 75,000 psi tensile strength. It can 
be seamless or ERW, and is available in tubing and casing sizes and is probably the most 
widely used of the tubing grades. Its strength level is relatively low, which makes it 
suitable for sour service. Although the upper tensile strength and hardness is not 
controlled, by limiting the maximum yield strength to 80,000 psi, the ultimate strength is 
subsequently controlled. However, if used in sour service, a maximum hardness of 
Rockwell B-99 should be specified. 


J-55 tubing is normally supplied in the as-upset condition without subsequent heat 
treatment. The upsetting is to provide a thicker wall to apply API 8-round threads. The 
metallurgical microstructure along the upset area is non-uniform and thus is susceptible 
to selective corrosive in the upset run-out area. The corrosion is particularly predominant 
in sweet gas condensate wells where CO3 is present. This type of corrosion is called 
ringworm corrosion. 


In order to avoid this type of attack, a normalizing heat treatment of the entire length of 
the joint is necessary. This typically adds 5-10% to the cost of as-rolled J-55 tubing. In 
such corrosive wells, the engineer should specify normalizing after upsetting when 
ordering J-55 tubing. 


Grade K-55 


This is a casing grade with a minimum yield strength of 55,000 psi and 95,000 psi tensile 
strength. It may be seamless or ERW. Heat treatment is not required, but normally is 
supplied in the normalized condition. It may be used in a sour environment and it costs 
slightly more than J-55. However, the upper tensile strength is not controlled and 
therefore, for highly sour or critical wells, sour grades L-80, C-90, or T-95 should be 
specified. 


Grade N-80 


Grade N-80 is tubing and casing grade with a minimum of 80,000 psi yield strength and 
100,000 psi tensile strength. The tubing grade must be heat treated either by normalizing 
or quenching and tempering. The casing grade is not required to be heat treated, but 
normally is supplied in the heat treated condition. N-80 grade is widely used. The 
strength level can vary considerably. Some manufacturers quench and temper this grade 
with controlled maximum hardness and tensile strength. Others use high carbon steel in 
the normalized condition. The hardness may be Rockwell C-20 (acceptable in sour 
service) or Rockwell C-30 (susceptible to hydrogen embrittlement). Therefore, N-80 
should not be used in sour service. Normalized N-80 tends to have better resistance to 
CO) corrosion than the quenched and tempered grade in high velocity streams. 
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7.1.2 Group 2 


Casing and tubing grades included in API Group 2 and described in this section are M65, 
proprietary grades, L-80, C-90, T-95 and C-95. 


Grade M65 


Grade M65 was the latest introduction to API 5CT. It is a casing grade with 65,000 psi 
minimum yield strength and 85,000 psi tensile strength. This grade can be seamless or 
ERW; however, it is mainly supplied as an ERW product. It is heat treated by either 
normalizing, or normalizing and tempering, or quenching and tempering. It is intended 
for sour service or where welding is required. M65 couplings are made from L-80 stock. 
The grade also requires charpy impact testing. Maximum hardness as L-80 is also 
required. 


Proprietary Grades 


Grades that are not in API 5CT may be used, provided they meet the requirements of 
CPMS-MAT-EP-009, included in Appendix D. These grades may meet P-110 
mechanical properties, but are suitable for mild sour service when tested, per NACE 
requirements. 


Grade L-80 


This is the most widely used pipe material for sour environments. There are three types of 
L-80 grade: 


= Type | — carbon steel 
= Type 2-— 9 chrome 
= Type 3-— 13 chrome 


L-80 has a minimum of 80,000 psi yield strength and 95,000 psi tensile strength. The 
maximum hardness is restricted to Rockwell C-23. 


The carbon steel grade can be seamless or ERW and must be quenched and tempered. 
This grade has been used successfully in sour environments. It is readily available and 
costs between 5-15% over N-80 grade. 


L-80 9-chrome and 13-chrome are chosen for their high resistance to CO2 corrosion. 
Their choice has to be carefully tailored for the environment and production regime. 
Special requirements may have to be placed above the API minimum specification. Their 
cost may be three to four times that of carbon steel L-80. Extra requirements are specified 
in Upstream Engineering Standards and Practices CPMS-MAT-EP-009, included in 
Appendix D. 
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Grade C-90 


This has a minimum of 90,000 psi yield strength and 100,000 psi tensile strength. There 
are two types, 1 and 2. The difference is in the chemistry range. Both must be a seamless 
quenched and tempered product. It is available in tubing and casing grades. 


C-90 Grade is specifically designed for use in sour environments. It has to be tested in 
simulated sour environments, per NACE Test Method TM-01-77 for determination of the 
level of resistance to sulfide stress cracking. API specification leaves many of the 
manufacturing details to be agreed upon between the manufacturer and purchaser. As a 
result, this grade is not generally available as an off-the-shelf item. 


C-90 Grade is recommended for use in a sour environment where the strength level of 
L-80 is inadequate. Supplementary specifications should be placed on the purchase order, 
as specified in CPMS-MAT-EP-009. 


Grade T-95 


This grade is newly incorporated into API and is similar to C-90, except it has 5 KSI 
higher yield and tensile strength. Type 1 should be specified. A minimum amount of 
molybdenum is specified for this type that has demonstrated increased resistance to 
sulfide stress cracking. 


Grade C-95 


This grade has a minimum of 95,000 psi yield strength and 105,000 psi tensile strength. 
The API/ISO requires no hardness controls. It is intended for sour service where high 
strength is desired. Numerous failures have been documented in the industry due to 
sulfide stress cracking; therefore, this grade is not recommended for sour service. 


7.1.3 Group 3 


P-110 is the casing and tubing grade included in API Group 3 and described in this 
section. 


Grade P-110 


This is a high-strength casing grade. It has a specified minimum yield strength of 
110,000 psi and 125,000 psi tensile strength. 


It is used where high strength is needed and no H2S is present. It may be ERW or 
seamless. Grade P-110 is quenched and tempered. Toughness testing is required for this 
grade. Some P-110 grades have shown resistance to SSC in mildly sour service 

(Region 1) but must be qualified for use by testing according to 

NACE MR0O175/ISO 15156, Part 2. 
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7.1.4 Group 4 


Q-125 is the casing and tubing grade included in API Group 4 and described in this 
section. 


Grade Q-125 


This is a casing grade with a minimum of 125,000 psi yield strength and 135,000 psi 
tensile strength. There are four types of Q-125. They can be seamless or ERW and must 
be quenched and tempered. The difference in the type is based on chemistry and 
thickness range. 


Q-125 has the highest strength of any API Grade. There are many additional 
requirements placed in the specification to make this grade safe to use at this strength 
level. It has built-in fracture toughness requirements to assure that the maximum 
allowable defects do not cause brittle failure. The manufacturing and quality control are 
well defined and specified. 


This grade is recommended for critical applications where strength is important. Type 1 
seamless pipe should be specified. 


7.2 Sulfide Stress Cracking Resistant Materials 


This section describes the metallurgical and processing parameters that affect SSC. 
Chapter 6.0 describes the environmental parameters that affect SSC. 


7.2.1 Materials Selection for SSC 


The metallurgical and processing requirements of NACE MRO175/ISO 15156 and 

API 5CT must be followed to address the risk of SSC. The current versions of 

NACE MR0175/ISO 15156 and API 5CT are available from the prepaid IHS, Inc. site on 
the library computer network at the following address: 


http://estream.conocophillips.net/gis/librarynetwork/content/ihsweb/index.asp 
The properties of the material affect its resistance to SSC and are influenced by the steel's 


composition, microstructure, processing, and strength. Table 7-1 enumerates 
metallurgical and processing parameters that affect SSC. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 7-7 
Version: 02-Apr 2011 


ConocoPhillips 


Table 7-1 Table Metallurgical and Processing Effects on H2S Cracking of Steel 


Operating Step Control Reason 
Melting Control As, Bi, Sb Detrimental effect on GB* segregation in 
. xk : 

Control scrap practice IG** cracking 

Melting Control composition to prevent Can result in Untempered Martensite 
retained austenite 

Melting/hot working Control segregation to eliminate SSC susceptibility increases with strength 
hard spots 

Melting/hot working Eliminate seams/scabs, crack Sites of crack initiation at lower stresses 
initiating defects 

Pipemaking Wall uniformity Determines stress level 


Heat treatment/hot 
working 


Control Austenite grain size 
(small) 


Increase GB area to dilute GB segregation 
effects 


Heat Quench rate (ID/OD) to Tempered Martensite is most resistant 
treatment/compositio | maximize Martensite microstructure 
n 


Heat treatment 


Tempering 


Untempered Martensite is highly 
detrimental to SSC 


Heat treatment 


Minimum tempering T 


Segregation effect at low tempering T (not 
reversible by heat treatment) 


Heat Maximum strength/hardness SSC susceptibility increases with strength 

treatment/compositio 

n 

Straightening Control minimum straightening Cold work is highly detrimental to SSC 
temperature 

Straightening Stress relieve after straightening Cold work is highly detrimental to SSC 

Threading/connection | Type of connection Different connections have different stress 

states 
Threading/connection | Torque level Controls level of stress 
Threading/connection | Thread dope Controls level of stress 


*GB = Grain Boundary, ** IG = Intergranular 


Processing and metallurgical factors from melting to shipping can affect SSC. The 
elements that cause temper embrittlement also affect the SSC of steels. The primary 
elements include Arsenic (As), Antinomy (Sb), and Bismuth (Bi), with some contribution 
of Phosphorous (P). Mill chemical analysis is not performed on these elements. The 
concentrations required to affect the SSC resistance are small (less than that to affect 
temper embrittlement) and are often below the detection limits. Partitioning during heat 
treatment increases the grain boundary concentration and results in intergranular SSC 
upon exposure to the environment. Scrap practice in melting has to be controlled, as these 
alloys are generally introduced from alloy scrap. If the concentration of these elements is 
sufficiently reduced, SSC is not eliminated, rather the performance is better and the 
fracture mode becomes transgranular (quasi-cleavage). 
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The chemical composition controls the ability to form a full tempered Martensite 
structure. Low alloy steels containing Molybdenum (Mo) and Chromium (Cr) provide the 
best resistance to SSC. Uniform composition is best, banded structures of Manganese 
(Mn) and Carbon (C) segregation causes hard spots and increases susceptibility to SSC. 


The austenitizing and quenching heat treatment must produce nearly 100% Martensite. 
This requires internal and external quenching from the austenitizing temperature. The as 
quenched hardness indicates the fraction of Martensite. Small prior austenite grain size is 
desired. This increases grain boundary area to reduce grain boundary concentrations. 


The tempering heat treatment for best resistance to SCC includes the requirements to 
form tempered Martensite with no retained austenite. It requires high tempering 
temperatures (usually 1150 degrees F minimum) where grain boundary segregation is 
minimized. The temperatures must be sufficiently low to prevent austenite formation 
during the tempering otherwise untempered Martensite will form. To eliminate the 
untempered Martensite, some alloys are tempered a second time. 


Steels with higher hardness or strength are more susceptible to SSC, all other things 
being equal. A material with superior chemical composition and microstructure and a 
higher strength level can have significantly better resistance to SSC than a material with 
an inferior chemistry and microstructure and a low strength level. With varying strength 
materials, the resistance to cracking varies whether measured by a percent of yield 
strength or whether measured at a given stress level. A general maximum hardness of 
Rockwell C hardness (HRC) 22 is specified for SSC resistance, except API 

Specification 5CT requires a maximum hardness of HRC 23 for API L-80 grade material. 
API L-80 is designated for use in sour applications. Increased hardness to 25.4 HRC is 
also permitted for the API C90 and T95 sour grades. 


Cold working decreases the resistance to SSC, independent of the effects on material 
strength. Therefore, cold straightening that is not followed by proper stress relieving, 
handling damage, and other forms of undesirable cold working should be avoided. The 
long-term impacts of improper handling must not be underestimated. Handling and 
running procedures are discussed in Chapter 10.0. 


Stress is an important parameter that controls SSC. The API 8 round connections can 
stress the steel to levels that can lead to SSC, regardless of any externally applied 
stresses. Premium connections can reduce the stress level of the tubulars and provide 
needed resistance in critical applications. 


NACE MR-0175/ISO 15156 specifies that carbon steels and LACS are acceptable for use 
in sour environments, provided that the material is free of cold work (except for specified 
cases with incidental forming of < 5%) and CRA material can be used in wells that 
contain H2S gas. These alloys are covered by NACE MR-0175/ISO 15156, Part 3 and 
discussed later in this chapter. 


API Q 125 and P110 materials should only be used if the temperature in the well will 
always be hot, above the listed temperature in the next section. 
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API tubulars may be manufactured as either seamless or ERW, except for Grades 9 and 
13Cr L-80, C-90 and T-95, which must be seamless. Although ERW has burst resistance 
equal to that of seamless if the weld is free of defects, seamless is generally preferable 
where maximum burst reliability is essential. 


Corrosive service and high pressure service guidelines are included to assist the design 
engineer in selecting ERW or seamless tubular goods. 


Corrosive Service 


It is preferable to use seamless pipe for tubular goods continuously exposed to CO, with 
partial pressures in excess of 7.0 psi or H2S with partial pressures in excess of 5.0 psi, it 
is preferable to use seamless pipe. 


If ERW pipe is used in H2S service with partial pressures exceeding 5.0 psi, the material 
should be made from micro alloyed steel with maximum sulfur of 0.010% with shape 
control. This steel chemistry results in a clean material that is very low in non-metallic 
inclusions. Inclusions may act as sites for hydrogen blisters or cause problems in the 
manufacturing welding process. 


High Pressure Service 


It is better to use seamless pipe for tubular goods normally exposed to differential burst 
pressures in excess of 5000 psi. This will generally apply to only production tubing. 


The following two tests should be performed if ERW pipe is specified for 5000 psi or 
greater service: 


1. The pipe body should be internally hydrostatically tested to 90% of the API burst 
rating. 


2. An ultrasonic inspection should be performed on the weld seam area. 


7.2.2 Hydrogen Sulfide Service 


Sulfide stress cracking is a problem when high strength steels are exposed to hydrogen 
sulfide. Sulfide Stress Cracking is discussed in Chapter 6.0. 


Table 7-2 indicates the temperature ranges for which various grades of casing and tubing 
are suitable. This table is based on NACE standard MR-01-75/ISO 15156. Grades C-90, 
T-95 and Q-125 have been added in the appropriate ranges of service temperature. 
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Table 7-2 Table Acceptable Steels for Hydrogen Sulfide Service 


Casing Grades All > 150 >175 > 225 Operating Temperatures 
Temps | degrees | degrees | degrees Comments 
F F F 
J-55 v Proprietary grades: Generally 
K-55 P carbon and low alloy steels 
having a maximum hardness of 
L-80 (Type 1) a Rockwell C-22 or less 
C-90 v 
T-95 v 
N-80 (Q&T) v Proprietary quenched and 
C-95 Vv tempered grades with 
110,000 psi or less maximum 
yield strength, generally steels 
with 95,000 psi or lower 
minimum yield strength. 
N-80 v Proprietary quenched and 
P-110 P tempered grades up to 
140,000 psi maximum yield 
Q-125 (Q&T) made of 4 strength, generally steels with 
Cr-Mo alloy with a max. 125,000 or lower minimum yield 
yield strength of 150 ksi strength. 


Special SSC resistant materials include T-95, and the equivalent proprietary grades. 
API C-90 and T-95, and the equivalent proprietary grades are low alloy carbon steels of 
Cr-Mo class. They are considered resistant to SSC, according to 

NACE MR-0175/ISO 15156, at a maximum hardness of 26 HRC, provided they are in 
the quenched and tempered condition. 


There are two types of API C-90 and T-95 in API Specification 5CT. Type 1 is the 
superior product in both grades. Only Type 1 should be used in sour applications. If a 
similar product is indicated, availability of the product must be assessed to insure 
delivery when needed. 


The chemical composition and heat treatment of these materials must be carefully 
controlled to ensure that they are resistant to SSC. API Specification 5CT requires sulfide 
stress cracking tests be performed on these material as per the latest edition of 

NACE Test Method TM-0177. This testing is extremely important to verify the material's 
suitability for sour service. 


7.2.3 Threshold Stress 


All API connections use tapered interference threads that create high assembly 

(hoop tensile) stresses in the box connector. When these stresses are superimposed with 
internal pressure hoop stresses, the combination results in tensile stress levels which are 
too great to resist sulfide stress cracking (aqueous H2S) in grades that are susceptible. 
Cracking typically results in split couplings. 
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Low connection assembly stress is required where SSC is expected. Most Special 
Purpose connections are designed to limit hoop tension stresses in the box during 
assembly. 


Coupled connections must also limit axial tension stresses due to assembly by limiting 
shoulder torque. Two-step connections use free-running threads that create negligible 
hoop tension stresses due to assembly. Internal pressure stresses may then be regulated 
with the design margin (see Section 7.3). 


Resistance to SSC is measured by the threshold stress. The threshold stress is the 
maximum stress at or below which a test specimen does not fail in the SSC test for a 
period of 720 hours. API Specification SCT does not specify the minimum threshold 
stress for API grades C-90 and T-95. 


The threshold stress is agreed upon by the user and the manufacturer, and is typically 
75-80% of the material's minimum specified yield strength. For this reason, it is 
recommended that the maximum von Mises equivalent stress intensity in service be 
limited to the threshold stress of the material. 


API C-90 Type 1, T-95 Type 1 and equivalent proprietary grades are used when pipe 
with strength levels greater than L-80 are required in environments that promote SSC in 
susceptible materials. 


7.2.4 Higher Strength Material Grades 


Recently, several manufactures have developed higher strength material grades that are 
reportedly resistant to SSC. The materials have minimum specified yield strengths of 
100,000-110,000 psi depending on the manufacturer. These grades have similar 
chemistries to API C-90 Type 1 and T-95 Type 1. 


Although the chemistries probably include special alloying components and carefully 
controlled compositions, they are probably not acceptable for SSC service, as per 
NACE MR-0175/ISO 15156. They are probably not acceptable since the maximum 
hardness cannot be limited to 26 HRC at these strength levels. 


These materials have been promoted as SSC resistant because they can pass NACE 
sulfide stress cracking tests. However, careful and extensive testing is required before 
they can be considered for use in sour applications. 
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Corrosion Resistant Alloys 


CRAs are used for production tubulars (in wellheads and down-hole components) as an 
alternative to chemical inhibitors in corrosive wells. The production tubing, and in highly 
corrosive wells, the lower part of the production casing or liner below the production 
packer, can be of a CRA material. 


This section concentrates on CRA materials for tubulars. The implications for the 
wellhead, Christmas tree, and down-hole components are also discussed briefly. 


7.3.1 


CRA Composition 


NOTE: CRA material can be used in wells that contain HS gas. These alloys are 
covered by NACE MR-0175/ISO 15156, Part 3. 


CRA materials are resistant to corrosion because a stable passive film forms on surfaces 
exposed to corrosive media. Cr in percentages of 13% and higher provide resistance to 
general weight loss corrosion. Corrosion resistance is further improved by increasing the 
Cr content up to approximately 28% and by adding nickel. Nickel additives, at low 
concentrations decrease SSC resistance but at high concentrations increase the material's 
resistance to SCC. The addition of molybdenum improves the resistance to general 
weight loss corrosion, and when used in conjunction with chromium, provides resistance 
to localized pitting and crevice corrosion. 


Table 7-3 Table Classes of CRA 


Class Generic Type Example Trade Key Composition 
Name Component 

API L80 13Cr Martensitic API L80 13Cr 13Cr 

Low Alloyed Modified 13Cr Martensitic HP1 13Cr-4Ni-1Mo 
SM13CrM 

High Alloyed Modified 13Cr | Martensitic HP2 13Cr-S5Ni-2M o 
SM13CrS 

22Cr Duplex Duplex 2205 22Cr-3Mo 

25Cr Duplex Duplex Zeron 100 25Cr-3.5Mo-0.75W 

(Superduplex) (PREN>40) 

MR0175 Group 4C Austenitic (Nickel) Sanicro 28 29.5 Ni-3Mo 
Incoloy 825 

MR0175 Group 4D Austenitic (Nickel) Hastelloy G3 45Ni-6Mo 
SM2550 

MR0175 Group 4E Austenitic (Nickel) Hastelloy C276 14.5Cr-52Ni-12Mo 
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The materials selection guidelines provided in NACE MRO175/ISO 15156, Part 3 should be 
used for selection of CRA materials. The selection is based on bottomhole pressure, H2S 
and CO) partial pressures, chlorides content, organic acid content, water alkalinity, 
elemental sulfur, and bottom hole temperature. 


= The partial pressure for a gas well is determined by multiplying the mole percent 
expressed as a fraction of the gas (H2S or CO2) times the system pressure. The 
bottomhole pressure is normally used as the system pressure. 


= The partial pressure for an oil well is calculated by multiplying the bubble point 
pressure by the fraction of H2S present in the gas stream. 


= The in-situ pH must be calculated from the temperature, CO2, H2S partial pressures 
and alkalinity of water. There are a number of different straightforward spreadsheets 
that do that and are available on request from D&P — Production Assurance 
Technology. 


7.3.2 Inhibiting CRAs During Acidizing 


If the well is to be acidized, this should be considered when selecting the CRA material. 
It is generally possible to inhibit any of the CRAs at temperatures up to 250 degrees F 
using the newest class of CRA acidizing inhibitors. However, in cases where the 
temperatures are higher than 250 degrees F, and especially with 13 Cr and Duplex 
stainless, the planned composition of the acid solution and the exposure time should be 
qualified (tested) to prevent corrosive attack on the CRA tubulars and down-hole 
equipment. Both the CRA manufactures and stimulation treating companies should be 
contacted on wells with CRA tubulars that are to be acidized. 


7.3.3 Extending the USE of CRSs 


It may be possible to safely use a CRA class in environments slightly more severe than 
provided in MR-0175/ISO 15156. Duplex stainless steels (22 Cr and 25 Cr) may be 
acceptable at H2S partial pressures as high as 7-8 psi. CRA manufacturers should be 
consulted, and testing may be required to extend the useful limits of a class of CRA for a 
particular well or fluid. 


7.3.4 13 Cr Martensitic Stainless Steel 


13Cr Martensitic stainless steel in grade L-80 is an API grade covered in API 
Specification 5CT. L-80 9Cr-1Mo is also an API grade. More resistant to wet CO2 
corrosion than 9Cr-1Mo is 13Cr, but 9Cr-1Mo has definite application in COz service. 


Use of 13Cr Martensitic stainless steel with an 85,000 psi minimum yield strength is 
acceptable provided the maximum hardness is 23 HRC or less. 


To obtain the desired strength levels, 13Cr Martensitic stainless steel (SS) is heat treated. 
The other CRA materials are normally used in the cold-worked condition for tubular 
applications. 
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Upset integral joint connections can be used on 13Cr tubing, but only threaded and 
coupled non-upset connectors are available for duplex stainless steels and nickel based 
alloys. Anti-galling treatments of threads are recommended to prevent problems with 
make-up. 


Increasing use is being made of the modified 13Cr Martensitic stainless steels. These 
alloys are not included in API SCT. The 13Cr-5Ni-2Mo alloy is included in ISO 13680 
tubing specification, but the specification needs modification for purchases, and often 
modified requirements of API 5CT can be used. Sumitomo SM13CRS is in 
MRO175/15156 as tubular components to a maximum hardness of 27 HRC and maximum 
yield strength of 105,000 psi. These alloys are generally used in the 95,000 psi minimum 
yield strength condition, but 110,000 psi grades are gaining popularity. Sumitomo and 
JFe (Kawasaki) are presently the main suppliers of these alloys. As new suppliers enter 
this market, it is expected more modifications in alloy compositions can be expected. 
Experts should be consulted when considering the use of these alloys. 


7.3.5 Anisotropic Behavior 


Many CRA tubulars exhibit anisotropic properties, that is, the material has different 
mechanical properties in different directions. This is especially true of the cold-worked 
alloys, such as 22Cr and 25Cr duplex stainless steel, and also many of the austenitic 
stainless steels and high nickel alloys. As with carbon and low alloy steels, the yield 
strengths in the tangential and radial directions are generally lower than the axial yield 
stress for isotropic tubulars. The effect with CRAs can be larger. Normally, only the axial 
yield stress is determined through testing. Consequently, the tangential and radial yield 
strengths are often unknown. 


The anisotropic behavior of CRA tubulars implies that the VME stress intensity 
calculation is not a completely accurate prediction of yielding of the pipe. Nevertheless, 
calculation of the VME stress and VME stress intensity design factor is recommended. 
Experience has shown that VME criteria can be applied to CRA tubulars, provided that a 
suitable minimum acceptable design factor is applied. 


Limited tests have shown that the API equations can be used to calculate the minimum 
internal yield pressure and collapse ratings of cold-worked tubulars. 


7.3.6 CRA Material Properties 


The wall thickness of a CRA for a given weight per foot is not the same as that of low 
alloy steel (due to different density), and design corrections may be required. The higher 
density of CRA tubulars is modeled by simply adjusting the weight per foot of the tubing 
by the ratio of the density of the CRA material to the density of LACS as follows: 


_ Pera 


W cra _W acs 


Pacs 


Equation 7-1 
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CRA tubing strings can be analyzed in the same manner that LACS strings are 
considered, provided that the correct material property values for the elastic modulus, 
Poisson's ratio, and the thermal coefficient are used in the calculations. 


Table 7-4 lists the material properties for many of the commonly used CRA tubulars. The 
CRA tubular manufacturers can be contacted for the properties of CRA materials that are 


not listed in the table. 


Table 7-4 Table Properties of Commonly Used Corrosive Resistant Alloys 


Alloy Description Density Modulus of Coefficient of Thermal Expansion 
(Ibm/inch*) Elasticity (10-6 inches/inch Degrees F) 
(x106 psi) 

68 degrees F— 68 degrees F— 
212 degrees F 572 degrees F 

Low alloy carbon steel 0.282 28.5 6.7 

13Cr Martensitic SS * 0.280 28.9 5.7 6.0 

Modified 13Cr-5Ni-2Mo TBC** TBC TBC TBC 

22Cr Duplex SS 0.282 28.3 6.6 6.0 

25Cr Duplex SS 0.282 28.3 5.7 6.0 

32% Ni, 29% Cr 0.290 27.5 8.4 9.3 

Austenitic SS 

Alloy 825 0.294 28.3 7.8 8.5 

Alloy G-3 0.300 28.9 8.1 8.1 

Alloy C-276 0.321 29.8 6.7 7.1 


*SS - stainless steel, ** TBC - to be confirmed 


An advantage of the duplex SS, austenitic SS and nickel base alloys is that they can be 
cold-worked to high strength levels and still maintain their corrosion-resistant properties. 
Table 7-5 gives the minimum yield strengths for types of some CRAs. 


Table 7-5 Table Minimum Yield Strengths 


Class Yield Strength 
(ksi) 
13Cr 80-85 
Modified 13Cr-5Ni-2Mo 95-110 
Duplex (sour service) +110 
Duplex (sweet service) 140 
Type 4C 110 
Type 4D, E 130-160 
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7.3.7 Effect of Temperature on CRA Materials’ Yield Strength 
The yield stress of LACS and CRA tubulars decreases at high temperature. 


The yield stress for LACS tubulars is not significantly affected until the temperature 
exceeds approximately 350 degrees F, when a decrease in yield strength of LACS 
materials should be considered. In addition, a 10% decrease in yield strength should be 
considered for LACS tubulars above 400 degrees F. This phenomenon also occurs with 
low carbon steels. 


Cold-worked CRA materials can experience a significant decrease in yield stress at 
elevated temperatures. These decreases can occur as low as 220 degrees F. 


In addition, the very high yield strength materials (>160 ksi yield) can age at bottomhole 
temperatures of >400 degrees F. 


Since this effect cannot be prevented, it must be considered during the analysis process. 
One method to deal with the reduction in yield strength is to divide the string into 
different sections and then specify a lower yield strength for the deeper sections in the 
well. CRA tubular manufacturers should be contacted to obtain the reduction in yield 
strength at various operating temperatures. 


7.3.8 Clad Pipe 


As the production of natural gas increases in areas such as the Gulf of Mexico, Middle 
East, and Southeast Asia, the use of CRAs will also increase. As this usage increases, the 
supply of alloys will become limited so that alternatives such as clad pipe will be used. 
Clad pipe is made by expanding or shrinking a thin liner of CRA material into a low alloy 
steel tube, such as API 5CT - L80. So the L80 provides the strength while a low strength, 
CRA material provides the corrosion resistance. Some clad pipe from metallurgically 
bonded alloys has been produced recently. 


A connection for clad pipe should be made of a CRA material, so that a corrosive leak 
cannot wash-out the threads and drop the string. However, the connectors must be of high 
strength material to support the external loads. Coupled (non-upset) metal seal or integral 
(upset) metal seal connections may be selected for clad pipe. Plastic gaskets should also 
be considered at the pin ends to resist crevice corrosion, as required. 


7.3.9 Wellheads, Christmas Trees, and Down-hole Equipment 


When the use of CRAs are required in a tubular design, special care must also be taken in 
the selection of appropriate materials for the wellhead, for the Christmas tree, and for 
down-hole components such as packers, subsurface safety valves, and seating nipples. 


The tree and component alloy are generally dictated by the selection of tubing alloy. 
Table 7-6 lists the four classes or types of CRAs used in oilfield equipment when 
different oilfield tubulars are used. 
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Table 7-6 Table Classes of Corrosion Resistant Alloys 


Down-hole Tubing Tree and High Strength Component* 
API L80 13Cr 410, 420, 13Cr, 17-4PH, CA6NM, F6NM, Custom 450 
Modified 13Cr 95/110 Clad tree, Modified 13Cr, Incoloy 925, K 500, 718 
Duplex stainless steels (22% Cr and 25% Cr) Clad tree, Duplex, Incoloy 925, K 500, 718 
Austenitic stainless steels (28% Cr, 32% Ni) Clad tree, Incoloy 925, 718 
Nickel base alloys (Alloy 825, Alloy G-3, C-276) | Clad tree, Inconel 725 


*Some components are not for sour service. Some component parts may have strength less than tubing or 
casing. 


Duplex stainless steels, austenitic stainless steels, and nickel based alloys are cold- 
worked in order to increase their strength. 


Components that have thick cross sections, or have working parts, cannot be 
manufactured conventionally (in one piece) from cold-worked materials. 


To facilitate the manufacturing process and to provide the necessary properties, wellhead 
equipment can be made of steel and then have CRA material included as an internal 
cladding on the wetted surfaces. 


Commonly, Alloy 625 is used with a weld overlay process to clad wellhead internals. 
Strict quality control procedures are necessary to maintain the cladding material within 
specifications. 


Galvanic corrosion must be considered when the alloy has marginal corrosion resistance 
in the environment. Galvanic compatibility must de designed into the wellhead 
components. 


In a CRA completion, the entire packer should be of a CRA material. Ideally, all surfaces 
that are exposed to the flow-wetted corrosive-produced fluids should be made of CRA 
material. 


In the wellhead and Christmas tree, beginning with the tubing hanger and above, parts 
exposed to fluid flow should be manufactured from CRA or internally clad with the 
appropriate CRA. 


Tubing hanger material must be selected with the consideration that this piece of 
equipment is exposed to higher stresses than other wellhead components. These materials 
may also be exposed to SSC on outer as well as inner surfaces. 


Use of 17-4 PH stainless steel in sour service is not recommended. The use of 12Cr 
(410 SS) or 13Cr is not recommended in applications where the partial pressure of H2S is 
over 1.5 psia in a CRA tubular completion. 


API L80 13Cr is not recommended in environments where the organic acid content is 
high, unless testing has shown that the alloy has sufficient pitting resistance to the 
environment. 
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In general, a simple, uncomplicated completion generally results in the most reliable 
completion in corrosive wells. The use of parallel tubing strings, side pocket mandrels, 
ported nipples and other unnecessary down-hole "jewelry" should be avoided if possible. 
This not only simplifies completion procedures, but also results in the most cost effective 
completion over the life of the well. 


7.3.10 Corrosion Reduction 


Unacceptable corrosion of the production tubulars can be controlled by one of two 
general methods: 


= Corrosion inhibitors can be used to mitigate corrosion of the production tubing to an 
acceptable level. 


= CRA materials can be used for all well components in contact with produced fluids. 


On an engineering basis, the selection of the general completion method depends on the 
severity of the corrosive conditions and the total cost of the completion alternatives, 
which includes the initial capital cost, as well as the maintenance (operating) costs, 
control of lost or deferred production and reliability requirements. Overall, the selection 
of the optimum material also depends on the operating philosophy and the manner in 
which the risks associated with each completion method are evaluated. Corrosion control 
is discussed in Chapter 6. 


In general, the cost of the material increases as the CRA class increases. 


7.3.11 CRA Advantages 


CRA completions offer several advantages over low alloy carbon steel tubing with 
inhibitor treating: 


= A CRA tubing string will have a longer service life potentially for the life of the well 
(that is, workovers to replace the tubing will be reduced or possibly eliminated). 


= Duplex stainless steels and nickel based alloys can be cold-worked to achieve a 
minimum yield strength of 125,000 to 130,000 psi. Consequently, the tubing can 
often be latched into the packer (no tubing movement). This results in a more reliable 
completion since static seals are more reliable than seals that move. 


= Operating costs are lower with a CRA completion. Basically the well can be 
completed, put on production, and minimum maintenance programs initiated. With 
L-80 or C-90 tubing, and batch treating, production must be halted to perform 
periodic batch treatments. Also, with any inhibitor program, the well must be 
monitored to determine the effectiveness of the corrosion inhibitor treatments. 


= Ifthe well is capable of high production rates, the CRA tubing string makes it 
possible to flow at a higher rate. Generally, linear flow velocities as high as 100 feet 
per second are possible with CRA tubing. On the other hand, for the corrosion 
inhibitor to be effective, linear flow velocities must be limited to approximately 
40 feet per second or less. 
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Not all corrosive wells can be completed and operated most economically with CRA 
tubulars and associated equipment. Mildly corrosive wells with a shorter producing life 
may be completed economically using LACS tubulars and then batch (or continuously) 
treated with inhibitor. 


An economic analysis, which considers all completion and operating costs over the life of 
the well, should be performed. 


7.4 Non-Ferrous Alloys 


This section discusses two basic types of non-ferrous alloys: titanium and aluminum. 


7.4.1 Titanium 


Titanium alloys are receiving attention from several operators as a potential corrosion- 
resistant material for tubing and casing in highly corrosive wells. RMI Titanium 
Company has developed a titanium alloy called Beta C for oil country tubular goods 
applications. 


To date, only a few strings of Beta C have been run in oil or gas wells. According to RMI 
Titanium, six geothermal wells in California use Beta C tubing strings. The first full 
string of titanium tubing in a gas well was installed in 1993 in Norphlet completions 
(offshore Mississippi). 


Beta C provides corrosion resistance comparable to C-276, the most resistant CRA 
material. In other words, Beta C is virtually immune to corrosion in oil and gas well 
production environments. 


As with C-276 and the other CRAs, Beta C is sensitive to stimulation fluids. Inhibitors 
are available to allow use of hydrochloric (HCl) acid in titanium tubing. Reportedly no 
inhibition is necessary for organic (acetic, formic, and others) acids, and no inhibitors 
exist to protect titanium from hydrofluoric (HF) acid. 


NOTE: Under no circumstances should HF acid be allowed to contact titanium 
tubulars. 


The nominal chemical composition of Beta C Titanium follows: 


75% Ti, 3% Al, 8% V, 6% Cr, 4% Mo, 4% Zr 
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Beta C physical properties are listed in Table 7-7. 


Table 7-7 Beta C Titanium Characteristics 


Physical Properties 
Density 0.174 Ib/in3 
Modulus of elasticity 15.4 x 106 psi 
Coefficient of thermal expansion 5.4 x 10-6 inch/inch degrees F 
Minimum specified yield strength 130,000 psi * 
*Typical minimum yield strength selected for tubular applications. 


Titanium offers several advantages over C-276: 


= Beta C has a significantly lower density than C-276. The density of Beta C is 54% of 
the density of C-276 (0.174 Ibm/inches® for Beta C versus 0.321 lbm/inches? for 
C-276). Since Beta C has basically the same strength as C-276 in tubular applications, 
the lower density of Beta C may result in less expensive tubing designs in ultra-deep 
wells. 


For instance, it may be possible to design a full string of 2 7/8 inches Beta C tubing 
instead of a string of 3 4 inches x 2 7/8 inches C-276 tubing due to titanium's lower 
density and subsequently reduced axial tension loads. 


= Beta C is generally cold-worked to obtain the desired ductility, and is then heat 
treated to achieve the desired strength level. Consequently, Beta C can be upset, 
which means that full-strength integral-joint connections can be used. 


= Larger size (greater than 7 inches OD) material is available with Beta C than cold 
worked CRAs. 


= According to RMI Titanium, Beta C costs 10-15% less than C-276 on a cost per foot 
basis. 


= Beta C experiences a decrease in strength at elevated temperatures similar to cold- 
worked CRAs. 


7.4.2 Aluminum 


Aluminum drill pipe is used in applications where its better strength to weight ratio 
versus standard steel drill pipe is an advantage. These applications include drilling in 
remote areas where transportation is by helicopter or other difficult means and to extend 
the depth capability of a rig. Aluminum casing or tubing has not been used and it is 
unlikely that this alloy will be used in the future for casing or tubing. 
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7.5 Glass Reinforced Pipe 


Glass reinforced pipe (GRP) or simply fiberglass pipe is used as line pipe to transport 
corrosive fluids at low to moderate pressures, as water lines (including salt water), in 
injection and gas gathering systems, and for sour oil production. 


GRP is: 


= Also used in corrosive environments, as down-hole tubing, and sometimes casing, for 
salt water disposal, water injection projects, carbon dioxide injection, and well 
completions. 


= Not currently endorsed for hydrocarbon service at this time in ConocoPhillips. Site 
specific and special applications should be justified. 


= Capable of withstanding pressures up to 5,000 psi is available. Site specific testing is 
recommended in all applications. 


= Generally immune to corrosion in aqueous environments, although high 
concentrations of acids and bases should be avoided. GRP is also generally not de- 
rated in hydrocarbon environments. Potential problems exist in applications with high 
concentration of aromatics. 


7.5.1 Manufacturing Processes 


Most pipe and fittings are produced from heat-cured resin systems (approximately 

35% resin, 65% fiberglass by weight). Continuous glass fibers are drawn through a resin 
bath and wrapped onto a mandrel, forming the pipe body. The tube is then cured, 
extracted, and threaded. Threads may be cut or molded, after which they are 
hydrostatically tested. 


GRP is available in both integral joint pipe, and in threaded and coupled pipe. 


7.5.2 Materials 


API Specification 5AR, "Specification for Reinforced Thermosetting Resin Casing and 
Tubing," states that composite materials used to manufacture FRP "shall consist of 
thermosetting polymer reinforced with glass fibers. Acceptable polymers include epoxy 
resins and polyester resins." These materials offer excellent resistance to chemical attack 
from many fluids which cannot be handled by tubulars manufactured from carbon or 
stainless steel. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 7-22 
Version: 02-Apr 2011 


ConocoPhillips 


7.5.3 Resin Systems 


The three resin systems in major use include: 


7.6 


Table 7-8 Resin Systems 


Resin Maximum Service 
Temperature (degrees F) 


Epoxy anhydride 150 degrees 

Vinyl ester 200 degrees 

Epoxy aromatic amine 235 degrees 
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8.0 Special Considerations 


This chapter addresses special considerations related to casing and tubing. 


8.1 Design Factors Related to Special Load 
Cases 


In some designs, special load cases describe the maximum forces that occur infrequently 
and early in the life of a well, when the tubulars are new and the consequences of failure 
are minimal. In these cases it is sensible to use a lower design factor. 


In some special load cases, the maximum forces that are likely to occur can be cyclical 
throughout the life of the well and the risk of failure high. In these cases, it is sensible to 
use an increased design factor. 


8.2 Wellheads and Loading 


8.2.1 General 


Tubing and casing strings are hung from a wellhead. Conventional wellhead assemblies 
include the casing head housing, casing head spools, tubing head spool, and associated 
hangers, seals, valves, and fittings. A wellhead provides connection and support for BOPs 
and other well control equipment, a sealed connection and support for each tubular sting, 
and a connection and support for the Christmas tree. Wellheads are a critical component 
for installing casing and tubing strings within the wellbore and their design and 
fabrication principally are governed by API Specification 6A. The size, strength, and 
materials of wellheads must be compatible with the tubular strings so as not to limit the 
performance or compromise the safety of the well. 


8.2.2 Casing Heads 


Casing heads can be classified as "A" section casing heads (that is, casing head housing) 
and "B" section casing heads (that is, casing head spool). An "A" section casing head is 
attached to the top of the surface casing. Since the other tubular strings are tied to the "A" 
section, the surface casing must support the weight of each subsequent casing string run, 
the tubing, and the entire wellhead system. 
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The "A" section is screwed or welded onto the surface casing. This casing head accepts 
the next string of casing — either a protective string or the production casing, depending 
on the needs of the well. The intermediate casing head, or "B" section, is mounted onto 
the "A" section. It can be used to suspend either the production casing string, or an 
additional string of protective casing, if required. 


Production Casing 
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Cap Screw 
B-Section 


Casi Head 
Ol) 
Top Gland 


Packing 
Bottom Gland 


A-Section 
(Casing Head Housing) 
Latch 


Slips 
Protective Casing 


Surface Casing 


Figure 8-1 Casinghead Figuration 


For each additional protective string, an additional intermediate section is required. A 
ring gasket is used between these flanged connections. 
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8.2.3 Tubing Heads 


The tubing head is sometimes referred to as the "C" section (that is, tubing head spool). It 
suspends the production tubing and seals off the tubing/casing annulus. Like the 
intermediate casing head, the tubing head includes a secondary seal and side outlets. The 
top flange of the tubing head is used to connect blowout preventers during conventional 
workover operations, that is, workovers that require pulling the tubing. The lower flange 
connects to the top flange of the intermediate section. A ring gasket is also used between 
these flanged connections. 
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1g Ring Gasket Groove 


Tubinghead 


Production Casing 
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Figure 8-2 Tubinghead and Wellhead 
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8.2.4 Christmas Tree 


A Christmas tree is a system consisting of gate valves and a choke that regulates the flow 
of fluids from the well, opens or shuts production from the well, and provides entry for 
servicing. The tree is connected to the tubing-head flange or the upper flange of an 


adapter. 
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Figure 8-3 Christmas Tree and Wellhead 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 8-4 


Version: 02-Apr 2011 


\ 
ConocoPhillips 
8.3 Internal Diameters 


A past practice, not currently recommended, is to run a gauge joint at the top which has 
an inside diameter equal to that of the heaviest pipe used in the string. 


The diameters of available drilling bits should be considered in selecting casing weights. 
The need for large inside diameters often conflicts with the need to use heavy walled 
casings. Casing may be obtained with a special drift diameter to accommodate a popular 
bit size. For example, 72 pounds/feet 13 3/8 inch casing is often drifted to pass 12 1⁄4 inch 
bits; normal drift for this pipe is 12.191 inches. 


8.4 Lengths 


In the past, an order of tubular goods typically contained joints of various lengths. Today, 
it is not uncommon for all joints in a tubular order to be nearly identical in length. 
Therefore, extra steps are necessary when ordering. If a string of tubulars is to be racked 
in the derrick, ensure that joint lengths will be sufficient to enable racking in stands. If 
marker joints are required in a string, for logging correlation, perforation depth control, or 
other reasons, it may be necessary to order pup joints. 


8.5 Buckling Stability and Compressive 
Conductor Loads 


8.5.1 Buckling Stability of Free Standing Members 


The buckling stability of free standing members, such as drive pipe and marine risers on 
offshore wells, cannot be analyzed with StressCheck or WellCat. The programs cannot be 
used to determine if the member buckles because drive pipe and risers may not be fixed 
at the top. Special conductor riser analyses should be performed. These analyses are 
normally contracted to firms specializing in structural analyses. 


Free standing members such as drive pipe and marine risers are generally not supported 
radially by outer tubular strings or drilled hole. Consequently, if the member buckles, it 
has failed. Buckling of these free standing members cannot be tolerated. 


The stability of a column is a function of the slenderness ratio, OD of the column, pipe 
wall thickness and length of unsupported column. 


In practice, for a given material, the allowable stress in a compression member depends 
on the slenderness ratio, leff/r, and can be divided into three regions: short, intermediate, 
and long. 
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Short columns are dominated by the yield strength limit of the material. Intermediate 
columns are bounded by the inelastic limit of the member described by an equation 
presented by J.B. Johnson and long columns are bounded by the elastic limit described by 
Euler's formula. These three regions are depicted on the stress/slenderness ratio graph 
below: Note that the material strength does not impact the column buckling if controlled 
by Euler's formula. Hence, there is no advantage in using high strength alloy steel instead 
of structural steel for columns with an effective slenderness ratio of greater than 150. 
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Johnson's Formula 
Inelastic Stability Limit 


Euler's Formula 
Elastic Stability Limit 


Stress, psi 


<30 30 < SR < 150 


Slenderness Ratio 
For SR < 30 Local Buckling dominates with F. < Y mAs. 
For 30< SR < 150 Column Buckling is described by Johnson’s equation. 
For SR > 150 Column Buckling is described by Euler’s formula. 


Figure 8-4 Stress/Slenderness Ratio Graph 


Table 8-1 Classifications of Columns 


Material Short Column Intermediate Column Long Column 
(Strength (Inelastic Stability (Elastic 
Limit) Limit) Stability Limit) 
Slenderness Ratio (SR = Ley/r) 
Structural Steel SR < 30 30 < SR < 150 SR > 150 
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Figure 8-5 Classifications of Columns 


The short/intermediate/long classification of columns depends on the geometry 
(slenderness ratio) and the material properties (Young's modulus and yield strength). 
Long columns do not depend on the material yield strength. 


In Table 8-1, lis the effective length of the column, in inches, and r is the radius of 
gyration, inch’ for the cross-sectional area, and is defined as: 


r=vVI/A 
Where: I = moment of inertia 
Equation 8-1 


_ x(0D* - 1D*) 


i inches* 
64 


I 


and A = the area of the section: 


A= “(0D* — ID* ), inches? 


Where: 
OD = Pipe outside diameter, inches 
ID = Pipe nominal inside diameter, inches 
Equation 8-2 
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The effective length, in inches, is a function of the actual length, in inches, of the 
unsupported column times a "K" factor for the type of end condition or constraint of the 
column. The engineering slenderness ratio (SR) is defined as the unsupported length 
times the "K" factor and yields the effective length and: 


l 
SR=Kx L = 
r r 
Equation 8-3 


Recommended Design K values 


Rotation fixed and 
| translation fixed 
O oO 
\ Rotation free and 
translation fixed 
Rotation fixed and 
7 translation free 
Rotation free and 
t translation free 


Figure 8-6 Recommended Design K Values 


For freestanding wellheads in shallow water, and at some onshore locations, the normal 
configuration is without a lateral support. A "K" factor of 2.1 is recommended as shown 
in the fifth column of Figure 8-6 ("rotation fixed and translation fixed" and "rotation free 
and translation free"). 


Two types of buckling failure are of interest in this application. They are local buckling 
and column stability failure. Local buckling is a crumpling of the pipe wall in a local area 
as shown in Figure 8-5. Column buckling is a failure of the pipe by a bending over the 
unsupported length, shown on the right side of Figure 8-5. The mode of failure, that is 
local buckling or stability buckling, is determined by the effective slenderness ratio, SR, 
and the applied load. 
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If the effective slenderness ratio is less than 30, the dominant failure will be local 
buckling by application of axial compressive stresses exceeding the tensile strength of the 
pipe material. The maximum load in this failure mode is: 


Fix = 0,4, 


max 


Where: 


Fmax = Maximum Buckling Load, without a safety factor, pounds. 
oy = Material minimum yield strength, psi. 
A, = Area of column, inches” 


Equation 8-4 


Check compressive stresses, Factuai/As, and maintain an adequate design factor 
(2.5 or greater) so that the compressive stress is lower than the material's yield strength. 


If the effective slenderness ratio, SR, is between 30 and 150, the dominant failure will be 
inelastic buckling and the maximum compressive load is best described by Johnson's 
equation: 


Where E = Modulus of elasticity, psi. For steel, this ranges from 28-30 x 10° psi. 
Equation 8-5 


If the effective slenderness ratio is greater than 150, the column is considered a long 
column and elastic buckling would be expected to occur. The maximum compressive 
load that may be applied to the casing is described by Euler's formula: 


_w EI _ rz’ EA, 
max P SR? 


Where / is the length of unsupported pipe, or the length above the ground or above the 
seabed floor for conductor and drive pipe. 


Equation 8-6 


If the pipe is totally free on top (that is, it is not tethered or secured with guy lines), use 
k= 2.1. If the top is constrained securely on top against lateral movement, as with tethers, 
use k = 0.8. 


NOTE: The top must not be able to move laterally to use k = 0.8. 
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The foregoing derivations and equations are based on theoretical axial concentric loading 
of columns. In real application, this is rarely accomplished and an adequate design factor 
of 2.5 or greater is recommended. The design factor is equal to the critical buckling force 
divided by the actual buckling force. 


8.5.2 Compressive Loading on Surface Casing and Conductor 
Pipe 


In a typical well, the surface casing supports the weight of each string of casing and 
tubing which is hung in tension at the surface, plus the weight of the wellhead. The 
compressive strength of the surface casing and the quality of the surface casing cement 
(near the surface) are the two structural factors that keep the wellhead from sinking or 
failing. 


Assume the "as cemented" base case for protective casing strings and find the maximum 
load at the surface from the most severe load case for the production casing and 
production tubing. Combine these loads and, if desired, add the weight of the 
wellhead/tree to determine the total weight that must be supported by the surface casing, 
during the remainder of the drilling and completion process. Remember a snubbing rig 
will add a significant amount of weight to a wellhead. If desired at this point, consider 
this weight as an additional margin of safety. 


Since surface casing loads can easily range from 200,000 to 2,000,000 pounds, it is 
important to use effective mud displacement techniques (that is, reciprocate pipe, and 
others) and obtain good cement returns at the surface when cementing surface casing. 
"Topping out" using small-diameter tubing is necessary when good cement returns are 
not obtained. 


If the surface casing cannot support the expected compressive loads, a base plate should 
be installed so the conductor pipe can share the load with the surface casing. Use a base 
plate to distribute the compressive wellhead load for all wells with a total depth of 
15,000 feet or greater. 


When a base plate is used to distribute the wellhead load, the surface casing will still 
generally support more of the load than the conductor string since it is difficult to 
pre-load the conductor pipe. Consequently, when analyzing the surface casing and 
conductor pipe, assume that 60% of the wellhead load is on the surface casing and 40% 
of the load is on the conductor pipe. 


On some ultra-deep wells, the conductor is pre-loaded by using a grout gun to fill the 
space between the bottom of the base plate and the top of the conductor pipe during 
installation of the base plate. This procedure can be used on very deep wells where 
extremely high wellhead loads are expected. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 8-10 
Version: 02-Apr 2011 


ConocoPhillips 


The total compressive load must be checked to prevent casing yield for platform or land 
wells using wellheads that distribute loads directly to a casing string. For API casings, the 
compression rating is equal to the tensile rating and the DFcomp > 1.0 can be used for 
compression designs. However, if high compressive loading exists, the connection may 
be the weak point. 


The following are sources of compressive loading at the wellhead that must be 
considered: 

= Weight of wellhead and BOP 

= Weight of additional casings hung-off in wellhead (excluding liners) 

= Production tubing 

= Overpull for any buckling requirements 

= Additional loading due to temperature and pressure changes 

If the total compressive loading exceeds the tensile yield strength of the casing or 


connection, a base plate should be used to distribute the load to an outer casing. 
Figure 8-7 shows the wellhead load path with a base plate. 


A-Section 


Baseplate 1 ‘ae Weld 


Plate 


Conductor 
Casing 


Cement 


Surface Casing 


Fs 


Figure 8-7 Base Plate Load Distribution 


Typically the base plate will be supplied with a DF >2.0 of the total compressive load to 
account for any deficiencies in load-bearing welds. This should be verified with the 
wellhead supplier. 


NOTE: Cement between two casings can support a portion of the wellhead loading. For 
design purposes, this cement support is disregarded. To determine the load on 
each casing, use the following: 
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For a tubular of constant cross-sectional area with length L, a constant load P, and one 
fixed and one free end, the deformation equation is: 


as 
AE 
Equation 8-7 


Assuming the base plate is in simultaneous contact with both the conductor and surface 
casing, and that the bottom of each casing is immobile: 


Ac = As 
and therefore, 
FcLe _ FsLs 
AcEc AsEs 


Where: 


Fc = Load on Conductor 

Fs = Load on surface Casing 

Ac = Area of Conductor (inches?) 

As = Area of Surface Casing (inches”) 

Le = Length of Conductor (inches) 

Ls = Length of Surface Casing (inches) 

E = Modulus of Elasticity for Steel = 30 x 10° psi 

Ft = Total load on "A" Section, including subsequent casing strings, 
tubing, service loads and thermal effects 


Equation 8-8 


Unlike two independent springs, both the conductor and surface casings are 
concentrically cemented, and therefore, compressive load is assumed to be distributed 
along an equivalent length (or depth) of each string. Thus: 


Le = Ls 


Additionally, both the conductor and surface casings are manufactured from carbon steel 
and thus have the same modulus of elasticity, so: 


Ec = Es 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 8-12 
Version: 02-Apr 2011 


ConocoPhillips 


The remaining equation becomes: 


en 
Ac As 
or 
Fe_ Ae 
Fs As 


Ac and As can be calculated for selected casings, and the maximum load, Ft, is equal to 
Fc + Fs. Thus, two equations with two unknowns can be solved for Fc and Fs. 


For the load on the conductor (Fc) 


ma | 
As 
— +1 
Ac 
Equation 8-9 
For the load on the surface casing (Fs): 
Ft 


Equation 8-10 
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The additional wellhead loads, 
Wt, are applied after the base 
plate is installed and load 
transferred to the conductor or 
drive pipe. If no base plate is 
installed, this length of surface 
casing should be checked for local 
buckling. 


Wtbg + Wic + Wpc + Ws tAW 


Weight supported by conductor casing 
Weight supported by surface casing 


= 


tension prior to 


Surface casing 
cementing 


F, xA 


cond 


+A 


ae Fa cond T A 
Surface casing weight is 
transferred to set cement 
when weight is sacked off, 
assuming 100% bond. 


Stresses are "locked" in. 


aAa 


surf cond 


Wt = Total Weight on Wellhead 
Wtbg = Tubing hangoff weight 


Wic = Int Casing as cemented hangoff weights 
Casing 


Coupling Wpc = Prod Casing as cemented hangoff weight 


Ws = Service Equipment Weights (Coil Tubing 
Unit [CTU]/Snubbing Unit, and others) 


AW = Changes in Force due to temperature and 
pressure effects 


Figure 8-8 Casing Tension and Compression Ratings 


These loads should be checked against the tension and compression ratings of the casing 
to satisfy the design factor requirements. The connection location on both conductor and 
surface casing strings should be considered in this determination. The compression loads 
will not be affected if the connections are below the point of fixity (equivalent length 
mentioned prior to Equation 8-9) of the casing strings. A connection will bear the loads if 
it is above the point of fixity. The connection compression rating performance may be a 
limiting factor in the casing load capacity. 


The wellhead manufacturer should be consulted for base plate designs and verification of 
loads. 


NOTE: If conductor and surface casing annulus is not cemented, a more detailed 
analysis should be performed. 


Reference IADC/SPE 19923 "Compressive Loading Casing Design" Kocian and 
Melford, February 27, 1990. 
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8.6 Large Bore Completions and Annular 
Pressure Build-up 


Large bore completions are designed for very high flow rates that can generate a 
tremendous amount of heat. As the well heats up during production, an annular surface 
pressure can develop due to thermal expansion of the packer fluid. The pressure build up 
is a function of the packer fluid composition and the flowing temperature profile of the 
well. 


In the discussion on load cases for production tubing, use a 2,000 psi annular surface 
pressure on top of the packer for the hot-evacuation condition. 


If higher annular surface pressures are expected, design the tubing for the higher 
pressures or monitor the annular pressure and relieve the pressure, if the pressure exceeds 
the tubing design load case. 


8.7 Liner Hanger Failure 


The three options usually available when a liner hanger fails to set include: 


Pulling the liner from the well and installing a new liner hanger. 
Setting the liner on bottom and cementing the liner. 


Holding the liner and tack-cementing the bottom of the string; letting go of the liner 
and squeezing the liner top. 


Option 1 presents operational and financial difficulties but does not affect the structural 
analysis of the liner and will not be discussed. Option 1 may be the best choice with a 
production liner. 


In general, option 2 is preferred since there is no danger of cementing the drill pipe in 
place. With option 3, a larger portion of the liner is likely to be uncemented, and severe 
buckling of this uncemented section can occur in subsequent service conditions. 


The liner will buckle when it is set on bottom and this buckling will be "locked in" when 
the cement sets. The "locked in" buckling will generally not be as severe as the buckling 
which would be generated in the uncemented portion of a liner tack and squeeze 
cemented by subsequent service conditions, such as drilling with a heavier mud (for 
drilling liners) or during production (for production liners). 


This buckling in-service is due to increasing internal pressures and/or increasing 
temperatures. 
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8.8 Thermal Cycling due to Steam 


Tubulars in steamflooding wells experience cyclical loadings as a result of the heating up 
and subsequent cooling down of the well. The load cases for the casing and tubing should 
be based on the expected well operations and conditions. Accurate temperature data is 
necessary to adequately model the service conditions. 


Two important considerations when designing the casing for a steamflooding well are the 
cement job and the casing connector. The production casing should be fully cemented 
back to the surface to "strain limit" the loads on the casing. As the well heats up during 
injection the casing will lengthen if the string is not fully cemented. The wellhead can 
raise up. During subsequent cool down, the wellhead may not return to its original 
position because the formation may have cased in around the uncemented pipe. As this 
cycle continues, the axial tension forces in the casing become larger during each cool 
down. 


The casing connector for steamflooding wells must have high axial tension and 
compression efficiency (90% or higher) since stress in the casing often approaches 
pipebody yield strength. The connection axial tension parting strength should exceed the 
pipebody yield strength in tension. API BTC connections are suitable for many 
applications. API LTC connections are not suitable for steamflooding wells because the 
joint efficiency is too low. In more severe applications, a full-strength specialty service or 
proprietary connector may be required. 


8.9 Arctic Conditions 


Large compressive axial strains can be imposed on casing strings when a formation 
compacts or subsides due to a loss in formation pressure (that is, reservoir depletion) or 
when permafrost thaws during production in arctic-well environments. The large 
compressive strains are known to cause compressive shear of connection threads, 
localized buckling of the casing cross section, and column-type buckling of the casing. 
The axial strains can be quantified, but the methods are complicated and require 
computer models that describe the formation, casing, and materials. 


In arctic-well environments when permafrost refreezes after a well is shut in for a long 
period of time, the possibility exists for annular or packer fluids freezing. The loads that 
result from annular-fluid freezing tend to collapse tubulars, due to the expansion of the 
fluids as they freeze. Methods to approximate the additional collapse loads due to 
freezeback exist; however, they depend upon the accuracy of the wellbore thermal profile 
during freezeback. 
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A good cement job and selection of a suitable casing connector are essential for surface 
casing in wells located in regions with permafrost. The surface casing should be well 
cemented back to the surface. The casing connector should be stronger than the pipe body 
under axial compressive loading. API BTC connections are generally suitable for surface 
casing in these applications for sizes up to and including 13 3/8 inches. Above 

13 3/8 inches a suitable full-strength large diameter connector should be used. 


8.10 Salt Loading 


Flowing salt can result in severe casing damage. Damage due to flowing salt zones is 
generally termed as a collapse failure because the ID of the pipe becomes restricted as 
occurs from collapse failure. However, this is not an accurate description since salt 
loading is similar to a side or thrust load on the pipe. 


Various methods of design for flowing salt loads have been proposed. The most common 
method is to design the casing for collapse loads from 1.0 to 1.4 psi/foot. Salt loading is 
not a true collapse phenomena and this method is only an approximated convenient 
design scheme. 


Consider that 10,000 feet of casing is to be run in 10 lbm/gal mud and there is a flowing 
salt zone from approximately 8,000-8,500 feet. Normally, the mud weight is used as the 
external pressure profile on collapse loads. In this case we will include the salt zone with 
a pressure of 1.2 psi/feet in the external pressure profile for collapse loads. The external 
pressure profile is determined, as follows: 


The depths of 7,900 feet and 8,600 feet are included to allow for a 100 foot transition 
zone. The pressure at 8,000 feet is 9,600 psi or 1.2 x 8,000 feet. Likewise, the pressure at 
8,500 feet is 1.2 x 8,500 feet or 10,200 psi. When entering the pressure profile, enter the 
pressures at 8,000 feet and 8,500 feet and calculate the very large positive or negative 
effective gradients. 


After constructing the external pressure profile, specify this profile for all collapse loads. 


Designing for salt loading in the described manner is recommended. However, even 
designing for 1.0 to 1.4 psi/feet across the salt zone does not mean that the casing will be 
safe from damage due to salt (or point) loading. 


A good ductile cement job across the salt zone is essential to prevent flowing salt 
damage. 


Having cemented pipe inside of pipe is an effective way to prevent flowing salt damage. 
Increase the liner overlap to cover the salt zone, if the salt zone is near a casing shoe and 
a liner is planned below this casing shoe. If a full string of pipe is run and cemented 
inside the casing across the salt zone, raise the cement top of the inner string to a depth 
above the top of the salt zone. 
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Under-reaming of the salt zone interval has been used with some success to prevent or 
delay salt loading damage. This delays the onset of salt contacting and loading the pipe. 
This can be performed in some cases to allow time to drill the next section of hole and get 
another string of casing or a liner in the well. However, under-reaming can be a risky 
operation, especially at greater depths. This method of delaying salt damage should be 
used with caution (if at all). 


8.11 Casing Deformation In and Above 
Compacting Reservoirs 


Engineers face a multitude of challenges when faced with the probability of a compacting 
reservoir. Reservoirs may be suspect for compaction effects due to fluid withdrawal that 
have a porosity of >20%, a rock compressibility >35 ucips, known weak or 
unconsolidated zones, and thick pay intervals. Active water drives or early water-floods 
may help avoid or help mitigate compaction issues. The strains imposed on the casing 
will be related to the total depletion from the casing initial set conditions plus the local 
drawdown. A Rock Mechanics study will reveal the probability of compaction and help 
predict the resulting strains that may be imposed on the well's casing. 


In the compacting reservoir, pipe will be subjected to strains that can cause damage by: 


=  Columnar buckling 

= Crushing (line loads, not hydrostatic collapse) 

= Compressive connection failure 

= Local buckling (wrinkling) 

= Bending 

Of these, columnar buckling and connection compression strains are worst in vertical 


wellbores, and crushing worst in horizontal wellbores. The worst overall total strain is 
found at 45 degrees inclination. 


Within the stretching overburden, pipe is damaged by: 

= Hydrostatic collapse (reduced resistance due to tension) 
= Point loading (failed formation) 

= Shear (lateral formation displacement) 

= Tensile connection failure 


The worst strain case is found for vertical wells near the compaction bowl center, and for 
shearing in or near the reservoir flanks. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 8-18 
Version: 02-Apr 2011 


ConocoPhillips 


Typical industry practice is to first avoid placing pipe in the areas where the worst casing 
strains will occur, to mitigate strain impingement to the greatest degree possible, and only 
then to adjust the design to tolerate as much of the unmitigated strain as economic. Flank 
areas with weak bedding planes may be subject to shear movement both in and above the 
reservoir. Areas just inside the flanks may be subject to considerable bending. In the 
largest compaction area, vertically compressive strains will be highest. In the overburden 
formation immediately above the reservoir, and to a lesser extent below the reservoir, the 
rock will stretch proportionally with the distance from the compacting reservoir top 

(or bottom). For most rock, the reservoir top will see about 75% of the total compressive 
strain, with about 25% occurring at the bottom. In soft chalk reservoirs, considerable later 
movement within the chalk may occur in a flattening and spreading mode. 


Some typical mitigations in a compaction environment include obtaining the best 
possible cement job within the reservoir section and using very shear-weak cement in the 
overburden, with higher wellbore inclinations in both. The higher wellbore inclinations 
will help spread the compaction loads over a longer length of pipe. Shear joints and other 
mechanical mitigations have been tried, most unsuccessfully. Under-reaming and not 
cementing the casing across the compaction intervals can provide some mitigation of 
limited life as the formations are allowed to "fail", but eventually, compaction stresses 
will be seen by the casing and deformations will occur. 


Typical designs will call for casings with D/t<12 in the reservoir sections with high 
compression capacity premium connections, and high collapse strength pipe with high 
tension capacity connections in the overburden. 


Alternative designs, that recognize the expected casing deformation and a limited 
wellbore life, may include future abandonments and sidetracks in the "life-of-well" plans 
and may be more appropriate and economic than designing a well and casing to eliminate 
deformation or attempt to control compaction and overburden subsidence. 


8.12 Underbalanced Drilling 


Traditionally the aim of the drilling fluid, or "mud", is to transport the drilled cuttings 
back to surface, to cool the drill bit, lubricate the hole, and provide sufficient hydrostatic 
pressure down in the hole to prevent any oil, gas or other liquids from coming out of the 
rock and back to surface. This "overbalanced" drilling creates a situation where the 
entrained pressure downhole is safely contained. 


Underbalanced drilling is essentially the opposite. The drilling fluid performs the same 

functions as conventional mud but does not provide a hydrostatic pressure greater than 

the formation. Due to this, any porous rock formation will start to produce oil or gas. In 
conventional drilling, if hydrocarbons are allowed to enter the well bore while drilling, 

the situation is termed "a kick". 
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An underbalanced drilling operation however is designed to maintain this situation in a 
safe and controlled manner. This production of hydrocarbons is safely controlled at 
surface to ensure that the well does not blow-out (uncontrolled loss of pressure 
containment). This method of drilling, with a reduced exerted pressure down in the well, 
avoids the buildup of small solids being deposited on the sides of the hole. It also 
prevents the invasion of fluid and fine rock fragments into the formation, which, together 
help to improve the productivity of hydrocarbons from the reservoir. 


It can also help avoid many of the problems associated with drilling into reservoir 
formations, especially depleted zones. These two categories, production improvement 
and avoidance of drilling problems, are the main reasons to carry out these drilling 
operations with the well producing. 


Drilling Advantages 

= No fluids are lost into the formations during underbalanced drilling 
= Drilling speed increases 2 to 5 fold when drilling underbalanced 

=" Drilling bit life is increased 


= Pipe less likely to stick when drilling underbalanced 


Reservoir Advantages 
= No need to clean the well after drilling 


= Reduced plugging of the rocks in the reservoir leads to an increase in production of 
up to five times when compared to conventionally drilled wells 


= Able to find the most productive zones of the reservoir while drilling 


Although it is more expensive to drill using underbalanced technology, more wells can be 
drilled in older reservoirs and access areas that were previously too difficult to drill. Due 
to the benefits achieved through drilling underbalanced, more oil can be squeezed from a 
reservoir than previously thought possible. 


8.13 Monobore and Tubingless Completions 


Tubingless completion, also called monobore completion, is an old technique that has 
become popular again. Monobores may offer some significant advantages, come in 
various configurations, and require some special design considerations. 


Primary advantages of a monobore completion are reduced well construction cost, and 
simplicity. The cost reduction is a direct result of the simplicity. No separate tubing string 
is run, allowing a large cost reduction. As a result of eliminating one entire string of pipe, 
the entire casing and hole size program can be downsized, with an accompanying 
reduction in cost. No production packer is required. One less wellhead landing profile is 
required, often requiring one less head and one less nipple-up operation. No packer fluid 
is required; this results in a tremendous savings in fields normally requiring bromide 
brines for packer fluid. 
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The plug on the cement job, for the monobore string, is normally bumped with a 
lightweight clear fluid, no need for subsequent trips to cleanout production casing and 
displace to packer fluid. All subsequent work is done through the Christmas tree. Fewer 
rig days are required to drill and case. No rig is required for completion. 


Monobore completion designs can be varied to include a broad spectrum of applications. 
Monobore completions are applicable to land, marine, and deepwater environments. 
Monobores may be run in straight or extended reach holes. Large OD monobores may be 
run to accommodate highly prolific reservoirs or aggressive injection programs. Small 
OD monobores may be run if lifting produced water is a concern, or economics require a 
more economical slim hole design. Tapered monobores may be run, small on bottom, 
large on top, if a liner is in place; small on top, large on bottom, to provide room for sand 
control screens and packing. A monobore may be run as a tieback to a liner polished bore 
receptacle (PBR) if it will be necessary to pull the pipe in the future. Stimulation and 
remedial work can be performed through a monobore using a rig, coiled tubing, or 
wireline, depending on the ID of the monobore. 


Monobore strings must be designed to withstand the load scenarios that would be 
experienced by the production casing and production tubing that they replace. Premium 
connections are often justified, as a monobore string cannot be easily recovered to repair 
a leak. 


8.14 Horizontal Wells 


Topics addressed in this section include: 


= Effect of bending on the integrity of casing and connections 


= Torsional loading during running and cementing operations with liners (and casing) 


8.14.1 Bending Loads 


Design of casing strings for highly deviated or horizontal wells requires careful 
consideration of the effect of bending severity on the axial load carrying capacity of the 
casing, and the effect of bending on the axial load capacity and sealability performance of 
threaded connections. 


A Drilling Engineering Association study (DEA-27) conducted in 1991 revealed that 
flush-joint and near-flush-joint connections should be limited to approximately 
6-degrees/100 feet maximum dogleg.’ 


Some work conducted and documented by Nippon Steel Corporation addresses the effect 
of high bending stresses on the axial strength of three connection types; the API long 
thread and coupled (LTC), the API buttress thread and coupled (BTC), and one of 
Nippon Steel's proprietary casing connections (NSCC)". Nippon conducted physical 
testing and finite element analysis (FEA) of the three connections on 7 inch OD, 

29 pound/foot, L-80 grade casing. 
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Results of the study showed that the LTC connection would jump-out at 93% of its 
calculated joint strength (assuming no drilling wear), with bending at 40 degrees/100 feet. 
With drilling wear on the order of 4 mm on the ID of the pins, the joint strength was 
reduced to 86%. The Nippon's Steel Connection Casing (NSCC) and BTC connections, 
on the other hand, showed no decrease in axial strength at the high bending loads with no 
drilling wear, and a 4% reduction in axial strength with 4 mm of drilling wear. 


Based on the results of the study, threaded and coupled connections with square or 
hooked thread designs should be considered in wells with doglegs up to 

40 degrees/100 feet. At this time, there are no published guidelines for connections to be 
used in doglegs greater than 40-degrees/100 feet. For bending and sealability limits, the 
connection manufacturers should be consulted. Connection sealability will vary from 
vendor to vendor, and from connection to connection. 


For applications with large doglegs, care should be taken during the connection selection 
process, since vendors often do not publish bending limit performance data for their 
connections. Engineers are advised to contact connection vendors to obtain specific 
information on bending limits and test results for connections prior to making a selection. 


8.14.2 Torsional Loads 


Torsional loads are created from a twisting or turning load. They are created during the 
normal makeup of the string (connection), during the rotation of the strings and during 
buckling of the strings. Torsional loads should be considered when running casing and 
liners in highly deviated or horizontal wells. It has been a common practice to rotate 
tubulars during hole conditioning and cementing operations in an effort to improve the 
cement job. 


The maximum torsional load that can be safely applied to connections must be known 
prior to conducting the job to avoid torsional failure. The torsional limit that has been 
traditionally used for these jobs has been the maximum makeup torque specified by the 
manufacturer for the connection. Check with manufacturers for maximum torque limits. 
When conducting connection makeup for this type of job, it is imperative that the 
connection makeup equipment be set-up with a torque-limiting device such as a dump 
valve in order to prevent exceeding the manufacturer's maximum recommended makeup 
torque. The correct makeup torque should be verified to ensure that the connections are 
made up to the maximum recommended torque value, and a competent hand should 
monitor makeup. If the maximum recommended torque is exceeded, there is a risk of 
severe damage to the connection. Contact connection manufacturers for maximum 
makeup torque values. 


An alternative method for torsional limiting or defining a job would be to perform a 
torsional analysis according to the rotation required or expected on the casing and/or 
liner. This can be done using a software package, which will predict the torque loading 
and thereby allow for connection selection. 


Additional torque rating of some connectors can be realized by the use of an anaerobic 
polymer compound, or the use of special connections designed specifically for high 
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torsional resistance. The anaerobic products are applied to connections in a manner 
similar to that of conventional thread compound and have the same frictional 
characteristics as an API 5A2 compound. Once made-up, they cure to a solid crosslink 
polymer. Once cured, the connections provide torque resistance that is roughly twice the 
original makeup torque. 


8.15 Extended Reach Wells 


One of the biggest challenges in extended reach drilling (ERD) applications has been the 
successful running of long casing strings into highly deviated extended intervals of an 
open hole. When running long pipe sections under these conditions, cuttings beds and 
insufficient pipe weight can greatly hamper the process of running pipe. 


Innovations in pipe running techniques have been used with great success to overcome 
these problems. A floatation collar is often used. The interval above the float collar is run 
empty. The unfilled section helps to "float" the pipe through the highly deviated interval, 
reducing the interaction of the pipe with the bottom side of the hole, while the fluid filled 
upper interval provides added weight to drive the pipe into the deviated interval. 


The higher collapse loads associated with floating casing must be considered. In addition 
to the mud hydrostatics, the ECD or surge component could be significant when floating; 
the annular velocity of the mud is potentially very large since the displacement is a closed 
end displacement and the annulus is small. The resulting surge pressure can be large and 
is a collapsing force on the casing. 


While running pipe through highly deviated, extended reach intervals, it is normal for the 
pipe to be rotated as it is being run. This process can result in very high torsional loads on 
the threaded connections, making it necessary to use high-torque connections that will 
not fail under high torsional loading conditions. 


Hard-banding material on drill pipe can cause significant casing wear in drilled-through 
tubulars due to the long drilling time through extended reach intervals. 


8.16 High Pressure and/or High Temperature 
Wells 


HP/HT wells are defined by ConocoPhillips as those wells expected to encounter pore 
pressures above 10,000 psi and/or bottom hole static temperatures of 300 degrees F and 
above. HP/HT wells present a number of challenges due to very high burst and collapse 
pressures and thermal loading effects. 


Conductor and surface pipe designs must consider the additional weight support 
requirements imposed by heavier than normal intermediate and production casing strings 
along with the thermal growth anticipated during testing and production operations. 
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In fixed offshore platform applications where the conductor annuli are normally not 
cemented, the full hang-off weight of the casing strings is normally supported by the 
outer conductor. The conductor setting depth and lateral support requirements for 
platform risers will be significantly affected by the additional weight of heavy HP/HT 
casing strings and, in some cases, it may be necessary to use mudline suspension 
equipment. Thermal growth of the strings during testing/production operations and axial 
loading imposed must also be evaluated and accommodated. Fatigue is an important 
consideration for these conductors due to vortex-induced vibration, wave loads, 
temperature cycling and other cyclic loading. Conductor design calculations require 
specialized engineering assistance. 


In jack-up drilling applications, mudline suspension equipment is commonly used to hang 
off the full weight of all casing strings. The tiebacks are then tensioned in the surface 
wellhead to counteract thermal expansion effects. The main conductor is supported from 
the jack-up tensioning system and must accommodate the tensioned tieback strings as 
well as the loading from waves, currents and vortex shedding. Fatigue analysis is an 
important consideration for these conductors due the lack of lateral support. Conductor 
design calculations require specialized engineering assistance. 


Surface pipe design setting depths will be determined by the minimum PIT requirements 
for the next hole section, and the risks of shallow gas. 


Intermediate casing designs should consider burst and collapse loading imposed during 
drilling and annular pressures imposed by temperature increases during 
testing/production and long-term gas migration. 


Production casing and liner designs should consider burst and collapse loading imposed 
during testing/production and annular pressures imposed by temperature increases during 
testing/production and long-term gas migration. Multiple production liner strings are 
often required in HP/HT wells due to the narrow margins between pore pressures and 
fracture gradient. Reduced clearance casing designs with flush connections and/or 
expandable liners will commonly be required. 
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Compression applied to the pipe and connections, due to thermal expansion, must be 
carefully analyzed and connections with high compression efficiencies are required. In 
HP/HT wells, all casing strings should be installed with full string weight hung off at 
surface wellhead or mudline to minimize the effects of compression loading. 
Compression analysis of the string should consider the effects of open rathole below the 
previous casing string, which can allow the pipe to buckle further outward in that 
interval. Rat hole lengths should be kept as short as practical. 


APB will result from annular fluid expansion due to thermal heating during testing or 
production and will impose additional burst, collapse, and compression loading on the 
casings. Thermal pressures can be controlled in surface wellheads by establishing 
operating envelopes for each casing string and bleeding off pressures in a controlled 
manner to stay within that operating envelope. This problem can also be alleviated by 
leaving the annuli between casing strings uncemented. This will allow thermal expansion 
pressures to be relieved by leak-off at the casing shoe and maximum design loading will 
be a mud filled annulus at a pressure equivalent to the fracture pressure at the last casing 
shoe. When this next string is a liner, both the last casing and liner design should be 
based on the fracture pressure at the liner shoe. 


Fundamental Fluid Expansion Equations 


When an unconstrained fluid is heated, it will expand to a larger volume, as described by: 
V =V,(1+ @AT) 


Where: 


V = Expanded volume, inches? 

V, = Initial volume, inches? 

A = Fluid thermal expansivity, R! 

AT = Average fluid temperature change, degrees F 


Equation 8-11 


If the fluid is constrained by a perfectly rigid container, the pressure increase is described 
by: 


(V,By ) 
Where: 
AP = Fluid pressure change, psi 
By = Fluid compressibility, psi”! 
Equation 8-12 
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By substituting Equation 8-11 into Equation 8-12, a simple case of fluid expanding inside 
a rigid container, the pressure rise is only a function of the fluid properties and the 
average temperature change of the fluid: 


B aAT 
B 


AP 


N 
Equation 8-13 


During longer-term use of a well, gas migration may occur in uncemented annuli 
resulting in high annulus pressures. This can be controlled in surface wellheads by 
establishing operating envelopes for each casing string and bleeding off pressures in a 
controlled manner to stay within that operating envelope. Pressure buildup will be limited 
by leak-off at the casing shoe. The maximum design case will be a gas filled annulus at a 
pressure equivalent to the fracture pressure at the last casing shoe. When this next string 
is a liner, both the last casing and liner design should be based on the fracture pressure at 
the liner shoe. This design case can be relaxed for exploration wells that will be plugged 
and abandoned (P&A) or when area experience indicates that no hydrocarbon intervals 
will be present below that shoe. 


Annulus fluid used in testing and production operations will commonly be water or a 
brine lighter than the drilling mud weight. This allows a surface tubing leak design 
condition to be accommodated without applying extreme annulus loads to the production 
casing/liners, production or liner top packer, seal assembly and tubing. This reduction in 
fluid weight imposes higher collapse loading in the production casing and liners, which 
must be evaluated, based on the expected lifecyle operational requirements for the well. 
The annulus fluid weight will be selected to optimize on lifecycle burst and collapse 
design factors. 


8.17 Casing and Liner Drilling 


Casing Drilling 


Casing drilling is defined as a drilling operation, either land or water (top side well head) 
where a casing string extends from the bit all the way to the top drive or rotary table. All 
drilling energy (mechanical and fluid) is transmitted to bottom through the casing string. 
At section depth, the casing is "landed" in the wellhead. 


Liner Drilling 


Liner drilling is defined as a drilling operation, either land or water (top side or sub sea 
well head) where a liner string extends from the bit to a point where a classic or modified 
liner hanger and running tool assembly is used to cross-over to a drill string that extends 
to the top drive or rotary table. All drilling energy (mechanical and fluid) is transmitted to 
the top of the liner by drill pipe and from there to the bit through the collective 
assemblies below the liner running and hanging tools. 
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The split of drilling energy below the liner top is not considered important. At section 
depth, the liner is set and hung by the liner hanger and associated assemblies. 


The means or methods used to cement the casing or liner are not considered. 


The main concerns with casing and liner drilling are pipe fatigue and external casing 
wear. Pipe fatigue has been experienced with casing wear due to the drilling loads placed 
on the bottom portion of the casing string. The best means to combat fatigue has been to 
use heavier wall casing to act as "drill collars" on the bottom portion of the casing string. 
The external casing wear that has been experienced the most has been wear to the casing 
collar. The casing collar provides a point load on the formation and, hence, the collar 
wears while drilling a long section. Very little wear has been observed on the pipe body 
indicating less load is applied to the pipe body and, therefore, less wear. Therefore, little 
external casing wear for flush or near flush joints of pipe exists. Currently, there are no 
means to estimate the extent of external casing wear. 


8.18 Solid Expandable Casing 


Solid Expandable Casing technology is a cold-drawing process that permanently deforms 
the casing without any heat beyond what is present downhole. The procedure of 
expanding the casing uses a mechanical swage and hydraulic pressure to expand the 
diameter of the casing up to 20% after it is run in the hole. This procedure takes the steel 
beyond its elastic limit into the plastic region of the stress-strain curve of the metal while 
remaining safely below ultimate yield. Hardness and tensile properties of L-80 pipe 
changes after expansion; however, the casing still meets API Spec 5CT after the 
expansion process. The Burst properties of the casing remain about the same as it was 
pre-expanded; however, expansion decreases the collapse rating of tubular goods as a 
result of the Bauschinger effect. The Bauschinger effect occurs when plastic flow in one 
direction (expansion) lowers the applied stress at which plastic flow begins in the reverse 
direction (collapse). As a direct result of the expansion process, collapse resistance 
should decrease by about 30%. 


Connections for expandable pipe are flush and the threads are designed to remain 
undamaged during the expansion process. The expandable connection uses a new sealing 
technology, placing the connection's sealing mechanism (o-ring) at the back of the box 
for internal sealing, and positioning it at the back of the pin for increased external sealing 
capabilities. The threads and sealing mechanism allow the connection to float during the 
expansion process, and seal pressure after expansion. 


Currently available expandable casing is run pin up. With this arrangement, as the swage 
is run up the wellbore, the pin threads are expanded out against the box threads to 
maintain optimum thread contact during the expansion process. If the casing was run box 
up, the swage will initially tend to expand the box threads away from the pin threads with 
some loss of connection integrity. 
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8.19 Subsea Wells 


Subsea wells (including deepwater) present a number of unique challenges that are either 
not encountered with platform wells or cannot be monitored and controlled due to lack of 
access to the casing-casing annuli. Another area that requires additional consideration is 
the structural pipe. 


In a deepwater well the stress levels in the structural string can be significantly higher 
than the stress level in a shallow water location (even with the same rig type). Generally 
the structural string is designed to withstand all calculated loads imparted by the riser to 
the wellhead during drilling operations. If a well is kept for a future subsea completion 
from a tension leg platform (TLP) or other production system, design loads higher than 
those expected during drilling may be required. The conservative approach is to select 
structural casing that has the capacity to maintain material stress within allowable limits 
when subjected to both bending and axial loading expected, while drilling the well 
(without considering the strength of inner strings). In many cases sharing axial loads 
between the structural string and conductor string may not be achieved due to possible 
significant differences in the uncemented length of the two strings. Also, the bending 
strength contribution of the inner conductor casing is usually relatively small because it is 
a function of the fourth power of the diameter. 


Bending and Axial Loading 


Bending and axial loading are the primary considerations in design of the structural 
casing. The magnitude of bending and axial loads expected will depend on the factors in 
Table 8-2: 


Table 8-2 Factors influencing Bending and Axial Loading 


Bend and Factors 
Axial 
Loading 
Bend Lateral loading at flex joint due to riser loads 


Wellhead and BOP stickup above the mudline 


Soil strength below the mudline 


BOP and wellhead angle (will affect vertical and loading and 
bending) 


Weight of BOP 

Axial Loading | Vertical loading at flex joint due to riser loads 
BOP weight (buoyed) 

Wellhead and casing weight (buoyed) 
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Each of these items will be discussed as follows: 


Lateral Loading 


To keep the riser straight and prevent it from buckling, a large vertical axial load is 
applied at the rig by the riser tensioner system. The amount of tension that must be pulled 
is equal to the buoyed weight of the riser, the differential weight between the mud in the 
riser and seawater and some amount of overpull at the top of the BOP stack. The axial 
overpull at the top of the BOPs is transmitted through the flex joint and into the lower 
marine riser package (LMRP) at the top of the BOP stack. The flex joint permits bending 
at angles to about ten degrees between the riser and the top of the BOP. 


If the wellhead was perfectly vertical and the flex joint angle zero, only a vertical tension 
component and no horizontal component would be introduced to the top of the BOPs. 
This never occurs on a deepwater rig. A significant horizontal load will be introduced at 
the flex joint during special situations, such as during an emergency disconnect with a 
dynamic positioned rig or a mooring failure on a moored rig. Since most deepwater wells 
may be re-entered at a future date with a different type rig, both moored and dynamic 
positioned operations should be considered when developing the design worst case. 


Wellhead and BOP Stickup 


The total height from the mudline to the flex joint has a large impact on the amount of 
bending imparted to the structural casing. Typically, the low pressure wellhead housing is 
located about 14 feet above the visible mudline to insure remote operated vehicle (ROV) 
access and camera visibility, even with some cuttings build-up. 


Typically, the BOP stack is about 50 feet tall from the lower wellhead connector to the 
flex joint. This results in a total moment arm of 64 feet from the flex joint to the visible 
mudline. 


Soil Strength below the Mudline 


If the soil just below the mudline is extremely strong (such as granite), the wellhead and 
BOP stick up distance would be all that is needed to calculate the bending stress in the 
structural casing (at the mudline). A simple cantilever beam equation could be used to 
model stress resulting from the horizontal load at the flex joint and stick-up length. 
However, deepwater soil strengths are very low and gradually increase in strength with 
depth. 


In many cases, a site specific soil boring is obtained and used for structural casing design. 
When a soil boring is not performed, it is possible to get a better understanding of the 
shallow below mudline soil strength by performing a "bit set-down test". From 
experience, it is known that a 26 inch bit with 5,000 pound set-down weight (with pumps 
off) will stop penetrating below the mudline when soil strength is approximately 

150 pounds/feet. 
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Generally, soft clays found near the mudline in deepwater will behave as a plastic 
material when a pile is subjected to static or cyclic lateral loading. As the structural string 
is laterally loaded, it will deflect as the soil develops more resistance and the pipe 
increases its bending stress. A cavity will form on the side of the pile as soil is displaced 
away from the pile in the direction of loading. 


Subsequent cycle loads may then result in increased bending loads as the pile moves 
through the slack zone created by a previous loading. If excessive deflections occur, wear 
of casing strings just below and in the subsea wellhead will occur. Figure 8-9 reflects 
typical Gulf of Mexico (GOM) soil shear strengths. 
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Figure 8-9 Typical Gulf of Mexico Deepwater Soil Shear Strength 


The lateral resistance of a pile does not increase in simple proportion to loading. The 
problem becomes how to relate the soil resistance to the string deflection in a cyclic 
loading condition. 
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To accurately model the casing bending and soil interface problem, a computer program 
and a soils expert are needed. The computer programs generally model the soil resistance 
to lateral loads and bending as a series of nonlinear springs. Figure 8-10 below shows 
typical bending loading calculated for a GOM deepwater structural string. 


Calculated Bending vs. Depth 


Worst Case ————> 


Depth Below Mudline 


Bending Moment or Bending Stress 


Figure 8-10 Typical Bending Loading for a Gulf of Mexico Deep Water Structural String 


The total loading or stress in the structural string is composed of stress due to bending 
and axial stresses. Axial stresses are the result of riser tension less BOP buoyed weight, 
subsea wellhead buoyed weight and buoyed casing weight (conductor or surface). 


As previously mentioned, conductors and the surface pipe connected to the subsea 
wellhead will be subjected to bending moments induced by the deflection of the marine 
riser system, during movement of the drilling rig within a defined positioning tolerance 
above the wellhead. Riser loading is also affected by waves, currents and vortex 
shedding. Station keeping and riser bending analyses should be prepared for each well 
location and the conductors designed to accommodate the maximum bending moment 


anticipated. 
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Conductor setting depth requirements will be affected by soil resistance/stiffness and by 
the axial loading that will be applied by weight of the BOP and casing strings hung-off. 
The conductors and surface pipe attached to the wellhead will usually be considered to 
act together. These calculations require specialized engineering assistance. 


Two critical design analyses should be performed for structural conductor casings. An 
accurate setting depth analysis based on actual soil data for the proposed location and a 
weak-point analysis, if a dynamically positioned (DP) rig is contracted. This obviously 
becomes more important for exploratory and step-out wells than for development wells. 


Ensuring that conductors are fully cemented both in the open hole and in the internal 
annuli enhances load bearing and bending moment resistance of the conductors. Surface 
pipe should be rigidly centralized inside the conductor and the annulus fully cemented to 
ensure transmission of loads to the conductor. Mechanical top-up systems should be used 
where possible to fill up the soil-conductor-casing annuli unless area experience has 
indicated that this is not necessary. 


Additional conductor strings may be required in deepwater wells. Conductor programs, 
setting depths and cementing programs should consider potential for lost return intervals, 
overpressured sands, which could induce shallow water or gas flows, and the ability to 
support kill weight mud to control these flows. 


Surface pipe setting depths will be determined by the depth to which the hole can be 
drilled with seawater, or lightweight mud, minimum PIT requirements for the next hole 
section, and the risks of shallow gas. Surface pipe design is primarily driven by burst 
loading. 


A Shallow Hazard survey should be conducted on all offshore wells, especially 
deepwater locations prone to shallow water flows. This survey should, among other 
things, attempt to identify the presence of potential water and/or gas sands and the pore 
pressure contained within those sands. In addition, it should provide the best possible 
estimate of fracture gradient. With this information, engineering can develop an 
operationally sound well plan, in order to mitigate shallow hazards, thereby installing 
surface casing at the lowest possible cost. 


Intermediate casing designs should consider burst and collapse loading imposed during 
drilling and annular pressures imposed by temperature increases during 
testing/production and long-term gas migration. 


Multiple intermediate casing strings or liners are often required in deepwater wells due to 
the lower margins between pore pressures and fracture gradient. The apparent fracture 
gradients in subsea wells are lower in density terms because they have seawater instead 
of overburden between the rig and mudline. The expected fracture resistance of shallow 
overburden intervals can be estimated from Equation 8-14. Reduced clearance casing 
designs with flush connections and/or expandable liners will commonly be required. 
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Pore pressure is the pressure acting on the fluids contained in the pore space of the rock. 
Formation pressure is related to overburden pressure as follows: 


S=P,+M 


Where: 


S = overburden pressure, psi 
P¢ = formation pressure, psi 
M = grain to grain pressure (matrix stress) 


Equation 8-14 


Production casing and liner designs should consider burst and collapse loading imposed 
during testing/production and annular pressures imposed by temperature increases during 
testing/production and long-term gas migration. 


For a constant setting depth below the seafloor, the burst pressure for each string tends to 
increase as the water depth increases, because the formation pressure at any subsea depth 
is a function of water depth. The fracture pressure at a constant subsea depth also 
increases due to the pressure applied by the seawater. In addition, lengthening the 
hydrostatic column inside the tubulars with increasing water depth tends to increase burst 
loading on the casing string during cementing. 


Compression applied to pipe and connections, due to thermal expansion must be carefully 
analyzed and connections with high compressional efficiencies should be selected. In 
HP/HT wells (>10,000 psi BHP and/or 300 degrees F BHT) the casing strings should 
always be installed with full string weight hung off at surface or mudline, to minimize the 
effects of compressional loading. Compressional analysis of the string should consider 
the effects of open rathole below the previous casing string which can allow the pipe to 
buckle further outward in that interval. Rathole lengths should be kept as short as 
practical. 


Riser margin issues must be considered in subsea casing designs. Riser margin is defined 
as the additional mud weight that must be added to the hole below the mudline to 
compensate for the differential pressure between the mud in the riser and seawater, in the 
event of loss of the marine riser. ConocoPhillips does not currently require that a riser 
margin be used; however, some regulatory authorities may require that a riser margin be 
maintained while tripping in/out or while drilling. The plans for using a riser margin must 
be determined prior to designing the casing strings as the higher mud weight 
requirements will reduce kick margins and may reduce the distances between casing 
points. 


Annulus Pressure Buildup will result from annular fluid expansion due to thermal heating 
during testing or production and will impose additional burst, collapse, and compression 
loading on the casings. As deepwater wells with very cool mudline temperatures are 
heated up during testing/production, the casing annuli can see a dramatic increase in 
temperature, which can impose pressures higher than other design loads. 
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Thermal pressures can be controlled in surface wellheads by establishing operating 
envelopes for each casing string and bleeding off pressures in a controlled manner to stay 
within that operating envelope. On a subsea wellhead, there is usually no access to the 
casing-casing annuli and the design must therefore include the anticipated thermal 
expansion loading and must accommodate the effects of annular pressure build-up. In 
most subsea applications, this problem may be alleviated by leaving the annuli between 
casing strings uncemented. This will allow thermal expansion pressures to be relieved by 
leak-off at the casing shoe. Design loading will be a mud filled annulus at a pressure 
equivalent to the fracture pressure at the last casing shoe. 


During longer-term use of a well, gas migration may occur in uncemented annuli 
resulting in high annulus pressures. Pressure buildup will be limited by leak-off at the 
casing shoe. The design case will be a gas filled annulus at a pressure equivalent to the 
fracture pressure at the last casing shoe. When this next string is a liner, both the last 
casing and liner design should be based on the fracture pressure at the liner shoe. This 
design case can be relaxed for exploration wells that will be P&A'd or when area 
experience indicates that no hydrocarbon intervals will be present below that shoe. 


8.20 Surface Blowout Preventer Drilling‘ 


A relatively new technique uses surface blowout preventers (SBOP) for use with mobile 
offshore drilling units (MODU), currently focusing on deepwater applications. The SBOP 
drilling technique differs from conventional floating drilling operations in that the well 
control components (that is, the BOP stack) are not located at the seabed. Instead, the 
BOP stack is located at the surface just below the drill floor of the MODU. A second 
major difference is that the SBOP drilling riser is designed to contain wellbore pressure 
whereas a conventional marine riser does not contain wellbore pressure and is isolated 
from wellbore pressure when the BOPs are closed. 
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Figure 8-11 Typical Surface Bore System Configuration 


There are numerous standards and guidelines for conventional drilling operations. Some 
of these cover many parts of the SBOP system design, configuration and operation. The 
reference document for this section is the [ADC "Guidelines for the Use of Surface BOPs 
from Floating MODUs", and the IADC "Deepwater Well Control Guidelines". 


Casing Program 


The casing program and the wellhead, riser and BOP configuration are all inter-related. 
The differences between the casing program for exploration wells (where multiple 
drilling liners are set) and development wells (where casing strings are brought to the 
subsea wellhead) have a significant impact on the system configuration. 


Wellhead and Foundation 


The following guidelines are suggested for wellhead and foundation equipment used for 
SBOP drilling and completion operations. Failures in the design of the structural string 
and wellhead have proven to be very expensive for subsea BOP applications. Failures in 
this area for subsea or SBOP applications will not only be costly but could also be 
environmentally damaging. Sound engineering judgment should be used when 
determining the worst case used for design purposes. The rig's station keeping analysis, 
the SBOP riser analysis and the wellhead foundation analysis should be conducted 
interactively because of their interdependence. Appropriate safety factors should be 
included considering the risks and uncertainties in the worst-case design assumptions. 
Figure 8-12 indicates the configuration of a typical foundation and the applicable loads. 
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Figure 8-12 Typical Foundation Configuration 


Functional Specifications 


The wellhead and foundation equipment should be designed to withstand the structural 
loads imparted upon them by the well casing program. Special attention shall be paid to 
the structural and fatigue loading imparted on the wellhead/foundation system by the 
high-pressure riser. 


Where a subsea wellhead is used, consideration should be given to equipment designs 
with a mechanism to provide rigidity between the outer most structural casing 
(conductor) and the wellhead housing. This type of mechanism provides much greater 
fatigue resistance. 


The casing hangers and seal assemblies shall be designed to run through the high- 
pressure riser. Consideration shall be given to the clearance between the high-pressure 
riser and all of the equipment that must be run though it. This should include downhole 
equipment, casing couplings, wellhead equipment, tools, and any other equipment run 
into the wellbore. The drift diameters of all equipment should be carefully managed since 
many of these systems will require smaller than normal clearances. 
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The wellhead and foundation should be designed to accommodate any contingency plans 
to allow the use of a conventional rig with a subsea BOP for later intervention, or as a 
well control contingency. 


Mud Line ' p 


Exploration Wells Using Casing Exploration or Development Wells Using Exploration or Development Wells Using 
Mudline Suspension Equipment Subsea Wellhead Equipment 


Figure 8-13 Typical Well Types 


Materials Selection 


Typically, the specification of materials falls into the responsibility of the end user. 
Evaluation of the intended environment and desired service life as well as any potential 
environmental considerations should be accounted for in the design. Things to consider 
should include the production fluids, the drilling fluids, chemicals that could be used 
during the drilling or completion process (acids, control fluids, other) as well as the 
ambient environment. 


= Materials Specifications 


Materials specifications should be dictated by the design requirements and the 
environmental conditions. Materials suitable for fatigue conditions should be selected 
if the riser and/or structural analysis indicates that fatigue could be a problem. 


= Corrosion 


Consideration should be given for the use of corrosion control coatings for both the 
exterior and interior surfaces of the equipment. The intended environment, handling, 
storage, shipment and potential for re-use should factor into the decisions regarding 
the use of coatings. 
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Special attention should be given to coatings that require heat to cure that may be 
used where localized coating failure may exacerbate corrosion. The metallurgy of the 
equipment being heated should be considered to ensure that the mechanical properties 
are not adversely impacted at the heat levels required. 


a Cathodic Protection 


The end user should specify the need for cathodic protection. The design of the 
cathodic protection system should at a minimum comply with either 

DNV RPB 401 — Cathodic Protection Design or NACE RP1076 — Corrosion Control 
of Steel Fixed Offshore Structures Associated with Petroleum Production. Consider 
the interaction of free hydrogen produced as a result of implementing a cathodic 
protection system on other wellbore components such as the riser, riser couplings and 
other items. 


= Sour Service 


In applications involving sour service where there is a potential for sulfide stress 
cracking or stress corrosion cracking, materials selected shall meet the requirements 
of NACE MRO175 — Metals for Sulfide Stress Cracking and Stress Corrosion 
Cracking Resistance for Sour Oilfield Service. Appropriate quality control and 
assurance programs should be implemented along with the NACE specification to 
ensure the required material properties are achieved consistently. 


Structural Casing / Foundation Design 


The well design and the casing program that will be required of the well typically drive 
the foundation design. The additional loads that will be imparted by the riser and the 
drilling vessel should also be considered in the structural design. Basic well structural 
design is discussed in greater detail in the "[ADC Deepwater Well Control Guidelines". 
As a minimum, the design loads should include bending loads introduced by lateral loads 
imparted by the riser (and stress joint or flex joint as applicable), wellhead and stress joint 
(or any other seabed located equipment such as a seabed isolation device [SID]) stick up 
above the mudline, and soil strength below the mudline. The extreme loading on the 
wellhead and the casing/foundation will most likely be caused by extreme excursion of 
the vessel due to mooring failure (one line broken) or a DP failure (drift off or drive off). 
The axial loads of the design will be influenced by the vertical loads as imparted by the 
high pressure riser and tensioning at the surface vessel, the weight to the riser stress joint, 
riser connector, SID or any other equipment on the seabed (buoyed) and the wellhead and 
casing weight (buoyed). 
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Soil Considerations 


Seabed soil conditions vary substantially around the world. The interaction of the actual 
soil conditions with the structural analysis of the well can result in dramatic differences in 
the structural design of the well, and there is a need for site-specific soil data. Typical 
regional specific conditions as well as the basic design approach that should be 
considered for the interaction of soils data is covered in detail in the "[ADC Deepwater 
Well Control Guidelines". 


Interaction with Riser Analysis 


The wellhead and structural design of the well for a SBOP application is an extension of 
the riser design. All of the loading and fatigue considerations that are given to the riser 
design should also be given to the wellhead/structural design. The riser analysis and 
structural well design should be conducted in a coupled manner to ensure that all of the 
appropriate load conditions are understood and included in the design. 


High Pressure Riser 


Conventional deepwater drilling with subsea BOP is conducted through a large (typically 
21 inches) diameter marine riser. The riser joints are typically 50—90 feet long with high 
load bearing flange connections. There are several conduits strapped to the outside of the 
riser for choke, kill, hydraulic supply, and riser circulation. Buoyancy modules help 
offset the weight and tension requirements. The conventional riser contains wellbore 
fluids and primary (hydrostatic) well control. Once primary well control is lost the seabed 
BOP is closed and further well control operations are conducted by means of the choke 
and kill lines and drillpipe. The riser conduit is not typically designed to contain wellbore 
pressures in well control situations although some riser systems feature riser gas handling 
devices to mitigate inadvertent gas expansion in the drilling riser above the subsea BOP. 
In SBOP operations, the BOP is at the top of the riser string in the moonpool of the 
drilling rig. Typically, the riser will consist of transition joints at the top and bottom with 
threaded casing joints making up the riser string. In the event of a well control situation, 
the SBOP is closed and the riser must contain full wellbore pressure until the well is 
again under control. In emergency situations, such as loss of station keeping, a seabed 
isolation and disconnect device located at the seabed is used. This device may also be 
used for planned disconnects for storm preparation and at the end of a well. This section 
provides guidelines for the design of the high-pressure riser. A typical riser configuration 
is shown below in Figure 8-14. 
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Figure 8-14 Typical SBOP Riser Stack-Up 


Design and Operating Philosophy 


High-pressure surface blowout preventers (SBOP) risers are deployed, typically alone 
through the moon pool of a MODU, with the BOP at the top of the riser. There is an 
added requirement of containing the maximum formation pressure compared to 
conventional drilling risers. The design should be safe, and efficient to install, operate 
and maintain. Safe design and operation of the riser requires the designer to take into 
account all realistic conditions under which the riser will be operated. The riser and the 
station keeping design in the intact and damaged cases should not consider the capability 
to disconnect using the SID. A site-specific assessment should be undertaken. 


The engineer/designer may follow two design paths: 


= Once the functional and operational considerations are established, the structural 
components should be designed to perform their function and satisfy allowable stress 
limits and design life requirements (for example, 2% intact mooring and 6% 1-line 
missing based on API RP 2RD allowable stresses). 


= A riser design will dictate the functional and operational limits (for example, 
API 16Q type limits based on API RP 2RD allowable stresses). The strength and 
fatigue analyses should consider drilling and non-drilling riser conditions. 
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SBOP riser components are divided into two types: reusable and disposable, which are 
separated by a specified design life requirement. The design life requirement for a 
disposable riser component could be as little as the duration of drilling one well. If 
possible, the top part of the riser components should be designed so that the BOP will 
remain above the splash zone for all operational conditions. If that is not possible, the 
riser should be designed for the additional hydrodynamic loads generated when all or part 
of the BOP is in the water (submerged). Generally, practical considerations would place a 
submerged SBOP below the splash zone, wave zone and possibly at a depth below the 
impact of high surface currents and wave loads. 


In addition to the design of the riser body, the designer should consider interface 
requirements at the top and bottom of the riser. The following design limits may be 
applicable for SBOP applications: 

= Allowable stress (include burst, tensile, and combined) 

= Collapse 

=  Fatigue/service life 

= Inspection/replacement interval 

= Temperature limits 

= Maximum bending curvature/dogleg (primarily at mudline and surface) 

= Wear (primarily at mudline) 

= Interference/allowable deflection (avoid clashing with vessel) 


= Slip joint stroke 


Design Loads and Conditions 


Portions of this section reference content from API RP 2RD. The goal is to provide the 
API RP 2RD content in context of the SBOP application. 


General 


API RP 2RD provides a section describing functional, environmental and accidental 
loads used to design a Floating Production System (FPS) riser. These general loads are 
similar for a SBOP riser. This section describes the load combinations that could be used 
to design a SBOP riser. 


Typically, an SBOP riser is not deployed during a hurricane condition or will be retrieved 
before the hurricane arrives. Therefore, the load selection is generally limited to a lesser 
storm such as a 10-year storm (ocean current, wind and wave), which will depend on the 
season and region of deployment. Appropriate wave-scatter diagrams and ocean current- 
scatter diagrams should be obtained for the portion of the year that deployment would 
take place. 


A site-specific evaluation should be performed with appropriate vessel data. Therefore, 
site-specific soil, mud weight, formation pressure and environmental data need to be 
obtained in advance of the riser analysis. 
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Analysis should be performed to determine the degree of sensitivity to system variables. 
Sensitivity analysis could include: 


= Vessel offset and motion characteristics 

= Ocean current strength and profile throughout the water column 
= Water depth 

= Riser tension 

= Riser content 


a Surface weather conditions 


Loads 


API RP 2RD separates the riser loads into three categories: functional, environmental, 
and accidental loads. Loads in API RP 2RD that are specific to vessels with multiple riser 
hanging can be ignored. 


The functional loads include such variables as the weight of riser, pressure, inertia, soil 
interaction, vessel constraints, and others. The environmental loads are those imposed by 
the ocean environment such as waves, current, vessel motions, and others. The accidental 
loads are loads resulting from unplanned, but expected as likely, occurrences such as, 
tensioner loss, partial loss of station keeping capabilities, and others. 


The SBOP riser should be designed for various pressure and content conditions. Design 
surface pressure is the maximum surface pressure that will be seen by the riser for an 
extended time during normal operations. The riser surface pressure (at SBOP) would 
normally be zero. If drilling under-balanced the surface pressure would normally be the 
maximum under-balanced pressure. Normal well fluid for drilling and non-drilling 
operations can be used. Extreme surface pressure is the surface pressure that is unlikely 
to be exceeded during the life of the riser for the specific well. During well control 
operations, the riser surface pressure should be derived from an appropriate evaluation of 
maximum surface pressures anticipated. For systems with a subsea wellhead, the 
installation condition with the riser filled with cement and seawater should also be 
considered. 


If possible the top part of the riser components should be designed so as to position the 
SBOP above the wave splash zone. If that is not possible, the riser should be designed for 
the additional loads and the SBOP placed below the splash zone. These additional loads 
may be reduced by moving the SBOP below the region of high current and wave loads. 
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Loading Conditions 


The load conditions that have the potential to produce riser loads that would control the 
design limits described previously should be considered in the design of an SBOP riser. 
The load conditions describe the condition of the riser as a result of a combination of 
events (environmental, vessel offset, broken mooring line, and others) of varying severity 
and likelihood of occurrence. The combination of events into load conditions with 
assigned design factors and design load case numbers is described in the next section. 


The following load conditions should be considered: 


= Maximum Operating Conditions 


This is the limit of the normal operating conditions for which certain key operations 
such as drilling, in-place pressure testing, well control, and others will be allowed. A 
variety of riser responses could be used to set the design and operating limits. 
Consideration should be given to possible collapse loads resulting from a drop in riser 
fluid column due to loss of returns or fracturing of a weak formation. 


a Extreme Conditions: 


These conditions refer to events that could produce riser response with low 
probability of being exceeded in the life of the riser. An appropriate return period 
should be used for SBOP application. During the extreme condition the SBOP could 
be used for well control, but should not be used for drilling. 


= Temporary Conditions: 


Temporary conditions should include such events as the transportation, installation, 
retrieval, and testing of the riser. The riser should be designed for loads during these 
temporary conditions. An example of a temporary condition during installation would 
be the condition during cementing operations when the riser is partly filled with 
cement. Another would be hanging off the SID and riser between wells (this is also 
typically a fatigue condition). 


= Fatigue Conditions: 


All loading conditions that can contribute significantly to riser fatigue should be 
considered. The reusable and disposable riser components should be designed for the 
combined storm-induced and vortex-induced fatigue damage. Additionally, if the 
riser is not equipped with an SID it should be evaluated for its ability to survive a 
single severe event. 


a Accidental Conditions: 


These conditions should include, but not be limited to, partial loss of riser tension, 
loads imparted due to dropped drillstring or casing inside riser, partial loss of station 
keeping (loss of one mooring line or dynamic positioning failure), and pressure due to 
a kick. 


a Survival Conditions: 
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These low probability occurrence conditions correspond to the combination of longer 
return period events to check that the riser components will not fail. An example 
would be hanging off the riser and the SID after an emergency disconnect. 
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Design Load Cases 


The design load case matrix for rigid risers in API RP 2RD should provide a guideline for 
setting up a site-specific SBOP riser load matrix. The matrix provides for a combination 
of events (environmental, vessel offset, broken mooring line, and others) into load 
conditions with assigned design factors and design load case numbers. When setting up 
the load cases, care should be given to produce riser loads that have the potential to 
control the design limits previously described for each of the design factors. Assigning a 
level to the load condition (or design factor) should be consistent with the probability of 
occurrence of the riser operating state or event and should cover all expected operating 
conditions. For example, if the SBOP riser is designed to be disconnected from the 
seafloor before reaching the survival condition, then the maximum connected case should 
be analyzed for some lesser environmental condition. 


Each of the load cases should be analyzed for a number of tension loads between the 
minimum and the maximum expected design tension load. Ocean current normal and 
extreme conditions should be described by a set of current profiles. 


Selected sensitivity analysis could include, but not be limited to vessel offset, ocean 
current and motion characteristics, water depth, riser content and surface weather 
conditions. The assumed vessel offset and ocean current for use in fatigue load condition 
should be checked by sensitivity analysis. 


The riser at the mudline should not be assumed to be vertical. Typically a wellhead will 
be installed with less than 1.0 degree inclination, usually about 0.5 degrees. The vessel 
offset may increase the bottom angle to more than one degree and this should be taken 
into account in the analysis. As a guideline, an initial inclination of 0.25—0.5 degrees is 
suggested for analysis. With a SBOP system, the weight of the SID is typically much less 
than a conventional subsea BOP; also the tension applied to the riser is relatively high 
compared to conventional marine riser. These factors result in the likelihood that tensions 
will be placed on the wellhead. The wellhead should be designed to accommodate this 
factor. Soil conditions in the foundation should be adequate to support the design loads. 
The use of stress joints rather than flex joints in SBOP systems results in curvature of the 
riser rather than an abrupt dogleg; therefore curvature becomes the measure of concern 
rather than dogleg angle. 


Design Criteria 


The riser should be designed to satisfy the design strength (allowable stress limits), 
fatigue life requirements and functional requirements for the specific application. 
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The following guidelines are provided for design criteria to be used for an SBOP riser. 


Tension Requirements: 


Calculations in API RP 16Q can be used to define the minimum tension requirement 
for stability (overall column buckling). Riser deflections, maximum bending 
curvature, and "dogleg" may need to be controlled to prevent unacceptably high 
bending stresses, impact of the SBOP with the moonpool or wear issues. Limits on 
bending curvature and clearance between the SBOP and the moonpool are expected 
to be defined for each application. Analyses to optimize the tension for extreme and 
dynamic stresses and Vortex Induced Vibration (VIV) response should be performed. 


Allowable Stresses: 


Refer to API RP 2RD, Section 5.2 for guidelines on allowable stress considerations. 
API RP 2RD recognizes the difference between primary and secondary stresses and 
allows for the comparison of combined membrane and membrane plus bending 

von Mises stresses to allowable stresses. The allowable stresses in API RP 2RD are 
based on the basic allowable combined stress of 2/3 of the yield stress for steel and 
titanium. The use of a basic allowable combined stress (for example, 2/3 of yield 
stress or other) for materials other than steel and titanium should be properly 
supported. 


Hydrostatic Collapse: 


The tubulars should be adequate to withstand externally applied pressure without 
collapse. The calculations should consider dimensional variations of the cross- 
section, axial and bending loads, and material anisotropy and residual stresses. 
API RP 2RD provides collapse criteria that can be used for metal risers. 


Fatigue/Service Life: 
e Service fatigue life is defined as the length of time the component will be in 
service. 


e Design fatigue life is the predicted life and it is usually a multiple of the service 
life. 


e Miultiple is defined as the safety factor. 


The design fatigue life should be at least 10 times the service life (SF=10). For 
reusable components, the fatigue safety factor can be reduced (to as much as SF=3) if 
non-destructive testing (NDT) examination yields defects lower than the acceptable 
design limit determined through analysis and/or testing. 


Riser Wear: 


Riser wear is typically caused by the removal of riser wall material from the internal 
surface due to drill string rotation and/or axial abrasion. Riser wear is typically worse 
near the bottom due to the change of angle of the drill string in the well and the riser 
as a result of rig offset, wellhead foundation installed angle, environmental loading on 
the riser and internal loading of mud weight in the riser. 
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Similarly, riser wear just below the rig can be caused by the difference in angle 
between the drill string and the riser due to rig pitch and roll and the riser shape 
caused by rig offset and environmental loading. The potential for riser wear in the 
section of riser between the more severe changes of angle at the bottom and the top is 
somewhat reduced. 


In general, riser wear has not been a significant issue in SBOP wells to date. Unlike 
subsea BOP operations, SBOP systems generally have used stress joints rather than 
flex joints at the bottom (and top) of the riser. This substantially removes a significant 
potential wear point and helps to mitigate the potential for wear in this area by 
avoiding sharp changes in riser angle. 


Riser parameters and behavior can vary significantly between shallow and deepwater, 
low and high mud weight wells, benign and rough weather environments, varying 
current conditions, rig type and motions, station keeping practices and equipment, 
well parameters, and others. The enormous variation requires rig and well specific 
evaluation of the riser and drilling systems by the operator and the contractor. 


Differences between equipment and procedures used to prevent or detect riser wear in 
permanent risers and casing risers can be significant. Most SBOP operations to date 
have used casing for riser material. The casing can then be run and cemented in a 
subsequent well, which eliminates the risk of cumulative fatigue, corrosion or 
connection wear. SBOP systems may also use a permanent high-pressure riser, 
depending on operator requirements and contractor equipment strategy. 


A high pressure riser that is used from well to well will require additional design and 
inspection requirements and optimized drilling procedures compared to a casing riser 
that is used on only one well. Some industry practices utilized on tension leg platform 
(TLP) and Spar drilling and production risers may also be applied to these guidelines 
that are specific to MODU operations. The operator and contractor may consider 
drilling practices that would be applicable to the rig, riser type and well types being 
drilled. 

Casing and Tubing Wear, discussed in Chapter 4.0, is equally applicable to the high 
pressure risers and should be considered a mandatory requirement for SBOP drilling 
operations for the prediction and monitoring of riser wear. 


"Payne, M.L., Asbill, W.T, Davis, H.L., and Pattillo, P.D., "Joint Industry Qualification Test Program for High- 
Clearance Casing Connections," Paper No. 21908 presented at the 1991 SPE/IADC Drilling Conference, Amsterdam, 
March 11-14, 1991. 


"Tsuru, E., Ueno, M., Ogasawara, M., and Yonezawa, T., "Influence of Loading on the Performance of Tubular 
Connections Used in Horizontal Wells," Paper No. 227485 presented at the 1994 IADC/SPE Drilling Conference, 
Dallas, Texas, February 15-18, 1994. 


™ ADC Guidelines for the Use of Surface BOPs from Floating MODUs, 2003/4. 
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9.0 Testing and Tubular Inspection 


The economic impact of casing failures provides a strong incentive for inspecting oilfield 
tubulars prior to running them into the wellbore. 


9.1 Inspection Methods 


This section contains various tests and their description; however, field inspection is a 
special case and the responsible engineer should determine the need for such inspection 
based on the criticality of the well. A 1995 study in this regard showed the amount of 
rejections discovered by third party inspection agencies did not justify the cost of such 
inspection. A survey was conducted of approved mills that showed they were performing 
the required tests at the mill as a common procedure; additionally the API requirements 
became tighter. Overall, the quality level of modern pipemaking has improved 
dramatically. It remains the engineer's responsibility to determine the level of inspection 
to be performed, taking into consideration the criticality of the well. It is also prudent that 
only approved sources be used for procurement of the pipe. 


9.1.1 Visual Inspection 


Visual inspections are an eyewitness account of the general condition of the pipe. Visual 
thread inspection (VTI) includes removal of thread protectors, followed by cleaning and 
visual inspection of threads for mechanical damage and obvious defects. Following this 
inspection, thread lubricant is applied and clean thread protectors are reinstalled. Visual 
inspections typically will include the pipe body to look for obvious body wall defects. 
Visual inspection is frequently requested; however, it is often neglected and poorly 
performed. Poor visual inspections can lead to pipe proceeding through the inspection 
process, only to be kicked out during a later process. This leads to higher inspection costs 
that could have easily been avoided. Therefore, it is important to ensure that the visual 
inspection is performed correctly. 


For visual inspection to be effective, the pipe must be laid out on a single layer where it 
can be rolled, thread protectors removed, end areas (including threads) cleaned and dried, 
and all critical areas (internal and external) carefully examined by a competent inspector. 
The results should be recorded, including straightness, thread condition, corrosion pitting, 
and others. 
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9.1.2 Drift Testing 


Full length drift testing (FLD) is performed using a cylindrical mandrel manufactured to 
API specifications that is pulled through the bore (ID) of the pipe. The purpose of drift 
testing is to verify that there are no obstructions, dents, or bends in the pipe that will 
prevent subsequent tubular strings from being placed within the bore. The drift will not 
verify whether the bore is too large (for example, lighter weight material), only if it is too 
small. Special clearance drift mandrels can be used to assure passage of special tools or 
oversize bits. 


9.1.3 Magnetic Particle Inspection, Special End Area 


Special end area (SEA) inspections consist of a magnetic particle inspection of the pipe 
end areas. The ends of the pipe including all upsets and threads (about 24 inches from 
each end) are magnetized and then inspected with either dry iron particles (powder) or 
with a wet, fluorescent solution of very fine iron particles. The dry powder method is 
used with ordinary white light and the wet solution requires an ultraviolet light 
(blacklight). The inspector looks for flaws that are indicated by high concentrations of the 
powder attracted to flux leakage fields around the flaw. 


In general, the following is true of magnetic particle inspection: 


= Dependent on the surface preparation of the pipe and the experience of the inspector. 


= Dependent on the strength of the magnetic field. DC coils are preferred over 
electromagnetic yokes due to the higher level of available magnetism. 


= Wet solution particles are best suited for tight surface defects and machined surfaces, 
while dry powders are better for subsurface defects (approximately 1/16 inch in 
depth) and rough surfaces. The dry powder method is usually less costly and easier to 
remove from the pipe surface. 


= Requires access to both the ID and OD surfaces. 
= Strongly affected by environmental conditions such as wind and illumination. 


= The material being inspected must be ferromagnetic. 


9.1.4 Magnetic Particle Inspection, Full-Length Pipe Body 


Magnetic particle inspections of the full-length pipe body are performed by magnetizing 
the pipe using a through-bore conductor to give it a circular field, and by sprinkling 
magnetic particles on the surface for manually detecting external longitudinal flaws. The 
thread areas are excluded. This method is normally used only on large casing 

(> 13-3/8 inch OD) that may not pass through automated electromagnetic or ultrasonic 
units. The method is very labor intensive, extremely subject to human error, and seldom 
used. All of the limitations of magnetic particle inspection previously discussed apply. 
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9.1.5 Electromagnetic Flux Leakage Inspection, Full-Length 
Pipe Body 


Automated electromagnetic flux leakage inspections (EMI) of the full-length pipe body 
are performed by propelling the pipe through magnetizing stations that induce magnetic 
fields and electronically sense the flux leakage created by flaws. The sensors are 
generally passive electrical coils, in which an induced voltage is created by the flux 
leakage passing through the sensor. Alternatively, the coils may be Hall elements that do 
not have to be moving with respect to the pipe to generate the induced voltage. The 
electrical coil sensors respond according to Faraday's Law. The Hall element sensors 
operate on a supplied current through a Hall-effect semiconductor. The more abrupt and 
severe the flaw, the greater the magnetic flux leakage, and the sensor signal. 


In general, electromagnetic flux leakage inspection is more sensitive to surface flaws 
because the sensors are mounted on the pipe OD. Electromagnetic flux leakage is the 
most common form of oilfield pipe body inspection in use today. The two primary 
electromagnetic units in use include: 


= Stationary Transverse Electromagnetic Unit: 


A large electromagnetic coil encircles the pipe and produces an axial field when 
current (DC) is passed through the coil. The axial magnetic field produces flux 
leakage at transverse flaws, which are recorded from the sensors by a strip chart 
recorder. The electromagnetic coil is fixed while the pipe is propelled through it. The 
measurements are only qualitative and the actual flaw depth must be verified by a 
prove-up inspection. This unit is designed to detect transverse cuts, gouges, slugs, and 
corrosion pits. Its sensitivity to internal surface flaws decreases as the wall thickness 
increases (especially over 0.44 inch thickness) and the pipe must be ferromagnetic. 


= Rotating Longitudinal Electromagnetic Unit: 


The pipe is magnetized either by transverse electromagnetic poles positioned on each 
side of the pipe to produce an active field, or by a rod shot conductor to provide a 
residual field. In the active field method, two electromagnetic poles with two sets of 
sensors mounted 90 degrees between the poles are rotated while the pipe is propelled 
through the unit. In the residual field method, the remaining magnetism in the pipe is 
used to create the flux leakage while sensors are rotated over the pipe surface. In 
general, the active field method is superior to the residual field method because the 
magnetic field strength is much greater. The sensor design is similar to the stationary 
transverse units. This unit is designed to detect seams, laps, plug scores, or any other 
flaw that is essentially longitudinal in nature. It has limitations similar to the 
stationary transverse electromagnetic unit since it is qualitative and not quantitative, 
ID surface flaws are less detectable, and the pipe must be ferromagnetic. 
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9.1.6 Ultrasonic 


Automated ultrasonic inspections of the full-length pipe body (UTB) are performed by 
propelling and/or rotating the pipe through a series of piezoelectric transducers (crystals) 
that transmit and receive high frequency sound (acoustic) waves through the wall 
thickness. The sound energy must be coupled between the transducer and the pipe by a 
fluid such as water (couplant). Two types of transducers are used: shear wave and 
compressive wave. The shear wave transducers transfer sound energy through an acute 
angle to the pipe surface (refraction and mode conversion phenomenon), whereas the 
compression wave transducer transfers sound energy through a perpendicular path to the 
pipe surface. The shear wave transducers are positioned in a variety of directions to 
identify flaws that have any radial component such as laps, seams, gouges, slugs, and 
others. The compression wave transducers measure the wall thickness of the pipe and 
detect eccentricity, thin wall sections, and possibly broad corrosion pitting. 


The ultrasonic method easily penetrates the wall thickness of oilfield tubulars and works 
on all metals and most plastics. However, the ultrasonic method is sensitive to the pipe 
surface condition and is generally slower and more costly than the electromagnetic 
method. In general, ultrasonic systems are better suited for detecting ID flaws than 
electromagnetic systems. However, both ultrasonic and electromagnetic systems have 
similar performance when detecting OD flaws. UTB inspection should be performed on 
all critical materials, standard materials with wall thickness greater than 0.45 inch, and 
high alloy materials that cannot be sufficiently magnetized using conventional 
electromagnetic methods. 


9.1.7 Ultrasonic Inspection of Weld Line 


A shear wave ultrasonic inspection (UTW) is required for inspection of the weld line on 
ERW tubular goods. This inspection looks for defects and inclusions in the weldment and 
the base material directly adjacent to the weld seam. 


9.1.8 Butt Weld Radiography 


Welds on large diameter casing with welded-on connectors will be examined by the 
radiographic method to ensure that the weld meets minimum quality levels. Butt weld 
radiography (RAD) works well for locating porosity, slag inclusions, lack of penetration, 
cracks and lack of fusion (if the latter two are oriented parallel to the radiation beam). 


9.1.9 Ultrasonic Butt Weld Examination 


Ultrasonic butt weld examination (UBW) uses shear wave ultrasonic examination of 
circumferential butt welds. The weld is inspected from both directions using a hand-held 
ultrasonic unit. UBW is superior to RAD for locating imperfections that have orientations 
that are not perpendicular to the pipe axis. Good quality UBW is more dependent upon 
operator expertise than RAD and the results must be interpreted during the NDT 
operation. Unlike RAD, UBW does not produce a permanent record. 
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9.1.10 Gamma Ray Wall Thickness Inspection 


Gamma ray wall thickness inspections are performed by using radioactive isotopes 
(typically Cesitum-137 which has a 33-year half-life) to generate gamma rays which are 
transmitted through or reflected from the pipe, and a scintillation counter which measures 
the radiation intensity relative to the pipe body wall thickness. 


The primary disadvantages of gamma ray inspection are the lack of complete coverage 
(typically only about 15% of the pipe surface is inspected), lack of sensitivity to small 
wall loss areas such as corrosion pitting, and poor electronic stability (requires frequent 
recalibration). However, there is a wealth of industry experience with this equipment and 
it can readily penetrate the wall of all typical oilfield tubulars. 


9.1.11 Eddy Current Grade Verification 


Eddy current grade verification is performed by measuring changes in alternating electric 
current flow through an encircling coil that induces small, closed-loop electrical currents 
(eddy currents) in the pipe. The eddy currents have associated magnetic fields which 
oppose the driving current of the encircling coil and alter its impedance, that is, its 
effective resistance and reactance (phase). The conductivity and permeability of the pipe 
material affect the eddy current response and these properties are somewhat related to 
material yield strength or grade. By standardizing the response of the coil on a reference 
pipe standard, eddy currents can be used as a grade comparator. The unit cannot actually 
sort tubulars; it only identifies tubulars that have significantly dissimilar properties. 
Adjacent grades may have overlapping material properties that could cause failure to 
differentiate between grades, because of existing API tolerances. However, the unit is 
useful in detecting tubulars with grossly different yield strengths, which could prevent 
pipe with insufficient strength from being run in the hole and failing. This method is 
applicable to any material that will conduct electrical current. 


9.1.12 Ultrasonic Thickness Gauging 


Ultrasonic thickness gauging is performed using a compression wave piezoelectric 
transducer that is connected to an electronic timing circuit for the purpose of measuring 
wall thickness. The time for the acoustic pulse to travel from the OD surface to the ID 
surface is measured and usually displayed on a digital meter. In the oilfield, ultrasonic 
thickness gauging is used primarily as a manual, prove-up method for measuring the pipe 
wall thickness, remaining wall above corrosion pits, laminations and inclusions. The unit 
must be calibrated on a similar material as that being inspected. When properly 
calibrated, it is accurate to + 0.001 inch over a one-half inch range. However, because of 
compression wave characteristics, the unit cannot reliably detect thin, radial flaws such as 
seams. In areas where access prevents use of a micrometer, ultrasonic thickness gauging 
is the recommended method for measuring wall thickness. 
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9.1.13 Hardness Testing 


Hardness testing (HRC) is performed by using specialized mechanical indenter tools to 
apply a specified force or prescribed impression to the surface of the material under 
investigation. This test is rarely performed because the API does not specify hardness 
requirements for most grades of tubulars. The primary application is for restricted yield 
strength tubulars where a maximum hardness limit is established as an indicator of fitness 
for sour service. To determine hardness levels for pipe intended for use in sour service, a 
Rockwell Scale hardness tester is employed. Two hardness readings are made at each test 
point to assure accuracy. 


9.1.14 Thread Gauging 


Thread gauging (TDG) is performed using standard API gauges for measuring thread 
height (crest to root), thread lead (axial advance per revolution), and taper (diameter 
change per axial distance) on API eight-round and buttress threads per API Standard 5B. 
These inspections are conducted to determine compliance with API specifications. API 
ring and plug gauges which are precision ground gauges that engage the pin or coupling 
to a specified standoff, measure a combination of thread element dimensions. A pitch 
diameter (PD) gauge can also be used to directly rest on the thread crests and measure the 
diameter via a dial gauge or calibrated scribe marks. The ring and plug gauges are 
extremely expensive and delicate, and are thus rarely used in the field. The PD gauge is 
well accepted in the field because it is rugged and inexpensive, but it is not yet an 
officially API sanctioned tool. 


9.1.15 Hydrostatic Pressure Testing 


Hydrostatic pressure testing is potentially a destructive inspection technique in which 
water is pumped and compressed into the tubular. Special end fixtures that mate with the 
existing threads usually seal the pipe ends. The test can verify whether any nearly 
through-wall flaws exist or whether there is serious body wall loss. In general, 
hydrostatic pressure testing is used as a "go/no-go" pipe body wall integrity test only. It is 
most often used as a screening test for used tubulars prior to NDT to eliminate pipe with 
insufficient wall thickness. 


9.1.16 Inspection Monitor 


The quality of inspections will depend on the degree of compliance by the inspection 
company with the specific requirements outlined in inspection standards. In some cases, 
on-site monitoring of the inspection processes by ConocoPhillips or a third party 
representative will be required to insure that procedural steps are followed and the proper 
acceptance standards are applied. 
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9.1.17 Inspection Traceabiliy 


Some wells may require additional quality assurance. This can be gained through 
traceability, which involves assignment of a unique serial number to each component 
then tracking and documenting the entire inspection process individually for each 
component. 


9.1.18 Post-Mill Inspections 


A thorough post-mill inspection of API tubular goods will normally consist of: 


= Visual inspection 
= Special end-area inspection 


= Full body automated EMI inspection 


The special end-area inspection will consist of visual inspection of the threaded 
connections, followed by a magnetic particle inspection of the last two feet of each end of 
the pipe to inspect for longitudinal and transverse defects. 


An automated EMI inspection unit for new OCTG will normally consist of a stationary 
transverse unit for detection of transverse defects, a longitudinal rotating head unit for 
detection of longitudinal defects, a gamma ray wall thickness unit, a grade comparator 
(eddy current unit), and a demagnitization coil to eliminate residual magnetism from the 
tubular. The demagnitization station is important to prevent steel cuttings and particles 
from sticking to the connection threads, which would damage the connection during 
makeup. 


The EMI inspection unit described above is normally referred to as a 4-station EMI 
system, with the four stations being the stationary transverse unit, the longitudinal 
rotating head unit, the gamma ray unit, and the grade comparator unit. For a thorough, 
high-quality inspection of new API tubulars, the purchase order should specify SEA and 
4-station EMI automated inspection, along with all of the pertinent information 
describing the tubulars. 


9.2 Field Practices 


In any inspection operation, there are fundamental requirements to ensure that proper 
inspections of oilfield tubulars are performed. Although not discussed in detail, these 
requirements provide the foundation for a good inspection program. 
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9.2.1 Inspection Personnel 


All personnel performing inspections of any type should be certified as competent by 
their employer for the particular phase or type of inspection they perform. The 
certification documents should list training schools completed, inspection experience, and 
number of years with the company. All personnel certifications should be in writing and a 
copy of these certifications should be at the work location, and available for review by a 
ConocoPhillips or third party representative. 


9.2.2 Third-Party Monitors 


For critical service tubulars, the use of third party monitors should be considered. Third 
party monitors are non-ConocoPhillips personnel under contract to witness and supervise 
an inspection or manufacturing operation. They essentially serve as the "eyes and ears" of 
ConocoPhillips. Their presence can help ensure a quality inspection, minimizing the 
likelihood of a downhole failure because a defect or a flaw was not detected. These third 
party monitors must be very experienced in oilfield NDT and have a thorough 
understanding of API specifications. 


9.2.3 Inspection Equipment 


All equipment used in any phase of an inspection must be in correct working order, 
within the applicable calibration dates, and in strict compliance with the specific standard 
operating practices of the inspection company involved. If the inspection company has a 
manual of standard operating practices, then only inspection equipment specified in the 
manual and used in accordance with the procedures detailed in the manual should be 
used. Inspection company personnel should verify to the inspection witness or observer 
that all inspection equipment and procedures are in compliance with their own standard 
operating practices, and API specifications. 


9.2.4 Pipe Markings 


For tracking purposes, each joint of pipe to be inspected should be assigned a unique 
identification number. This number should be applied near the box end or near the middle 
section of the pipe and should remain there to ensure traceability. To further aid in 
tracking, the following identification markings should be applied with white paint to each 
joint of pipe: 

= Work order number and/or purchase order number 

= Name of inspection company 

= Type of inspections performed 

= Date of inspection 

= Specific joint number 


= Mill markings 
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Mill markings should be included if they had been eliminated during the inspection 
process. Mill markings should include: 


= Name of the manufacturer 


= Pipe OD 
= Weight 
=" Grade 


= Type of connection 


In addition, the following markings should be applied with a metal paint marker to each 
joint of rejected pipe near the box end: 


= Defect description and depth, if applicable 


a Location of defect from box 


All pipe classified as containing defects should be immediately identified with the 
appropriate paint marking and, as soon as practical, physically segregated from 
acceptable materials. 


Following inspection of new pipe, each joint of pipe must be color coded in a manner as 
specified in API SCT, and shown in Table 9-1. All inspection paint bands should be at 
least one-inch wide and encircle the OD of the pipe. The paint band indicating the 
condition of the pipe body is placed near the box and/or near the center of the pipe. If the 
coupling end is defective, the proper paint band is marked on that part. If the coupling or 
pin end are acceptable, no paint bands are placed on those parts unless they are separated 
from the pipe body. If a length of pipe has an integral connection, only one classification 
is given, whichever is more severe. 


Table 9-1 Color Coding of Inspected New Oilfield Tubulars 


Color Condition Remarks 
White Acceptable Complies with API specifications 
Red Reject Defect(s) exceeds API specifications (includes no-drift pipe) 
Purple | Notapplicable | A full-length ultrasonic inspection has been conducted on the pipe 
body 
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9.3 Used Pipe 


Used tubulars generally are inspected in accordance with acceptance/rejection criteria 
established in API RP 5C1. Used tubulars principally are classified on the basis of 
remaining wall thickness as summarized in Table 9-2. 


Table 9-2 Color Coding of Inspected Used Oilfield Tubulars 


Color Loss of Nominal Remaining Wall Thickness 
Wall Thickness (minimum) 
Yellow 0-15% 85% 
Blue 16-30% 70% 
Green 31-50% 50 % 
Red <50% Less than 50 % (or will not drift) 


Used tubular service categories generally determine the type and orientation of potential 
service-induced flaws and the corresponding recommended inspection methods. The 
various used tubular service categories are defined as follows: 


Table 9-3 Used Tubular Service Categories Defined 


Used Tubular Service Category Definition 


Rod Pump Tubing that flows oil via suction induced by a vertically 
reciprocating, piston-rod assembly (sucker-rod). 


Gas Lift Tubing that flows oil that has been injected with a gas 
at some point downhole to reduce the density of the 
hydrostatic column and improve flow. 


Normal Pressure Flowing Tubing that is used in a well where the gas or oil flows 
under the pressure created by the hydrocarbon bearing 
formation. 

Water Injection and Water- Tubing that is used to inject reservoir flooding 

Alternating-Gas (WAG) Injection stimulation fluids at prescribed locations in or near the 

Tubing field. 

Critical Service Not applicable, new tubulars required. 

Work String Tubing which is reused repeatedly on workover 


operations, frequently for relatively short periods of 
time, such as for production flow testing. 


Inspection Practices 


The service categories discussed above are not all-inclusive and do not preclude deviation 
from Table 9-4 through Table 9-9 based on local engineering/operations judgment. If 
used tubing is to be sent to storage where it may be run in another well as essentially new 
pipe, then it should be inspected in accordance with the respective new pipe. 
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9.4 Acceptance and Rejection Criteria 


Acceptance or rejection of a tubular is based on a standard that defines a quantifiable 
limit at which point a flaw or imperfection is deemed as rejectable. For most oilfield 
tubulars, these limits are established in the API publications, primarily API 
Specification 5CT. Since most oilfield tubulars are purchased to these specifications, 
manufacturers are obligated to honor them. When an inspection reveals a defect as 
defined by the API that was due to the manufacturing process, the manufacturer must 
correct the problem or provide compensation. 


9.5 Selection of Inspection Agencies 


Technical requirements for selecting inspection agencies follows: 


= Operator qualifications 

= Equipment performance 

= Facility capabilities 

= Record keeping 

By combining these technical data with the quoted price schedule for the inspection 


service company, ConocoPhillips personnel should be able to select cost effective 
inspection services. 


9.5.1 Operator Qualifications 


The primary inspector and any other inspectors involved with on-site decision-making 
during the inspection process should have the following training background: 


= Specific classroom courses on each type of nondestructive testing method, with a 
minimum of 40 hours spent in formal training; the course structure should be similar 
to that described in American Society for Nondestructive Testing (ASNT) 

No. SNT-TC-1A, "Recommended Practice for Personnel Qualification and 
Certification in NDT". 


= Written examination with a pass/fail scoring system that is preferably based on a 
100-point system, with a passing grade required. 

= Specific training course dedicated to the relevant API specifications; minimum of 
20 hours recommended. 

= Course on radiation safety and monitoring if any radiographic inspection is to be 
performed. 
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The primary inspector (for example, Unit Operator) should also have the following 
on-the-job work experience: 


= A minimum of 24 months of oilfield inspection experience with each NDT method 
and associated equipment under his/her charge. 


= A minimum of 12 months spent as the main unit operator if an automated 
electromagnetic or automated ultrasonic system is to be used. 


Written certification documents should be available for each person involved with the 
inspection process. 


9.5.2 Equipment Performance 


All equipment intended for use by the inspection company should be well maintained and 
adequately functioning. As a minimum, all NDT equipment should have serial numbers 
and records demonstrating that calibrations or certifications have been performed. 


To verify the quality of an automated electromagnetic inspection unit, pipe standards 
with known machine-made flaws are used to evaluate the performance of the inspection 
equipment and personnel. A third party monitor can oversee this type of performance 
verification operation. 


The inspection company should have established equipment and procedures for cleaning 
the OD surface of the pipe prior to inspection work. Furthermore, the inspection company 
should have the capability for machining notches and other simulated flaws on the pipe 
for calibration purposes. In addition, the inspection service company should have special 
measurement equipment to verify the dimensions of the simulated flaws. 


If the inspection company is using radioactive isotopes, a dosimeter or other type of 
quantitative radiation survey meter must be available on-site for safety reasons. 


Inspection service companies involved in pipe inspection must have a complete prove-up 
inspection system. The prove-up system is essential to quantifying flaws that may have 
been detected by automated inspection systems. 
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As a minimum, a quality prove-up system should have the following features: 


= Electromagnetic yoke and powder bulbs with magnetic particles 
= Ultrasonic thickness meter 

= Optical borescope 

= High intensity spotlights and mirrors 

= Files and grinders 

= Micrometers 

= External and internal calipers 

= Pit depth gauge 

= Various calibration blocks or setting standards 


= Large, easily readable chart showing reject levels and dimensions of the particular 
pipe order 


9.5.3 Facility Capabilities 


For tubulars that are inspected at the inspection service company's facilities, the facility 
must have all the capabilities required for a quality inspection operation. A complete 
tubular inspection facility is defined as one that has the capability to receive, unload, 
inspect, inventory, store, and reload tubulars. The facility should have a standard 
procedure for receiving tubular transports. Provisions should be made for an immediate 
visual inspection of any order. Upon arrival, records should be made of the following: 


= Pipe order containing the purchase order number 

= Number of pipe joints and footage tally 

= Pipe diameter, weight and grade 

= Type of connection 

= Manufacturer and/or supplier 

= Pipeyard location or rack number where the pipe is to be stored. 

Thread protectors should be in place during all tubular handling operations. For storage, 


the connections should be protected with an appropriate storage compound and thread 
protectors. 


The general condition of the storage yard should be neat and orderly with proper drainage 
to ensure that the tubulars can be moved on or off the racks in essentially any weather 
conditions. Inspection units preferably should be contained in a roof-covered or other 
sheltered facility with either permanent walls or pull-down tarps to protect the inspection 
process from the environment. If portable units must be used, they should have tarps and 
windscreens to lessen the environmental impact. 
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9.5.4 Recordkeeping 


The inspection service company should have a standard procedure for storing and 
cataloging inspection records. These records should be available to ConocoPhillips for at 
least one year from the date of inspection. The records should contain information about 
the customer, inspection dates, location, pipe characteristics, inspection summary, and 
raw data from scans, as well as any other relevant data. Before erasing or destroying any 
records, the responsible ConocoPhillips representative should be notified and offered the 
option of receiving these records. 


Upon completion of the work specified on each work order, an inspection report must be 
submitted to ConocoPhillips. The inspection report should contain the following 
information: 


= Final classification of all pieces inspected 

= Type, color, and location of the classification identification marking that has been 
applied to each piece 

= Pipe size, weight, grade, thread type, thread modifications, and wall thickness 

= Location and severity of defects 


= Names, job classifications, and certification of all inspection company personnel 
performing the inspection 


= Signature of the inspection company person responsible for the conduct and quality of 
the inspection 


= Any purchase order or work order numbers 

= Unit and serial numbers of the major NDT equipment 
= Types of calibration standards used 

= Location of the original inspection logs 


= Copy of the pipe tally sheets 


9.6 Inspection Selection Guidelines 


General guidelines are necessary for selection of the level of inspections and 
re-inspections (re-inspection defined as duplicating inspections already performed at the 
mill) to be conducted on tubular goods after they have been received from the mill. These 
guidelines are driven by the severity or sensitivity of an application, according to the 
likelihood and/or consequences of a failure. The level of post mill inspections and 
re-inspections to be conducted on tubulars is generally dependent on the pressure, 
temperature and fluid environment of a well, along with the proximity of the well to 
environmentally sensitive or populated area. The extent to which original mill inspections 
are used should be based on prior experience with the mill, and rejection rates 
experienced during post-mill re-inspections. 
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This section of the report documents selection guidelines, from the least critical tubular 
string (conductor) to the most critical strings (intermediate or production casing or 
liners). The guidelines are organized according to the type of string, anticipated pressure 
range, and to the level of sensitivity or criticality for an application. 


Guidelines for the selection of inspections are defined in Table 9-4 through Table 9-9. 
The selection guidelines are organized according to the type of casing string being 


inspected. 
Table 9-4 Inspection Codes and Descriptions 
Inspection Description 
Code 
FLD Full-Length Drift Testing 
VTI Visual Thread Inspection 
SEA Special End Area 
EMI Electromagnetic Flux Leakage Inspection 
TDG Thread Gauging 
UTW Ultrasonic Inspection of Weld Line 
UTB Ultrasonic Testing, Full-Length Pipe Body 
TRA Inspection Traceability 
MON Inspection Monitoring 
HRC Hardness Testing 
RAD Butt Weld Radiography 
UBW Ultrasonic Butt Weld Examination 
Table 9-5 Conductor Pipe and Drive Casing 
Inspection Code 
Pressure 
Ranges 
Criticality (psi) 'FLD*VTI'SEAEMITDGUTW|UTBTRAIMMON’HRCIRAD’|UBW‘ 
Basic Inspection All v v 
Sensitive Location All {V lv v vy lv 
Sour Service All v v 
See Table 9-10 for legend. 
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Table 9-6 Surface Casing 


Inspection Code 


Pressure 
Criticality Ranges 
(psi) |FLD | VTI/SSEAIEMI/TDGUTW|UTBITRA! MON HRC|RAD | UBW 


0-3000 |v 

> 3000 v 

0-3000 |v v v 
v 
v 


Basic Inspection 


Sensitive Location 
> 3000 


0 — 3000 
>3000 |v vol Y 


Sour Service 


INOTE: Substitute UTB for EMI if wall thickness exceeds 0.450 inch. 
See Table 9-10 for legend. 


Table 9-7 Intermediate Casing and Drilling Liners 


Inspection Code 


Pressure Ranges 


Criticality 


Basic Inspection 


Sensitive Location 


Sour Service 


INOTE: Substitute UTB for EMI if wall thickness exceeds 0.450 inch. 
See Table 9-10 for legend. 
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Table 9-8 Production Casing and Production Liners 


Inspection Code 


Criticality 


p-roo ee | | tT | TT 
Basic [1o00-soo K ee | oT | Tt 
sat ce a S AN 


Senitve [000-5000 | hr | | | ||] 
E 2 oS a 
Pico 


Sour Service 


Presure Ranges sd FLO] VTIbEaEmiroG orw}Ta|realONRC|RAD[oBW 


INOTE: Substitute UTB for EMI if wall thickness exceeds 0.450 inch. 
See Table 9-10 for legend. 


Table 9-9 Tubing 


Inspection Code 


Grificality Pressure Ranges - h ni 7 
(psi) FLD | VTI (SEA EMI |TDG’|UTW’|UTB/TRA| MON HRC RAD UBW 
0 -1000 v v 
Basic 1000 - 5000 v v v v 
Inspection |5000 - 10,000 y a y v v 
> 10,000 v v v vv |v 
0 -1000 v v v v v 
Sensitive |1000 - 5000 v v v fi 
Location |5000 - 10,000 v v v v ve vil v 
> 10,000 v v v {v |v |v 
0 -1000 v v 
Sour Service a d / á d d 
5000 - 10,000 v vy v v v v 
> 10,000 v v v {v |v |v v 
INOTE: Substitute UTB for EMI if wall thickness exceeds 0.450 inch. 
See Table 9-10 for legend. 
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Table 9-10 Legend for Table 9-5 through Table 9-9 


*Optional. 

'Perform at rig site. 

Shop welded butt welds only 

°Rig welded butt welds only 

“Monitor shop welding only 

‘Perform HRC only if the pipe has higher minimum yield than K grade. 
‘Omit VTI if TDG is performed. 

"API threads only 


VTI on patented premium threads should be performed by an inspector authorized by the thread 
manufacturer. 


PPerform on ERW pipe only. If UTB is substituted for EMI, omit UTW. 

‘If pressure over 1000 psi due to stimulation, VTI may be substituted for EMI and SEA at engineer’s 
option. 

"Optional substitution for both EMI and UTW. 


"Substitute UTB for EMI and substitute liquid penetrant inspection (LPI) for SEA on austenitic or Duplex 
CRA material, or for material containing more than 9% chrome. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 9-18 
Version: 02-Apr 2011 


ConocoPhillips 


10.0 Running and Handling Procedures 


This chapter contains running and handling procedures related to casing and tubing. 


10.1 Special Operations 


Special procedures may be required for some casing operations. These include running 
liners, subsea well abandonment, fishing, and repairing casing. 


10.2 Tubular Preparation and Handling 


The integrity of the tubulars to be run downhole is ensured during design and 
procurement, before the tubulars arrive at the rig site. It is essential that continued 
operations, such as pipe running and handling, be carried out in an attentively to achieve 
well design objectives. 


10.2.1 Visual Examination 


A brief visual examination should be conducted prior to off-loading tubulars to determine 
if significant load shifting occurred in transit and to identify obvious damage. Although 
tubulars are normally inspected before shipment, an independent check should be made 
to ensure the correct tubular goods have been delivered to the wellsite. The delivery 
should not be acceptance until the goods are cross-checked with the shipping documents 
and the purchase requisition (if a copy is available on site). As a minimum, verification 
should include: 


= Physical count of the number of lengths of pipe 
= Visual check of the pipe weight and grade 


= Brief visual examination for damage 


API Spec S5CT requires that all API tubulars be identified with paint stencil markings (or 
die stampings) to aid in the visual inspection and verification process. The markings 
identify the manufacturer name or mark, size, weight, grade, length, process of 
manufacture, hydrostatic pressure test (if not standard), and the type of thread (casing 
only). Table 10-1 summarizes the tubular paint stencil information requirements of API 
Specification 5CT. Figure 10-1 shows the locations of the stencil markings on the pipe. 
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Table 10-1 API Tubular Paint Stencil Information Requirements’ 


Manufacturer Name or Symbol API Groups” 
API monogram3 with manufacture date All groups 
Size All groups 
Weight per foot All groups 
Grade of pipe All groups 
Process of manufacture All Groups 
Length All groups 
Test pressure (hydrostatic) All groups 
Heat treatment Group 1 
Serialization of products Only C-90, T-95, and Q-125 
Type of thread All groups 
1. A die stamp may be substituted for the paint stencil if agreed upon 
between the manufacturer and the purchaser. 
2. Refer to Chapter 7.0, Sections 7.1.1 through 7.1.4 for API group 
classifications. 
3. If licensed manufacturer 


2 ft 
Paint Stencil Marking 
In This Area 


AB CO Spec 5CT 7 26 
C90 - 1 $-0001 42.2 Buttress 


Paint Band 


Coupling Paint 
Band or Painted 


Figure 10-1 Stencil Marking and Paint Bands 


Figure 10-1 illustrates the following: AB pipe manufacturing company of 7 inches, 
26 pounds/feet, C-90, Type 1, seamless open-hearth casing, joint number 0001, 42.2 feet 
long with buttress threads. 
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API couplings are also required by API Specification SCT to have specific markings. 
However, due to space limitations on the coupling, this information is generally die 
stamped, rather than paint stenciled, making field verification difficult. In general, the 
markings on the coupling include the manufacturer's name or symbol, API monogram 
with manufacture date (if licensed manufacturer), and the grade designation, in that order. 


API Spec 5CT requires that all API tubulars and couplings be identified by paint color 
codes to indicate their respective grade. The color codes consist of paint bands for the 
tubulars and are coded by one or more of the following methods: 


= Paint band encircling the pipe at a distance not greater than 2 feet from the coupling 
or box end 


= Paint band encircling the center of the coupling 
= Paint on entire outside surface of coupling 


= Paint on entire surface, except the threads for pup joints shorter than 6 feet in length 


Depending on the specific API group number (that is, grade), color codes for separated 
couplings or pup joints (greater than 6 feet) are paint bands or stripes, or may be painted 
completely. The API tubular and coupling paint color code identification is summarized 
in Table 10-2. Figure 10-1 shows the locations of paint bands on the pipe. 


Other paint codes may also be present on the pipe that indicates the results or types of 
inspections performed at the pipe yard. Red bands indicate rejected pipe; white bands 
indicate accepted pipe. Inspection color codes are summarized in Chapter 9.0 of this 
manual. 
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Table 10-2 API Tubular and Coupling Paint Color Code Identification’ 


e 
Se A 
mosa ko o ko 
KO omn OO 
K onerar si 
k onered, one town, woyaoue | 


6 
One red, one brown,” one 
yellow 


a a 
S T 
S e 
E E SSC” 
O S S 


"Special clearance couplings also have a single black band painted around their center. 


Couplings may be completely painted in indicated color. 


Single brown band deleted for couplings. 


10.2.2 Physical Measurements 


Depending on the nature of the well and complexity of the tubular string design, consider 
spot-checking the physical dimensions of a number of joints after delivery to location. 
Spot checks are not a substitute for rigorous inspections during procurement, but may 
prevent inadvertent running of inappropriate pipe. Some critical items to check are OD, 
wall thickness, drift diameter, length, and grade: 


= Outside Diameter - The OD should be checked on one or more representative joints 
of pipe. This measurement can be made with calipers, if available. Alternatively, a 
pi-tape can be used. 


= Wall Thickness - Wall thickness may be spot checked using a hand held ultrasonic 
testing (UT) meter. 


=" Drift- Casing should be re-drifted on-site, and must be drifted for critical-service 
wells. This verifies the original drift was correct and clears the pipe of debris, dirt, 
and other obstructions that may have accumulated since the previous drift. Whenever 
possible, drifting should be conducted with the thread protectors in place to minimize 
the risk of damaging the connections. 
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= Length - Prior to running, each joint is measured and numbered. Measurement should 
be made with a steel tape calibrated to the nearest 0.01 foot. The measurement should 
be made from the outermost face of the coupling or box to the position on the pin 
where the coupling or box stops when the joint is made up power tight. On joints with 
round threads, this position is the plane of the thread vanish point on the pipe. On 
buttress-thread casing, this position is the base of the API triangle stamp on the pipe. 


= Grade - There are no convenient or accurate field methods for verifying the grade of 
tubulars. Therefore, it is imperative that tubulars be clearly labeled as defined in 
Table 10-2. 


10.2.3 Handling 


Wellsite handling should be minimized and conducted to reduce the potential for 
incurring damage since a significant portion of tubular handling occurs after rigorous 
nondestructive inspections have been completed. To achieve this goal, planning prior to 
off-loading the tubulars at the wellsite is essential. 


When the tubulars arrive on site, and at each subsequent step throughout the wellsite 
operations, all personnel should be informed to closely watch for damage, especially near 
the threaded ends. If a thread protector is found to be missing or damaged, a careful 
inspection of the associated threads should be conducted. At all times when moving pipe, 
whether off-loading or simply rearranging, acceptable thread protectors should be in 
place. Care should be taken to avoid impacting the pipe ends even with thread protectors 
in place. Composite protectors should be considered for tubulars in critical-service 
applications. 


One way to minimize handling of pipe is to off-load pipe so that it will be in the correct 
sequence to run into the well. When the pipe is moved from the truck, ship or barge to the 
pipe racks, several practical precautions should be considered to avoid damage at the rig 
site: 


= Verify that the thread protectors are in place prior to moving any pipe. 


= Review procedures and handling equipment. Meet with rig crews in advance to 
discuss how off-loading or moving operations will be conducted. When possible, use 
a pipe handling forklift or a crane fitted with spreader bars and slings for lifting pipe. 
Lifting the pipe by placing hooks in the ends is not a recommended practice, since it 
can lead to severe damage to the connections. It is recommended that proper 
procedures for lifting critical service or CRA tubulars is used. 


= Avoid collisions with the pipe. At all times, even with thread protectors in place, care 
should be taken to prevent the pipe from being dropped, crushed or dinged. 
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= Pipe racks should be covered with wood or some other soft nonmetallic material so 
the pipe does not come into direct contact with the racks. This minimizes rolling 
damage, and reduces the potential for localized pipe corrosion. Pipe racks should be 
arranged so only minor changes in elevation occur when rolling pipe from one 
elevation to another. 


= When lifting critical service tubulars to the rig floor, the use of pickup/laydown 
machines is recommended. The pickup/laydown machine should be capable of 
supporting the pipe without grasping the ends or using hooks, and should provide 
adequate protection for the pipe ends throughout the entire process. Thread protectors 
should be in place when lifting to the rig floor; however, special running protectors 
(quick release type) may be used in lieu of conventional thread protectors for this 
operation. 


10.2.4 Final Preparation Prior to Running 


Prior to running any pipe into the well, the threads should be thoroughly cleaned of all 
protective coatings or lubricants that may have been applied at the pipe yard. This can be 
accomplished by using solvents, a steam or high-pressure water jet, or dry bentonite gel. 
The procedure to select depends on the type connection, operating conditions and 
available equipment. For proprietary connections, personnel cleaning the threads should 
watch for any signs of mechanical or corrosion damage on the thread and seal surface. 


Pipe shipped from a storage yard will normally have the threads protected with a storage 
compound and will require the connections to be cleaned and lubricated with thread 
compound as discussed above. On offshore wells, where space is normally very limited, 
thread cleaning and application of thread compound should be completed at the pipeyard 
just before shipment. For other rig locations, the pipe may be shipped with the storage 
compound in place, and cleaned and lubricated with thread compound at the rig-site. 


Tubulars shipped from a threading facility, should have the threads cleaned and 
lubricated prior to shipping to location, eliminating the need to clean and re-lubricate 
threads on location. When this procedure is followed, make sure the thread protectors are 
not removed until it is time to run the pipe. This will prevent the thread compound from 
becoming damaged or contaminated with dirt, sand, or dust. With this arrangement, the 
only on-site connection procedure is to visually inspect thread protectors for damage 
prior to removal. Damaged protectors should be immediately removed and the connection 
thoroughly cleaned, examined for damage, and clearly marked and removed if damaged. 


After the threads have been fully cleaned, but before thread compound is reapplied, 
whether at the rig-site or a pipeyard, a thorough visual inspection of the connections 
should be performed. For proprietary connections used in critical service, this action 
should be carried out by a qualified person, such as a representative from the connection 
manufacturer. The purpose of this inspection is to check for handling damage. Care must 
be exercised to ensure that any damaged joints are clearly marked and removed, so they 
cannot be inadvertently run into the well. 
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Guidelines for the application of thread compound can be found in Chapter 5.0 of this 
manual. For proprietary connections, it is advisable to follow the manufacturer's 
recommended procedures for thread cleaning, thread compound application and makeup 
to ensure optimum connection performance. 


Most proprietary connection manufacturers specify a type of torque and turn makeup 
monitoring, where makeup torque and number of turns of thread engagement are 
monitored and recorded on a real-time basis during makeup. The selected casing crew 
company must have equipment suitable for this type of makeup, with computer 
controlled monitoring and recording of torque versus turns during makeup, and a dump 
valve system to prevent exceeding the maximum recommended makeup torque. One 
should specify that the casing crew company have backup equipment on hand in the 
event of a component failure. This applies not only to the makeup monitoring equipment, 
but to the casing tongs and hydraulic power unit as well. 


During makeup, it is recommended to have a qualified person monitoring connection 
makeup. For API connections and proprietary connections for non-critical applications it 
can be a representative of the casing crew. For proprietary connections being run in a 
critical service application, a representative from the connection company should be on- 
site to monitor makeup. Improper makeup of just one connection in a casing or tubing 
string can result in a leak that can lead to tremendous down time and trouble costs. 


10.3 Pipe Running Factors 


Consider several factors when selecting the proper method and equipment to run casing 
and tubing. The factors include: 

= Basic well design 

= Type of tubular materials 

= Complexity of the tubular design 

= Availability of equipment 

= Condition of the hole 

= Amount of deviation of the wellbore 


= Potential for well control problems. 


NOTE: In all the above factors, safety is the main concern. 
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10.3.1 Pipe Measurement 


As mentioned earlier, each joint of pipe is measured and numbered during preparation of 
pipe for running. The sum of the measurements on all of the joints is the "on the rack" 
length of the pipe. The actual length of the string in the hole can be determined by 
calculating the stretch of the pipe due to its weight hanging in the well and due to 
changes in temperature. If a question arises with respect to the number of joints or 
footage run in the hole, the amount left on the rack should be subtracted from the "on the 
rack" amount. It is good practice to have extra pipe available at the rig site in case of 
rejects. Calculations to predict the amount of elongation resulting from hanging weight 
and temperature follows: 


The amount of stretch that occurs when long strings of casing (that is, >10,000 feet) are 
run should be evaluated. Typically, the hole depth is established by measuring the drill- 
pipe length at the surface. If the casing string consists of several weights, the amount of 
stretch will not be identical to the stretch of the drill pipe; hence, the total depth of casing 
in the hole will not match the drill-pipe tally depth. 


Equation 10-1 covers the stretch in a simple string consisting of a single weight of pipe 
(casing, tubing, or drill pipe). Tapered strings are covered in Equation 10-2. Note that 
Equation 10-2 could be used to calculate the stretch for stuck pipe if the overpull is used 
for the value of F in lbf. 


The change if force due to the rise in temperature when the casing string is run into the 
hole is covered in Section 3.6. Elongation can be derived from this change in force 
through the use of Equation 10-2. If the casing string was measured at a surface 
temperature significantly different than the temperature at which the drill pipe was 
measured, then the amount of stretch due to the temperature increase will not be identical 
to the stretch in the drill pipe. 


Stretch in Tubulars from Hanging in a Well 


0.0527 
AL = 2E [P vine 2p(I v)| 


Where: 


AL = pipe stretch, feet 

L = length of tubular, feet 

E = Modulus of elasticity, ksi 

P = wellbore fluid density, lbm/gal 
Ppipe = density of tubular, lbm/gal 
v = Poisson's ration, (0.3 for steel) 


Equation 10-1 


This calculation is independent of yield strength. 
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Example: Calculate the stretch in 12,000 feet of 7 inch OD, 35 lbm/foot casing in 
10 lbm/gal mud 


= 12,000 feet 

- 30 x 10° ksi 

= 10 Ibm/gal 
Ppipe= 65.5 lbm/gal 


0.052?" __ x (12,000) f? 
jtxlb/ gal 


: -2x107 1-0. 
2x(30x10° psi [65 Sib/ gal —2x Olb/ gal x( 0.3)] 


AL = 6.43 ft 
Equation 10-2 


If the well was deviated by 60 degrees, the stretch would be approximately 

6.43 feet x cos 60 degrees = 3.22 feet. The amount of stretch would also be reduced by 
hole drag in a directional well. In some cases the lower portion of the casing may go into 
increased compression. 
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Figure 10-2 Stretch in Tubulars from Hanging in a Well 
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Stretch in Tapered-String Tubulars Hanging in a Well 


Due to distributed loads and concentrated end loads, the elongation of each section can be 
calculated and the total elongation summed up for "tapered strings" using different 
tubular sizes and weights. End loads consist of "piston" effects at exposed ends and 
crossovers. The distributed loads are due to hanging weight and "ballooning" effects or 
Poisson’s effect due to surface pressure and distributed pressure (fluid density). All of 
these effects can be captured by the basic formula for stretch. 


The basic formula for stretch (Hooke's Law) is: 


NELA 
AE 


AY 


Where: 


F = point or end load on each section of tubular, pounds 

L = length of each section of tubular, feet 

A, = cross-sectional area of each section of tubular, inches? 
E = Modulus of elasticity, ksi 


Equation 10-3 


For a "tapered" string with n sections from top to bottom, the total elongation is 
determined from four components. These components include distributed weight, piston 
or end loads, ballooning, and crossovers. 


AL =AL, +AL; +AL, +AL,, 


Where: 


ALw = length change due to distributed weight, feet 
ALr = length change due to piston effects, feet 

AL, = length change due to ballooning effects, feet 
ALco = length change due to crossover effects, feet 


Equation 10-4 


For a tubular of length L with n sections (n=2) from top to bottom, the four components 
can be generalized as follows: 


0.052 Pine 


AL, ee hy 


Equation 10-5 


x, | 0.052 Pj 4 ot ay 
ž | E » 2 lia) 


k=l j=k+l 


-0.052 pLA 


Mg = 2 


Equation 10-6 
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Equation 10-7 
_ 0.052p 4 à 


A,,,)- (4, 


Ana) 


Saa, 


j=l A. 


E 


k=l 


Equation 10-8 


For a string of tubulars with only two sections, the equations reduce to: 


_ 9. 052 
2E 


Equation 10-9 


= a (Term, )- (Term, ) +2owW’ 


Where: 
Term, =x? +x? +2x,x,—2 
and 
Term, =2Lx, +2Lx, a 2x? (4, =A; $ =A ) 
Where: 


AL = pipe stretch, feet 
= length of tubular, feet 

E = Modulus of elasticity, ksi 

p = wellbore fluid density, lbm/gal 

Ppipe = density of tubular, (65.5 for steel) lbm/gal 

v = Poisson’s ration (0.3 for steel) 

xı = length of section 1 (upper section), feet 

x2 = length of section 2 (lower section), feet 

Aj, = cross-sectional area associated with of tubular 
inches” 

Ao) = cross-sectional area associated with of tubular 
inches” 

Aj. = cross-sectional area associated with of tubular 
inches” 

Ago = cross-sectional area associated with of tubular 
inches” 


ID (upper section), 
OD (upper section), 
ID (lower section), 


OD (lower section), 


As) = cross-sectional area of upper section of tubular, inches” 
Aso = cross-sectional area of lower section of tubular, inches” 
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10.3.2 Running Sequence 


Many casing strings are designed for minimum cost and therefore may include several 
weights and grades. It is essential to run each weight and grade in its sequential place in 
the string. If not, a low-strength joint inadvertently placed in a position exposed to high 
load could result in a catastrophic failure, and possibly loss of the well, To promote 
correct placement, individual joints should be clearly marked as to their weight, grade 
and length. The joints should be laid out on the pipe racks in reverse of their sequential 
running order, with the last to be run pipe placed on the bottom of the rack and the first to 
be run on top. If a question arises about the weight and grade of a joint, it should be set 
aside until the question is resolved. 


10.3.3 Rig Load Limit 


Each time a casing string is supported by the spider, the load is transferred to the 
substructure. The substructure also supports drill pipe and drill collars that are standing 
back in the derrick. If the sum of the weight of the casing string corrected for buoyancy 
and the weight of the drill string standing back in the derrick exceeds the load limit of the 
substructure, it is necessary to lay down the drill string until the load limit is no longer 
exceeded. Prior to running casing, the necessary calculations should be made and the drill 
string laid down, if necessary. If after laying down all the drill string, the casing load still 
exceeds the rig load limit by a small amount, it is possible to float the casing into place 
by not filling it while running. The float shoe, if working properly, will keep the casing 
buoyant until it can be landed in the wellhead. However, the collapse rating must be 
checked before attempting to float the casing. The drill line load and safety factor should 
be checked to ensure that it is strong enough to safely run the casing. 


10.3.4 Hole Conditioning 


Hole conditioning begins as the hole is being drilled. Ledges and sharp doglegs in the 
hole interfere with running the casing to bottom. Excess filter cake also interferes with 
running casing and makes displacement of mud with cement more difficult. Cuttings left 
in the hole or cavings from the walls of the hole can result in bottom fill that prevents 
landing the casing at the desired point. 


Immediately before running the casing, the well should be circulated until the returns are 
gas free and the hole is clear of cuttings. Gas left in the hole may migrate to the surface, 
potentially creating a well control problem. The mud should be conditioned to minimum 
gel, viscosity, and density corresponding with well control requirements and hole 
stability requirements. 


After the casing is in place, the mud should be further circulated and conditioned to 
remove debris knocked into the hole as the casing was run, and to further condition the 
mud for minimizing mud gel strengths. If the hole is prone to washing out, bottoms up 
should be sufficient circulation prior to cementing. However, if there is no history of 
washouts in offset wells, the hole should be circulated bottoms up several times, 
preferably at a rate equal to the planned cement displacement rate. 
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The drilling mud in the hole and the cement slurry must be compatible. If spacers are 
used between the cement slurry and the mud, the spacers must be compatible with both 
the cement slurry and drilling fluid. Tests should be run using the planned drilling fluid 
and cement formulation. 


10.3.5 Hole Deviation 


Wellbores that have sections of high dogleg severity are prone to keyseating. Suspected 
keyseats should be reamed out before attempting to run casing. High-angle and horizontal 
holes are more difficult to clean than vertical wellbores. Generally, maintaining good 
mud properties, making frequent wiper trips and pumping at proper fluid velocities are 
important in removing cuttings from the low side of the hole. The mud should have 
sufficiently high gel strengths to prevent barite from settling out. 


10.3.6 Differential Sticking 


Differential sticking results from a pressure differential from the wellbore into a 
permeable formation. The force on the pipe normal to the wellbore wall is a function of 
the area in contact with the wall and the pressure differential. The contact area partly 
depends on filter cake thickness; the thicker the cake, the greater the contact area. The 
sticking force that resists pipe movement is the product of the normal force and a 
"sticking coefficient" which is a property of the mud filter cake. Differential sticking 
usually does not occur instantly. The pipe must remain static against the borehole wall for 
sufficient time for a differential pressure seal to develop. In general, the incidence of 
differential sticking can be reduced by: 


" Keeping the pipe moving. Obviously, the pipe must be stopped when a new joint is 
added, but the time during which the pipe is motionless should be minimized. 


= Reducing the contact area. The contact area can be reduced by standoff devices such 
as centralizers that prevent the body of the pipe from contacting the wellbore wall. 
Centralizers also help cement placement. 


= Reducing filter cake thickness. Filter cake thickness depends on many factors, but 
filtrate loss and mud quality are among the most important. A thin, tough filter cake is 
desirable. 


= Reducing the "sticking coefficient" of the mud. Filter cakes that contain drilled solids 
or minute quantities of sand have large sticking coefficients. Filter cakes from oil- 
base muds and filter cakes formed primarily from bentonite clay solids in the mud 
have small sticking coefficients. 


= Reducing the pressure differential. The pressure differential depends directly on the 
mud weight. For well control, it is necessary to maintain an over-balance pressure in 
the wellbore, but overbalance pressures in excess of 200 to 300 psi are usually not 
necessary. Where sands have been depleted, however, large over-balances may be 
unavoidable. 
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10.3.7 Running and Pulling Speeds 


A string in a wellbore behaves like a piston in a cylinder. When pipe is run in the hole, 
pressure increases. This pressure increase is called a surge pressure. When pipe is pulled 
out of the hole, pressure decreases. This pressure decrease is called a swab pressure. 
Swab and surge calculations can provide a basis for defining optimum safe pulling 
speeds. The magnitude of these pressures depends on many factors such as the following: 


= Rheologic properties of the mud 
= Length of the pipe in the hole 
= Clearance between the pipe and hole 


= Whether the pipe is open-ended or closed 


Large surge and swab pressures should be avoided whenever possible. A major 
controllable factor in determining the magnitude of these pressure changes is the running 
or pulling speed of the pipe. 


Surge pressures can be large enough to cause formation fracturing, and subsequent lost 
returns. Swab pressure reductions can decrease wellbore pressure below formation pore 
pressure and allow an influx of formation fluid into the wellbore. In either case, 
vulnerability to formation fracturing and the potential for allowing an influx into the 
wellbore is heightened when casing is being run. 


Careful determination of maximum running and pulling speeds is a fundamental part of 
successful operations on HP/HT wells or wells that have a small margin between pore 
and fracture pressures (~ 0.5 to 1.0 lbm/gal margin). This small margin makes it difficult 
to run pipe without problems with significant lost returns from surge pressures and/or 
problems with feed-in of formation fluids due to swabbing. 


A misconception exists that running speeds are not important if a string of casing is being 
run inside another string of casing. Pressure surges and swabs are transmitted throughout 
the wellbore and affect exposed open hole areas. Particular attention should be given 
when full-bore tools are either run or pulled through casing. 


10.3.8 Connections 


In an effort to meet the strength, leak, and dimensional requirements of casing strings, a 
large number of casing threaded connection designs have been developed. The simpler 
designs such as API round-thread and buttress-thread connections seal in the thread area 
using thread compounds. These threads are perhaps less vulnerable to handling damage 
than many proprietary connections that depend on metal-to-metal seals. 
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Drilling rig crews are accustomed to making up rotary shouldered connections which seal 
at the shoulder, are rugged, and are designed to be made up and broken out many times. It 
is common practice to use specialized tubular goods running crews (casing crews) to run 
casing. In remote areas and in many floating drilling operations, the drilling rig crew 
sometimes runs casing strings. When drilling rig crews are used for casing running, they 
should be instructed that casing connections require considerably more care and attention 
for proper makeup and to prevent damage. 


10.3.9 Crossovers and Casing Equipment 


When changing thread type from one section of casing to the next, it is common to use a 
crossover to make the change. The crossover material and threads on the crossover 
require the same attention to detail as the rest of the casing string and connections. 
Cementing wiper plugs used in tapered casing strings should be checked for compatibility 
for each casing size. If a cementing stage tool or other casing string 
equipment/attachment is planned, it should be made up on a short joint of casing before 
starting in the hole with the pipe. This makes it easier to stab and make up, and avoids 
running delays that can result in stuck pipe. 


10.3.10 Pipe Movement 


Pipe movement (that is, rotation, reciprocation, or both) is essential for consistently 
effective primary cementing. Reciprocation is the movement most often used for full 
casing strings and rotation is the movement of choice for liners. Specialized equipment is 
available to enable reciprocation and/or rotation. 


Pipe movement is initiated until the string is completely run. If the pipe is to be moved, it 
must be rigged-up so it can be moved with a minimum of downtime. For reciprocation, 
the lines to the cementing head must be sufficiently flexible to allow the desired 
movement, and the plug dropping mechanism must be accessible when it is necessary to 
drop plugs. A cementing head can be made up on the landing joint before running casing, 
depending on type cementing head and casing size, rig equipment and available space. It 
is not uncommon to require special length bails for use with cementing heads. If the pipe 
is to be rotated, a rotating cementing head will be required. Movement of the pipe should 
begin while mud is being conditioned after casing is at depth and should be continued 
until the pumps are slowed prior to bumping the plug. Occasionally hole conditions may 
not permit casing to be landed without washing down to setting depth. The 
ConocoPhillips Cementing Handbook is a good reference for information on casing 
movement and other cementing topics. 


On land or a fixed platform, casing to be reciprocated should be spaced out so that if it 
sticks, it can still be landed in a position in the wellhead that allows the wellhead slips to 
be set without interference from a coupling or other connection. It is not common 
practice to reciprocate casing from a floating rig where the wellhead is located subsea and 
mandrel casing hangers are used. 
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10.3.11 Safety 


A large portion of the lost-time accidents on drilling rigs occurs while tubular goods are 
being handled. These accidents occur because heavy objects are being moved from a 
horizontal to a vertical position and from one place to another. Footing on pipe racks is 
hazardous and personnel are prone to use their feet or hands to stop pipe that is rolling, 
resulting in broken toes, fingers, or more serious injuries. Pipe handling is especially 
hazardous on floating rigs where the motion of the vessel adds to the difficulty of 
controlling pipe movement. 


Casing running operations involve many people; often, many of the people are not 
regular members of the drilling rig crew, but are employees of third party contractors. 
Safety must be emphasized at all times and a special meeting to discuss specific safety 
aspects and responsibilities of the job should be held before casing running operations 
start. 


10.4 Pipe Running Equipment 


A large part of the success of running casing depends upon the proper selection of pipe 
running equipment. All pipe running equipment should be inspected prior to pipe 
running. 


10.4.1 Pick-UplLay-Down Equipment 


Pick-up/lay-down equipment and crews are available in most locations. Casing crews use 
this equipment to move tubulars to the rig floor ready for stabbing. Special padded 
handling equipment for high strength and CRA tubulars is also available. In many cases 
where daily rig rates are high, these crews and equipment can be justified strictly on a 
time-saving basis, without including the advantage of reduced or eliminated pipe damage. 


10.4.2 Slips 


Slips are used to support the pipe during connection makeup and are one of the most 
important, yet most neglected, pieces of pipe running equipment. They can cause 
significant damage to casing, the consequences of which may not show for several years. 
Slip dies that are dull or have dirt or debris embedded between the teeth cannot properly 
grip the pipe, and can result in a dropped string. 


Slips should provide a large contact area to minimize the load per unit area (that is, the 
contact stress). Slip alignment on both elevators and spiders is extremely important. 
Particular care is necessary when high-strength and CRA tubulars are being run. Non- 
damaging slips are available to reduce/eliminate slip damage and should be used on CRA 
tubulars. Damage to the pipe body results in stress risers that may cause localized 
corrosion and lead to failure. 
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Drill collar slips should never be used on casing, as severe damage including pipe 
collapse may result. Slip retaining cotter pins should always be checked frequently when 
using drill collar slips. 


10.4.3 Spiders and Rotary Table 


Casing spiders are used to support the load of the casing and are available in many types 
and designs. A typical system designed to fit into and be supported by the rotary table is 
shown in Figure 10-3. Insert bowls adapt the master bushing opening to the correct 
diameter for slips that handle pipe sizes up to 13 3/8 inch OD. The split casing bushing 
replaces the master bushing and is set directly into the rotary table. The insert bushings 
differ from insert bowls in that they are tapered both internally and externally and can be 
stacked to accommodate various slip sizes. The equipment shown in Figure 10-3 is 
manually operated. Much of the equipment used for running casing is operated by air 
pressure. An air-operated spider rated for 1,000 tons is shown in Figure 10-4. This spider 
contains six independently operated slips. The principle of operation for a multiple slip 
spider is illustrated in Figure 10-5. Each slip moves independently to support casing 
strings that may not be aligned concentrically through the rotary table. 


| The number of body segments 


and the thickness of the liners 
iz varied to grip 7" thru 30" OD 
casing. 


Casing Slips 


4" Slip Taper Split casing bushing replaces 
the master bushing and is set 
directly in the rotary table. 


Split Casing Bushing 


Figure 10-3 Casing Slips and Split Bushing 
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Top Guide — AEE 


SZ SY 


Non-Concentric Casing Slips Move Independently 
to Support Casing 


Figure 10-5 Principle of Operation of Independent Slips 


Most rotary tables currently available have load capacities substantially less than 
1,000 tons. If higher load capacity is required, the rotary table should be removed and 
replaced with a false rotary table tied into the substructure and capable of supporting 
higher loads. 
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10.4.4 Elevators 


Elevators used to lift the tubular strings are available in many designs from several 
manufacturers. A side-door elevator to handle 3 1⁄2 inch to 20 inch tubulars is shown in 
Figure 10-6. This elevator design is available in 50, 150, and 200 ton ratings. This 
elevator is designed to carry the string load on the couplings of casing. For many 
connection designs and for reasonable strings weights, this type of elevator is 
satisfactory. For other connection designs and for heavy string weights, a slip-type 
elevator is required. 


Figure 10-6 Side-Door Elevator 


A slip-type elevator of 1,000 ton capacity, shown in Figure 10-7, is identical to the spider 
shown in Figure 10-4, except that it is dressed out with a bell guide instead of a top guide. 
Because many traveling block hooks are not rated for 1,000 tons, the hook must be 
replaced with the becket shown in Figure 10-7. A typical 1,000 ton capacity traveling 
block may have a 750 ton capacity hook. The becket upgrades the load capacity to that of 
the 1,000 ton traveling block by removing the 750 ton hook and replacing it with the 
1,000 ton capacity becket, links and elevator. 
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1000 Ton Link 


Bell Guide 


Figure 10-7 1,000-Ton Elevator 


The elevator links (bails) are an important component of the lifting system. Forged links 
are sold only as matched pairs to provide the best balance. Elevator links should conform 
to API Specification 8A. They are highly stressed and subject to catastrophic failure. 
Elevator links should therefore be carefully inspected on a regular basis. 


To avoid damage to tubulars, spiders must be level and in alignment with the wellbore. 
Elevators must provide uniform lift around the perimeter of the tubular, and the traveling 
block must be aligned with the wellbore. To facilitate picking up individual joints of 
casing, a single-lift (pick-up) elevator is attached to the hook with a steel cable. The 
single-lift elevator raises the joint of casing to allow stabbing and makeup. The single-lift 
elevator is then removed and the regular side-door or slip-type elevator is engaged. 


10.4.5 Stabbing Guides 


The profiles of some connections are especially sensitive to damage, particularly on the 
end. To help prevent such damage, it is good practice to use a rubber or aluminum 
stabbing guide to ensure proper alignment. Stabbing guides should be employed in all 
applications where proprietary connections are being run. For low cost proprietary 
connections that do not have metal seals, they may not be required, but if not sure, run 
them anyway. Stabbing guides can also be used for large diameter API connections to 
help prevent cross-threading. 


Stabbing guides are inexpensive tools that provide a great deal of protection to the 
connections. If there is any question as to whether they should be run, run them. Stabbing 
guides are not required on casing that is small enough to handle without difficulty 

(9 5/8 inch OD and smaller) and that is fitted with API connections. Stabbing guides are 
unnecessary on casing jobs where sealability is not a concern. A schematic of a typical 
stabbing guide is shown in Figure 10-8. 
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A simplified procedure for use of a stabbing guide follows: 
= Place the closed stabbing guide over the box end or coupling. 
= Stab the pin through the stabbing guide into the box or coupling. 


= Release the latch, and open and remove the stabbing guide. 


= Make up the connection. 


Figure 10-8 Stabbing Guide 


Stabbing guides should be used when running proprietary connections on critical service 
wells and with all CRA tubulars. 


10.4.6 Makeup Tongs 


Casing connections are made up with hydraulic power tongs. Tong dies are designed to 
spread the load evenly around the pipe to prevent damage. A typical power casing tong is 
shown in Figure 10-9. This tong is designed for tubular sizes ranging from 2 3/8 inch 
through 16 inch OD and has a maximum torque output of 25,000 ft-lbf. Makeup tongs are 
available in many sizes and torque capacities, and are powered by an independent 
hydraulic unit. For making up proprietary connections, do not use tongs with hydraulic 
pressure gauges as the only torque measuring device. The gauges are not as accurate as 
load cells with torque gauges in the snub line. The conversion from the gauge pressure 
reading in 1b/ in’ to torque in ft-lbf varies with the tong size and with the manufacturer; it 
is easy to make a conversion error. 
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Should the power tongs fail during a job, casing can be made up with the manual rig 
tongs used to handle drill pipe, provided the tongs are properly fitted with jaws of the 
correct size. If manual tongs are used, make sure the snub line is 90 degrees to the backup 
tong so that proper torque measurements will be made. Use of such manual tongs is risky 
when making up casing connections, however. The likelihood of improper connection 
makeup or damage to the casing is fairly high. It is advisable to always have the casing 
crew bring out an extra set of power tongs and an extra hydraulic power unit in the event 
of a failure to avoid using the rig tongs. 


Figure 10-9 Power Tong 


10.4.7 Fill-Up Equipment 


Casing and tubing are generally filled with mud or completion fluid while running in the 
hole. A full column of fluid is maintained inside the pipe to prevent collapse, and to 
overcome buoyancy and prevent a string of pipe from floating. Filling the pipe is 
unnecessary when pipe is run open ended, or differential float equipment is run, allowing 
the fluid in the hole to enter and fill the pipe. Occasionally, pipe may be "floated in". The 
pipe does not actually float, but only a partial fluid column is run on the inside of the 
pipe, so buoyancy may be used to reduce the hook load, and compensate for inadequate 
hoisting equipment on a rig. 


Traditionally, fill-up has been accomplished by use of a hose attached to a positive 
displacement pump. The end of the hose is placed in the top of the joint resting in the 
slips. A valve is opened, and the pipe is filled before make-up of the next joint. If 
circulation is desired, a swage with a union half is screwed into the joint in the slips, and 
a chicksan or high pressure hose attached to the union half. These methods are clumsy 
and time consuming, particularly with large diameter pipe. 
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Valuable rig time is lost to fill-up by these methods. Pipe strings have become stuck due 
to excessive time in the slips, or inability to begin circulation immediately when sticky 
hole is encountered. 


An alternative method of fill-up and circulation is available for rigs equipped with a top 
drive. A casing fill-up tool is available from most of the major pipe running service 
vendors. Extra length bails are utilized to run pipe with the top drive in place. The fill-up 
tool is made-up on the bottom of the top drive and operated remotely. The nose of the 
fill-up tool is extended into the top joint of casing. Opposing cups are actuated to make a 
seal in the casing. The pipe is then filled or circulated through the top drive, using the 
mud pumps, while the pipe is being lowered into the hole. No time is lost to fill-up on 
connections. Each joint may be washed in, or circulation may be started at anytime, with 
no static time in the slips. 


In most cases it is necessary to fill the casing with fluid, usually mud, to prevent collapse 
and to make the string heavy enough to run. Unless the casing is being floated in or there 
is some other special operation, it will be completely filled with fluid before the 
cementing head is installed. A convenient method for filling the casing using high- 
volume flow equipment should be arranged. Since 13 3/8 inch casing capacity is about 

6 barrels per joint and 9 5/8 inch casing capacity is about 3 barrels per joint, a 
small-diameter hose flowing a few gallons per minute is not suitable for this purpose, 
especially when the casing is in open hole where it is important to limit the time that the 
pipe is not moving. 


10.4.8 Landing Procedures 


Proper landing procedures are important because of the severe stresses that occur in the 
casing if it is landed incorrectly. The landing procedure must be planned before the well 
is cemented, as the cement height is used in combination with the landing procedure to 
estimate the resulting stresses during production or injection. Prior to actually landing the 
casing, the length of pipe in the hole is adjusted in a procedure called spacing out. 


After casing is run, it is cemented. The landing procedure covers those procedures 
performed on the casing after cement has been pumped in place. Two fundamental 
systems are available: mandrel hanger systems and slip type systems; each system has its 
own procedure. 


The choices available include: 


= Hang as cemented, that is, keep casing in the same position as when it was cemented 


= Hold internal pressure in the string while cement sets, and land with pressure on the 
string 


= After the cement sets, pull additional tension before hanging 
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Casing is generally landed as cemented, since this is the simplest procedure to perform. 
However, different landing procedures may be used due to the effect of operating 
conditions on the stability characteristics of a string. If the casing string will be subjected 
to high temperature or much heavier mud weights, it is usually desirable to pull 
additional tension above the string weight to counteract buckling that could be caused by 
high temperature and high mud weight. The casing program should specify how the 
casing will be landed and hung off, and any additional pull that is required. 
Post-tensioning techniques are applicable only to slip-type hangers, and not to mandrel 
casing hangers. One should tag bottom with the casing before hanging, since this may 
result in plugging, damaging or sticking of the casing. 


In some areas hole conditions may hinder getting casing to bottom. Certain indications 
include excessive fill on bottom after performing a short trip, excessive drag while 
drilling or when making connections or tripping, unexpected cuttings returned to surface 
when circulating bottoms up prior to tripping out with the drillstring to run casing. As a 
data point from which to monitor drag while running casing, take the free moving up and 
down weights of the string before running into open hole. 


If it is known that tight, sticky, ledgy hole or other hole conditions might be encountered, 
some steps that can be taken to assist placing casing to bottom include: 


= Good centralization reduces wall contact and drag and the potential for differential 
sticking. Centralizers can also aid in avoiding keyseat hang-up and sticking for 
smaller size casing. 


= A casing fill-up tool can be used in conjunction with a top drive to wash down casing. 
On rigs without a top drive, a casing swage and flexible piping is used to wash down 
casing. 

= A float shoe designed to facilitate rolling off of ledges or mild reaming may be run. 


= A float collar may be cut with bit threads on the bottom to enable a bit to be run on 
bottom and casing rotated to bottom. Casing connections should have a torque rating 
suitable for rotation. A crossover sub should be machined, with a casing thread pin 
and box connection to make-up to the top drive or power swivel. The crossover 
should be made-up on the top drive or power swivel and the top drive or power 
swivel installed and operational before entering open hole. Every joint may then be 
washed/rotated down, or washing/rotating will be available should trouble occur. The 
drawback of this method is that it prevents use of a fill-up tool in open hole, and more 
static time on the slips will be required for fill-up. This disadvantage may be 
overcome if the crossover sub is used like a saver sub. Unfortunately, few casing 
connections available are suitable to repeated make and break. If rotation is possible, 
limit the rotating torque to the lowest rated torque member in the string. 


= Due to the decreased annular clearance and an increase in annulus pressure which the 
wellbore can be exposed, washing casing to bottom should be done carefully. 
Minimize static time in the slips and circulate a sufficient time at each casing 
connection to reduce cuttings/formation from packing off the annulus. Some casing 
equipment is pressure activated and the circulating pressure should stay well below 
the activation pressures. 
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= Some operations can facilitate running two or three casing joints at a time and have 
been successful when known washing to bottom is expected. This requires utilizing a 
specially prepared (extra) mousehole to make up casing and additional casing slip and 
make-up equipment. 


= While washing, an old rule of thumb is not to slack off more than one-quarter the 
string weight at any one time and for liners no more than the liner weight plus half of 
the running string weight. These are general and common sense limits and exceptions 
exist to this rule. The buckling tendency of casing and liners should be considered in 
determining the maximum slack off weight. 


10.5 CRA Special Procedures 


Corrosion resistant alloy and high strength tubulars require special handling and storage 
and running procedures due to their sensitivity to damage and thread galling. 


A summarized running and handling procedure follows: 


= Avoid metal-to-metal contact. Pipe racks should be non-metallic or coated and 
pick up/lay-down equipment baskets should be coated with rubber or other soft 
material. 


= Use nylon slings — do not use wire rope or hooks. 
= Non-metallic, plastic or Teflon” drifts should be used. 


= Strap wrenches should be used after stabbing to make up the connection to hand-tight 
position. 


= Non-marking power tongs and back up tongs should be used. 


= A single joint compensator is recommended, where available for running and pulling 
CRA tubulars. 


= Torque-Turn monitoring should be used on all CRA connections. 


= Stabbing guides should be used to assist stabbing all premium connections. 


10.5.1 Storage Guidelines 


Special precautions must be taken when storing CRA pipes, due to their susceptibility to 
localized pitting corrosion when stored in moist environments. During storage, corrosion 
can be initiated by the following conditions: 

= Presence of chlorides (marine environment) 

= Hot weather with temperature variations 

= High humidity 


= Contamination by carbon steel particles 
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A general procedure for receiving and storing CRA tubulars follows: 


Unpack Chrome OCTG material upon receipt in order to avoid water condensation on 
the surface. Afterwards, the material should be removed from crating, and placed on 
the prepared pipe racks for a visual inspection. 


If possible, store in ventilated sheds. Storage areas should be away from corrosive 
environments (high temperature, humidity or acidic atmosphere). 


In case of outdoor storage, place desiccant bags or phase inhibitor pads inside each 
joint. Protect from rain and spray with tarpaulins or plastic covering to avoid 
condensation accumulation, if there is insufficient air circulation. 


Do not pile tubulars directly on the ground, on rails, steel racks, or concrete floors. 
The bottom layer should be at least 18 inches off the ground or floor. 


The tubulars should be supported by at least three non-metallic supports per tier (hard 
natural wood, plastic, or plastic-covered strips), no more than ten feet apart, and 
positioned so the tubes do not sag. This action will help prevent water trapping on the 
inside of the pipe. 


Successive pipe layers should be supported in the same manner as the first tier. The 
spacers (dunnage) should be of a thickness sufficient to allow easy access for padded 
forklift arms or nylon lift slings, so no weight rests on the couplings. Spacers should 
be placed at right angles to the pipe and directly above the lower supports. 


If open-end thread protectors are used, the tubes should be inclined with about a 3% 
slope (about 1 foot per 30 feet of pipe length) to avoid any stagnant water inside the 
pipe. 

CRA tubulars should be stored separately from carbon steel pipe to prevent mixing 
pipe grades and to minimize the risk of surface contamination. 


Inspect CRA tubulars periodically, depending on the atmospheric corrosiveness and 
until experience dictates a definitive schedule. At least 5% of the inventory should be 
checked. These inspections should include: 
e Thoroughly clean and visually inspect both the ID and the OD of the pipe, 
checking for discoloring or pitting. 


e Remove the thread protectors and check condition of threaded areas. Make sure 
that no rust spots exist. Replace storage compound (Kendex compound or 
similar) on the connection thread and seal surface. Apply storage compound to 
clean, dry threads to avoid trapping moisture on the thread areas. 


e Ifclose-end thread protectors are used, check that protectors are snugly in place 
and have not deteriorated (split, cracked, and others). Replace any lost or 
deteriorated thread protectors. 


e Check that no corrosion at the support or spacer positions exists. A lot 
inspection may be warranted if rust marks appear on more than 10% of the 
checked pipes. 
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10.6 Field Welding Wellheads 


Although it is preferable to install wellheads to casing using mechanical connections, it is 
occasionally necessary to weld the wellhead to the casing. When a field weld must be 
made, an approved welding procedure must be used and followed. 


10.6.1 Field Welding of Casing and Wellhead Materials 


Field welding of casing and attachments should be approached with caution. API RP 5C1 
states "Practices and equipment that shall eliminate welding are recommended." That is 
stated because there are essentially no chemical limits on the Group 1 casings such as 
J-55 and N-80. These high strength materials can have very poor weldability due to a 
high level of carbon and/or other alloying elements. No matter what welding electrode is 
used, a very hard, brittle heat affected zone in the base metal can result. 


Despite API's warning to the contrary, welding on casing is common, and weld failures 
have occurred. API RP 5C1 gives explicit recommendations for welding, but has no 
requirement for using a procedure qualified by testing. Welding contractors should have 
written welding procedures which closely follow Section 6 of API RP 5C1. Some key 
points include: 


=" Low hydrogen electrodes (from unopened can or rod oven at 250 degrees F 
minimum) 

= 400-600 degrees F preheat checked with a temperature measuring crayon 

= Slow cooling after welding 


= Special weld pass sequencing 


ConocoPhillips does have several "ready made" welding procedures for J-55 and K-55 
carbon steel casing welded to AISI 4130 material. These can be found under the 
appropriate API 5CT grade listing at the following website: 


http://bvlnotes06.ppco.com/ce/weldproc.nsf/Select by Base 
Material?OpenView&Start=25&Count=30&Expand=43 - 43 


The yield strength of Group 1 casing ranges from 40 ksi minimum for H-40, to 80 ksi 
minimum for N-80. API RP 5C1 recommends certain shielded metal arc (stick) welding 
electrodes. Some are obsolete. The ones readily available have yield strengths ranging 
from 57 ksi to 68 ksi in the as-welded condition. Postweld heat treating (PWHT) of the 
final weld can lower the strength further. It is therefore important to consider the 
application, and whether strength matching is needed when selecting electrodes. For most 
applications, PWHT is probably not required provided the API recommendations are 
followed. However, for sour service PWHT is recommended for any weld on casing 
material. Consult Technology and Major Projects — Project Engineering welding 
engineering for assistance. 
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10.6.2 Magnetic Arc Blow in Field Welding 


Welders in the oil patch often encounter a condition known as "arc blow." That is, the arc 
is repelled away from the weld zone as wind would blow a candle flame. This occurs 
when the welding arc is magnetically deflected either by a field induced by the welding 
current itself or from magnetism in the steel. Manual DC welding used in the field is 
usually at too low a current (less than 250A) to be a problem. Magnetized steel, on the 
other hand, can be strong enough to make it impossible to control the arc, even at low 
currents and shorter arc lengths. Material handling magnets are one source of residual 
magnetic fields. Oil field tubulars that rub together, such as drill pipe and casing, can 
become severely magnetized. 


Demagnetizing the steel before welding is possible but usually not a practicable field 
solution. One method requires the material to be heated near or above the Curie point, 
which for iron is 1,418 degrees F. This would essentially be a normalizing treatment 
changing the base material properties. A stress relief treatment (1,100-1,200 degrees F) 
would not eliminate all magnetism, but could reduce it to satisfactory levels. Another 
possibility is to degauss the material with alternating magnetic fields. Again, this 
equipment is usually not available in the field. 


The best alternatives are to either weld with alternating current (AC), or impart a 
counteracting field during DC welding using the welding cables. With the AC technique, 
a different type of welding electrode may be necessary. Cellulosic electrodes, classified 
as Exx10, are common for pipe welding (especially root passes), but are designed for DC 
electrode negative use only. Type E6011 electrodes have similar welding characteristics 
and can be used with AC. Low hydrogen E7018 electrodes (not recommended for root 
welding) are often used for fill passes and can be used with either AC or DC. 


Finally, the simplest technique on magnetized pipe that requires no special equipment is 
to wrap one welding cable around the pipe. As a rule-of-thumb, apply four to five wraps 
near the weld area. If the problem worsens, or does not improve, reverse the wrap 
direction. The magnetic field induced around the cables during welding can be used to 
offset the residual field in the pipe. This technique may require some trial and error with 
the position and number of cable wraps. Moving the ground clamp is an important 
method for reducing the effects of arc blow. Another rule-of-thumb is to weld away from 
the ground, if possible. 
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11.0 Manufacturing 


How casing and tubing are made can have a significant impact on performance 
properties, and its ultimate effect on the safety of the well. The information in this 
chapter is provided to: 


= Help the design engineer understand the manufacturing processes 


" Define casing and tubing of the appropriate quality and product service level (PSL) in 
order to provide a safe well 


= Help inform the engineer on what is needed to prepare correct procurement 
specifications 


The safety of the well and personnel working around it, and the economic success of the 
drilling venture, are directly related to the quality of the tubular products (casing and 
tubing) used in the well. The quality of the tubular product is set in the manufacturing 
process. It is not possible to inspect quality into the pipe after it has been manufactured. 
Then it is only possible, at considerable expense and sometimes with limited success, to 
assess the products' conformance to specification. 


The quality of the manufacturing process is essential since post-manufacturing 
inspections can only confirm or contradict that the required level of quality is met. The 
API/ISO specifications for high usage items, such as J-55, K-55, L-80, N-80, and P-110 
are extremely lenient and allow great latitude to manufacturers in the engineering design 
of the product and in its manufacture. Consequently, in these products, as well as others, 
both quality and grade (product service level) can range from poor to excellent. 


The tubular manufacturing process involves many steps and can differ significantly from 
facility to facility. No one type of manufacturing facility automatically yields a superior 
product. A pipe mill is merely a set of tools. How well those tools are used determines 
the quality of the final product. 


11.1 Steel Making 


Many characteristics of the final pipe product begin as early as the steelmaking process. 
This is particularly true in the uniformity of the product from pipe to pipe within a batch, 
and from batch to batch. This includes variations in mechanical properties, such as: 

= Yield strength 

= Tensile strength 

= Toughness 


= Sulfide stress cracking resistance 
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API/ISO specifications 5CT/11960 for casing and tubing contain only a few broad 
requirements for steelmaking. The actual engineering of the steel alloy for a particular 
product — size, wall thickness, grade, and how the steel is actually made — is left to the 
manufacturer's discretion. Therefore, the end user depends on the steelmaker's integrity 
and awareness of the end user's needs. 


Many factors must be balanced in the design of a steel alloy for a particular product: 


= Meeting the API/ISO requirements 

= Cost of the alloy 

= "Rollability" — how easily the steel bar (billet) can be made into a tube 
=  Heat-treatability of the pipe 

= Machinability 

= Connection galling tendencies 


The steelmakers' efforts to optimize their processes do not necessarily result in the best 
steel pipe for reliable oilfield services. 


11.2 Manufacturing Processes 


The ConocoPhillips pipe user should be familiar with the manufacturing processes used 
by the various mills in order to understand each process's relative merits. Each process 
has strengths and weaknesses, and each has an associated cost. 


A general description of the steelmaking process employed by the pipemaker is usually 
contained in the pipe catalog of the manufacturer. 


11.2.1 Process Controls 


Steel for virtually all pipe is made by either the Basic oxygen furnace (BOF) or electric 
furnace (EF) processes. Technically, there is no reason to specify either the EF or BOF 
process. Uniformity from heat to heat is an important factor in pipe quality since a string 
of pipe in a well could be composed of anywhere from one to several heats (batches) of 
steel. 


Depending on the facility, a heat can contain from 100 to 300 tons when made by the 
BOF process and from 25 to 75 tons for the EF process. That is equivalent to one of the 
following: 


= From 800 feet to 10,000 feet of 9 5/8 inch 53.5 pound casing 
= From 10,000 feet to 120,000 feet of 2 3/8 inch 4.7 pound tubing 
Heat uniformity is obtained by process controls. The best steel manufacturers have melt 


process control in which the variation from heat to heat is not detectably different from 
heat to product analysis. 
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Such control is highly desirable for C-90, T-95, and Q-125 grades used in critical service 
wells, but is not absolutely necessary for standard service. Nevertheless, the more 
consistent the heats obtained by process control, the more consistent the quality of the 
finished pipe. 


The level of unspecified elements in steel from a given mill is partly determined by 
internal and external scrap usage. Often the composition of unspecified elements in steel 
have a significant (good or bad) effect on properties. This feature may make the 
properties of particular steels unique. It also can account for variation of steel 
compositions when the steel is purchased from different external sources. 


Minor elements such as As, Bi, Sb can have a detrimental effect on SSC. These elements 
are not generally specified nor determined in steel. 


11.2.2 Grain Size 


A fine grain size is desired because it provides a tougher steel, that is, resistance to 
fracture (flaw) propagation, and a steel with better heat treatment response 

characteristics. Finer grain sizes can also improve SSC resistance. API/ISO Spec 
5CT/11960, requires that steel be made to a "fine grain practice," although no specific 
grain size is required. However, API/ISO supplementary user specifications require an 
ASTM grain size of five or finer. In actuality, an ASTM grain size of eight or finer can be 
achieved without difficulty by most modern mills. 


The ConocoPhillips pipe user should be aware that some pre-1989 steel, especially in the 
lower non-heat-treated grades of API/ISO H-40 to N-80, and some proprietary "95" 
grades, likely were not made to a fine grain practice. Consequently, these materials may 
(or likely will) exhibit low fracture toughness, especially at the lower ambient 
temperatures. Their use should be avoided. Therefore, compliance to API/ISO 
5CT/11060 should be established for older tubular products, whether new or reused. 


11.2.3 Chemical Requirements 


The chemical requirements of the API/ISO grades are liberal, in order to provide the 
manufacturer as much flexibility as possible to make a product which meets API/ISO 
performance specifications. Nevertheless, with current steelmaking techniques, certain 
compositional hallmarks characterize a good oilfield tubular product. 


The ConocoPhillips pipe user should strictly limit the API/ISO 5CT/11960 and 
proprietary grades of C-90, T-95, and Q-125 to Type 1 chemistry, API/ISO 
Specification 5CT/11960, Table C.5. In addition, for other pipe grades: 

= Carbon content should not exceed 0.37% 

= Manganese content should not exceed 1.5% 

= Sulfur content should be below 0.015% 

= Phosphorous content should be below 0.020% 


All quenched and tempered pipe should contain some molybdenum and/or chromium. 
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11.2.4 Steel Casting 


After the steel is made and refined, it is cast (and solidified) by one of two methods: 


= Most material is continuously cast. 


= Some material is cast into ingots, individual blocks of steel. 


Ingot casting must be used by the mills making large diameter, 16 to 26 inches OD, 
seamless pipe, because of the size limits of available continuous cast billets. 


With respect to continuous casting, the API/ISO specifications are striving to keep up 
with steelmaking technology. In high productivity modern steel mills, it is standard 
practice to sequentially cast several heats (that is, several ladles "pots") of steel, one after 
the other, uninterrupted except for switching ladles. These sequential heats may be of the 
same nominal composition or of a completely different composition. It is not at all 
uncommon to have a Type 1 C-90 heat follow an L-80 heat or vice versa. As a result, an 
inter-mixing zone is created when the remnant liquid metal of the prior heat mixes with 
the liquid metal of the following heat. 


The inter-mix core could affect a number of joints of pipe (from 8 to more than 50), 
depending on the size and number of strands and the casting practices. Some mills use 
mechanical spacers in the individual strands to separate the heats. Other mills merely 
calculate where the theoretical boundary between the heats should be and designate the 
material in each strand accordingly. An intermix zone with a blended chemistry may 
exist, with the practice of determining the theoretical boundary. The heat treat response to 
this results in mechanical properties that would not likely conform to requirements. With 
the low testing frequency of API/ISO, the probability of detecting an out-of-specification 
intermix joint is extremely low. 


The API/ISO Specification does not address the intermix zone problem. For the more 
common grades, H-40, J & K-55, N-80, L-80 Type I, C-95, and P-110, the specification 
allows combining many different heats into a single lot for heat treating purposes. Only 
one sample from such a mixed heat lot needs to be mechanically tested, although a 
chemical analysis must be performed on a tubular product from each heat. As a result, 
pipe from a heat may be API monogrammed and shipped for which no mechanical test 
has been conducted. 


The ConocoPhillips pipe user should request a mill test certificate from the seller. This 
should provide both the heat and product chemical analysis, on which the mechanical test 
results are positively identified with the specific heat. The pipe string designer on all 
critical wells must review the mill test certificate. Pipe for which a mill test certificate 
cannot be obtained should not be run into a well. Chemical and mechanical retesting can 
always be performed to indicate the pipe's pedigree. However, like all 
post-manufacturing testing, it cannot increase the pipe's quality; it can only establish 
whether the pipe is likely to meet the specification's mechanical properties. 
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11.3 Pipe Making (Hot Mill) 


Seamless pipe defined as casing, tubing, liners, and connectors in API/ISO 
Specification 5CT/11960 can be made by any one of several processes. Most small to 
medium diameter pipes, | inch to 16 inches, are made by the seamless process. 


11.3.1 Pilger Process 


The oldest existing method of making seamless pipe is the Pilger process, developed by 
Mannesmann in the 1880s. Currently, two major mills use it for intermediate sizes. The 
process can be thought of as similar to hammer forging a relatively short, thick, all- 
hollow billet on a round bar, to the desired finished pipe dimensions. Seamless Pilger 
pipe has a rough surface finish, making nondestructive examination difficult. 


11.3.2 Plug Mill Process 


The plug mill process, sometimes referred to as the Mannesmann pierce and plug mill 
process, is currently the dominant process for making medium-diameter pipes, 5 to 

16 inches OD. Tubes are made on an individual basis. The process can be described as 
simultaneously: 


= Squeezing and rotating a steel bar 


= Heating to forging temperatures 
= Shearing the center, allowing the metal to "flow" over a point as the bar is advanced 


Subsequent operations by the plug mill and reeler: 


= Increase the ID 
= Reduce the wall thickness 


=" Finish the tube to final dimensions 


Plug mill pipe generally has a relatively good surface finish but sometimes suffers from 
ID scores. Older plug mills can have considerable difficulty in maintaining uniform wall 
thickness, both in wall thickness variation around the circumference (eccentricity), and 
along the axis of the tube, from one end to the other. The eccentricity problem can be 
particularly acute in the heavier wall thicknesses, 0.500 inch and larger. The newer heavy 
duty large-size plug mills, which can go to 13 3/8 inches or 16 inches OD, generally do 
not exhibit a severe eccentricity problem with heavy wall pipe. 
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11.3.3 Mandrel Mills 


Mandrel mills can achieve the highest production rates for seamless pipe. Casing sizes 
can be made in multiple lengths of two or four, while tubing can be made in multiple 
lengths of up to ten. The product is hot sawed into the required range length: 20 feet, 
30 feet, or 40 feet long in a final operation. In a mandrel mill, a press pierced or 
Mannesmann pierced tube shell is: 


= Inserted over a mandrel 


= Run through a series of rollers (stands) which: 
e Squeezes the tube shell 


e Elongates the length 


e Reduces the wall thickness to the desired dimensions 


Mandrel mills come in two varieties: those with free-floating mandrels (long bars) and 
those with restrained mandrels. In a free-floating mandrel mill, the entire pipe remains on 
the mandrel, and the mandrel is stripped out after the rolling operation is complete. In a 
restrained mandrel mill, the mandrel is much shorter in length and its forward travel is 
controlled. The pipe moves off the mandrel shortly after the rollers (stands). 


Free-floating mandrel mills generally produce only one pipe size. The final OD 
dimensions and wall thicknesses are generated by the stretch mill —a series of rollers 
with decreasing diameter cutouts, turning at faster revolutions. These mills make the 
smaller pipe sizes: macaroni pipe 3/4 inch to 2 1/16 inches, tubing 2 3/8 inches to 

4’ inches, and casing up to 9 5/8 inches or 13 3/8 inches OD. These are made generally 
to near the finished size and wall thickness, but often require significant final sizing. 


Due to the lengthening of the tube on the mandrel and in the stretch reducer, severe 
longitudinal imperfections and defects can occur in mandrel mill pipe products. Steel 
quality, namely cleanliness, is essential. Round globules of foreign matter, scabs, or other 
imperfections in the billet can be transformed to long longitudinal crack-like features in 
the final product. A good inspection for longitudinal-oriented imperfections and defects is 
important. 


11.3.4 Other Processes 


In addition to the processes described above, seamless tubular products can also be made 
by several other methods. Most often, these processes are applied to couplings or 
coupling stock, pup joints, and connectors. 


Extrusion 


One of the other manufacturing methods is extrusion of pipe. In this process, a hollow 
billet of steel, heated to forging temperatures, is squeezed through a die. The resulting 
tube generally has a poor surface finish and may also have eccentricity problems. 

However, neither of these problems would adversely affect fully machined couplings. 
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Centrifugal Casting and Subcritical Forging 


In addition to seamless and hot forging, API/ISO Specification 5CT/11960 allows 
coupling stock to be made by either centrifugal casting or by the subcritical forging 
processes. 


In centrifugal casting, liquid metal is poured into a rotating mold, thereby forcing the 
casting impurities to the inside surface. Cost efficiency limits centrifugal casting to the 
large diameter couplings - 13 3/8 to 20 inches OD. 


In subcritical forging, small diameter coupling blanks 2 3/8 and 2 7/8 inches are cold 
formed from a solid steel blank. 


Both the centrifugal casting and subcritical forging process require specific heat 
treatment. Both processes are more expensive than conventional methods of making 
couplings. They are not likely to be encountered in today's market. 


Couplings cannot be machined from bar stock, nor should any x-over or OCTG accessory 
with a box connection be machined from bar stock. Such items should be machined from 
heavy wall seamless mechanical tubing. In sour environments, this prohibition must be 
absolute and should also be extended to pin-by-pin items. Bar stock items do not exhibit 
the same SSC resistance as seamless items. 


Electric Weld 


API/ISO pipe products, other than couplings, can also be made by the electric weld 
process. Pipe made by this process is commonly referred to as ERW pipe. Except for two 
manufacturers, ERW products are generally confined to API/ISO Group 1 products, that 
is, N-80 and below. In the electric weld process, the following steps are taken in this 
order: 


1. The edges of a steel plate are trimmed. 

2. The plate is bent to form a circle. 

3. The edges are heated to a high forging temperature by an electric current. 

4. The edges are pressed together to form a seam. 

5. Excess metal (flash) at the seam is trimmed from inside and outside surfaces. 

6. The seam is heat treated. 
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When a purchase order does not specify either the seamless or the electric weld process, 
API/ISO Spec 5CT/11960 permits furnishing ERW casing and tubing without 
concurrence by or notification to the purchaser, for all Group 1 products, for Group 2 
Grade L-80 Type 1, and for Grade C-95 (which is a casing grade only). ERW pipe may 
also be furnished in Grade Q-125 with prior concurrence by the purchaser with the 
manufacturer's detailed quality control provisions. 


NOTE: In the eighth edition of API/ISO Specification 5CT/11960, dated July 2005, 
when no process is specified on the purchase order, 
P-110 casing may also be furnished as an ERW product without notification 
to the purchaser. 


Inspection 


Products of grades H-40, J-55, and K-55 ERW have generally provided good service. 
They do not need any special nondestructive examination when they are obtained from 
major reputable mills. 


ERW Grades N-80, L-80, and C-95 only require an SR-2 inspection, preferably by the 
ultrasonic method. However, double inspection by ultrasonic methods has proven to be 
insufficient in detecting flaws which can lead to catastrophic burst failures of high 
strength ERW pipe, 110,000 psi minimum yield strength in API/ISO and proprietary 
grades. Basically, the weld line flaws are not detectable by conventional nondestructive 
examination techniques. Thus, a rupture failure or pipe body leak at pressures 
significantly less than the API/ISO minimum internal yield pressure can occur. 


ConocoPhillips pipe users should specify the manufacturing process (seamless and/or 
electric welded) on all purchase orders. High strength and proprietary (110,000+ psi 
minimum yield strengths) electric welded casing should not be used without the specific 
concurrence of management and materials engineering. 


End Finishers 


The energy crisis of the late 1970s and decline of the mid-1980s brought about a new 
type of manufacturer — pipe processors and end finishers. 


= A pipe processor is an organization that operates pipe heat treating facilities. 

= Anend finisher, called a threader in API/ISO nomenclature, threads pipe. 

Both pipe processors and threaders may upset pipe ends. Since Grade J-55 does not have 
to be heat treated full length after upsetting, unless specified on the purchase order, many 


threaders also upset pipe. Thus, the generic term end finisher is applied to both pipe 
processors and threaders. 
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Green Tubes 


To simplify inventory and reduce cost through large volume purchasing, many pipe 
processors order plain-end unheat-treated (that is, green tubes) to a low-cost generic 
chemistry. From this, they are able to make many different API/ISO grades: N-80, L-80, 
P-105 (now P-110), and proprietary grades. Often, the same green tubes are used to make 
both light API/ISO (EUE) and heavy (proprietary connection) upsets. In many cases, the 
chemistry is too lean for heavy upsets. This produces upsets that either are too hard 
(strong) or too soft (weak). They often lack the required microstructure — ferrite, instead 
of tempered martensite. Failures often result either by ductile overload on weak (soft) 
upsets or by cracking (SSC) on hard upsets. 


In the past, a common problem with upset tubing was ringworm corrosion. Ringworm 
corrosion is rapid corrosion in the heat-affected zone of the upset. This problem was 
mainly confined to moderate and rich chemistry material as required for normalized 
N-80. This led to the API/ISO requirement that all upset pipe in grades N-80 or higher 
must be full body heat treated after upsetting. 


The development of modern lean microalloyed steel chemistries for J-55 ERW pipe has 
brought about a different form of "ringworm" corrosion. Though sometimes a ring of 
corrosion inside the tubing near the base of the upset may be present, severe corrosion 
also occurs in the upset area and pipe body. Often the ERW weld zone may not be 
affected. This form of general corrosion occurs because of the innate corrosion sensitivity 
of these modern, fine-grained, microalloyed steels. In all other aspects, these products 
exhibit superior characteristics, but in general corrosion resistance, they are poor. 


A tensile test should be conducted on both the pipe body and the upset of upset pipe for 
critical service wells (grades L-80, C-90, and P-110 that are not finish heat treated by the 
mill). At a minimum, a hardness test should be conducted on the pipe body and the 
upsets. In potentially corrosive service, oil wells with more than 50% water cut, and gas 
wells with more than 7 psi partial pressure CO}, J-55 tubing should be seamless and full 
body heat treated after upsetting. 


11.4 Heat Treating 


If the finished pipe will conform to specification (mechanical properties, size, and 
others), it is referred to as product attribute compliance. It is essentially determined by the 
heat treatment of the product. Accordingly, heat treatment has been designated as a 
Special Process in API/ISO Specification SCT/11960 and is regulated by specific quality 
requirements described in API/ISO Specification Q-1. 


Four common heat treatment methods are employed for API/ISO and proprietary grade 
tubulars. 


Normalizing is generally only performed on J-55 tubing after upsetting (when specified 
by the purchaser), and occasionally on N-80 casing and tubing. Grade N-80 casing is also 
occasionally normalized and tempered. 


WE-MN-DRL-002 This document is owned by ConocoPhillips Company and is for internal use only. 11-9 
Version: 02-Apr 2011 


ConocoPhillips 


Non-upset pipe in Grades J, K, and N is considered normalized, if the exit temperatures 
from a hot stretch mill are above the critical temperature and the pipe is air cooled. In 
essence, a mandrel mill can produce an as-rolled heat treated (normalized) product. This 
is normally acceptable for Grades J-55 and K-55, but would produce very brittle N-80. 


Quenching and tempering must be performed on all Group 2, 3, and 4 pipe, API/ISO 
Grade L-80 to Q-125. Virtually all medium and high strength proprietary grades are 
quenched and tempered. 


Some manufacturers with mandrel mills have developed special steel chemistries and 
rolling practices to produce N-80 by the interrupted quench and controlled cooling 
method. Such pipe has acceptable toughness down to a temperature of approximately 
32 degrees F. 


The quench and temper heat treatment process generally produces the toughest pipe. 

Only API/ISO Grade C-90 and T-95 require an as-quenched hardness which correlates to 
the degree of martensite transformation, and thus indirectly to toughness in the tempered 
condition. As a result, it is possible that the other commonly quenched and tempered 
grades, N-80, L-80, P-110, and Q-125, may not exhibit the proper microstructure. This is 
particularly true with heavy wall (.400+ inches) and heavy upset pipe. In Q-125, there is a 
minimum impact strength (toughness) requirement. As a result, API/ISO Q-125 generally 
has been well quenched, that is, a high (90%+) transformation to martensite. 


NOTE: The ConocoPhillips pipe user should specify the method of heat treatment for 
Group 1 products. API/ISO 5CT/11960 requires a 90%+ martensitic 
structure, as demonstrated by an as-quenched hardness test. This 
requirement should be extended to all quenched and tempered pipe used in 
critical service. Non-quenched and tempered N-80 pipe can be used safely, 
provided it meets the impact strength provisions of API/ISO 
Specification 5CT/11960 at the anticipated ambient service temperatures. 


11.5 End Finishing (Cold Mill) 


The quality of the pipe body is fixed after the steel is made and cast, and after the pipe is 
rolled and heat treated. Further processing in the mill can only sort out imperfections and 
defects and ensure compliance with mechanical properties. It cannot increase the quality 
of the product. The only exception in the finishing department (cold mill) is threading 
and its associated operations. The machining of the connection, coating (plating) on the 
coupling, doping, and buck-on must be process-controlled to yield a finished connection 
within design specifications. The quality of a connection (as assessed by its load carrying 
capacity, that is, tension, compression, internal and external pressure capacity, bending, 
and lateral load carrying capacity) is dependent on the quality of the tube. The quality of 
the connection is affected by roundness, concentricity, and uniformity of mechanical 
properties through the wall. 


Modern thread cutting equipment can machine API/ISO 8 — Round (8R) and BTC threads 
to tolerances less than one-half of those required by API/ISO Specification 5B, Sept. 
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2004. High-speed machining tools using carbide cutters produce a mirror-like finish on 
the threads but with significant micro burrs. This, combined with clean, fine-grained steel 
and the tendency for coupling manufacturers to use thin zinc or manganese phosphate 
coatings, has led to an increased tendency toward connection galling and leakage. Axial 
separations at a connection have occurred in 8R connections due to burrs in the threads 
which precipitated catastrophic galling. 


Connection Galling and Leakage 


In critical service applications, where connection leak resistance is critical, API/ISO BTC 
couplings must be tin or heavy zinc plated. Zinc or tin plating also increases the leak 
resistance of API/ISO 8R connections. Sandblasted pins and phosphated couplings are an 
acceptable alternative for API/ISO 8R connections. 


Connection galling tendencies are greatly increased by burrs and sharp corners. 
Consequently, the threads must be completely burr-free if the string is expected to be 
tripped or made up and broken out several times. Sandblasting the threads to 

NACE No. 1 white metal with a fine blasting medium significantly increases galling 
resistance. 


NOTE: Hydrostatic test procedure, API/ISO Specification 5CT/11960, was extensively 
revised in the third edition, December 1990. The mill end connection no 
longer needs to be tested to comply with API/ISO Specification 5CT/11960. 


In critical service wells where pressure integrity is paramount, a pressure test of the 
power-tight made-up connection should be performed prior to or during string 
installation. In less critical service applications, the purchase order should specify that the 
hydrostatic pressure test must include the mill made-up connections or a full joint 
hydrostatic pressure test from field pin to field box connection. 


NOTE: With the fourth edition of API Specification 5CT, the common alternate 
(special) drift diameters became the standard drift diameters. 


Purchase orders should specify the drift diameter requirements. 
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11.5.1 Connection Manufacturing Procedures 


Connection manufacture, as a repetitive process, is amenable to inspection routines and 
schedules. The specific processes controlled are: 


a Materials 
a Machines 
= Operators 


a Products 


Machines include tooling and gauging, as well as other operations, such as phosphate 
coating, drifting, hydrostatic pressure testing, thread protection, measurement, weighing 
and marking. 


Manufacturing process control ensures that products meet their specifications — that 
connectors meet their limiting material and dimensional requirements. When 
manufacturing personnel receive the specifications for a product, a listing of performance 
features should be included, with ratings for levels of importance to performance. 


These performance characteristics are used to develop sampling levels for product 
inspection. Some connector features are 100% sampled, while others are only sampled 
during tooling set-up and during changes in production. Their sampling frequency is 
affected by the importance of each characteristic to performance and whether operator or 
machine controlled. Machines should be measured for capability and monitored for 
deviation during use. Personnel should be qualified for capability and measured 
periodically for performance. 


Where a quality audit evaluates processes against procedures, a product audit evaluates 
connection performance against connection ratings. Where the product quality system 
needs to be conducted routinely, as machines and personnel change, the product audit 
should only be conducted occasionally, for each product line. 


11.5.2 Material Control 


Material control means that the material of a final product can be traced to its source. 
Likewise, material control for connectors means traceability to the original source (mill, 
processor or threader). Control begins with the delivery of raw materials, where an 
identification number is assigned, making its history during manufacture traceable to its 
source. Traceability for pipe usually consists of identification numbers paint stenciled on 
the pipe OD. If the pipe is stored in the weather near the coast for more than six months, 
these stencils can be lost. Running pipe into the hole can quickly wear paint stencils 
away. Documents should be audited before identification is lost. 
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Connections are designed to be threaded on pipe ODs. When steel tubes are made to 
API/ISO OD sizes and tolerances, to API/ISO wall thicknesses and tolerances, to 
API/ISO ranges and tolerances and are warranted to pass an API drift, then they become 
a product known as "API pipe". If they include API/ISO connectors, they become a 
product known as "API threaded pipe". Tubes that are purchased for downhole service 
should include the appropriate API/ISO Specification in the purchase order. 


The pipe section in the region underneath couplings is particularly critical to axial 
tension. Therefore, circumferential grinding in the ID below the threads is not desirable. 
Any circumferential defect found in any thread is undesirable. In addition, casing is 
occasionally made to the small side of OD tolerance (less than nominal). In order to 
achieve pin thread clean-up, some threaders expand the pipe ends with internal pressure. 
This process creates a Bauschinger effect, which lowers the yield point of the pipe to 
collapsing pressure. This, in turn, lowers the collapse pressure rating of the pipe, but only 
at the ends. Since the connection stiffens the pipe ends to collapsing pressure, some 
would argue that the Bauschinger effect is offset by the connection constraint, and to a 
large measure it is. It is not offset by axial tension. If the pipe section is near its yield 
strength from assembly of normal connector pairs, then the assembly of abnormal 
(plastically expanded) connector pairs can lower the pull-out rating of connections as 
though they were exposed to high collapsing pressure. This complex situation can be 
alleviated by thermally aging (stress relief) cold formed pipe ends. Drilling or production 
engineers should normally prohibit pipe end-expansion for threading (or nosing for 
boring) unless it is followed by a controlled stress relief treatment. 


CRAs are sometimes purchased for downhole service to different tolerances than 
API/ISO. It is more practical to hold to tighter tolerances on expensive material than run- 
of-the-mill varieties, a matter of volume production. 


Remember that the connectors may be sized for API/ISO casing, where the OD is always 
greater than nominal to accommodate threading, principally API/ISO BTC. Conversely, 
mechanical tubes are usually made to the lower side of nominal, particularly when the 
material is relatively expensive. If a run-out buttress thread is planned, the tighter OD 
tolerance is not the problem. However, the nominal OD should be specified at an "aim" 
value that will accommodate the connector specified. 


11.5.3 Pipe Upsets 


Pipe upsets are hot — that is, 2,200 degrees F (1,204 degrees C) — forged pipe ends. 
They provide a greater material envelope within which to develop performance 
properties. Upsets allow drill pipe connections to develop the full fatigue capability of the 
material. They allow tubing connections that are stronger than the pipe body (stretching 
tubing by pulling will not loosen or ruin the connections). However, there are some 
important limitations to recognize. API/ISO EU upsets on normalized pipe are less 
expensive if they are not full (pipe) length heat treated following upsetting. Their strength 
is not adversely affected, but is for corrosion resistance. 
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Most API/ISO specifications require full length heat treatment following upsetting to 
resist a preferential weight-loss corrosion at the upset heated zone known as "ringworm 
corrosion". However, the drilling or production engineer must specify "full length heat 
treatment" for upset casing or J grade tubing made to API/ISO Specification 5CT/11960. 


So called "premium" tubing connections are threaded on long external-internal upsets 
(LEIUV) that are longer than API/ISO EU. These upsets are difficult to quench through in 
sour grades of material, and should only be purchased from pipe mills that have the 
metallurgical support to provide adequate process control. Connectors typically threaded 
on these upsets are various two-step designs. Long EIU upsets are used for integral 
connections for the elimination of couplings and their dual sealing passages. 


11.5.4 Cold Formed Pipe 


Cold formed connectors require thermal stress relief treatment. This topic was discussed 
previously regarding pipe expansion to accommodate API/ISO pipe threading. Pipe will 
be plastically deformed to achieve a new size when it is cold formed — that is, below 
1,333 degrees F (721 degrees C). Cold forming of high strength pipe (OCTG) in one 
direction significantly lowers the yield point of that pipe in the opposite direction, for one 
application of load. Thereafter, the yield point is "restored" to its original strength. This 
phenomena is referred to as the Bauschinger effect. The Bauschinger effect can be 
alleviated (yield point restored) by the application of an equal load in the opposite 
direction or by the application of heat that causes a carbide "aging" to occur. 


Since Flush type connections are cold formed to achieve pipe body pressure ratings and 
sealability, they should also be stress relieved (thermally aged) to restore their original 
resistance to opposing movement. If a Flush type pin is formed by collapsing, then the 
stress relief will restore any weakened resistance to internal pressure. Likewise, stress 
relief will restore any weakened resistance to external pressure, for expanded flush type 
boxes. 


Some users express concern about cold forming, reducing the resistance of sour service 
grades to sulfide stress cracking. Thermal stress relief has been shown to restore the 
resistance of restricted yield strength API/ISO Specification SCT/11960 L-80 and C-90 
grades to their original SSC resistance, as measured by NACE tensile bar and double 
cantilever beam tests. Drilling or production engineers should solicit the advice of 
metallurgists from their materials management section. 


11.5.5 Manufacturing Control 


Production control is the process by which each product, through its identification 
number (records jacket) can be traced to its manufacture, its dimensional verification and 
operator qualification. Manufacture involves machine qualification, tooling qualification, 
first article qualification to specifications, and process controls such as gauging methods 
and frequency. 
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Machine control and operator control involve the initial qualification of each to ensure 
that they can produce adequate dimensional control throughout the process. Machines 
and personnel are also evaluated periodically to measure any change of their capabilities 
and to solicit information for improvements to the process. 


ConocoPhillips audits vendors in order to develop an approved list. This initial screening 
ensures quality procedures are in place, but cannot guarantee production quality. 
Nevertheless, when new vendors must be used, third party inspectors are often hired to 
survey vendors, to witness production and occasionally to audit product performance. 


When third party inspectors are asked to survey the manufacturing process, their 
surveillance is not part of a manufacturer's quality control. This is the most economical 
support, for it does not stop production, but reports non-conforming products. This 
inspection method is commonly used when the manufacturing process is relatively rigid 
to change and the connections are not for critical service (API/ISO 8 Round for example). 


For connections intended for critical service, third party surveillance will become part of 
the procurement process. In other words, the surveillance specification should be a part of 
the purchase order. In this case, the third party will be able to hold-up production when 
the process is found to be out of control. This is more costly, but not more than a failure 
in a critical well. 


Pipe is often inspected non-destructively at the pipe threader's yard following threading, 
to save the cost of transportation to an intermediate yard. The first operation entails 
removal of thread protectors. The replacement of this packaging should be controlled by 
product specification to detect damage that may have resulted from handling or 
inspection and to insure the integrity of the protective grease and protectors. The threader 
or a third party can provide such surveillance. 


11.5.6 Machine Processes 


Pipe has traditionally been threaded on lathes, where the threading tools were moved into 
and along a turning tube. This method eliminates centerline errors, because any cut made 
on a turning tube is concentric to the centerline of the holding chucks (pipe OD). It also 
eliminates out-of-round threading because any cut made on a turning tube is round. This 
process was improved by thread milling, where the turning tube was threaded with a 
rotating cutter, or milling cutter. This introduced the advantage of thread profile control. 
This was achieved by verification of the mill cutter profile with an optical comparator 
and re-sharpening the cutter in a manner that does not affect the thread profile. These 
methods provided such control to thread manufacture that most rotary connectors were 
once made this way, as well as "premium" two-step connectors by Hydril Company. 
These methods eliminated much of the operator error associated with threads, but not 
with seals or shoulders. 
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11.5.7 Production by Tool Turning 


The above methods are too slow to produce standard pipe in steel mill quantities. 
Therefore, a new method was developed whereby the pipe was held stationary and the 
threading tools were turned. This meant that threads could now be made eccentric as well 
as out-of-round, so that precautions were required to ensure against these problems. Most 
standard pipe is threaded successfully today on heavy frame, tool turning equipment. Pipe 
is usually loaded and held with automatic equipment that is an integral component of the 
threading operation, to achieve production volume as well as round threads on centerline. 


11.5.8 Computer Numerical Controls 


Connectors with special features other than API/ISO 8 Round and BTC, require 
particular control that the pipe turning method provides. However, with computer 
numerical controls (CNC), these machines can be adapted to index machine cuts and 
repeat dimensions from part to part without human error. Furthermore, they can do these 
tasks much faster than fixed tooling cutters in casing sizes. Therefore during the 1970s, 
any CNC equipped shop acquired the ability to manufacture special purpose connectors. 


An important concern is that the metal is free to move in ways not controlled by the 
computer. Therefore, while connectors made with CNC machines are not error-free, CNC 
controls can eliminate the errors once caused by manual operation and feature generation. 
Importantly, some manufacturers consider a CNC lathe and programmer the only 
requirements to thread pipe connectors. Ignored are the complex dimensional and fit 
requirements required by special purpose connectors (product specifications and 
drawings) and the necessity of a gauging system to verify interchangeability. Drilling or 
production engineers should use materials management personnel to evaluate threading 
vendors in these areas. 


11.5.9 Couplings 


Couplings are the backbone of volume threading. Large volume API/ISO manufacturers 
only have to thread external (pin) connectors. They usually produce their own coupling 
stock (mechanical tubes) and have others manufacture the couplings. Coupling ODs are 
not normally machined. Most couplings are metal stenciled on their OD. This is 
prohibited for sour service. The coupling is the critical member to resist internal pressure, 
therefore longitudinal defects outside of API/ISO limits are undesirable. 


Raw material for couplings is readily available for standard API/ISO OD and length. 
However, many special purpose couplings require a larger OD, a smaller ID and are often 
longer. The manufacturer will use the final coupling length to calculate raw material 
requirements, if the order is particularly large and material fairly commonplace. Often, 
unusual materials and small volume runs may require a manufacturer to cut the couplings 
three threads long instead of two (as finished). 
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These decisions should be made between the user and the manufacturer, to determine the 
lower cost based on an expected reject rate (perhaps 10%). Order the amount of coupling 
stock based on any outcome. 


NOTE: Do not cut couplings into finished lengths except on agreement with the chosen 
manufacturer. 


11.5.10 Plastic Gaskets 


Elastomeric materials have revolutionized the seals industry and the tubular connection 
industry as well. Rubber "O" rings must be specially compounded to perform at 
temperature extremes and in petroleum service. Polytetrafluoroethylene, or Teflon”, is 
chemically inert. However, Teflon” gaskets must be compounded to resist flowing at 
elevated temperatures. Teflon” gaskets have been used extensively in wellheads and 
tubular connections since World War II. They have generally taken the form of separate 
rings that can be replaced if damaged. For years they were considered secondary seals, 
because they could fall out or be left out of connections. In addition, they are difficult to 
make and use, so they were often made or used improperly. API/ISO tried to improve this 
situation, with the adoption of SR-13 seals in 1984. SR-13 seal grooves should be of 
uniform depth, and partial width (feather) threads should be carefully deburred. 


The basic limitation of API/ISO 8 Round threads is gas or condensate sealability at 
temperature and over time. SR-13 seals were conceived to alleviate this problem. Some 
users are hesitant to recommend them because of their probability of failure due to their 
susceptibility to improper assembly and to damage during assembly. Therefore, several 
new designs have appeared that use thicker Teflon seals, located outside of the thread 
profile. In this manner, the seals are still loose components, but they are not as 
susceptible to human error during running. In products where dimensional control is 
critical to performance, Teflon” gaskets should be machined to size, rather than molded. 


11.5.11 Finishing and Coating 


OCTG connectors require protection from three kinds of damage: blows from handling, 
corrosion from the environment, and galling during make-up or break-out. The primary 
purpose of thread protectors is to resist handling damage. Similarly, thread compound 
(grease base) is used primarily to resist corrosion and to a lesser extent to resist galling. 
The primary source of galling resistance is coatings and thread compound fillers. 


Most thread manufacturers coat couplings with zinc phosphate which provides a good 
paint base for color coding and resists thread galling. Some standard couplings are plated 
with zinc. These processes do not provide long term storage protection in the weather. 
Special measures must be exercised to protect this investment, if pipe or connections are 
not going to be used soon after delivery. 
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11.5.12 Pressure Proof Testing 


Pressure proof testing is a complex subject. All API/ISO pipe is proof tested. It is not a 
requirement for process control, but is a product acceptance test to verify several things. 
It verifies adequate strength, in that plastic deformation due to inadequate strength will 
ruin the straightness of the tube. It also verifies the size and nature of defects because 
longitudinal wall thickness imperfections can rupture. 


The API/ISO proof test does not verify the 80% stress level (91.4% of minimum wall) for 
N-80 pipe, or stronger, with a pressure rating greater than 12,500 psig (nor lower strength 
casing greater than 3,750 psig). This is because production test equipment is only rated to 
10,000 psig and API/ISO Spec 5CT/11960 casing (except N-80) is only tested to 

3,000 psig. These values are satisfactory for most standard API/ISO pipe (size, wall, 
grade) requirements. Special high strength pipe is also tested to these limits, but can be 
retested at higher pressure to match the 80% stress level with non-mill production 
equipment by the buyer. 


When they are assembled power-tight, API/ISO connections (less than 16 inches OD) are 
required to be tested with the pipe. This is a five second structural test. Hydrostatic 
pressure is also used to evaluate the capability of connectors to seal water. Except for 
mill-end connectors during the proof-test, assembled connections are only tested on the 
rig floor, where they are assembled. However, some mill testers seal on the coupling OD 
over the pipe thread, so this method does not test the mill-end. 


When the manufacturer makes a test plug and cap so that hand-tight assembly seals 
water, such testing can be used to cull connectors made out-of-tolerance or out-of-round 
or damaged. Hydrostatic pressure testing is often used to cull purchased couplings (or pin 
threads) on the mill end, when the pipe threader assembles the two. Sometimes 
hydrostatic pressure testing is used by the operator to evaluate pipe that was potentially 
damaged in transit, but does not exhibit visual damage. 


Hydrostatic pressure testing cannot be used to evaluate the gas sealing performance 
capability of connections. That can only be evaluated by the following: 


= Assembling connectors power-tight (rather than test plugs hand-tight) 

= Testing with gas 

= Testing over the performance rated range of pressure, axial tension and temperature. 
This is sometimes performed during product development tests or product qualification 
tests, where a specific product size, weight and grade is tested from a production run to 

service requirements to demonstrate product performance to standards. 


API RP 5C5/ISO 13679 is a test procedure that is sometimes used to test a specific 
connection for specific service conditions. 
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The actual burst pressure in pipe is roughly twice its rated working pressure (pressure to 
yield ID). Although a large defect will cause pipe failure during the hydrostatic test, a 
small but significant defect will not. Because this is a concern for critical service wells, 
much pipe is non-destructively evaluated in addition to the hydrostatic pressure test. In 
addition, most pipe is placed into service at less than its test pressure (greater than 1.1 
design margin on minimum yield strength), decreasing the risk even more. 


11.5.13 Thread Compounds 


API/ISO connections should be run with API Modified thread compound. It is formulated 
with approximately 24% fillers by volume in a petroleum grease, that make it an extreme 
pressure lubricant. This means that it reduces connection galling at the extremes of 
contact pressure. In addition, some of the fillers plug the crest/root clearances of 8 Round 
threads, or the flank and corner clearances of buttress threads, to fluid leakage. To 
effectively plug the roots of 8 Round couplings, the coupling should be doped. The same 
is true for pins, but not as critical for internal pressure. Use only those brands that are 
plainly marked as conforming to API Bulletin 5A2. 


API/ISO is currently developing a replacement bulletin for API Bulletin 5A2, which lists 
performance based requirements instead of composition based. Many new brands are 
available that do not contain lead or other heavy metals. The typical replacement 
component is Teflon” or molybdenum disulfide. As environmental concerns increase, the 
use of new thread compounds will also increase. 


Chemically setting plastics have been used both to lock threads and to seal threads. 
Epoxy compounds that contain tiny "grains" of catalyst are used to lock threads 

(see Section 11.5.14). Anaerobic sealants cure in the absence of air rather than with a 
liquid catalyst. They have traditionally been used with small automotive fittings. These 
new compounds have received limited use but are rated to seal at 300 degrees F 

(149 degrees C). They could solve a long standing 8 Round connection limitation of 
sealability under tension above 200 degrees F (93 degrees C). 


11.5.14 Pipe Accessories 


The procurement of accessories should be planned ahead. These connectors are no less 
important than those of pipe connectors. Many well failures have been attributed to last 
minute substitutions of accessory connectors. Accessory connectors should be planned 
for at the same time as pipe connectors. They should not be considered last (ordered the 
week before they are run) just because their value is a fraction of the total well value. 
Their risk value is as great as the connectors they join in the well. Always maintain the 
integrity of the string by using the same connection (or equivalent) throughout. 
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Casing accessories number fewer than tubing. Float equipment should be thread-locked 
with epoxy made for the purpose. Most thread-locking compounds are epoxy that is 
premixed with tiny catalyst "grains" that are crushed during assembly. Increased 
temperature generally decreases the set-up time period. Thus, heat from assembly of 
interference threads can cure thread locking compounds before the pin and box are fully 
assembled. This reduces the pull-out resistance of the connection. Mill ends must be 
backed-off and all threads must be clean before applying epoxy. The assembly should be 
made without wasting time before the epoxy sets up, but turned slowly so as not to 
generate heat. Some manufacturers replace epoxy thread locking compounds with 
anaerobic sealants, to prevent lowering the connection pull-out resistance. 


The many types of tubing accessories are extensive. If a connector is unavailable for a 
particular accessory, a thread substitution may be necessary. 


NOTE: Always select a similar or better connection rather than stepping down a level. 
Many strings of proprietary connections have been landed with wellhead 
hangers threaded to API/ISO EU or BIC, potentially negating the effort 
expended to improve sealability of the entire string. 


11.5.15 Summary 


Process control insures that connectors meet their specifications. Specific processes 
controlled are materials, machines, operators and products. 


11.5.16 Inspection 


All major mills have extensive nondestructive examination methods available for tubular 
products. In general, electromagnetic methods are used on as-rolled products, and 
ultrasonic methods are used on quenched and tempered products. The mill nondestructive 
examination is sufficient for most normal service applications, especially those using 
Group 1 products, Grades H-40 to N-80. 


For critical service application, tubular products must undergo post-manufacturing 
inspections as detailed in Chapter 9 of this manual. 


The last operations performed in the cold mill are weighing and tallying, stenciling 
(identification), packaging, and shipment. Although the API/ISO specifications clearly 
define the general markings required to identify the product, the markings used by the 
mill to identify the product to a specific heat or manufacturing lot vary from mill to mill. 
Specific details can be found in the pipe manufacturer's product catalog. General service 
pipe, Groups | and 3, is usually shipped loose. The dunnage used by the mills for their 
specialty Groups 2 and 4 pipe is generally adequate, but should be reviewed with the mill 
before placement of the order. 
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11.6 CRA Manufacturing Practices 


Corrosion resistant alloys are melted in small heats in electric furnaces. Next, they 
undergo a series of refining techniques such as vacuum arc degassing (VAD), vacuum 
oxygen decarbonizing (VOD), electro slag remelting (ESR), and others. Although the 
actual process can vary widely from manufacturer to manufacturer, the objective is the 
same — to obtain an ultra clean material with the correct chemical composition. The 
material is then cast, rolled into a billet, press pierced, heated, and extruded into a tube 
shell. Some manufacturers have replaced this entire process with powder metallurgy 
techniques. In powder metallurgy, a hollow can is filled with metal powder of the 
appropriate composition, evacuated, and sealed. Next, it is heated to forging temperature 
for the extrusion press. In the extrusion process, the powder metal is compacted 
(solidified). 


After the extrusion process, the tube shells are heat treated (solution annealed), cleaned 
(pickled), and prepared for the final cold finishing process. Two methods are generally 
employed to harden, or cold work, CRA tubulars: 


= Cold drawing process. The tube shell is pulled through a sizing die to achieve the 
required percent reduction in a cross-sectional area. This yields the required strain 
hardened level and thus the required yield and tensile strength. 


= Cold pilger process. The required percent of cold reduction is achieved by 
discontinuously rolling the tube shell onto a tapered mandrel. 


These cold working processes do not yield a superior product, since the manufacturing 
steps ahead of final cold working also significantly affect the final quality of the product. 
Type II, UI, or IV CRA tubulars are not yet covered by API specifications. ISO 13680, 
published in 2000, addresses CRA materials. 


The manufacturing procedures and specifications for Type II, II, and IV CRA tubulars 
should be approved by headquarters engineering/metallurgy before placement of an 
order. 


11.7 Quality Issues 


API/ISO Specification SCT/11960 is sufficiently complete to yield an acceptable tubular 
product for general oilfield service. The ConocoPhillips user should implement specific 
precautions also listed in this chapter and in Appendix D for CRA materials. Another 
way to assure that appropriate pipe is obtained for the well is to follow the API/ISO 
suggestions for ordering API/ISO Casing and Tubing Section 5 of API/ISO Specification 
5CT/11960. This specification serves as a reminder of important factors for a complete 
purchase order document. 


NOTE: The API/ISO specifications for casing and tubing may need to be supplemented 
for strings in critical service wells and other special applications. 
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11.7.1 Quality Audits 


As noted earlier, a product's quality is built in during manufacturing, not added as a result 
of inspection. Quality products can only come from quality mills. The quality of a mill 
can be assessed by experience with the product from that mill. However, purchases often 
need to be made from manufacturers — mills, processors, end finishers, and coupling 
shops — with whom there is little or no experience. An audit of the manufacturer is 
therefore required beforehand in order to assess the manufacturer's capabilities. After 
evaluation of a manufacturer in this manner, the actual manufacturing process must still 
be observed, that is, through mill surveillance, to determine that the product is made to 
the agreed-upon specification. 


NOTE: Mill audits are necessary to qualify new vendors, as well as existing vendors, 
before manufacturing critical service tubulars. A company representative 
should monitor the manufacture of critical service tubulars. 


The manufacturer signifies compliance with specification through a test certificate 

(mill test papers). At present, there is no API/ISO standardized form for representing the 
various test and inspection data. When API/ISO Specification SCT/11960 SR15 

(test certificates) is not specified (most of the time), the actual data reported by the 
manufacturers varies widely. In theory, every test, inspection result and processing 
requirement should be reported in numerical values. Manufacturer's actual data reporting 
practices vary from poor to merely adequate. 


NOTE: The purchase order for all pipe purchased by ConocoPhillips should include the 
requirement for an SR15 Test Certificate. A copy of that test certificate 
should become part of the well record of the well where the tubular product is 
used. 
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12.0 OCTG Procurement 


The Oilfield Casing and Tubing Goods (OCTG) Procurement process includes: 


= Supplier selection 

= Order placement 

= Order tracking 

= Delivery 

= Pipe running and remnant management 


= Invoicing 


12.1 Supplier Selection 


The objective of the supplier selection process is to identify the best source of tubulars to 


meet ConocoPhillips' need. Typical sources of OCTG include stocking distributors, 


trading companies, and mills. Many facets of this selection process include: 


= Technical requirements 
= Service considerations 
= Requests for proposal 

= Proposal evaluation 

= Negotiation 


The "total value" associated with the complete service required by ConocoPhillips 
ultimately governs the final supplier selection. 


12.1.1 Technical Considerations 


Technical considerations in this section include: 


= Technical specifications 
= Approved manufacturers 
= Approved threads 


= Inspections and testing 
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Technical Specifications 


Technical specifications on OCTG that must be specified in the casing design include: 


OD in inches or millimeters 

Weight in pounds per foot or kilograms per meter 

Grade in API or mill proprietary grade specification 

Connection in API or proprietary (premium) specification 

Process designation as welded (full body normalized or seam annealed) or seamless 
pipe 

Thread protectors and thread compound designation 

Range designation determining joint length 

Length of each item to be purchased 


Any need for pup joints or accessory items 


Approved Manufacturers 


Information about approved manufacturers follows: 


ConocoPhillips has information and records of mills audited for OCTG use. 
Technology and Major Projects — Project Engineering maintains this information. 


Use of mills not previously audited or whose audit records may not conform to 
current practices should be discussed with Technology and Major Projects — Project 
Engineering well in advance of their prospective use. 


Approved Threads 


Information about approved threads follows: 


API threads (LTC, STC, and BTC) are standardized in the industry and governed by 
API. 


Proprietary or premium threads are available with properties that differ in 
performance versus API threads. 

ConocoPhillips has information pertaining to records of premium threads tested for 
ConocoPhillips' use. D&P Wells Technology DEO Group maintains this information. 


Use of premium threads not previously tested or whose test records may not conform 
to current practices should be discussed with D&P Wells Technology DEO Group 
well in advance of their prospective use. 
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Inspections and Testing 
Specific decisions will need to be made regarding the following: 


= Type of inspection and testing to be conducted on the pipe 
= Party (mill or independent third party) performing the inspection and testing. 
e Mill inspection and testing means ConocoPhillips works within the process to 
which the mill already adheres. 
e Third party inspection and testing means ConocoPhillips uses an independent 
contractor to retest mill materials. 


= ConocoPhillips must be clear on the inspection and testing requirements the pipe is 
expected to pass, prior to the material being returned to ConocoPhillips. 


12.1.2 Service Considerations 


Services in OCTG procurement include, but are not limited to the following: 


= Provision of OCTG 

= Logistics 

= [mport/export 

= Inventory management and/or storage 
= Preparation and/or transport to rig site 
= Remnant inspection and repair 


= Disposal of surplus 


Any or all of these services can be obtained from suppliers. 


Storage and custody transfer are key considerations to OCTG procurement. Decisions 
must be made early in the process about whether the supplier or ConocoPhillips will hold 
the stock, pay for its inventorying, and ultimately, be responsible for surplus material at 
the end of the program. Prime factors in making these decisions are the likelihood of 
design or program changes plus the locations for stocking materials, and alternative local 
markets for sale of excess. 


12.1.3 Request for Proposals 


Where not prohibited by law, regulation, or agreement, ConocoPhillips should consider 
internal sourcing opportunities prior to seeking external requests for supply. A 
procurement professional will be able to assist in sourcing the availability of products 
within ConocoPhillips. Availability of products from joint venture projects should also be 
considered, and from other operators where commercially advantageous. 
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Once this source has been exhausted, look externally for the material. Use one of the 
following means to seek proposals from suppliers: 


Competitive Tendering — joint operating agreements, local regulations, general 
market conditions, size and/or timing of the order will dictate whether a competitive 
tender is warranted. "Proforma Tender Documents" (model forms) exist in most 
business units or through Global Procurement Services. 


Single Sourcing — occurs when multiple sources of supply exist, however the decision 
is made to source a single supplier without a competitive tender. Potential reasons for 
"Single Sourcing" include: 
e Only one supplier can provide the product and services required, typically due 
to supply availability and timing constraints. 
e A contract already exists with a supplier who can provide documentable 
benefit versus other suppliers to fulfill this need. 


Sole Sourcing — occurs when only one source of supply exists, mainly due to 
technical reasons in the item or service to be provided. 


12.1.4 Proposal Evaluation 


Based on the choice of proposal listed in Section 12.1.3, an evaluation occurs to measure 
the completeness and competitiveness of the supplier proposal. Primary considerations 
relating to the total cost of owning the pipe include: 


Material price 

Material availability 

Specification on material 

Quote validity 

Period of price firmness and methodology to change prices (long-term contracts) 
Point of custody transfer 

Restocking fees and/or consignment terms 

Payment terms 


"Terms and conditions" exceptions 
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12.1.5 Proposal Clarification and Negotiation 


It is normal to have additional business discussions with one or more suppliers after 
proposals have been received, particularly to clarify offers, ensure ConocoPhillips’ needs 
are met, and negotiate any objections to proforma contracts terms and conditions. It is 
important that discussions not be used to play suppliers off one another to obtain 
additional concessions. Note that contract terms and conditions shall be agreed upon with 
the supplier during this time and prior to awarding the work. 


12.2 Order Placement 


Once all technical, service, and commercial terms are agreed upon with the supplier, 
authorization to place the order can be sought from company management, partners and 
respective governmental agencies, as necessary. Once authorizations are received, the 
supplier is notified and the order placed. 


A service contract, master purchase agreement, or purchase order can be used as the final 
contract document. A procurement professional will finalize the details and prepare the 
proper document for placing the order. The procurement professional will also confirm 
the system for placing and tracking the order. 


Signature authority to execute the order will be determined based on the order 
commitment in terms of time and money. 


12.3 Order Tracking 


Effective communication with the supplier is important to ensure delivery adheres to the 
agreed schedule. The establishment of proper milestones for any order is a "best practice" 
and a means to ensure the order remains on track. 


12.4 Delivery 


Delivery can occur either to an intermediate stocking location or to the wellsite. In either 
case, advance notice must be given to the receiving party to ensure the following: 


= Proper accommodations are made to receive the pipe 


= Timely delivery can occur to the wellsite 
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Custody transfer may or may not occur at this stage. Consideration needs to be placed on 
the delivery terms associated with the order to understand who is responsible for 
offloading the pipe, and taking any additional measures to ensure the pipe is ready to run. 
Additional customs and importation steps need to be taken by the party (either the 
supplier or ConocoPhillips) responsible for bringing the material in country if the 
material is originating outside the country. 


The site of pipe delivery will request sufficient equipment and space. Normally the pipe 
will be inspected for any visual damage which may have occurred during transport. 


12.5 Pipe Running and Remnant Management 


Depending on the pipe specified, the material may be run by a third party (contracted 
specifically for this task) or by the drilling rig crew. Specific make-up and/or any special 
running instructions must be forwarded to this party as necessary. 


Remnants of a string being run may flow to the next well or be returned to the pipe 
staging area. Remnants remain either the property of ConocoPhillips or are returned to 
the supplier depending on contract terms. Pipe being returned is customarily subject to 
inspection, with damaged joints fixed or scrapped. ConocoPhillips' pipe which is not 
retained for future use is subject to disposal in accordance with internal and joint venture 
procedures. The supplier may be able to assist in securing alternative markets for surplus 
material. Details of surplus material should also be provided to Global Procurement 
Services to ensure this information is available to other ConocoPhillips Business Units. 


Opportunities for recycling thread protectors should be reviewed with suppliers. 


12.6 Invoicing 


Invoicing terms will be specific to the job in question. Invoicing normally occurs when 
custody is transferred to ConocoPhillips. This transfer may occur when the pipe is 
delivered, when it is run into a well, or after a set period of time if left in a supplier's 
inventory. 
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"Net Invoicing" is offered by many suppliers where ConocoPhillips receives one invoice 
for pipe actually run into the well, net of items returned, and any repair or other costs in 
which ConocoPhillips is responsible. 


*Technical Considerations ¢Authorization *Communication 
eServices Desired Contract documentation Milestones 
Request for Proposals *Systems Assurance 
Proposal Evaluation 
*Clarifications and Neaotiation 


*Authorization 3” Party/Rig Crew Stocking or wellsite 
eInvoice Terms Make-up *Accommodations 
e“Net Invoicing” Surplus inspection *Timely receipt 
Repair Custody 
*Disposal of Surplus ePoint of oriain 


Figure 12-1 OCTG Procurement Process 
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13.0 Glossary 


Term 


ASNT 
ASTM 


Austenitizing 


AYS 
BHA 
BHP 
BHT 
BOF 
BOP 
BTC 
Carbon Steel 


CMT 
CNC 


Corrosion resistant alloy 


DP 
Drilling — Circ. Temp. 


Definition 
Alternating current 
Annular fluid expansion 
Annulus pressure build-up 
American Petroleum Institution 
Annulus pressure management 
American Society for Nondestructive Testing 
American Society for Testing and Materials 


Forming austenite by heating a ferrous alloy to a temperature in the 
transformation range (partial austenitizing) or above the transformation range 
(complete austenitizing). 


Actual yield strength 
Bottomhole assembly 
Bottomhole pressure 
Bottomhole temperature 
Basic oxygen furnace 
Blowout prevention 
Buttress thread connections 


An alloy of carbon and iron containing a maximum of approximately 0.4 
percent carbon, 1.65 percent manganese, and residual quantities of other 
elements; except those intentionally added in specific quantities for 
deoxidation (usually silicon and/or aluminum). Carbon steels used in the 
petroleum industry usually contain less than approximately 0.3 percent 
carbon. 


Cemented temperature 
Computer numerical controls 


An alloy that provides at least one order of magnitude reduction in corrosion 
rate over carbon and low alloy steel. 


Corrosion resistant alloy 

Coil tubing unit 

Outside diameter 

Direct current 

Drilling Engineering Association 
Drilling Engineering and Operations 
Drilling fluid 

Dogleg severity 

Det Norske Veritas 

Drilling and Production 
Dynamically positioned 


Circulating temperature 
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Terms Definitions 
DST Drill stem test 
DV Diverter valve 
ECD Equivalent circulating density 
EDM Engineering Data Management 
EDTA Ethylenediaminetetraacetic acid 
EEMUA Engineering Equipment and Materials Users Association 
EF Electric furnace 
EFC European Federation of Corrosion 
EMI Electromagnetic flux leakage inspection 
EMW Equivalent mud weight 
ER Electrical resistance 
ERD Extended reach drilling 
ERW Electrical resistance welded 
ESR Electro slag remelting 
EU External upset 
EUE External upset tubing 
F- ball. Forces due to ballooning 
FEA Finite element analysis 
FG Fracture gradient 
FIT Formation integrity tests 
FLD Full length drift testing 
FPS Floating production system 
Frac Fracture pressure/gradient 
FRP Fiberglass-reinforced pipe 
FW Fresh water 
GB Grain boundary 
Geothermal Static geothermal gradient 
GLM Gas lift mandrel 
GOM Gulf of Mexico 
GRP Glass reinforced plastic 
Hardness Resistance of metal to plastic deformation, usually by indention. 


Heat Treatment Heating and cooling a solid metal or alloy in such a way as to obtain desired 


properties. Heating for the sole purpose of hot working is excluded from this 


definition. 
HP/HT High pressure high temperature 
HRC Hardness testing 
IADC International Association of Drilling Contractors 
ID Inside diameter 
IFJ Integral flush joint 
IG Intergranular 
IJ Integral joint tubing 
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LOT 
Low Alloy Steel 


LPI 
LTC 


Martensite 


Martensitic Steel 


MASP 
MD 
MODU 
MON 
MSL 
MTC 
MW 

N 
NACE 
NDT 


Normalizing 


NSCC 
NSCT 
N&T 
NUE 
OCTG 
OD 
P&A 
PBR 
PD 
PIT 
pkr 
Pp 
Ppb 
Ppm 
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Definitions 
International Organization for Standardization 
Low alloy carbon steels 
Lost circulation 
Long external-internal upsets 
Lower marine riser package 
Leak-off test 


Steel containing less than 5% total alloying elements, but more than that 
specified for carbon steel. 


Liquid penetrant inspection 
Long-thread and coupled 


A supersaturated solid solution of carbon in iron characterized by an acicular 
(needle-like) microstructure. 


A steel in which a microstructure of martensite can be secured by quenching 
at a cooling rate fast enough to avoid the formation of other microstructures. 


Maximum allowable surface pressure 
Measured depth 

Mobile offshore drilling units 

Inspection monitoring 

Mean sea level 

Metal-sealed threaded and coupled 

Mud weight 

Normalized 

National Association of Corrosion Engineers 
Non-destructive testing 


Heating a ferrous alloy to a suitable temperature above the transformation 
range (austenitizing), holding at temperature for a suitable time, and then 

cooling in still air to a temperature substantially below the transformation 
range. 


Nippon's Steel Connection Casing 
Nippon’s Steel Connection Tubing 
Normalizing and tempering 
Non-upset tubing 

Oil country tubular goods 

Outside diameter 

Plug and abandon 

Polished bore receptacle 

Pitch diameter 

Pressure integrity test 

Packer 

Pore pressure 

Pounds per billion 


Pounds per million 
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Terms 
Prod. Temp. 
psi 
psia 
PSL 
PWHT 
Q&T 
Quench Hardening 


Quench & Temper 


Rockwell C Hardness 


SID 
SITP 
SMYS 
SR 

SS 
SSC 
SSCC 
SLH 


Stainless Steel 


STC 
Sulfide Stress Cracking 


SV 
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Definitions 
Production temperature 
Pounds per square inch 
Pounds per square inch absolute 
Product service level 
Postweld heat treating 
Quench and tempering 


Hardening a ferrous alloy by austenitizing and then cooling rapidly enough so 
that some or all of the austenite transforms to martensite. 


Quench hardening followed by tempering. 
Renkine 

Butt weld radiography 

Request for proposal 

Redlich-Kwong 

Rotary Kelly Bushing 


A hardness value obtained by use of a cone shaped diamond indentor and a 
load of 150 kg. Rockwell hardness conversions may be made in accordance 
with the appropriate tables in ASTM E140 or Federal Standard No. 151 
Method 241.1. 


Remote operated vehicle 

Rotary table 

Seamless 

Surface blowout preventers 
Stress corrosion cracking 
Special end area 

Solid expandable tubular 

Safety factors 

Specific gravity 

Shut-in 

Seabed isolation device 

Shut-in tubing pressure 
Specified minimum yield strength 
Slenderness ratio 

Stainless Steel 

Sulfide stress cracking 
Sulfide-stress-corrosion cracking 
Slim line high 


Steel containing sufficient chromium (usually more than approximately 11 
percent) to render the steel corrosion resistant. Other elements may be added 
to secure special properties. 


Short-thread and coupled 


Brittle failure by cracking under the combined action of tensile stress and 
corrosion in the presence of water and hydrogen sulfide. 


Safety valve 
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TDG 


Tempering 


Tensile Strength 
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Definitions 
Salt water 
Pipe wall thickness 
To be confirmed 
Thread and coupled 
Tubing conveyed perforating 
Total depth 
Thread gauging 


Reheating a normalized or quench hardened ferrous alloy to a temperature 
below the transformation range, holding at temperature for a suitable time, 
and then cooling at any rate desired. 


In tensile testing, the ratio of maximum load to original cross-sectional area, 
also called "ultimate strength". 


TLP Tension leg platform 

TOC Top of cement 

Tp Producing temperature 

TRA Inspection traceability 

TVD True vertical depth 

TVD Total vertical depth 

UBW Ultrasonic butt weld examination 

UT Ultrasonic testing 

UTB Ultrasonic testing, full-length pipe body 

UTS Ultimate tensile strength 

UTW Ultrasonic inspection of weld line 

VAD Vacuum arc degassing 

VIV Vortex induced vibration 

VME von Mises equivalent 

VOD Vacuum oxygen decarbonizing 

VTI Visual thread inspection 

WAG Water alternating gas 

WOC Waiting on cement 

WOC Water/oil contact 

Wrought Metal in the solid condition that is formed to a desired shape by working 
(rolling, extruding, forging, and others) usually at an elevated temperature. 

X-Line Extreme line 

XLOT Extended leak-off test 

Yield Strength The stress at which a material exhibits a specified deviation from the 
proportionality of stress to strain. The deviation is expressed in terms of strain 
by either the offset method (usually at a strain of 0.2 percent) or the total- 
extension-under-load method (usually at a strain of 0.5 percent). This is also 
called "minimum yield strength". 

YS Yield strength 
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Appendix A - Load Case Equations 


This appendix contains load case equations. 


Drilling Burst Load Cases 


This section contains drilling burst load cases. 


Displacement to Gas 


The internal pressure at the shoe above the open hole TD, based on the pore pressure at 
the influx depth and the gas gradient, is given by: 


P shoe above OH td Z P pore influx depth — 9 X Pgas X (TVD influx depth -TVD shoe above OH ta) 


If this pressure exceeds the fracture pressure at that depth, Prac, and the Limit to Frac at 
Shoe option is enabled on the Design Parameters dialog, then the pressure at the gas/mud 
interface is given by: 


Pygas/mud = P frac — J X Pgas X (TVDshoe above oH td — TVD gas/mua) 
Otherwise, the pressure at the gas/mud interface is given by: 
Pyas/mud = Ppore —9 X Pgas x (TVD influx depth — TVD gas/mua) 
From the gas/mud interface to the shoe: 
Pinternat = Pgas/mud + J Pgas x (TVD - TVDgas/mua) 
From the hanger to the gas/mud interface: 
Pinternat = Pgas/mud - 9 X Pmua x (TVD gas/mua - TVD) 


Where gas is described in terms of gas gravity. 
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Gas Kick 


The internal pressure profile is determined from the fracture pressure at the fracture depth 
and the mud density: 


Pinternal = Prrac —g X Pmud x (TVD rac = TVD) 


The internal pressure at the shoe due to reservoir pressure and annulus fluid hydrostatic 
head is given by: 


Pshoe = Preservoir +g X Pannulus fluid x (TVDshoe = TVDproa casing hanger) 


If Pshoe exceeds the fracture pressure at the shoe, Prac , and the limit to Frac at shoe option 
is enabled in the Design Parameters dialog, then from the hanger to the shoe: 


P internal = Prac -=g X Pannulus fluid x (TVD shoe =Z TVD) 
Otherwise, from the hanger to the shoe: 


Pinternal = Preservoir +9 X Pannulus fluid x(I VD -1 VDprod casing hanger) 


During the kick simulation, a constant bottomhole pressure is maintained while the gas 
influx expands, due to declining pressure, as it is circulated up the drillstring-casing 
annulus and out of the wellbore. The required bottomhole pressure is: 


Pon =g X (Pmud + EMWihick intensity) x TVD influx depth 


Variations in gas density with pressure and temperature are modeled using a modified 
Redlich-Kwong (RK) cubic equation of state. 


Calculation depths are defined by annulus geometry and well deviation. Calculations 
occur at each change of annular cross-section and at depths used to define the well 
deviation. Pressure profiles as a function of depth are retained for each calculation depth. 
After calculating the pressure profile with the gas bubble at each location, including the 
surface, a locus comprising maximum pressures for each depth is used as the internal 
pressure profile. 


Version: 01A-Dec-06 This document is owned by ConocoPhillips Company and is for internal use only. 2 


Casing and Tubing Manual Owner: ae onto Approved By: 
Mgr., Engineering Technology ConocoPhillips VP, Drilling & Production 


The following assumptions are made: 


= The Driller's Method is used to circulate the kick influx out of the wellbore. That is, 
the mud density used to circulate the kick out of the wellbore is the same as the mud 
density in use at the depth from which the influx originates. The Driller's Method, in 
comparison to the 
Wait-and-Weight or Engineer's methods, results in higher casing pressures during 
circulation of the kick influx from the wellbore, and is therefore used to ensure a 
conservative analysis. 


= The mud density does not vary with temperature and pressure. 


= The effect of annular friction pressure losses is ignored. This is consistent with a 
normal kill procedure conducted at a slow pump rate. 


Frac at Shoe with Gas Above 
From the hanger to the prior shoe: 

Pexternal = Prac @ prior shoe — 9 X Pgas X (IVD prior shoe— TVD) 
From the prior shoe to the current shoe: 


Pexternal = Prrac @ prior shoe +g X Pmud X (TVD = TVDprior shoe) 


Frac at Shoe 1/3 BHP at Surface 
From the hanger to the shoe: 


Psurface = 1⁄3 x Ppore at OH td 


P internal = Psurface + [(TVD) / (TVD shoe above OH td) ] x (P frac = Psurface) 


Lost Returns with Water 
From the hanger to the mud/water interface: 
Pmuawater = P frac — 9 X Pmua X (TVDshoe above oH ta — TVD mud/water) 
Pinternal = Pmudwater — 9 X Pwater x (TVDmudwater — TVD) 
From the mud/water interface to the shoe: 


Pinternal = Prrac —g X (mud x (TVD shoe above OH td — TVD) 
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Surface Protection 
From the hanger to the shoe: 
Phanger =P frac —9 X Pwater * (TVDshoe above on ta — TVDhanger) 
Pinternat = Pranger +9 X Pgas X (TVD — TVDhanger) 
Where the gas is described in terms of gas gravity on the load case Edit tab, the load case 
temperature profile is used as the basis for determining a temperature- and pressure- 


dependant gas compressibility factor using a modified Redlich-Kwong (RK) cubic 
equation of state. 


Pressure Test 
From the hanger to the plug depth: 

Pinternal = Prest +9 X Pmua X TVD 
From the plug depth to the shoe: 


Pinternal =g X Pmud x TVD 


Production Burst Load Cases 


This section contains production burst load cases. 


Tubing Leak 
From the hanger to min {perforation, shoe} depth: 


Porod casing hanger = Preservoir — J X Preservoir fluid X 
(I VD perforation -TV Dprod casing hanger) 


Pinternat = P prod casing hanger + G X Ppacker fluid X (TVD — TVDhanger) 
If the shoe is deeper than the packer, then from the packer to min {perforation, shoe}: 
Pinternat = Preservoir — 9 X Preservoir fluid * (IVDperforation — TVD) 
If the shoe is deeper than the perforation, then from the perforation to the shoe: 


Pinternal = Preservoir +g X Ppacker fluid x (TVD a TVD perforation) 
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Stimulation Leak 
From the hanger to min of {packer, shoe}: 
Phanger = Pinjection + 9 X Pinjection fluid * TVD prod casing hanger 
Pinternat = Phange? +9 X Ppacker fluid X (TVD — TVDprod casing hanger) 
If the shoe is deeper than the packer, then from the packer to the shoe: 


Pinternal = Pinjection +g X Pinjection fluid % TVD 


Injection Down Casing 
From the hanger to the shoe: 


Pinternal = Pinjection +g X Pinjection fluid x TVD 


Gas Migration 


This production load case models the effect of a gas bubble migrating upward in the 
annulus between the production casing and the protective casing. The gas is constrained 
against expansion as it rises (no pressure bleed-down at wellhead) unless the fracture 
pressure at the shoe for the protective casing is exceeded, and the gas bubble pressure and 
volume remain unchanged with upward migration. This load case applies only for burst 
design (an analogous load case is available for collapse design), and is only available for 
strings of name-type "Protective" and type "Casing" or "Tieback". This gas-bubble 
inversion eventually results in reservoir pressure at the wellhead and can occur in a 
subsea completion where the annulus between production and protective casings is not 
provided with means for pressure monitoring or bleed-down. 


The internal pressure at the shoe due to reservoir pressure and annulus fluid hydrostatic 
head is given by: 


Pshoe = Preservoir +g X Pannulus fluid x (TVD shoe = TVDprod casing hanger) 


If Pshoe exceeds the fracture pressure at the shoe, Prac , and the Limit to Frac at Shoe 
option is enabled in the Design Parameters dialog, then from the hanger to the shoe: 


Pinternal = Prrac -g X Pannulus fluid x (TVDshoe = TVD) 
Otherwise, from the hanger to the shoe: 


Pinternal = Preservoir +9 X Pannulus fluid x(I VD -1 VDprod casing hanger) 
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The internal pressure at the shoe due to reservoir pressure and annulus fluid hydrostatic 
head is given by: 


P shoe = Preservoir +9 X Pannulus fluid x (TVD shoe = TVDprod casing hanger) 


If Pshoe exceeds the fracture pressure at the shoe, Prac , and the Limit to Frac at Shoe 
option is enabled in the Design Parameters dialog, then from the hanger to the shoe: 


P internal = Prrac —g X Pannulus fluid x (TVD shoe = TVD) 
Otherwise, from the hanger to the shoe: 


Pinternal = Preservoir +9 X Pannulus fluid X (1 VD — TVDprod casing hanger) 


Burst Loads - External Pressures 


This section contains burst loads — external pressures. 


Above! Below Prior Shoe 
From the prior shoe to the hanger: 
Pprior shoe = 9 x EMWmin x TVDprior shoe 
Pexternal = P prior shoe — J X Pmix-water X (TVD prior shoe — TVD) 
From the prior shoe to the current shoe: 


Pexternal =g x EMWmin x TVD 


Fluid Gradients with Pore Pressure 

From the hanger to the top of cement (TOC): 
Pexternal =9 X Pabove toc * TVD 

If the TOC lies in cased hole, then from the TOC to the prior shoe: 
Proc =9 X Pabove toc X TVDitoc 


P external = P toc +g x Pbelow toc X (TVD Ta TVD toc) 
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If the Pore Pressure In Open Hole option is disabled, then from max {TOC, prior shoe} to 
the current shoe: 


P toc = 9 X Pabove toc X TVDioc 
P external = P toc +g x Pbelow toc X (TVD = TVD toc) 
Otherwise, 


Pexternal = pore pressure profile 


Minimum Formation Pore Pressure 


This section contains minimum formation pore pressure profiles. 


Mud Drop Option Enabled and TOC in Open Hole 


The external pressure profile is constructed using atmospheric pressure from the hanger 
to the mud level, mud density from the mud level to the prior shoe if EMW min 
(corresponding to the minimum pore pressure gradient in the open hole interval) is 
applied from prior shoe, or mud density to TOC if EMW mi is applied from TOC. The 
mud level is calculated so that the hydrostatic head of the mud column is equal to the 
pressure due to EMW min applied at the prior shoe or TOC. 


The TVD at the mud level is determined from: 
Pshoe =g x EMWmin x TVDshoe OF Pioc = g x EMWmin x TVDitoc 
TVDeguivaient =P shoe /(G X Pmua) OF TVDequivatent = Ptoc/ (9 X Pmua) 
TVD nud levei = MAX TVDhanger, TVDshoe — TVDequivaient } 


Where the TVD for EMW min is either TVDghoe or TV Dioc, depending whether the 
minimum EMW in open hole is applied at the prior-string shoe or current-string top of 
cement. 


From the hanger to the prior shoe (if EMW min is applied from prior shoe): 
Pexternal =MAax{ Patm, Patm + Pshoe — J X Pmud x (TVDshoe — TVD) } 
From the prior shoe to the current shoe (if EMW minis applied from prior shoe): 
Pexternal =9 x EMWmin x TVD 
From the hanger to the TOC (if EMW mi is applied from TOC): 


Pexternal = max{ Pam, Pam + Proc -g X Pmud x (TVD0c E TVD) } 
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From TOC to current shoe (if EMW min is applied from TOC): 


Pexternal = g x EMWmin x TVD 


Mud Drop Option Disabled and TOC in Open Hole 
The external pressure profile is constructed using the mud density from the hanger to the 
prior shoe if EMW min (corresponding to the minimum pore pressure gradient in the open 
hole interval) is applied from prior shoe, or mud density to TOC if EMW min is applied 
from TOC. This normally results in a pressure discontinuity at the prior shoe. 
From the hanger to the prior shoe: 
Pexternal =9 X Pmua * TVD 
From the prior shoe to the current shoe (if EMW min applied from previous shoe): 
Pexternal =g x EMWmin x TVD 
From prior shoe to TOC (if EMW min applied from TOC) 
Pexternal = 9 X Pmud x TVD 
From TOC to current shoe (if EMW min applied from TOC) 
Pexernal = g x EMWmin x TVD 
TOC in Cased Hole 


This external pressure profile is constructed using the mud density from the hanger to the 
TOC, the cement mix-water density from the TOC to the prior shoe, and the EMW 
corresponding to the minimum pore pressure gradient in the open hole interval. This 
normally results in a pressure discontinuity at the prior shoe. 


From the hanger to the TOC: 
Pexternal =9 X Pmua * TVD 
From the TOC to the prior shoe: 
Proc =9 X Pmud X TVDioc 
Pexternal = Proc +9 X Pmix-water X (TVD — TVDioc) 
From the prior shoe to the current shoe: 


Pexternal =g x EMWmin x TVD 
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Mud and Cement Mix-Water Methodology 
From the hanger to the TOC: 

Pexternal =9 X Pmua * TVD 
From the TOC to the shoe: 

Proc =9 X Pmua x TVDioc 


Pexternal = Poc +g X Pmix-water x (TVD = TVD toc) 
Permeable Zones Methodology 


Good Cement Job (Poor Cement Option Disabled) 


If a good cement job is accomplished, it is assumed that complete zonal isolation was 
achieved for each permeable zone (that is, no pressure communication can occur along 
the current string's cement column). The pressure profile is constructed from the pore 
pressure within the permeable zones, the mud density and the cement mix-water density. 
In the cemented region, linear pressure gradients are assumed between specified 
pressures in permeable zones and the hydrostatic pressure of the mud column at the TOC. 
Below the lowest permeable zone, a linear cement mix-water gradient is used. In the 
uncemented region, a fluid drop or surface pressure can occur only if a permeable zone is 
specified between the TOC and the prior shoe. 


For example, consider a string with its TOC in cased hole (that is, above the shoe of the 
prior string) and a permeable zone from 7,500 to 8,000 feet TVD. The external pressure 
profile corresponding to this configuration is calculated in the following manner: 


From the hanger to the TOC: 
Pexternal =Pwh + 9 X Pmud x TVD 
From the TOC to the permeable zone top: 
Pioc =9 X Pmud x TVDioc 
P7500 ¢ =Pore pressure at 7,500 ft TVD 
Pexternal = Ptoc + (P7,500 ft — Ptoc) X (TVD — TVDoc) /(7,500 — TVDioc) 
Over the permeable zone from 7,500 to 8,000 ft TVD: 


Pexternal = Pore pressure profile 
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From the base of the permeable zone to the shoe: 
P3,000 ft = Pore pressure at 8,000 ft TVD 


Pexternal = Ps 000 ft +9 X Pmix-water x (TVD — 8,000) 


NOTE: If no permeable zones were defined in the open hole interval 
behind the currently selected string and the deteriorated mud 
option was specified for a load case using this external pressure 
profile, the pressure at the TOC for that load case is calculated 
based on the original (not deteriorated) mud density. This will 
result in a pressure discontinuity at the TOC since the fluid 
gradient above the TOC is based on the deteriorated (or base 
fluid) density. 


Poor Cement Job (Poor Cement Option Enabled) 


If a problematic or poor cement job is likely, it is assumed that no zonal isolation was 
achieved for any permeable zone (that is, pressure communication occurs everywhere 
along the current casing string’s cement column). The external pressure profile is 
constructed from the pore pressure within permeable zones, the cement mix-water density 
above and below the permeable zones, a linear pressure profile between permeable zones, 
and the mud density above the TOC with a possible fluid drop or surface pressure. 


For the example case described above, the external pressure profile is determined in the 
following manner: 


The TVD at mud level (due to a fluid drop) is determined from: 
P7500 ț = Pore pressure at 7,500 ft TVD 
Pioc =P 7,500 ft —G X Pmix-water X (7,500 — TVDioc) 
TVDequivatent = Ptoc /(9 X Pmua) 
TVD nud levei = MAX TVDhanger, TVDtoc — TVDequivaient } 


This results in a fluid drop if TVDeguivaient (the equivalent head of the calculated pressure 
at the TOC) is smaller than TV Dioc — TVDhanger (the vertical length of the annulus fluid 
column) or additional pressure at the hanger if TVDeguivalent is larger than 
TV Doc E TV Dhanger- 
From the hanger to the TOC: 

Pexternal =max{ Pam, Pam + Proc —g X Pmud x (TVDoc a TVD) } 


From the TOC to the top of the permeable zone: 
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Pexternal = P7,500 ft — J9 X Pmix-water X (7,500 — TVD) 
Over the permeable zone from 7,500 to 8,000 ft TVD: 
Pexternal = Pore pressure profile 
From the base of the permeable zone to the shoe: 
P3,000 # = Pore pressure at 8,000 ft TVD 


Pexternal = Ps. 000 ft +9 X Pmix-water x (TVD — 8,000) 


Pore Pressure with Seawater Gradient Methodology 
From the hanger to MSL (if hanger is above MSL): 

Pexternal = 0 psig 
From MSL to the mudline (if hanger is above MSL): 

Pexternal = J X Pseawater X (TVD — TVD nsi) 
From the mudline to the shoe: 
Prmudline = 9 X Pseawater X (TVD mudiine — TVD msi) 
Pexternal = Prmudtine + [((TVD — TVD mudtine) / (TVDshoe — TVD mudtine)] x (P pore — Pmudtine) 

For an onshore well, this logic simplifies to the following from MGL to the shoe: 


Pexternal = [(TVD — TVD gi) / (TVDshoe = TVD ngi)] x Ppore 


Drilling Collapse Load Cases 


This section contains drilling collapse load cases. 


Lost Returns with Mud Drop 


The pore pressure at a particular lost returns depth can be specified by the user and these 
values (along with the mud density) control the amount of mud drop. By default, the 
combination of pore pressure and corresponding depth which generate the maximum 
value for mud drop determine the lost returns depth. 
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Then, from the hanger to the shoe: 
Pinternat = max{ Patm, Patm + Ppore - 9 X Pmud x (TVDpore - TVD) } 
The mud level is given by: 
TVD nud tevel = TVDpore Ppore / (9 X Pmua) 


TVD mua level = TVD pore Ppore / (g i Feud) 


Full Partial Evacuation 
From the hanger to the mud level: 

Pinternal = Patm 
From the mud level to the shoe of the current string: 


Pinternal = Pam +g X Pmud x (TVD = TVD mud level) 


Cementing 
The internal pressure profile is given by: 
Pinternal =9 X päisplacement fluid * TVD 
From the hanger to the TOC, the external pressure profile is given by: 
Pexternal =9 X Pmud X TVD 
From the TOC to the top of the tail slurry: 
Pioc =9 X Pmua X TVDoc 
Pexternal = Pioc +9 X Plead slurry X (TVD — TVDioc) 
From the top of the tail slurry to the shoe: 
Pail slurry top = PtOC +9 X Plead slurry X (TVD tail sturry top — TVD toc) 
Pexternal = Ptail slurry top + J X Ptail slurry X (TVD — TVD aii slurry top) 
From the float collar to the shoe: 
Pshoe = Prait slurry top + J X prail slurry X (TVDshoe - TVD ait slurry top) 


Pinternal = Pshoe = g X Prail slurry x (TVD shoe g TVD) 
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Production Collapse Loads 


This section contains production collapse loads. 


Full Evacuation 
The internal pressure profile is given by: 


P internal = Pam 


AbovelBelow Packer 
If the Fluid Drop Above Packer option is disabled, then from the hanger to the packer: 
Pinternal =9 X Pfluia x TVD 
If the Fluid Drop Above Packer option is enabled, then from the hanger to the packer: 
Pinternai = Max{ Pam, Patm + Pperf — 9 X Pfluia x (TVDperf — TVD) } 
When this option is enabled, the fluid level is given by: 
TVD uid level = TVDperf — Pperf (9 X Puia) 


If the shoe of the current string lies below the packer, the internal pressure profile below 
the packer is based on either full evacuation or a selected fluid density. 


For full evacuation, from the packer to the shoe: 


Pinternal = Pam 


Otherwise, from the packer to the shoe: 


Pinternal = 9 X Pfluid x TVD 


Gas Migration - Collapse 


This load case models a gas bubble migrating upward in the annulus behind the 
production casing. Because the bubble is not allowed to expand unless the fracture 
pressure at the previous casing’s shoe is exceeded (that is, the pressure is not bled off at 
the wellhead), the bubble's pressure and volume do not change as it migrates upward. 
This "gas bubble inversion" results in reservoir pressure at the wellhead and can occur in 
a subsea completion where the outer annuli are permanently sealed at the wellhead, 
allowing the operator no means to monitor or relieve pressure. Channels in the cement 
between the production casing and a permeable reservoir normally cause gas migration. 
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The internal pressure profile is based on the packer fluid density. The external pressure 
profile corresponds to the reservoir pressure applied at the casing hanger depth to the 
annulus fluid hydrostatic head, but limited to the fracture pressure at the prior shoe. The 
Limit to Frac at Shoe option can be disabled if desired to the internal pressure to the 
fracture pressure at the shoe. 


The internal pressure profile from the hanger to the shoe is given by: 
P internal =g X Ppacker fluid x TVD 


The external pressure at the shoe for the previous string due to reservoir pressure and 
mud hydrostatic head, is given by: 


Pprior shoe = Preservoir +g X Pmud * (1 VDprior shoe — TVDproa casing hanger) 


If Pprior Shoe exceeds the fracture pressure at the prior shoe, Prac , and the Limit to Frac at 
Shoe option is enabled, then from the hanger to the shoe: 


P external = P frac -=g x mud x (TVDprior shoe — TVD) 
Otherwise, from the production casing hanger to the shoe: 


Pexternal = Preservoir +g X Pmud x(I VD -1 VDprod casing hanger) 


Collapse Loads - External Pressures 


This section contains collapse loads — external pressures. 


Fluid Gradients with Pore Pressure Methodology 
From the hanger to the top of cement (TOC): 
Pexternal =9 X Pabove toc X TVD 
If the TOC lies in cased hole, then from the TOC to the prior shoe: 
Proc =9 X Pabove toc X TVDioc 


P external — P toc +g x Pbelow toc X (TVD Fs TVD oc) 
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If the Pore Pressure In Open Hole option is disabled, then from max {TOC, prior shoe} 
to the current shoe: 


P toc = 9 X Pabove toc X TVDioc 
P external = P toc +g x Pbelow toc X (TVD = TVD toc) 
Otherwise, 


Pexternal = pore pressure profile 


Mud and Cement Mix-Water Methodology 
From the hanger to the TOC: 

Pexternal =9 X Pmua * TVD 
From the TOC to the shoe: 

Proc =9 X Pmud X TVDioc 


Pexternal = Proc +9 X Pmix-water x (TVD — TVD oc) 


Mud and Cement Slurry Methodology 
From the hanger to the TOC, the external pressure profile is given by: 
Pexternal =9 X Pmua * TVD 
From the TOC to the top of the tail slurry: 
Proc =9 X Pmua x TVDioc 
Pexternal = Pioc +9 X Plead slurry X (TVD — TVD ioc) 
From the top of the tail slurry to the shoe: 
Pail slurry top = Ptoc +9 X Plead slurry X (TVD ait slurry top — TVD toc) 


Pexternal = Paii slurry top +g X Prail slurry x (TVD =] VD ail slurry top) 
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Axial Loads 


This section contains axial loads. 


Cement Pressure Test 
From the hanger to the TOC, the external pressure profile is given by: 
Pexternal = 9 X Pmud x TVD 
From the TOC to the top of the tail slurry: 
Proc = 9 X Pmud X TVDtoc 
Pexternal = Ptoc + g X Plead slurry X (TVD - TVDioc) 
From the top of the tail slurry to the shoe: 
Pail slurry top = Ptoc + 9 X Plead slurry X (TVDjait slurry top - TVDioc) 
Pexternal = Prait slurry top + 9 X rail slurry X (TVD - TVDyait slurry top) 
From the hanger to the float collar, the internal pressure profile is given by: 
Pinternal = Prest + G X Padisplacement fluia X TVD 
From the float collar to the shoe: 
Pshoe = Prail slurry top + J X prail slurry X (TVDshoe - TVD ait slurry top) 


Pinternal = Pshoe - g X Prail slurry x (TVD shoe = TVD) 


Running in the Hole - Bending 


This axial load profile does not represent a load distribution seen by the pipe at one 
particular time. Instead, it is constructed by calculating the maximum tension seen at each 
point on the casing string while running the casing in the hole. The maximum tension 
experienced by a joint of casing is normally the tension when picking up out of the slips 
immediately after making up the joint. The imputed axial pseudo-load arising from 
dogleg-induced bending stress can cause the maximum tension to occur at depths where 
local well curvature (dogleg severity) was defined in either the Survey Editor or Dogleg 
Severity Overrides spreadsheets. The following factors are considered: 
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= Buoyed weight of the casing, based on the mud at shoe value specified for the current 
string on the Casing Scheme spreadsheet 


= Wellbore inclination, considered if the deviated option was selected on the General 
Options tab and a valid well trajectory was defined in the Survey Editor spreadsheet 


=  Bending-related axial pseudo-loads due to dogleg severities defined in the Survey 
Editor or Dogleg Severity Overrides spreadsheets 


These loads are superimposed on the axial load distribution as a local effect using the 
following formulation: 


Where: 


E = Young's modulus 

D = Nominal OD 

a / L = dogleg severity (deg /unit length) 
A, = cross sectional area of the pipe 


Running in the Hole - Shock 


If a non-zero average running speed is specified, the axial profile is modified to include 
the effect of the pipe stopping abruptly. This can occur if the pipe hits an obstruction or 
the slips close while the pipe is moving. The additional axial force due to this 
deceleration, assuming that the peak pipe velocity is one and a half times the average 
running speed and that the deceleration is instantaneous, is given by the following 
equation: 


Fo =15 X Vay x Å; x(E xps) ^0.5 


Where: 


Fshock = 1.5 x Vay x AS x (E x ps)^0.5 

Vavg = average running speed, inches/seconds 
Ag = cross sectional area of the pipe, inches” 
E = Young's modulus of elasticity, 30 x 10° 
Ps= density of steel, pounds 
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Gas Bubble Behavior 


PVT Behavior of Gas Bubble 


The PVT behavior of the gas bubble is modeled by the Redlich-K wong (RK) equation of 
state. This is a cubic equation in volume or in Z (compressibility factor), and can be 
expressed as: 


z°-z’=(A-B’-B)z-AB=0 


Where: 


A = Qa Pr/Tr’> 
B = Qb Pr/Tr 


Tr is the reduced temperature equal to T/Tc and Pr is the reduced pressure equal to 
P/Pc - Tc and Pc are the critical temperature and pressure, respectively. Qa and Qb are 
pure numbers equal to [(9) (2'7-1)]' [= 0.4275] and (2'- 1)/3 [= 0.6382], respectively. 


The pseudo critical properties of the gas (characterized by its gas gravity) required in the 
above equations are estimated using the following empirical correlations: 


Tc = 173.5 + 310.0 G 
Pc = 695.7 - 38.0 G - e707 6S 


Where: Tc is in °R, Pc is in psia, and G is the gas gravity. 
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Appendix B - Design Examples Using 
StressCheck 


Well Description 


NOTE: As the software evolves, some dialog boxes may be different than 
the current version. 


To illustrate a detailed casing design procedure using the StressCheck software, the 
Sturlason well (35/1-1), a deepwater (~1500 feet) Subsea well in the Norwegian North 
Sea has been chosen. The wellhead will be supported by a 30 inch casing pipe. The well 
is vertical and is anticipated to be a gas producer. The preliminary design is summarized 
in Figure 1. 
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Figure 1 Preliminary Design for Sturlason 35/1-1 


The 7 5/8 inch and 5 % inch strings are to be liners. If a discovery is made or a well test is 
required, a 7 5/8 inch tieback can be run and then tied back to surface. 


Design Example 


The StressCheck design example is presented in this section by displaying the input 
dialog boxes and spreadsheets and the graphical and tabular results as they would be 
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encountered in a StressCheck session. Brief explanations in the accompanying text 
further explain the design process. This design example presentation assumes that the 
reader already has a working knowledge of the StressCheck program. In this example, 
only the 9 7/8 inch production casing will be designed. 


Options | Comments | 


Description: |ELOTER Tera bl 
Well Options 
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I Deviated 


—V¥Section Definition ————— | Reference Point : | RKB si | 
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Origin E: {0 ft 
Azimuth: {0.00 deg 


Cancel | Apply Help 


Figure 2 General Dialog Box 


Preliminary Design Input 


This dialog enables data to be entered in the Offshore dialog and the Survey Editor 
spreadsheet if the Deviated and Offshore options are selected. The well TD of 14,911 feet 
measured depth (MD) corresponds to a total vertical depth (TVD) of 14,911 feet as the 
well is not deviated. If deviated is chosen, the MD/TVD relationship will be established 
when the deviation information is specified. The elevation is the height of the RKB 
reference point above MSL. 


—Well Type Depths OK | 
OK 


C Platform Well | Water Depth: {1312 ft 


Figure 3 Offshore Dialog Box 


Even though this well is being drilled from a jack-up rig instead of a platform, the 
"platform well" type in StressCheck implies that all the casing strings extend upward to a 
wellhead above sea level. In this case, the wellhead will be supported by a free-standing 
30 inch conductor pipe. With a 148 foot elevation and a 1,312 foot water depth, the rotary 
Kelly bushing (RKB) depth of the mudline is 1,460 feet. 
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Vertical Pore Pressure/ EMW Permeable 

Depth (ft) (psig) (ppo) Zones 
1 1460 586 7.73 No 
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8 12287 8900. 13.94 No 
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Figure 4 Pore Pressure Spreadsheet 


The pore pressure profile in Figure 4 is typical of a geopressured well in the western Gulf 
of Mexico. The large increase in pressure over a small depth interval in the geopressure 
transition zone makes the correct selection of the intermediate casing shoe depth critical 
to the success of the well. 
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Figure 5 Fracture Pressure Spreadsheet 
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The fracture pressure profile is then entered. The small margin between the pore pressure 
and the fracture pressure in the lower section of the well complicates the preliminary 
casing design. 


Undisturbed Temperature x| 


Standard | Additional | 


Surface Ambient: (20.0) deg F 
Mudline: [40.0 deg F 


-Temp at Well TD: 14911 ft TYD 


@ Temperature [369.6 deg F 
C Gradient [2 45 deg F/100ft 


Cancel Apply Help | 


Figure 6 Undisturbed Temperature Dialog box 


The undisturbed temperature is linear and represents a 2.45 degree/100 foot gradient from 
the mudline to the well TD. 


Z StressCheck - [Survey Editor - 35-1-1 US UNITS NEW FG] E -iol xj 
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Departure 
(ft) 
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MD-INC-AZ | 6200 0.00 83.25 6200 0.00 0.00 o 0 
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Figure 7 Survey Editor Spreadsheet 
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The well shown in Figure 7 is a vertical well, but if it had been a deviated well the above 
entry could have been made. The entry would be based on the planned deviation for the 
well. To reach its geological objective the well's planned trajectory builds angle at 2.75 
degress/100 feet from a kick-off point at 6,200 feet until a tangent angle of 22 degrees is 
reached. To account for deviations from the planned build rate, a 4 degree/100 foot 
dogleg will be superimposed over the build and drop interval. This will increase the 
bending stress. 
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Figure 8 Deviation Profile Table and Section View Plot 


Based on the five lines of input in the survey editor spreadsheet, the deviation profile 
shown in Figure 8 is used. This view and result are only obtainable when the well is 
deviated. 
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Figure 9 Dogleg Overrides Spreadsheet 


In order to include the natural variation from the ideal smooth wellpath that is present in 
all actual wells, a dogleg of 2 degrees/100 feet is superimposed over the whole wellbore 
(Figure 9). Between this value and the value of max dogleg severity found on the survey 
editor entry, Figure 7, the bending calculations will consider the greatest value at each 
depth in the wellbore. The dogelg Severity override can be used on vertical and deviated 
wells. 
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tH stressCheck - [Casing Scheme - 35-1-1 US UNITS NEW FG] 
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Figure 10 Casing Scheme Spreadsheet 


The results of the preliminary design are entered on the Casing Scheme spreadsheet. 
After these data are specified, a well schematic, as shown in Figure 11, can be displayed. 
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Figure 12 Formation Plots 
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Before specifying the detailed design criteria for the 9 7/8 inch casing, review the 
formation data graphically to ensure it was correctly specified. The pore pressure, 
fracture gradient and mud weight plot, shown in the lower left-hand window pane of 
Figure 12 are especially useful to verify data consistency. 


Production Data x| 


m Packer Data 


Fluid Density: 11.25 ppa 
Cancel | 
Packer Depth, MD: 13750 ft 
Apply | 
m Reservoir Data Help | 
Perforation Depth, 14911 ft 


| 0.49 
jo. 500 psi/ft 


C Gas Gravity: 
@ Gas/Oil Gradient: 


Figure 13 Production Data Dialog Box 


In order to design the 9 7/8 inch production casing, it is necessary to define the reservoir 
and packer fluid properties. This information will define the reservoir pressure (taken 
from pore pressure), the shut in pressure and the fluid density inside the production 
casing. 


Detailed Design Criteria Input 


Design Parameters: 9 7/8" Production Casing x| 


Design Factors | Analysis Options | 


Compression: fi 400 


Collapse: fi O50 
Triaxial: fi 310 


m Pipe Body Connection 
Burst: haso Burst/Leak: faso 
Axial Axial 
Tension: fi.400 Tension: haoo 


Compression: j 400 


Cancel | Apply | Help | 


Figure 14 Design Parameters Dialog Box 
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The design factors are entered on the Design Parameters dialog. Unless otherwise 
specified, these design factors will be used for all load cases on the 9 7/8 inch casing. 
When designing for the other casings, the same entry and choice can be made. Notice the 
limit for internal drift, this is defaulted according to the required bit (hole) size of the next 
section. 


Initial Conditions: 9 7/8" Production Casing x| 


Cementing and Landing | Temperature | 


~ Cementing Data 
Mix-Water Density (ppa) 8.33 
Lead Slurry Density (ppg) 15.80 
I Tail Slurry Density (ppg) 15.80 
Tail Slurry Length [ft] fo 
Displacement Fluid Density (ppg) fi 5.50 
Float Collar Depth. MD (ft) ft 2615 
IV Applied Surface Pressure [psig] fi 000 
[F Float Failed 
m Landing Data 
(© Pickup Force (lbf) 
© Slackoff Force (lbf) 


Cancel | Apply Help | 


Figure 15 Initial Condition Dialog Box - Cementing and Landing 


The cementing and landing data are used to define the initial stress state of the casing 
after it has been cemented in place. This, in turn, will be used to calculate combined loads 
and triaxial stress for all the specified service loads. The applied surface pressure field in 
this dialog represents holding pressure while waiting on cement (for example, to 
pre-tension a string in a subsea well). The pressure used to bump the plug is specified on 
the Axial Loads dialog. The pick up value of 250,000 pounds is used for applying pre- 
tension to the casing. This can be performed to help reduce the amount of buckling or 
compression in the casing. 
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Tool Passage: 9 7/8" Production Casing x| 
| | OD fin) | 


Cancel 


Apply 


Lance! | 
EA 
Help | 
Insert | 


Figure 16 Tool Passage Dialog Box 


The tool passage dialog (Figure 16) exists to consider a tool, be it during the drilling 
phase (logging tool) or during completion/production (wireline) that is run in the hole. 
The application will ascertain the free or forced passage of that tool during the design 
loads. 


Burst Loads: 9 7/8" Production Casing x| 


Select | Edit | Temperature | Plot | Custom | Options | 


Drilling Loads Production Loads 
[r Displace IM Tubing Leak 
I Gas Kick Profile [Stimulation Surface Leak 
I Frac @ Shoe w/ Gas Gradient Above I Injection Down Casing 
[ Frac @ Shoe w/ 1/3 BHP at Surface F Gas Migration 
Tl Lost Returns with Water 
I Surface Protection (BOP) 
Il” Pressure Test 
I Green Cement Pressure Test 
Internal Profile r External Profile 
Displacement to Gas ( Mud and Cement Mix-Water 
Gas Kick Profile 
Tubing Leak ( Permeable Zones 
© Minimum Formation Pore Pressure 
© Pore Pressure w? Seawater Gradient 
@ Fluid Gradients w/ Pore Pressure 


Cancel | Apply Help | 


Figure 17 Burst Loads Dialog Select Tab 


According to the design guidelines, the displacement to gas scenario is the preferred 
design load for the drilling scenario as this string will be drilled through and tubing leak 
from the production load condition. The tubing leak scenario will dominate the design; 
for completeness, displace to gas and gas kick will be designed. 
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Burst Loads: 9 7/8" Production Casing x| 


Select Edit | Temperature | Plot | Custom | Options | 


Influx Depth, MD (ft) 14911 
Pore Pressure= 11329 psig 


| Gas Gradient [psi-ft] =. | 0.1500 


Frac at Shoe= 12759 psig 
Frac Margin of Error (ppa) 
Mud/Gas Interface, MD (ft) 
Mud Weight (ppg) 


=) olo 
mn =] 
Nh 5 
(=) 


Cancel | Apply | Help | 


Figure 18 Burst Loads Edit Tab - Displacement to Gas 


The information that StressCheck is looking for is the influx depth; the default will be the 
TD of the next hole section. This may not be the highest pore pressure of that section but 
the pressure will be obtained from the pore pressure spreadsheet. The gradient of the 
influx can be input as either a gradient or a gravity, the values are mutually exclusive 
(one will not calculate the other). The check box on the design parameter dialog, 

Figure 14, determines whether the pressure profile will be limited to the fracture pressure 
or not. The design guidelines state that this condition should be limited to the fracture 
pressure, the assumption being that the formation will fracture and act as a relief valve for 
the gas influx. 
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Burst Loads: 9 7/8" Production Casing x| 


Select Edit | Temperature | Plot | Custom | Options | 


[Gas Kick Profile = | 


Influx Depth, MD (ft) 14911 
Kick Volume [bbl] 25.0 
Kick Intensity [ppg] 50 
Maximum Mud Weight (ppg) 6.20 


Frac at Shoe= 12759 psig 

Frac Margin of Error (ppg) .00 
Drill Pipe OD fin) .500 
Collar OD [in] 750 


TENN 
ol 
p 
E 

Kick Gas Gravity os 
m 
EN 
E 


Collar Length (ft) 600 


Cancel | Apply | Help | 


Figure 19 Burst Loads Edit Tab - Gas Kick 


The gas kick load case was selected as an additional burst criteria. However, as 

Figure 20 shows, while circulating the 25 barrel kick, which has an intensity of 

0.5 lbm/gal, the fracture gradient will be exceeded. The warning message states that the 
design volume needs to be decreased to 21.6 barrels in order to be able to circulate it out 
without fracturing the formation. 


FRAC GRADIENT EXCEEDED 


StressCheck reduced the kick volume to 
21.6 bbl in order to not exceed the frac 
gradient at shoe. 


To withstand a 25.0 bbl kick, the minimum 
cased hole depth must be 

14050 ft. Or the Frac gradient at shoe must 
increase to 13847 psig. 


Figure 20 Gas Kick Warning Message 


The input used assumed an error on the fracture pressure on zero, that is, the fracture 
pressure input was the actual pressure. This may not be the case, and in the preliminary 
design phase an error of margin may have been used. If a fracture error of only 

0.2 lbm/gal is used, the 25 barrels can be circulated. The StressCheck program 
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automatically calculates the maximum kick tolerance, if it is less than the initial input 
value, 21.6 barrels in this case. 


Burst Loads: 9 7/8" Production Casing 


Tubing Leak. 


Figure 21 Burst Loads Edit Tab - Tubing Leak 


The tubing leak load case does not require user entry at this point as all the data is already 
in the application. This load case will dominate the burst design. 
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Burst Loads: 9 7/8" Production Casing 


Figure 22 Burst Loads Edit Tab - External pressure profile 


By enabling the pore pressure in open hole option, the standard burst external pressure 
profile will be used. 
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Collapse Loads: 9 7/8" Production Casing x| 


Select | Edit | Temperature | Plot | Custom | Options | 


Drilling Loads r Production Loads 


IV Full Evacuation 
IV Lost Retums with Mud Drop | Above/Below Packer 
V Cementing I Gas Migration 


Internal Profile External Profile 
© Mud and Cement Mix-Water 

© Permeable Zones 

© Mud and Cement Slurry 

C Frac @ Prior Shoe w/ Gas Gradient Above 
@ Fluid Gradients w/ Pore Pressure 


Lost Returns with Mud Drop 
Full Evacuation 


coct [a e 


Figure 23 Collapse Loads Dialog Select Tab 


The cementing and lost returns with mud drop load cases should be selected as the 
collapse design criteria for drilling. The full evacuation scenario is defined in the design 
guidelines for production. 


Collapse Loads: 9 7/8" Production Casing x| 


Select Edit | Temperature | Plot | Custom | Options | 


Lost Returns with Mud Drop 


Lost Returns Depth, MD [ft] fi 4911 


[Pore Pressure @ Lost Returns Depth (psig) 7] fi 1329 
Mud Weight [ppg] fi 6.20 


Mud Drop Level, MD = 1450 ft 


Cancel | Apply | Help | 


Figure 24 Collapse Loads Edit Tab - Lost Returns Mud Drop 
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The partial evacuation condition will occur while drilling the 8 1⁄2 inch hole interval, 
because the mud column equilibrates with the pore pressure at the hole TD. This results 
in an evacuation depth of approximately 1,450 feet. 


Collapse Loads: 9 7/8" Production Casing xj 


Select Edit | Temperature | Plot | Custom | Options | 


Mud Weight at Shoe= 15.50 ppg 
TOC, MD= 10650 ft 
Lead Slurry Density= 15.80 ppg 


Displacement Fluid Density= 15.50 ppg 
Float Collar Depth, MD= 12615 ft 


Cancel | Apply | Help | 


Figure 25 Collapse Loads Edit Tab - Cementing 


The cementing load condition is intended to capture the collapsing effects of pumping the 
heavier cement round the back side. In this scenario, no problems exist. 
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Collapse Loads: 9 7/8" Production Casing 


Figure 26 Collapse Loads Edit Tab - Full Evacuation 


The design guidelines state that for collapse the internal pressure should be zero. The full 
evacuation scenario is that with zero internal pressure. This creates a severe collapse 
scenario that may or may not be realistic. The results of this load case should be 
examined for integrity and the realism determined. 
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Collapse Loads: 9 7/8" Production Casing x| 


Select Edit | Temperature | Plot | Custom | Options | 


Fluid Gradients w/ Pore Pressure 


TOC, MD= 10650 ft, Prior Shoe, MD= 7366 ft 


Fluid Gradient Above TOC (ppg) fi 5.50 
Fluid Gradient Below TOC (ppg) fi 5.50 


J Pore Pressure In Open Hole 


Cancel | Apply | Help | 


Figure 27 Collapse Loads Edit Tab - External Pressure Profile 


The collapse external pressure profile assumes a mud column from the hanger to the 
shoe. This is consistent with the assumption that a channel exists in the cement and a mud 
gradient is seen below the TOC. 


Before continuing with the axial load case entry, be sure to graphically check the burst 
and collapse load cases. 
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Figure 28 Burst Loads Plots 
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Figure 29 Collapse Loads Plots 
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Note that the tubing leak load case dominates the burst design while the full evacuation 
load case dominates the collapse design. 


Axial Loads: 9 7/8" Production Casing x| 


Select | Plot | Options | 


J¥ Running in Hole - Avg. Speed E ft/s 
MV Overpull Force 100000 lbf 


V Pre-Cement Static Load Applied Force: |0 lbf 
IV Post-Cement oad 
V Green Cement Pressure Test ft 000 psig 


V Service Loads 


Cancel | Apply | Help 


Figure 30 Axial Loads Dialog Box 


The standard axial load cases are selected from the Axial Loads dialog box 

(Figure 30). The green cement pressure test can dominate the axial design over the upper 
portion of the casing, but the pressure used is relatively small. The combined loading due 
to the service loads may dominate in this scenario over the full length of the string. 


Note that the axial loads cannot be calculated or viewed graphically until after a design 
has been established, because a pipe weight must be specified in order to calculate the 
axial load distribution. 
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Z StressCheck - [Pipe Inventory - 35-1-1 US UNITS NEW FG] E i -10| xÍ 
aa Edit wellbore Tubular View Options Window Help -laj xj 


& a mi ža @| Ly il at s: >| 9 7/8" Production Casing al 


Pipe Inventory 


ee 
(in) Name (in) (ksi) (in) Type (psig) (psig) (lbf) (ksi) | (% of Nom.) Cost ($/ft) 
fi (9.875 62. S D-11055G 8.625 110.0; 8.500. Special 12190 10280 1952000" 125.0 87.50 38.90 
|2 |9675 62.60  NT11055 8.625 110.0; 8.500. Standard 12184 10283 i5757 125.0 87.50 38.90 
la [9.875 62.80 Q-125 8.625 125.0; 8.500. Standard 13845 11135 2270292 135.0 87.50 35.17 
|4 9.675 66.80 C90 8.625 90.0 8.469 Standard 9968 8979 1634610 90.0 87.50 41.38 
|5 (9.875 66.80 NT110SS 8.625 110.0 8.469. Special 13220 12160. 2106857 135.0 87.50 41.38 
le (9.875 68.80 NT11055 8.475 110.0; 8.319. Standard 13546 12940 2219457 125.0 87.50 42.62 
z |8875 70.30 NT11088 8.157 110.0 8.001. Standard 16745 17473 2676391 125.0 87.50 43.55 
[D> ]\working AWES A Formation APP AFP Á Burst A Colapse AAval | 4| | a 
For Help, press F1 | | | ‘num | a 


Figure 31 Inventory Spreadsheet 


The Inventory Spreadsheet (Figure 31), accessed from the Tubular menu, dictates which 
pipes will be considered in the current design. In this case, since a 9 7/8 inch pipe was 
used, a selection of these pipes had to be inserted in the inventory. 


Performing Design 


Construction of Load Lines 


Rather than compare each load case's profile to the pipe's rating on an individual basis, 
the approach taken for conventional burst, collapse and axial design is to combine load 
cases of the same type (for example, burst or collapse) into one load line of maximum 
load as a function of depth. Figure 32 shows two burst load cases being combined into a 
burst load line. 
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o Sees eee tee ere |) er EE maximum differential 
A 6000 pressure with depth is 
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O 
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12000 | | | j | | | l 


500 1000 1500 2000 2500 3000 3500 4000 4500 5000 
Differential Burst (psig) 


Figure 32 Constructing a Burst Load Line 


In order to make a direct graphical comparison between the load line and the pipe's rating 
line, the design factor must be taken into account. Recall: 


F- pipe rating s 


> = DF 
applied load 


min 


Where: 


SF = safety factor. 
DF = design factor (the minimum acceptable safety factor). 


Equation 1 Construction of Load Lines 
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Hence, by multiplying the load line by the DF, a direct comparison can be made with the 
pipe rating. As long as the rating is greater than or equal to the modified load line (called 
the design load line), the design criteria has been satisfied. Note that dividing the rating 
by the DF yields the same results. However, this is not recommended because one may 
wish to use different DFs with different load cases. It is easier to make all the corrections 
on the load line and keep the rating line constant. 


Multiplying the actual load line by the 
burst design factor results in the” 
design load line. 


“| + Design Load Line 
x Actual Load Line 


i i i i i T 
2400 2800 3200 3600 4000 4400 4800 5200 5600 6000 
Burst Pressure (psig) 


0 
+ Design Load Line 
1500 He x Rating Line 
3000 5 
4500- e 
<— The burst rating of 9-5/8” 40 ppf N-80 
6000 Hi E PA . pipe exceeds the burst load line at all 
depths. Hence, the burst design criteria 
7500 H sa e „has been satisfied for the production 
casing. 
9000 + 
10500 
12000 + 


i i i i i 
1500 3000 4500 6000 7500 9000 10500 12000 13500 15000 
Burst Pressure (psig) 


Figure 33 Example of Graphical Burst Design 


Two other effects, which impact design, are taken into account in graphical casing design 
by increasing the design load line: 


= The reduction of collapse strength due to tension. This biaxial effect is discussed in 
Section 3.8.4. The load line is increased as a function of depth by the ratio of the 
uniaxial collapse strength to the reduced strength. 


= The deration of material yield strength due to temperature. This effect is discussed in 
Section 3.8.8. Like the effect of tension on collapse, the load line is increased by the 
ratio of the standard rating to the reduced rating. 


If a computing tool such as StressCheck is used during the detailed design phase, all these 
adjustments are calculated automatically. 
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t StressCheck - [Collapse Design - 35-1-1 US UNITS NEW FG] E- = jol xj 
[J Eile Edit Wellbore Tubular View Options Window Help -l8j x| 


Diem x = a Art >| fs 7/8" Production Casing al 


Burst Design 


+ Design Load Line 
X Pipe Rating 
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2000 
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= z 
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x + 


13000 + t t j i i t t i 
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Burst/Collapse Design Á Axial/Triaxial Design FA tubulars info A Tuk | 4 [>] 4 


For Help, press F1 | | I | num | 7 


Figure 34 Burst and Collapse Design Plots 


The plots displayed in Figure 34 represent the initial design determined using 
StressCheck’s minimum cost algorithm. In this case, the design reflects the more severe 
burst criteria. In order to view the selected pipe from these plots, place the mouse pointer 
on the rating line and depress the left button. This will cause the selected pipe's OD, 
weight and grade to be displayed on the status bar in the lower left corner of the window. 
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Minimum Cost: 9 7/8" Production Casing x| 


Parameters | Design | 


r Constraints 


Maximum Number of Sections: E 
Minimum Section Length: fi 000 ft 


Cost 


Cost of K-55 Steel: [700 $/ton 


Cancel | Apply Help | 


Figure 35 Minimum Cost Design 


The minimum cost algorithm needs some set up. It requires a couple constraints, the 
maximum number of sections to run and the minimum length to run. A baseline cost is 
required because this is a cost algorithm. This is set up by defining the cost of K-55 steel. 
This does not need to be the actual cost of K-55 steel, but a simple base value as the 
application uses cost factors for the different grades to distinguish between the cost of 
using L-80 versus Q-125. 


Cost Factors x| 


Figure 36 Cost Factor Values 
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Minimum Cost: 9 7/8" Production Casing 


Tri-axial 


Effective Burst Pressure (ksi) 


Figure 37 Area of Effective Design Limits 
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Defining the constraints is not enough, the actual design limits must be defined. If the 
application only used the API ratings to design it would be easy, but StressCheck makes a 


triaxial design, so the limit of API vs Triaxial must be set. Figure 37 show an effective 
area to work. 


Z StressCheck - [Triaxial Design - 35-1-1 US UNITS NEW FG] j ici xi 
[J Eile Edit Wellbore Tubular View Options Window Help -lel x| 


QD E] & E| bd @| x| | al £ >| 97/8" Production Casing all 


Axial Design 


+ Design Load Line 
x Pipe Rating 


1000 


2000 


Measured Depth (ft) 
Measured Depth (ft) 


750000 1000000 1250000 1500000 1750000 2000000 2250000 2500000 70.0 80.0 90.0 100.0 110.0 120.0 130.0 140.0 
Axial Force (lbf) VME Stress (ksi) 


Burst/Collapse Design > Axial/Triaxial Design A tubulars info A Tuk. | 4 {>} 4 


For Help, press F1 | I | | 


{num | á 


Figure 38 Axial and Triaxial Design Plots 


The axial and triaxial criteria are also met with the current design, as seen in 
Figure 38. 


Version: 01A-Dec-06 This document is owned by ConocoPhillips Company and is for internal use only. 28 


Casing and Tubing Manual ATE Approved By: 
Owner: Mgr., Drilling Technology ConocoPhillips VP, Drilling & Production 


Z StressCheck - [Connections - 35-1-1 US UNITS NEW FG] a - |) xj 
rors Edit Wellbore Tubular View Options Window Help -laj xj 


& A ali ža l x ja mir s: | 5 9 778" Production Casing al 


Weight (Ibm/ft) 193281 


1460 12615. 9 7/8" 62.80 Q-125 468 353 


Pipe Section Conn Safety Factor Abs Pipe + Conn Cost ($) 
a (SA) 468 E 
[1 [9 7/8", 62.80 lb/ft, Q-125 Hydril SL E) 


v 
[4 [> K Axialriaxial Design À tubulars info Á Tubulars A Connections / |4 » 


For Help, press F1 | | | | num | 7 


Figure 39 String Sections and Connections Spreadsheet 


The String Sections spreadsheet shown in the upper window pane of Figure 39 indicates 
that a 9 7/8 inch 62.8 pound/foot Q-125 pipe has been selected. API connection cannot be 
selected for this pipe, as it is not an API standard. If an API connection is to be used in 
lieu of a premium connection, one or more of the following should be performed to 
increase the connection's leak resistance: 


= Tin-plate the couplings 
=" Adda Teflon? seal ring to the coupling 


Use torque/turn-monitoring equipment when making up the connections in the field to 
ensure the correct amount of thread interference. If a seal ring is used, the monitoring 
equipment will help detect a damaged seal ring during the make-up. 
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Z StressCheck - [Maximum Allowable Wear - 35-1-1 US UNITS NEW FG] j E 3 =101 x| 
zZ- Fie Edit Wellbore Tubular View Options Window Help -laj xj 


“EreBECNEIE _] #19] far Pocton cory =] | 
“(SEF lfe|\—_fa Ses 3 


i |__Remaining Wall Thickness (in) | Max. Wear (% of Wall Thick) | Max Wear(in) | 
OD/Weight/Grade Remaining Wall Thickness (in) Max. Wear (% of Wall Thick.) Max. Wear (in) 
Collapse E arc teel [| Burst | Collapse | 


9 7/8", 62.80 Ibmét, Q-125 0.444 B6 0.298 C5 
0.373 B6 0.522 C5 
3 i 0.357 B6 0.571 C5 
4 0.336 B6 0.583 C5 
5 i 0.333 B6 
6 0.448 B6 vea i 
11631 | 0.424 B6 $ 0.201 
m e caa m No Wear Allowed s No Wear Allowed ia No Wear Allowed 
1 12615 0.321 B6 486 0.304 
ht 
12 B6 Tubing Leak 
13 C5 Full Evacuation Production 
] 
[oD \ working AWes A Formation APP AFP A Burst A Collapse A Axial [KE 
For Help, press F1 [Num | A 


Figure 40 Maximum Allowable Wear Table 


After the design has been established, check the wear allowance. The allowable wear 
represents the amount of wear which will result in the burst or collapse safety factor to be 
equal to the corresponding design factor. Notice deep in the string the allowable wear 
drops-off quickly to 4% and then to zero wear allowed because the safety factor is less 
than the design factor based on the full evacuation load condition. 
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Z StressCheck - [String Summary - 35-1-1 US UNITS NEW FG] l =101 x| 
E File Edit Wellbore Tubular View Options Window Help -laj xj 


Die EERE @ Lyi [= | S| be >| 97/8" Production Casing há | 
ma oak: E J SIE] 7 


OD/AWeight/Grade CEON MD Interval Drift Dia. Minimum Safety Factor (Abs) Design Cost 
: f) (in) Collapse (8) 


1460-12615 8.500 1.53 *41.03 į 213C 1.53 i 468,353 
Total = 468,353 


5 C Conn Critical 


X 
[> ]\ working Awes Å Formation APP AFP A Burst A Colapse Axial |4| » 
For Help, press F1 [ | | num | 7A 


Figure 41 String Summary Table 


A summary of the current design is displayed in the String Summary. It may be necessary 
to optimize this design from a cost perspective. This could be performed by tapering the 
string to a 9 5/8 inch section shallow. The results of this optimization process are shown 
in Figure 42. 
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Z StressCheck - [String Summary - Sturlason 35_1-1] = (5) xj 
CA Bile Edit Wellbore Tubular View Options Window Help -laj xj 


erry & Al. oj% e x| El z] £ >| 97/8" Production Casing al 
= EA inne E aJ aS af 
String Summary 


A MD ee ei r Design Cost 


Production Casing 9 5/8", 53.50 Ibrfft, Q-125 N/A a oa 8. on A EN 38 m a ea | 227 396 
9 7/8", 62.80 Ibm/ft, Q-125 SuPreme LX (SLX) 9050-12615 8.500 1.53 *4.03 264C 1.53 149,680 
Total = 377 076 


6 C Conn Critical 
4 A Alternate Drift 


X 
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Figure 42 String Summary Table 


The design using 9 5/8 inch 53.5 lb/ft Q-125 casing from mudline to 9,050 feet represents 
sound engineering practice because the design criteria are still met. It also reduces the 
relative cost of steel by approximately $100,000. Many other checks should be made, but 
the collapse limit is still being exceeded. To design for this, a few questions must be 
asked: 


Is the design factor and calculated safety factor representative of the scenario? The liner 
top is at 12,415 feet. The safety factor becomes less than the design factor at 
approximately this depth, so is the design factor of 1.06 for collapse still true, or can 
a lower design factor be acceptable (1.00 for example)? 

Is the load condition of full evacuation (to atmospheric) a realistic scenario? Possibly this 
case could be more represented by a full evacuation to a gas gradient. If so the string 
could be a 9 7/8 inch, 62.8 lb/ft NT110S and have safety factors well within the 
design limits, see Figure 43. 
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Figure 43 String Summary Table 
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Appendix C - Operations and Load Condition 
Examples Using WellCat 


The following is taken from a casing design proposal for the Tommeliten 1/9-7 
exploration well. The contents of the report are unchanged, but at each stage, the relevant 
information is shown as input in WellCat. The results of the analysis are shown in the 
final section along with design extensions. 


NOTE: Some dialog boxes may be different from the current version 
because the software is evolving. 


The example provided here is from historical work and the design factors used in this 
case are different than those prescribed in this manual. 


Summary 


The drilling of the exploration well Tommeliten 1/9-7 is planned to start earliest in 
November 2002. The well is vertical, and will be drilled to a total depth of 5,045 meters 
rotary table (RT). The jack-up Mersk Giant will be used for the drilling. 


Design Parameters 


NOTE: All depths are vertical depths measured from the RT. 


If not otherwise stated, pressure gradients are given as specific gravity of equivalent mud 
weight (for example, EMW) where the specific gravity of fresh water = 1.0. 
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Veica z 


RT to MSL = 45 meters 

Water depth (MSL to seabed) = 76 meters 
RT to seabed = 121 meters 

TD of well = 5045 meters 


Figure 2 Offshore Dialog Box 
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Well Design and Geology 


A well schematic including the predicted geological column is shown in Attachment A 
and Figure 1. 


0.0m 
121.0 m 


1200.0 m 20" Surface Casing 


1200.0 m 20" Surface Casing 


2500.0 m 
2500.0 m 


2800.0 m 
2800.0 m 
3000.0 m 14" Intermediate Casing 


3000.0 m 14" Intermediate Casing 


3600.0 m TOL 


3800.0 m 9 7/8" Production Casing 


4000.0 m TOL 


4150.0 m 
9 7/8" Production Casing 4300.0 m 


TOL 


4200.0 m 7 5/8" Production Liner 


Figure 3 Well Schematic 


Depending on the actual pore pressure within the formation interval between 

3,800 meters and 4,300 meters, the 12 % inch hole may be drilled down to 4,200 meters 
(Case A1) or set higher at 3,800 meters (Case A2). The actual setting depth of the 

9 7/8 inch casing will then dictate which of the two cases, Case A1 or Case A2 will be 
followed during the continued drilling to reach well TD at 5,045 meters. The two cases 
are shown in Figure 3. 


Table 1 Casing Programs 


Description Case A1 Case A2 
30 inch casing shoe 200 meters 200 meters 
20 inch casing shoe 1200 meters 1200 meters 
14 inch casing shoe 3000 meters 3000 meters 
12 % inch hole drilled to: 4200 meters 3800 meters 
9 7/8 inch casing shoe 4200 meters 3800 meters 
8 % inch hole drilled to: 5045 meters (well TD) 4300 meters 
7 5/8 inch liner shoe 4300 meters 
6 % inch hole drilled to: 5045 meters (well TD) 
Liner size for well testing: 7 5/8 inch liner 5 % inch liner 
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The casing calculations have been carried out for both Case A1 and Case A2. 
Additionally, for where it applies, the calculations have been carried out for both the 
pressure predictions P50 and P90. 


Formation Pore Pressure 


Reference Attachment B - Pressure Gradient Plot (pressure plot shown for Cases A1 
and A2). 


The pressure gradient plot shows predicted pore pressure (P50) which is the most likely 
expected pressure. For the target reservoir formation (Oxford) with top at 4,570 meters, 
the pressure gradient plot shows what is considered maximum possible pore pressure 
(P90). 


The Oxford formation is expected to be hydocarbon bearing. The formations 
Ekofisk/Tor/Hod are also expected to be hydrocarbon bearing. 


Pressure Gradients Used for Casing Calculations 


For the casing calculations, the following pressure gradients have been used: 


Table 2 Pressure Gradients in Specific Gravity 


Description Depth Case Al Case A2 
in 
Meters 
P50 P90 | Frac MW | P50 | P90 | Frac | MW 
Grad Grad 

30 inch casing shoe 200 1.02 | 1.02 | 1.26 1.02 | 1.02 | 1.02 | 1.26 | 1.02 
20 inch casing shoe 1,200 1.02 | 1.02 | 1.87 1.02 | 1.02 | 1.02 | 1.87 | 1.02 
14 inch casing shoe 3,000 1.66 | 1.66 | 2.00 1.75 | 1.66 | 1.66 | 2.00 | 1.75 
12 % inch hole drilled to: 4,200 1.98” | 1.98 | 2.20 1.98 
9 7/8 inch shoe (Case A1) 3,800 1.71 | 1.71 | 2.13 | 1.70 
9 7/8 inch shoe (Case A2) 4,300 2.00 | 2.00 | 2.21 | 2.05 
8 % inch hole drilled to: 4,570 2.06 | 2.15 | 2.24 2.15 | 2.06 | 2.15 | 2.24 | 2.15 
7 5/8 inch liner shoe (Case 5,045 1.89 | 1.98 | 2.27 2.15 | 1.89 | 1.98 | 2.27 | 2.15 
A2) 
Top of reservoir (Oxford) 200 1.02 | 1.02 | 1.26 1.02 | 1.02 | 1.02 | 1.26 | 1.02 
Well TD 1,200 1.02 | 1.02 | 1.87 1.02 | 1.02 | 1.02 | 1.87 | 1.02 


Eg 
Case A1 will only apply if pore pressure is found to be sufficiently lower than predicted (P50) to allow for drilling the well 
according to Case A1. 
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| (i) wellcat - [Casing: Pore Pressure - Tommeliten 1_9-7 (42)] = = |a| x| 
|i File Edit Inventories Wellbore Loads Results Tools Window Help - |) xj 


Pa a a a= Ta: 
[51/2 Producton A olf =| Sil & 


| Pore Pressure 


Depth (m a a Zones 


121.0 No 

200.0 20.98 1.020 No 
1200.0 120.82 1.020 No 
3000.0 488.48 1.660 No 
3800.0 637.07 1.710 No 
4200.0 815.03 1.980 No 
4300.0 842.83 2.000 No 
4570.0 922.52 2.060 No 
5045.0 934.35 1.890 No 


Figure 4 Pore Pressure Screen 


|G wellCat - [Casing: Fracture Gradient - Tommeliten 1_9-7 (A2)] -lj xj 
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Frac Pressure/EMW 
E] 


b g 


200.0 25.68 1.260 
220.67 1.870 

588.32 2.000 

793.30 2.130 

905.47 2.200 

931.22 2.210 

1003.04 2.240 

1122.01 2.270 


Figure 5 Fracture Gradient Screen 
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Fluids Inventory E x| 


Cement Slurries | Standard Hydrocarbons | VLE Hydrocarbons | File-Defined Hydrocarbons | 
General Standard Muds CompositionalMuds |  Brines | Polymers | Foams | 
Name: 


Diesel Oil Comments : | 


Fresh Water 


Density [oo 
TEET Temperature : 70.0 _idegk 
.#5sg À 
1.98sg WBM Density : [1.020 s.g. 


2.15sg WBM BAET E [water z] 
Base Density : [1.000 $.g. 

Rheology 

Plastic Viscosity: [1.00 cp Yield Point: [0.00  Ibfz100fe 


Temperature : fi 20.0  degF 


Fluid Expansion : [Pv T Correlation = | 


Properties 


Cancel | Apply | Help | 


Figure 6 Fluids Inventory Dialog Box 


Casing Selection 


Table 3 Casing Summary 


OD | Weight | Grade | Connection | IDin. | Drift | Burst | Collaps | Tension Com- 
in. (Ibs/ft) Name in. (bar) | e(bar) | 1,000 lbs ments 
30 456.57 | X-52 XL-C 27 26.813 | 269 269 6981 
20 129.33 | X-56 XLF 18.75 | 18.563 | 211 100 2130 
14 106.13 | Q-125 Dino VAM | 12.5 12.344 | 808 496 3901 
99.43 Q-125 Dino VAM | 12.6 12.444 | 754 406 3655 Top 
32 jts 
97/8 | 62.8 NT110 | AntaresMS | 8.625 | 8.469 840 709 1997 Btm 
SS 250 jts 
7 5/8 | 29.7 Q-125 Hydril 513 6.875 | 6.75 742 391 1067 
51/2 | 17 L-80 Antares MS | 4.778 | 4.653 534 433 446 
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[|G wellCat - [Casing: Pipe Inventory - Tommeliten 1_9-7 (A1)] -lj xj 
E File Edit Inventories Wellbore Loads Results Tools Window Help =l8j xj 


Distal sia) alse we) Ana E a e 


| Pipe Inventory 


Grade or m OOOO Ratings O oO ë| Critical Dimensions (%' Plain End 
Name La Collapse (ba | Adal do) | Burst | Collapse | Asai | Triaial | Costs 


|1 [5.500 17.00 L-80 4.892 Standard 4.767 534.54 434.38 396993 87.50 100.00 100.00 100.00 8.39 


6.875 Standard 6.750 742.76 392.17 1067651 87.50 100.00 100.00 100.00 16.63 

8.625 Standard 8.500 841.04 709.99 1997857 87.50 100.00 100.00 100.00 38.90 

12.600 Standard 12.444 755.13 407.05 3656028 87.50 100.00 100.00 100.00 55.68 

12.500 Standard 12.344 808.99 497.46 3902447 87.50 100.00 100.00 100.00 59.43 

I 18.750 Standard 18.563 212.16 100.96 2130393 87.50 100.00 100.00 100.00 45.27 
456.57 27.000 Standard 26.813 314.72 270.20 6983760 87.50 100.00 100.00 100.00 159.80 


Figure 7 Casing Pipe Inventory 


Casing Design Criteria 
Minimum acceptable safety factors (SF) xj 


Drilling: 


Design Factors | Analysis Options | 


Burst: 1.1 Pipe Body Connection 
Collapse: 1.0 ae = 
: Triaxial : 1.250 Burst/Leak: 11.100 
Tension: 1.3 ma 
Burst: 1.100 Tension : [1.300 
Well testing: x a 


Collapse: {1.000 Compression: {1.300 


Burst: 1.1 for production casing 
Axial : 1.300 


1.0 for liner lap of production liners 
(burst criterion: 
Leak in test string below tubing hanger during flow 


testing) 
Collapse: 1.1 (displacement of well to completion 
fluid / brine) 
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The collapse criteria used for the casing design are: 


Collapse 1 
The mud column in the casing drops such that the x| 
upper 40% of the casing length is empty of mud. 
External Pressure Profile | Comments l 

Internal casing pressure: 9 7/8" Production Casing 
From surface and down to top of reduced mud column: Casing = 
Zero. Load: Initial Conditions 
From top of reduced mud column to casing shoe: Mud Data Provided by Selected Load : 
gradient used at bottom of the open hole below the Temperature Profiles. 
casing shoe. Wellbore Fluid Level 

© Fluid Level 1680.0 m MD 


@ % Evacuated foo 
Fluid : [1.98sg WBM z] 


External pressure: Mud Drop (40%) Load Details xi 
Pressure gradient from the formation behind casing. 9 7/8" Production Casing | 
External Pressure Profile | Comments | 


FLUID GRADIENTS (w/ PORE PRESSURE) MODEL 
TOC = 2800.0 m MD 

Prior Shoe = 3000.0 m MD 

‘Closed-Annulus Fluid Expansion’ option is DISABLED 


Mud Weight Above TOC : fi .980 s.g. 
Fluid Gradient Below TOC: {1.000 s.g. 
Wellhead Pressure : 1.01 bar 


vi 
| J Deteriorated Mud 


Mud Base Density : fi .980 sg 


Cancel | Apply | Help | 
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Collapse 2 (applies in the case of flow testing the well): 


Prior to running the test string and perforating 
the well, the production casing string (consisting 
of the production casing and one or more liners) 
is displaced to completion fluid (brine). 


Internal casing pressure: 


From surface and down to bottom of the 
production casing string: Completion fluid 
gradient. 


External pressure: 


Pressure gradient from the formation behind 
casing. 


Displaced to brine Load Details xj 


External Pressure Profile | Comments | 


9 7/8" Production Casing 
Casing 


Load: Jinitial Conditions € | 


Data Provided by Selected Load : 
Temperature Profiles. 


Wellbore Fluid Level 

@ Fluid Level foo  mMD 
C % Evacuated fC 

Fluid: |). 15sq pkr fluid X 


Cancel | Apply | Help | 


9 7/8" Production Casing 
External Pressure Profile 


Displaced to brine Load Details x| 


Comments 


FLUID GRADIENTS (w/ PORE PRESSURE) MODEL 
TOC = 2800.0 m MD 

Prior Shoe = 3000.0 m MD 

'Closed-Annulus Fluid Expansion’ option is DISABLED 


Mud Weight Above TOC : fi .980 s.g. 
Fluid Gradient Below TOC: {1.032 s.g. 
Wellhead Pressure : 1.01 bar 


fi 000 sg 


Mud Base Density: 


| J Deteriorated Mud 


Cancel | Apply | Help | 
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The burst criteria used for the casing design are: 


Burst 1 


When drilling the open hole section below the 
casing shoe a gas kick occur — with the final 
result that the casing is filled with gas to surface. 


Internal casing pressure: 


If initial gas pressure at shoe exceeds the 
fracturing pressure at shoe: At any depth of 
interest inside the casing the pressure will be 
equal to the formation fracture pressure at the 
casing shoe minus the weight of the gas 
column from the shoe and up to the depth of 
interest. 


If initial gas pressure at shoe does not exceed 
the fracturing pressure at shoe: At any depth 
of interest inside the casing the pressure will 
be equal to the initial gas/formation pressure 
at the depth of influx minus the weight of the 
gas column from the depth of influx and up to 
the depth of interest. 


External pressure: 


From casing shoe to surface: Pressure gradient 
from the formation behind casing. 


Displace to Gas Load Details xj 


External Pressure Profile | 
9 7/8" Production Casing 


Comments | 


ate Initial Conditions 


Data Provided by Selected Load : 
Temperature Profiles. 


Frac Gradient at Shoe : f2. 190 s.g. 


Frac Margin Of Error : jooo s.g. 

m Next Hole Section 
Pore Pressure : f2050 s.g. 
Influx Depth : 4575.0 mMD 


[Gas Gradient x] [0.2080 psi/ft 


Cancel | Apply | Help | 


Displace to Gas Load Details x| 


9 778" Production Casing | 
External Pressure Profile Comments | 
FLUID GRADIENTS (w/ PORE PRESSURE) MODEL 
TOC = 2800.0 m MD 
Prior Shoe = 3000.0 m MD 
‘Closed-Annulus Fluid Expansion’ option is DISABLED 


Mud Weight Above TOC : fi .980 s.g. 
Fluid Gradient Below TOC: [1.032 $.g. 
Wellhead Pressure : 1.01 bar 


Mud Base Density 


fi 000 s.g 


| J` Deteriorated Mud 


Cancel | Apply | Help | 


Burst 2 (applies in the case of flow testing the well) 


A test string has been installed and the well is producing. A leak occurs in the tubing just 
below the tubing hanger such that the gas pressure in the tubing at the tubing hanger will 
act on top of the column of fluid (completion fluid) in the annulus between tubing and 


production casing. On the outside of the production casing the pressure gradient is 
assumed to be the pressure gradient from the formation behind casing. 
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Internal casing pressure: 


From production/test packer and up to tubing 
hanger: At any depth of interest inside the 
production casing the pressure will be equal to 
the initial reservoir pressure minus the weight of 
the gas column from the top of the reservoir to 
surface plus the weight of the packer fluid 
column from surface and down to the depth of 
interest. 


External pressure: 


If the production casing has not been 
cemented up past the previous casing shoe: 
From top of the production packer set inside 
the production casing (or liner) and up to the 
surface: Pressure gradient from the formation 
behind the production casing / liner. 


If the production casing has been cemented 
up past the previous casing shoe: 

From top of the production packer set inside 
the production casing (or liner) and up to the 
last casing shoe set outside the production 
casing: Pressure gradient from the formation 
behind the production casing / liner. 

From the depth of the last casing shoe set 
outside the production casing and up to 
surface: Pressure gradient from the mud 
behind the production casing. 


Tubing Leak Load Details 


Casing 
Load: 


External Pressure Profile 


| Comments 


9 7/8" Production Casing 


Initial Conditions 


Data Provided by Selected Load : 


Temperature Profiles. 


V Override Internal Pressure Profile 


Wellhead Pressure : 


704.00 bar 


Fluid : fi .15sg pkr fluid X | 


xi 
| 


Cancel | Apply | Help | 
x 


9 7/8" Production Casing 


External Pressure Profile 


Comments 


FLUID GRADIENTS (w/ PORE PRESSURE) MODEL 
TOC = 2800.0 m MD 

Prior Shoe = 3000.0 m MD 
‘Closed-Annulus Fluid Expansion’ option is DISABLED 


| 


Mud Weight Above TOC : 
Fluid Gradient Below TOC : 


Wellhead Pressure : 


[1.380 s.g. 


1.032 $.g. 
1.01 bar 


J Deteriorated Mud 


Mud Base Density 


| 1.000 s.g 
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The tension criterion used for the casing design is: 


Tension 


Maximum tension on the casing string is assumed to occur during installation and will be: 
Buoyant weight of casing + Bending force + Shock loading 


Where: Running in hole Load Details x| 


3 7/8" Production Casing || Comments | 
Buoyant weight = W*(1 — Gm/3.4) 


Data Provided to Current Load : 
Bending force = 218 * OD * DL* A Undisturbed Temperatures 
Shock loading = 2700 * V * A Running Fluid : 


W = weight of casing in air (pounds) Qverpull Force: }150000 bf 


Gm = mud gradient (psi/feet) 


A = cross sectional area of the casing (square Cancel | amw | He | 


inches) 


OD = casing outside diameter (inches) 


DL = dogleg severity (degrees/100 feet), 
(2 degrees/100 feet used for vertical well) 
V = casing running speed 

(normal = 3 - 4 feet/second) 


| (4) wellcat - [Casing: Dogleg Severity Overrides - Tommeliten 1_9-1] 
Í E File Edit Inventories Wellbore Loads Results Tools Window Help =] Jaj x} 


o S| fal siel »| EJ ej | K A Puy db| IC | fay [Dogleg Severity Override z] ¢| >|| 
[3 778" Production Casing z] | | | zj ml &| eI x| 


Dogleg Severity Overrides 


[EE SST DLS 
deg! OOf) 


6045.0 2.00 


Figure 8 Casing: Dogleg Severity Overrides Spreadsheet 


xl 
9 7/8" Production Casing | Annulus | Comments | 
r Casing Density Profile m Casing Temperature Profile 
| Dim) | Density | Incremental MD (rn) emperature 
| Top | Base | (5.9) [Pressure (bar deg 
af oo 0.0 Hanger 0.00 m 0.0 40.0 
[2 | oo 28000 1.980 121.0 40.0 
[3 | 2800.0 4200.0 1.980 4200.0 307.7 
Data source : il Data Source : 
Defaulted from Cementing and Landing [Ek Undisturbed Fil. 
Default | Temperatures Default | 


Figure 9 Initial Conditions Dialog Box 1 
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Initial Conditions x| 


97/8" Production Casing Annulus | Comments | 


r Annulus Density Profile 


| Dim) | Density | Incremental 
| Top | Base | (s.g) | Pressure (bar 


0.0 0.0 Hanger 
12} oo 2800.0 1.980 
El 2800.0 4200.0 1.897 
|__| 
Data source : 
Defaulted from Cementing and Landing 


0.00 


-Annulus Temperature Profile 


emperature 
cx 
EE 


0.0 40.0 


121.0 40.0 
4200.0 307.7 
Data Source : Fill. 
Undisturbed = 
Temperatures 


Default | 


Figure 10 Initial Conditions Dialog Box 2 
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Other Considerations 


The tension in a casing string tends to slightly increase the burst resistance of the casing 
and decrease the collapse resistance. Since generally maximum burst will occur at top of 
the casing where the tension is highest, and maximum collapse in the lower part of the 
string where the tension is small, the biaxial stress act in the "positive direction" with 
regard to burst and collapse loads on the casing string. Correcting for biaxial stress may 
be considered if actual design factors for the chosen casing come close to the minimum 
required design factors. 


1050.00 a m 
E - ae Initial Conditions 
The tyiaxial ellipse shows thq biaxial 
900.00 - 
respohse effett for burst. Tal 1.250 
Blirst 1.100 [Tension t> 

750.00 

600.00 

450.00 
 F 300.00 
2 
g 
3 150.00 
3 
a 
© 0.00 = 
g 
= 
V -150.00 
g 
p= 
i -300.00 

-450.00 

-600.00 

Collapse 1.06 
-750.00 z z 
The effect of tension on collapse is 
o0 the biaxial response for collaps¢ and 
: can edsily be seen here 
Note: Limits are approximate 
-1050.00 


-2100000 -1800000 -1500000 -1200000 -900000 -600000 -300000 0 300000 600000 900000 1200000 1500000 1800000 2100000 
Effective Tension (lbf) 


Figure 11 Biaxial Response Effect 


For Tommeliten 1/9-7 this is not an issue. 


Casing Wear 


Casing wear may need to be checked and corrected in the casing design calculations for 
casing strings in high deviation wells, if long open hole sections are to be drilled below 
them, and where actual design factors for the chosen casing come very close to the 
minimum required design factors. 


Tommeliten 1/9-7 is a vertical well where the longest open hole section is below the 
20 inch casing. The 14 inch casing is heavy wall casing. For Tommeliten 1/9-7 casing 
wear is not considered to be an issue with the chosen casing design. 


If casing wear was considered a concern, then Maurer's Cwear™ application would be 
used to predict the amount of wear the casing could expect during a drilling phase. 
Another approach, the approach used by the StressCheck application in predicting the 
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amount of allowable wear, is to use the ratio of design factor to safety factor. This is 
explained in Equation 1: 


Safety Factor - Design Factor _1.76—1.10 
Safety Factor 1.76 


Allowable Wear = =0.375 


or 37.5% Allowable Wear 


Equation 1 Casing Wear 


Compression 


In special cases where a casing string may experience substantial compression loads, it 
may be necessary to check the casing string in the casing design with regard to 
compression loads. For the usual well designs, this is not a consideration. 


For Tommeliten 1/9-7 this is not an issue. 


Buckling 


Only in extreme cases, such as for very long casing strings in HP/HT wells will it be 
necessary to check the casing string for bucking in the casing design. 


In Tommeliten 1/9-7 the 9 7/8 inch casing will be cemented back to 2,800 meters. The 
stretch in the casing from 2,800 meters and to surface by the pretension due to its weight 
when being cemented, will be in the order of 2.2 meters. If the average temperature 
increase over the 9 7/8 inches string length from 2,800 meters and up is 65 degrees C, the 
temperature expansion of the string will be approximately 2.2 meters leaving the sting in 
neutral with regard to tension/compression. 
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It is not believed that the average temperature increase over the 9 7/8 inch casing string 
from 2,800 meters and up will be much higher than 65 degrees C during a well test (as 
compared to a "prior to welltest" situation). For Tommeliten 1/9-7, buckling of the 
production casing is therefore not considered to constitute a problem. 


x 
Standard | Additional | 


Surface Ambient : (40.0) deg F 
Mudline : [40.0 deg F 


Well TD: 5045 m TYD 


C Temperature: [363 


deg F 
© Gradient: [2.00 deg F/100ft 


Cancel | Apply Help 


Figure 12 Undisturbed Temperature Dialog Box 


Both the compression and buckling statements here are not agreeable, we do not know 
the temp regime so how can this statement be made. Show how temperature can play a 
major part in the design by creating a production profile, us the temps, deration and all 
aspects of the temperature modeling to disprove the statement that it is not a problem. 


Casing Design 
Pressure graphs for the casing calculations below are found in Attachment C. 


Gas gradient and packer fluid weight 


For the casing calculations the following gas gradient and packer fluid weight has been 
used: 


= Gas gradient in reservoir: 0.208 psi/feet 
=" Packer fluid weight: 1.15 SG (CaCl, brine) 
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xi 
General | Standard Muds | Compositional Muds | Brines | Polymers | Foams | 
Cement Slurries Standard Hydrocarbons | VLE Hydrocarbons | File-Defined Hydrocarbons | 

Name: 
N2 Comments : 
a Type: Gas si 
Oil API Gravity : deg 
Gas Gravity : 0.850 Normalize 


Gas Composition 


co2: [0.000 x H25 : [0.000 x n2: [0000 x 
Ci: [6879 x c2: fia76 % c3: [6.880 % 
neq: [1056 % ic4: [0000 % ncs: [0.000 x 
Ics: [0000 x Nes: [0.000 x cz: [0.000 % 


Average Molecular Weight of C7+: [101.205 


Cancel Apply Help 


Figure 13 Fluids Inventory Standard Hydrocarbons Dialog Box 


x 
Cement Slurries | Standard Hydrocarbons | VLE Hydrocarbons | File-Defined Hydrocarbons | 
General | Standard Muds | Compositional Muds Brines | Polymers | Foams. | 

Name: 
Seawater Comments : 
Type: CaCl2 7] 
Density : 1.150 sq 
Rheological 
Temperature : 120.0 deg F 


Fluid Expansion: {PYT Correlation 7] 


Cancel Apply Help 


Figure 14 Fluids Inventory Brines Dialog Box 


(For the 20 inch casing burst calculations a gas gradient of 0.1 psi/feet is used.) 


Conductor - 30 Inch 


The conductor will be 30 inches, grade X52, with 1 % inch wall thickness. The wellhead 
will be installed on the 20 inch surface casing. The majority of supporting load will be 
transmitted to the 30 inch conductor at the mudline support below seabed. The 
recommended top tension to support the conductor, to prevent vortex induced vibration 
and buckling of the conductor, is 25-50 tons. 
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Table 4 Conductor - 30 Inch 


Size Casing | Weight | Grade | Connection | Collapse Burst Tension 
Section | (Ibs/ft) Strength | Strength | Strength (1,000 
(bar) (bar) Ibs) 
30 in. 0-200 456.57 | X-52 XL-C 211 100 2130 
meters 


For the 30 inch conductor, collapse, burst and tension are not an issue. 


Casing - 20 Inch 


The 18 % inch wellhead will be installed on the 20 inch casing. The 20 inch casing will 
be landed on the 30 inch conductor mudline support below seabed. 


Casing Selection 


Table 5 Casing Selection - 20 Inch Casing Selection 


Size Casing | Weight | Grade | Connection | Collapse Burst Tension 
Section | (Ibs/ft) Strength Strength Strength 
(bar) (bar) (1,000 Ibs) 
20 in. 0-1200 | 129.33 | X-56 XLF 211 100 2130 
meters 


Casing Design Values 


Reference Attachment C, Figure 1a and 1b. 


Table 6 Casing Design Values - 20 Inch Casing 


Burst 1 (gas filled casing) 


Burst rating (bar) 


Max. net burst P50 (bar) 


Design Factor burst 


211 


192.43 


1.10 


20 inch casing 


Collapse 1 (casing string 40% 


empty) 


Collapse rating Max. net collapse Design Factor collapse 
20 inch casing 100 47.45 2.11 
Tension 


Tension rating (1,000 Ibs) 


Max. tension (1,000 lbs) 


Design Factor tension 


20 inch casing 


2130 


1083 


1.97 


The 20 inch casing selection satisfies the casing design criteria. 
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Differential Pressure - 20" Surface Casing 


0.0 m 
|+ Initial Conditions 

i X Displacement to gas 
100:9; TF © Mud drop (40%) 


500.0 ` Ba y 
600.0 X 
700.0 7 il 7 
800.0 f- \ 7 
900.0 Wa N A 
1000.0 F 7 k F 
1100.0 F 7 | 7 


1300.0 


MD (m) 


1400.0 
-100.00 -75.00 -50.00 -25.00 0.00 25.00 50.00 75.00 100.00 125.00 150.00 175.00 200.00 225.00 250.00 
Differential Pressure (bar) 


Figure 15 Differential Pressure — 20 Inch Surface Casing 


300.00 

+ Displacement to gas 

Xx Mud drop (40%) 
250.00 Ehuda 

Tri-axial 1.250 

™ Overpull 

200.00 Burst 1.100. = ension 1,300. 
LZ 
150.00 
Za 7] 


0.00 ry A o a m aa a 
i 


Effective Internal Pressure (bar) 


Collapse 1.000 


Note: Limits are approximate 
-300.00 T T 


-2100000 -1800000 -1500000 -1200000 -900000 -600000 -300000 0 300000 600000 900000 1200000 1500000 1800000 2100000 
Effective Tension (lbf) 


Figure 16 Design Limits - 20 Inch Surface Casing 
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Axial Load - 20" Surface Casing 


MD (m) 


100.0 


200.0 


300.0 


400.0 


500.0 


0.0 


3S 
SN 


® 
+, 


Figure 17 Axial Load - 20 Inch Surface Casing 


Casing - 14 Inch 


900000 


600.0 A 
f | 
700.0 V4 G 
A 
800.0 pf ° v4 
Å | i 
900.0 7 j va 
1000.0 >- 
Va | + initial Conditions 
1100.0 vá i X Displacement to gas 
y Qa © Mud drop (40%) 
e 
7 ? ™ Overpull 
1200.07" a. x wt | verpul 
-500000 -400000 -300000 -200000 -100000 o 100000 200000 300000 400000 500000 600000 700000 800000 
Axial Load (lbf) 


The weight of the 14 inch casing will be hung off at the mudline suspension and the 
surface hanger will be locked and sealed in the 18 34 inch wellhead. 


Casing Selection 
Table 7 Casing Selection - 14 Inch 
Size Casing Section | Weight | Grade | Connection | Collapse Burst Tension 
(Ibs/ft) Strength | Strength | Strength 
(bar) (bar) (1,000 Ibs) 
14 in. 0-320 meters 106 Q-125 Dino VAM | 496 808 3901 
14 in. 320-3,000 100 Q-125 Dino VAM | 406 754 3655 
meters 
Casing Design Values 
Reference Attachment C, Figure 2a and 2b. 
Table 8 Burst 1 (Gas Filled Casing) 
Burst Max. Net Burst P50 Design Factor Burst 
rating (bar) (bar) 
14 inch casing (106 pounds/feet, Q-125) | 808 449.7 1.80 
14 inch casing (100 pounds/feet, Q-125) | 754 429 1.76 
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Table 9 Collapse 1 (Casing String 40% Empty) 


Collapse Rating Max. Net Design Factor 
Collapse Collapse 
14 inch casing (106 pounds/feet, Q-125) | 496 35 14.17 
14 inch casing (100 pounds/feet, Q-125) | 406 199.73 2.03 


The 14 inch casing selection satisfies the casing design criteria. 


Table 10 Tension 


Tension Rating Max. Tension Design Factor 
(1,000 Ibs) (1,000 Ibds) Tension 
14 inch casing (106 pounds/feet, Q-125) | 3901 1226 3.18 
14 inch casing (100 pounds/feet, Q-125) | 3655 1126 3.25 


The 14 inch casing selection satisfies the casing design criteria. 


Differential Pressure - 14" Intermediate Casing 


0.0 Z] ~j 
250.0 P aa | 
° 
500.0 F t 
750.0 saei 
0 
+ 
1000.0 pal 
0 
$ 
1250.0 £ | 
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\ | P 
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Figure 18 Differential Pressure - 14 Inch Intermediate Casing 
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Axial Load - 14" Intermediate Casing 
0.0 
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|+ Initial Conditions 
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Figure 19 Axial Load - 14 Inch Intermediate Casing 
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Figure 20 Design Limits - 14 Inch Intermediate Casing Section 1 
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Figure 21 Design Limits — 14 Inch Intermediate Casing Section 2 


Casing - 9 7/8 Inch and Liner - 7 5/8 Inch 


The weight of the 9 7/8 inch casing will be hung off at the mudline suspension and the 
surface hanger will be locked and sealed in the 18 34 inch wellhead. 


Two options exist for the setting depth of the 9 7/8 inch casing. 


= Case Al: 97/8 inch shoe at 4,200 meters, and the hole drilled down to TD 
(5,045 meters). 


= Case A2: 97/8 inch shoe at 3,800 meters, and the hole drilled down to 4,300 meters. 
A 7 5/8 inch liner is then run and hung off inside the 9 7/8 inch casing at 
3,600 meters. The hole is then drilled to TD (5,045 meters). 


Casing Selection 


Table 11 Casing - 9 7/8 Inch and Liner - 7 5/8 Inch Selection 


Size 


Case 


Casing/ | Weight Grade | Connection | Collapse Burst Tension 

Setting liner (pounds Strength | Strength | Strength 
Depth | Section /feet) (bar) (bar) (1,000 
Option pounds) 

9 7/8 Case 0-4,200 | 62.8 NT- Antares MS 709 840 1998 

inch Al meters 110SS 

casing 

9 7/8 Case 0-3,800 | 62.8 NT- Antares MS 709 840 1998 

inch A2 meters 110SS 

casing 

7 5/8 3,600- 29.7 Q-125 | Hydril 513 742 391 1067 

inch 4,300 

liner meters 
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Casing Design Values 


Reference Attachment C, Figure 3a and 3b. 


Table 12 Casing Design Values - 9 7/8 Inch 


Case A1 Burst 1 (gas filled casing) 
Burst rating (bar) Max. net burst P50 and P90 | Design Factor burst 
(bar) 
9 7/8 inch 840 708.26 1.19 
casing 
Case A1 Collapse 1 (casing string 40% empty) 
Collapse rating (bar) Max. net collapse P50 and Design Factor collapse 
P90 (bar) 
9 7/8 inch 709 285.91 2.48 
casing 
Case A1 Tension 
Tension rating (1,000 lbs) Max. tension (1,000 lbs) Design Factor tension 
9 7/8 inch 1998 872 2.29 
casing 


Reference Attachment C, Figure 4a and 4b. 


Differential Pressure - 9 7/8" Production Casing 
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Figure 22 Differential Pressure — 9 7/8 Inch Production Casing 
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Axial Load - 9 7/8" Production Casing 
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Figure 23 Axial Load - 9 7/8 Inch Production Casing 


Design Limits - 9 7/8" Production Casing - Section 1-OD 9.875 - Weight 62.80 - Grade NT110SS 
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Figure 24 Design Limits - 9 7/8 Inch Production Casing Section 1 


Table 13 Casing Design Values - 9 7/8 Inch Casing and 7 5/8 Inch Liner 


Case A2 


Burst 1 (gas filled casing) 


Burst rating (bar) Max. net burst P50 and P90 | Design Factor burst 


(bar) 


9 7/8 inch 
casing 


840 


731.18 1.15 


7 5/8 inch liner 


742 


360.14 2.06 


Case A2 


Collapse 1 (casing string 40% empty) 
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Collapse rating (bar) 


Max. net collapse P50 and 


Design Factor collapse 


P90 (bar) 

9 7/8 inch 709 260.95 2.72 

casing 

7 5/8 inch liner | 391 324.95 1.20 

Case A2 Tension 

Tension rating (1,000 lbs) Max. tension (1,000 lbs) Design Factor tension 

9 7/8 inch 1998 838 2.38 

casing 

7 5/8 inch liner | 1067 148 7.22 


The 9 5/8 inch and 7 5/8 inch casing/liner selection satisfies the casing design criteria 
with regard to drilling the well. 


Differential Pressure - 9 7/8" Production Casing 
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Figure 25 Differential Pressure - 9 7/8 Inch Production Casing 
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Axial Load - 9 7/8" Production Casing 
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Figure 26 Axial Load - 9 7/8 Inch Production Casing 


Design Limits - 9 7/8" Production Casing - Section 1-OD 9.875 - Weight 62.80 - Grade NT110SS 
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Figure 27 Design Limits - 9 7/8 Inch Production Casing Section 1 


Production Casing String - 9 7/8 Inch with Liner - 7 5/8 Inch 


For Case A1, the production casing string in case of flow tested will consist of the 9 7/8 
inch casing with a 7 5/8 inch liner hung off inside the casing. 


With regard to the Casing Design Criteria, the worst burst situation for the production 
casing string will be Burst 2 (leak in tubing below tubing hanger during the well test). 
The worst collapse situation will be Collapse 2 (displacing the production casing string to 
completion fluid prior to perforating the well). 
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NOTE: The completion fluid will be 1.36 SG brine. 


Casing Selection and Configuration 


Table 14 Casing Selection and Configuration (Case A1 - Well Testing) 


Size Case Casing/ | Weight Grade | Connection | Collapse Burst Tension 
Setting Liner (pounds Strength | Strength | Strength 
Depth lection /feet) (bar) (bar) (1,000 
Option pounds) 
9 7/8 Case Al 0-4,200 | 62.8 NT- Antares MS | 840 709 1998 
inch meters 110SS 
casing 
7 5/8 Well 4,000- 29.7 Q-125 Hydril 513 742 391 1067 
inch liner | testing 5,045 
situation meters 


Casing Design Values 


Reference Attachment C, Fig. 5a and 54b. 


Table 15 Casing Design Values (Case A1 - Well Testing) 


Case Al Burst 2 (leak in tubing below hanger) 

Well testing Burst rating (bar) Max. net burst P50 (bar) Design Factor burst 

9 7/8 inch 840 707.86 1.19 

casing 

7 5/8 inch liner | 742 478.74 1.55 

Case Al Collapse 2 (displacing production casing string to light fluid prior to well testing) 
Well testing Collapse rating (bar) Max. net collapse P50 (bar) | Design Factor collapse 
9 7/8 inch 709 229.12 3.09 

casing 

7 5/8 inch liner | 391 313.63 1.25 
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Differential Pressure - 9 7/8" Production Casing 
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Figure 28 Differential Pressure - 9 7/8 Inch Production Casing 
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Figure 29 Axial Load - 9 7/8 Inch Production Casing 
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Figure 30 Design Limits - 9 7/8 Inch Production Casing Section 1 


Production Casing String - 9 7/8 Inch with Liner - 7 5/8 Inch and 


Liner 5 % Inch 


For Case A2, the production casing string, in a flow test case, will consist of the 
9 7/8 inch casing with a 7 5/8 inch liner hung off inside the casing and a 5 % inch liner 


Effective Tension (lbf) 


hung off inside the 7 5/8 inch liner. 


With regard to the Casing Design Criteria, the worst burst situation for the production 
casing string will be Burst 2 (leak in tubing below tubing hanger during the well test). 


600000 900000 1200000 1500000 1800000 2100000 


The worst collapse situation will be Collapse 2 (displacing the production casing string to 
completion fluid prior to perforating the well). 


NOTE: The completion fluid will be 1.36 SG brine. 
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Casing Selection and Configuration 


Table 16 Casing Selection and Configuration 


Size Case Casing/ | Weight | Grade | Connec | Collapse Burst Tension 

Setting liner (Ibs/ft) tion Strength | Strength Strength 
Depth | Section (bar) (bar) (1,000 Ibs) 
Option 

9 7/8 Case 0-3,800 | 62.8 NT- Antares | 840 709 1998 

in. A2 meters 110SS MS 

casing 

7 5/8 Well 3,600- 29.7 Q-125 Hydril 742 391 1067 

in. testing 4,300 513 

liner meters 

5 % in. 4,150- 17 L-80 Antares | 534 433 446 

liner 5,045 MS 

meters 


Casing Design Values 


Reference Attachment C, Figures 6a and 6b. 


Table 17 Casing Design Values (Case A2 - Well Testing) 


Case A2 Burst 2 (leak in tubing below hanger) 

Well testing Burst rating (bar) Max. net burst P50 (bar) Design Factor burst 
9 7/8 inch 840 707.86 1.19 

casing 

7 5/8 inch liner | 742 649.50 1.14 

5 % inch liner 534 457.30 1.17 


Case A2 Collapse 2 (displacing casing to completion fluid prior to well testing) 

Well testing Collapse rating (bar) Max. net collapse P50 (bar) Design Factor collapse 
9 7/8 inch 709 114.71 6.18 

casing 

7 5/8 inch liner | 391 250.57 1.56 

5 % inch liner 433 313.63 1.38 


The 9 5/8 inch x 7 5/8 inch x 5 % inch production casing string for Case A2 satisfies the 


casing design criteria for well testing. 
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Differential Pressure - 9 7/8" Production Casing 
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Figure 31 Differential Pressure - 9 7/8 Inch Production Casing 


Axial Load - 9 7/8" Production Casing 
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Figure 32 Axial Load - 9 7/8 Inch Production Casing 
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Figure 33 Design Limits - 9 7/8 Inch Production Casing Section 1 


Further Considerations 


One of the most important aspects of casing design is the temperature aspect. 
Temperature can govern and effect everything in casing design from simple expansion 
contraction of the steel to changes in pressure profiles to weakening the steel itself. 
Without knowing the actual production scenario, it would be difficult to demonstrate the 
impact of temperature. For this section, an assumed production scenario has been created 
using the WellCat application. 


The sensitivity has been done on the A1 scenario for this design. 
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Figure 34 Operations Dialog Box 
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The production operation screen sets up the flow paths and the type of flow to be 
considered. The produced fluid is assumed to be a dry gas in this case. Once set up, the 


details of the operation can be input. 


Steady-State Production Details 


Ocean Current 51/2" Production Tubing | Annulus | Options | Comments | 


ERMAN bar Location: |Wellhead Y 
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Cancel | Apply | Help | 


Figure 35 Steady-State Production Details Dialog Box 


By defining the flow rates, the durations and the temperatures and pressures to be 
considered, the application can predict the flowing temperature, and as a result, the 
expected temperature on the wellbore casings. 
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Figure 36 Temperature Flow Rates Graph 
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Figure 37 Tubing Leak Load Details Dialog Box 


Once a temperature profile has been created, the load condition, in this case the tubing 
leak, can use the temperature profiles in addition to the pressure profiles already defined. 
The result of incorporating temperature in the design compared to not using temperature 
(that is, assuming undisturbed temperature) can be seen in the following graph. 
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Figure 38 Temperature Profiles Graph 


In this assumed scenario, the temperature did not create a limiting case. If the temperature 
profile had been more severe or the temperature applied to a more severe pressure 
condition, the design may have been more limited. 
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Appendix D - Upstream Engineering Standards and 
Practices 


Engineering Practice for Specifying Casing, Tubing, Coupling, Coupling 
Stock, Liners, Pup Joints and Connectors 


Link to Standards & Practices CPMS-MAT-EP-009 


This engineering practice (CPMS-MAT-EP-009) provides best practices for specifying the 
manufacturing, inspection, marking, and documentation requirements for downhole tubing, casing, 
coupling, coupling stock, liners, pup joints and connectors. CPMS-MAT-EP-009 also provides 
guidance for making the many choices presented in ISO 11960/API 5CT and selecting the Product 
Specification Level (PSL). 


1.0 Purpose 


The purpose of this document is to ensure that the appropriate level of quality and testing (including 
PSL level) is specified when purchasing OCTG (Oil Country Tubular Goods) to ISO 11960/API 5CT. 
It also includes specification for non-API grades such as high strength low alloy sour service 
proprietary grades and modified 13Cr alloys. This document supersedes the previous COP 
document governing manufacture and supply of OCTG — QCP-60-2A titled “Quality Control 
Requirements Casing and Tubing Materials Low Alloy Steel and High Chromium Steels”. 
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80506 


1.1 Revision History and Approval 


Revision Revised By Date Remarks 
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1 D.Patrick 03/06/90 Revise paragraphs 4.2, 5.2 and Appendix C 
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6.2, 7.2, 7.3, 7.4, 8.4, 8.5, 10.1, 10.2, 11.1, 11.2, & 11.3. 
Delete Section 10.3 [Special End Area (SEA) Inspection]. 
Revise Appendix B: 1.3, 3.1 & 3.4 
Revise Paragraphs 1.3 & 7.3 
3 M. Keegan 05/07/01 General Re-write 
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11 Scope 
1.1.1 Coverage 


This specification covers the production and inspection of Oil Country Tubular Goods (OCTG) 
for use in the Arctic. The basic requirements of API 5CT 6™ Edition Groups 1, 2 & 3 shall apply 
as appropriate and as amended by this specification. This specification shall govern over any 
conflict with the appropriate API documents. 


1.1.2 Equipment 


The equipment covered by this specification includes but is not limited to casing, tubing, 
couplings, coupling stock, liners, pup joints and connectors. 


1.1.3 Manufacturing Procedure <Revised 4/26/93> 


Prior to production, the manufacturing process, inspection and test points, heat treat location, 
coupling manufacturer, end finisher, nondestructive inspection and thread gauging procedures 
shall be sent to the buyer. 


1.1.4 Phillips Access <Revised 8/11/92> 


All manufacturing, testing and other related activities shall be open to witness by ConocoPhillips 
personnel or their authorized representatives. ConocoPhillips shall be notified in a timely 
manner when manufacturing will commence. ConocoPhillips shall be notified in a timely manner 
when heat identification, charpy and other mechanical tests, NDT, magnetic particle and other 
tests will be conducted. ConocoPhillips reserves the right to set marking requirements that are 
in addition to API requirements. ConocoPhillips reserves the right to review and/or set 
packaging requirements. 


1.1.5 Independent Inspection 


ConocoPhillips reserves the right to inspect OCTG supplied to this specification independently 
from the mill. Any OCTG found to be out of compliance with API as amended by this 
specification shall be returned to the manufacturer at the inspection point for repair or 
reimbursement. 


1.1.6 Reports 


A final report containing mill tallies and mill certificates showing chemical composition, 
mechanical testing results, and NDT results be submitted in English by the manufacturer to the 
distributor, as shown on the purchase order, for review and approval prior to final acceptance of 
the OCTG. This information can be requested as needed. Reports will be to API SR15. 


1.2 Process of manufacture 
1.2.1 Process of Manufacture <Revised 8/11/92> 


For all OCTG covered by this specification the allowable process of manufacture is API 5CT 6™ 
Edition, Section 2. 


1.2.2 Heat Treatment <Revised 8/11/92> 


All OCTG shall be heat treated as required by the pertinent API specification. ERW OCTG shall 
be HFERW seam annealed unless specifically requested otherwise. HFERW full body 
normalized OCTG is an acceptable alternate. A weld cross section shall be removed from one 
joint per every 100 joints (at least one per heat) of heat treated pipe. The cross section shall be 
examined metallographically and hardness tested to ensure uniformity and acceptability of the 
heat treatment and freedom from hard zones (see section 4.2 of this specification). The 
hardness testing procedure shall comply with API 5CT 6" Edition, Section 5, unless otherwise 
stated in the purchase order. 


1.3 Chemical composition 
1.3.1 Chemical Requirements <Revised 8/11/92> 


The chemical composition of all OCTG covered by this specification shall comply with API 5CT, 
Section 3 so long as the charpy impact requirements (See Appendix A) of this specification are 
satisfied. 


1.3.2 Product Analysis <Revised 8/11/92> 


All manufacturing, testing and other related activities shall be reported to ConocoPhillips and/or 
their authorized representative(s) shall be given opportunity to witness. ConocoPhillips 
personnel and/or their authorized representative(s) shall be notified in a timely manner when 
manufacturing will commence and when heat identification, charpy and other mechanical tests, 
NDT and other tests will be conducted. 


1.4 Mechanical properties and tests 
1.4.1 Mechanical Properties 


The OCTG shall meet the mechanical property requirements specified for the particular grade 
and manufacturing in the appropriate API 5CT 6" Edition specification. Transverse weld tensile 
test shall be performed on ERW OCTG with outside diameters on 7 in. and larger. The 
transverse weld tests shall be performed at the same frequency as the longitudinal tests. Full 
strip specimens shall be tested. Each specimen shall meet the tensile requirements for the 
particular grade. Retests shall be performed in accordance with API 5CT 6" Edition, Section 5.6 
requirements for longitudinal specimens. 


1.4.2 Hardness <Revised 8/11/92> 


The hardness of all OCTG shall conform to the requirements of API 5CT 6" Edition, Section 4. 
EXCEPTION: The hardness of Group 1 products shall not exceed HRC 22. 


1.4.3 Charpy V-Notch Impact Tests 


One set of three specimens shall be removed from one piece from each size and grade per 
heat. The specimens shall comply with ASTM A370 sizing and shall be oriented in the 
longitudinal direction in the pipe. Sample preparation and testing procedures shall comply with 
ASTM A370. The test temperature shall be —-50 degrees F. The energy requirements are given 
in Appendix A. 


1.5 Hydrostatic Tests 
1.5.1 Internal Pressure <Revised 8/11/92> 


All products must comply with the test requirements for each particular size, grade and end 
finish per API 5CT 6" Edition, Section 4. 


1.6 Dimensions, weights and lengths 
1.6.1 Nominal Dimensions <Revised 8/11/92> 


Range 3 Casing for PAI shall not exceed 44 ft per joint unless otherwise stated in the purchase 
order (Reference API 5CT, Section 6, Table 6.8). All other dimension shall comply with the 
appropriate API 5CT 6" Edition specification unless otherwise stated in the purchase order. 


1.6.2 Tolerances <Revised 8/11/92> 


Dimensional tolerances shall comply with the requirements of the pertinent API specification 
unless otherwise stated on the purchase order. 


1.7 Pipe ends 
1.7.1 End Finish 


All OCTG shall be supplied with the end finish specified in the purchase order. The threading, 
gauging practice, visual inspection and dimensional inspection of API connections shall comply 
with API 5B. The production and inspection of non-API connections shall comply with 
procedures and specifications proposed by the manufacturer and approved by Phillips. The 
ends of OCTG to be internally plastic coated shall comply with the requirements of Appendix B. 


1.7.2 Antigalling Treatment <Revised 8/11/92> 


Threaded pipe ends, except for internally coated pipe, shall be treated to maximize resistance to 
galling per API 5CT 6™ Edition. Internally coated pipe shall be treated as required in the 
applicable coating specification (see Appendix B). 


1.7.3 Thread Lubricant and Make-Up <Revised 4/26/93 > 


1) For each required connection type, the manufacturer shall state the minimum and 
maximum applicable torque, turn and position values needed to generate the 
required sealability and strength properties in the connection without galling. Upon 
ConocoPhillips’ approval, these values shall become the acceptability criteria for the 
make-up connections. 


2) No storage compounds are to be used on PAI OCTG. Only thread compounds listed 
below are acceptable to PAI: 


i) Arctic Grade Jet Lube 
1.7.4 Thread Protectors <Revised 8/11/92 > 


Thread Protectors for both pin and coupling ends shall be Arctic type, closed end, metal/plastic 
composite such as the following: 


Driltec 
MSI Products 


Reconditioned composite protectors that meet new specification are acceptable. 

1.8 Couplings 

1.8.1 Process of Manufacture 

Couplings shall be manufactured from seamless coupling stock. The production and inspection 
of all coupling stock and couplings shall comply with the requirements of both the appropriate 
API specification and as amended by this specification. 

1.8.2 Mechanical Properties 

The process of manufacture of the couplings shall meet the requirements given in API 5CT 6" 
Edition, Section 2. The hardness testing procedure shall comply with 5CT, Section 5 unless 
otherwise stated in the purchase order. 


1.8.3 Seal Ring Couplings 


Couplings and seal ring dimensions are given in Appendix C. The seal rings must be made from 
100% Virgin Teflon 


1.8.4 Threads <Revised 8/11/92> 


Couplings shall be threaded with the connection type specified in the purchase order. The 
threading, gauging practice and visual and dimensional inspections of API connections shall 
comply with API 5B. The production and inspection of Non-API connections shall comply with 
procedures and specifications proposed by the manufacturer and approved by ConocoPhillips. 
See Appendix C for Modified tubing coupling and seal ring dimensions. 


1.8.5 Antigalling Treatment <Revised 8/11/92> 
Threaded couplings shall be treated to maximize resistance to galling per API 5CT 6" Edition 


unless otherwise stated on the purchase order. Internally coated couplings shall be treated as 
required in the pertinent coating specification (see Section 9.2 of this specification). 


1.9 Internally coated OCTG 
1.9.1 OCTG Condition 


OCTG to be internally coated shall be produced in accordance with this specification and in 
accordance with Specification 84-07-19-T, (see Appendix B of this specification). 


1.9.2 Coating Material, Application and Inspection 


Each coating material and its application and inspection shall comply with the following 
ConocoPhillips Material Engineering Specifications: 


Coating Specification No. 
TubeKote TK-2A T-0001 


Baker/PA PA-700A T-0002 
1.9.3 ConocoPhillips Access 


All phases of the coating operation shall be open to witness by ConocoPhillips personnel or 
their authorized representatives. All information pertaining to the manufacturer, threading, 
coating and inspection of OCTG shall immediately be made available to ConocoPhillips 
authorized third party inspection personnel. ConocoPhillips shall be notified in a timely manner 
that will allow for preparations to arrange to witness coating, should ConocoPhillips so choose. 
The manufacturer will be notified of ConocoPhillips intentions prior to the beginning of the 
coating process. 


1.10 Inspection and rejection 
1.10.1 Nondestructive Inspection of the Weld Seam <Revised 8/11/92> 


The ERW zone in seam welded OCTG shall be inspected full length in accordance with the 
requirements of API 5CT 6™ Edition for the applicable pipe group. The equipment shall be 
calibrated, in all quadrants, at the beginning of each shift and at any time equipment is shut 
down. The calibration shall be checked at least once every four hours and/or at the discretion 
of the ConocoPhillips Inspector. If the equipment is found out of calibration, all OCTG 
inspected subsequent to the previous calibration check shall be reinspected. 


1.10.2 Nondestructive Inspection of the pipe Body <Revised 8/11/92> 


OCTG covered by API 5CT 6" Edition API 5CT Groups |, Il, and III shall be inspected in 
accordance with SR1 of those specifications. In addition for Group IIl P110 SR2 is required 
unless SR16 is specified on the purchase order. 


Additionally, OCTG in grades covered by API 5CT 6" Edition Group II shall be full length 
inspected for longitudinal and transverse flaws with either an ultrasonic or electromagnetic 
technique. The inspection procedures and acceptance criteria shall comply with Section 9 of 
API 5CT 6" Edition Group II. The reference standard shall contain internal and external N10 
notches in both longitudinal and transverse orientations. 


The equipment shall be calibrated, in all quadrants, at the beginning of each shift and at any 
time equipment is shut down. The calibration shall be checked at least once every four hours 
and/or at the discretion of the ConocoPhillips inspector. If the equipment is found out of 
calibration, all OCTG inspected subsequent to the previous calibration check shall be 
reinspected. 


1.11 Transportation, shipment and markings 
1.11.1 Shipping Manifest and Mill Tallies <Revised 8/11/92> 


Shipping manifest and mill tallies shall be sent within two (2) days after shipment to: 
Bruce Younker, ATO 1892 
Logistics Specialist 
ConocoPhillips Alaska, Inc. 
P.O. Box 100360, Anchorage, AK 99510 


Email: BYOUNKE@PPCO.COM 
Phone: 907-263-4003 


Tallies shall include the number of pieces shipped and the piece number and length of each 
piece. 


1.11.2 Required Vendor Communication <Revised 8/15/01> 


If the OCTG are to be off loaded in Alaska from a ship to rail or truck, there shall be a supplier 
representative on site to coordinate the off-loading. The supplier representative is to inform 
ConocoPhillips Alaska Logistics of possible in-transit damage immediately upon his notification. 
(In the event there are any transportation incidents at the Alaska Port.) ConocoPhillips reserves 
the right to inspect pipe at any location prior to movement. ConocoPhillips reserves the right to 
have a marine surveyor or company representative on site at the port of embarkment. 


Damaged pipe must be properly marked as such, held, then loaded on the LAST car or trailer. 
The supplier must promptly contact ConocoPhillips Logistics with the following information on 
damaged pipe: 


1) Car or trailer number 

2) Description of damaged pipe 

3) Number of joints 

4) Estimated time of arrival at Fairbanks 

5) Immediate notification by surveyor of damage or possible pipe damage 


All railcars shipments shall be on bulk head flat cars or gondolas loaded in accordance with the 
appropriate American Railroad Association open car loading specification. 


1.11.3 Packaging 
All Tubing shall be packaged in re-usable plastic metal style packaging such as the following. 


Drilltec 
MSI Products 


The packaging shall be done in Fairbanks, Alaska unless otherwise specified in the purchase 
order. 


1.11.4 Handling 


All OCTG shall be handled with slings or a properly equipped fork lift. At no time should hooks 
be used. Use of a magnet for the loading and unloading of tubular goods is acceptable. 


1.11.5 Markings / Die Stamping 


No pipe manufactured to API 5CT 6" Edition Groups II and IIl or stronger shall be cold die 
stamped. For all OCTG, in addition to the standard mill markings, each piece will show: 
ConocoPhillips Alaska 
Purchase Order Number 


All foreign OCTG must conform to and be marked in accordance with U.S. Department of 
Customs regulations. 


APPENDIX A 


PHILLIPS ALASKA, INC. 
OIL COUNTRY OCTG SPECIFICATIONS 
APPENDIX A 


DATED AUGUST 22, 1989 
Revision Revised By Date Approved Remarks 


0 R. Collins 08/01/89 Original issue 
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Appendix A 
CHARPY V-NOTCH IMPACT ENERGY REQUIREMENTS 


WALL CHARPY ENERGY 
GRADE TYPE THICKNESS, IN. FI-LBS 
55 Protective All 15 
Production 0.625 20 
75 Protective All 15 
Production 0.438 20 
0.625 30 
80 Protective All 15 
Production 0.400 20 
0.625 30 
90 Protective 0.595 15 
0.797 20 
Production 0.333 30 
0.562 30 
0.750 40 
95 Protective All 15 
110 Production All 15 
Protective 0.498 20 


NOTES 


The energy requirements are minimum average energy per set of three specimens. The 
individual energy requirement per specimen is 75% of the required minimum average 
energy. 


The energy requirements for subsized specimens shall be reduced from the fullsized 
specimen energy requirements as follows: 


SPECIMEN SIZE PERCENT REDUCTION 


y4 (10 MM X7.5 MM) 20 
Yo (10 MM X 5.0 MM) 45 
1/3 (10 MM x 3.3 MM) 60 


On production casing (OD less than 13-3/8 in.), one set of three transverse specimens shall 
be obtained from each test pipe in addition to the longitudinal specimens. These specimens 
shall comply with ASTM A370 sizing. The test temperature and acceptance criteria will be 
the same as for the longitudinal specimens. 


The test temperature shall be — 50 F. 
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APPENDIX B 


PHILLIPS ALASKA, INC. 
MATERIAL TECHNOLOGY 
SPECIFICATIONS 
FOR 
NEW TUBULAR GOODS AND COUPLINGS TO BE INTERNALLY COATED 


SPECIFICATION NUMBER 84-07-19-T 


Revision Revised By Date Approved Remarks 

0 D. Anthony/ F. Hinds 07 / 84 Original issue 

1 D. Anthony/ F. Hinds 10 / 86 First revisions 

2 F. Hinds 01 / 87 Revise 2.1; add 3.4 
3 R. Collins 08 / 14 Revise 1.3,3.1&3.4 
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FOREWORD 


The purpose of this specification is to provide standards for new tubular goods suitable for internal coating 
with protective coatings for the purpose of corrosion control. 


1.1 Scope 
1.1.1 Coverage 


This specification covers tubular goods which must be internally coated for control of corrosion in oil, gas, and 
water producing wells and in gas and water injection wells. Tubular goods for use in the bare condition or internally 
coated for throughput improvement and paraffin control are not covered by this specification. 


1.1.2 Round End Thread Tubing and Casing 
This specification applied to round thread and casing and to certain special threads with corrosion barrier rings, such 
as Hydril CS-CS, Hydril PH-6 CB and Atlas Bradford DSS-HT. 


1.1.3 Special End Threads <Revised 8/11/92> 
This Specification is not applicable to tubing and casing with special end thread such as Atlas Bradford TC-4S or 
Vallourec VAM. These threaded connections cannot be coated adequately for corrosion control. 


1.2 Standard Requirements 


1.2.1 Pipe and Couplings 

All pipe furnished to this specification shall meet the requirements of the applicable API Specification for process of 
manufacture, chemical composition, mechanical properties, hydrostatic test, dimensions, weights, and lengths as 
specified on the purchase order. 


1.3 Special Requirements 


1.3.1 End Finish <Revised 8/11/92> 

This pipe furnished to this specification with round threads must have the pipe ends finished in such a way as to 
provide a coatable surface (Modification C is the preferred pin nose profile). Pin nose on Improved Tubing 
Buttress threads shall have the edges broken to a degree allowing coating to be applied. The ends shall be free of 
burrs as required in Section 7 Paragraph 7.3 of API 5CT, Group 1, 2 & 3. 


1.3.2 Tube Body 

The internal surfaces of the tube body shall be free of identifiable imperfections. These include gouges, laps, pits, 
plug scores, rollmarks, scabs, seams, silvers, and slugs as defined in API Bulletin 5T1, Non-destructive Testing 
Terminology. In addition, for welding tubing, the weld flash shall be trimmed and underscarfed to provide a slight 
groove in the weld area. 


1.3.3 Upset Area 
The internal surfaces of the upset area shall be of the same quality as the tube body. In addition, these surfaces shall 
contain only minor underfill, mandrel scores, and mill scales. The surfaces shall be free of overfill and wrinkles. 
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1.3.4 Couplings <Revised 8/11/92> 

The API eue8rd couplings shall be delivered to the coating plant in a coatable condition. There shall be no internal 
or external rust or pitting. The threads from each end shall have a smooth transition where they meet in the “J” area. 
There shall be no burrs or sharp edges. The couplings shall be delivered with the threads bare and a light oil applied. 
Phosphating prior to coating is not acceptable. 


The approved anti-galling treatment after coating is an API approved phosphating procedures for all couplings. 


1.4 Thread Protectors 


1.4.1 Thread Protectors 

Thread protectors shall be applied to all internal and external threads in accordance with the applicable API 
Specification. Thread protectors furnished for pipe to be internally coated shall be of a design approved by the 
purchaser, as stated in Section 7.4 (see page 4 of this specification). 


1.5 Inspection and Rejection 


1.5.1 General 
All pipe furnished to this specification shall be subject to inspection by the purchaser’s designated inspector. 


1.5.2 Workmanship 
The pipe furnished to this specification shall demonstrate a high quality of workmanship on its internal surfaces. The 
quality of workmanship shall be determined by the acceptance limits on imperfections as listed below. 


1.5.3 Acceptance Limits on Imperfections on the Internal Surfaces 


Section Imperfections Allowable 
Body Scabs, laps, slugs None 
seams, 
Slivers, jointers 
Gouges, pits Shallow, round bottom, less than 5 mils deep, no sharp or 
ragged edges 
Roll marks, plug Shallow, round bottom, less than 5 mils deep, no sharp or 
scores ragged edges 
Welds Jagged edges None 
Weld flash None 
Upset Underscarf +0, -15 mils 
Area Underfill Shallow, round bottom, no sharp or ragged edges 
Mill scales Light surface layer less than3 mils thick 
Mandrel scores Shallow, round bottom grooves, less than 5 mils deep, no sharp 
ot ragged edges 
Overfill None 
Wrinkles None 
Ends Burrs None (as per api 5ct, groups i, 11, iii) 
Shatp corners Must conform to modification c as described in section 3, par. 


3.1 (this appendix) 
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1.6 Markings and Coatings 


1.6.1 General 
Products manufactured to this specification shall be marked in accordance with the applicable API Specification as 
shown on the Purchase Order. 


1.6.2 Additional Requirements 


All pipe meeting this specification shall be paint stenciled “Prepped for Coating” or “Ends Prepped for coating’ as 
shown on the Purchase Order. 
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APPENDIX C 


PHILLIPS OIL AND GAS COMPANY 
COUPLING AND SEAL RING DIMENSIONS 
FOR MODIFIED TUBING COUPLINGS 


SPECIFICATION NUMBER 84-07-19-T 
Revision Revised By Date Approved Remarks 
0 F. Hinds 07/84 Original Issue 
1 F. Hinds 10/86 First revisions 
3 F. Hinds 03/90 Revise Complete Spec. 
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APPENDIX C <Revised 3/9/90> 


COUPLING DIMENSIONS | RING DEMENSIONS 
EUE A B C D E F 
TUBING SIZE | +.125 +.005 +.003 +.005 | +.005 | +.015 

-.000 -.000 | -.000 | -0.005 
1.050 0.875 156 1.342 1.360 | .080 125 
1.315 0.875 156 1.496 1.513 | .080 125 
1.660 0.875 .188 1.840 1.857 | .080 156 
1.900 0.875 .188 2.121 2.138 | .080 156 
2-3/8 1.125 .188 2.622 2.640 | .100 156 
2-7/8 1.125 .188 3.129 3.135 | .100 .156 
3-1/2 1.125 .188 3.778 3.796 | .100 .156 
4 1.125 .188 4.278 4.296 | .100 156 
4-1/2 1.125 .188 4.778 4.796 | .100 156 
COUPLING DIMENSIONS | RING DIMENSIONS 

IMPROVED | A B C D E F 
TUBING +.125 | +.005 | +.003 +.005 +.005 | +.015 
BTC -.000 -.000 -.000 -0.005 
4-1/2 2.563 |.188 4.572 4.590 .100 .156 
FIG. SR 13.4 
API SEAL-RING COUPLING AND ELASTOMER 


RING FOR UPSET TUBING 
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Interoffice Communication 


To: Distribution 

From: Juri Kolts, PAT, Bartlesville 

Date: September 30, 2006 

Subject: Report CU7871-1-2003, “REVIEW OF PACKER FLUID CORROSIVITY” Rev 1 


Key Words: Packer Fluid, Completion Fluid, Corrosion, Steel, Corrosion Resistant Alloy, SCC 


SUMMARY 


This report is an update of one written in 2003. It updates information learned from the 
SwRI/API Program on Packer Fluids and from additional literature. While an attempt has 
been made to expand the section on Chemical Treatment of Packer Fluids, the included 
treatment is cursory and expert advice and supplier recommendations should be sought 
for application of chemicals. 


This report examines the corrosivity of different packer fluids in order to select packer fluids 
and metallurgy for wells. There is a general trend for corrosion rate to increase with 
increasing temperature and density of clear brines. However, the greatest effect is whether 
the acid gases (CO, and H2S) are introduced into the packer fluids. The difficult 
applications are at high temperatures (above 350°F), high-pressures above 10,000 psi 
(because of partial pressure of acid gases), and for over pressurized wells (because of 
need for Zn containing fluids). The HPHT wells and the deep-water subsea wells are two 
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No. CU7871-1-2003 
REVIEW OF PACKER FLUID CORROSIVITY 
By Juri Kolts, PAT, Bartlesville 


SUMMARY 


This report examines the corrosivity of different packer fluids in order to select packer fluids 
and metallurgy for wells. There is a general trend for corrosion rate to increase with 
increasing temperature and density of clear brines. However, the greatest effect is whether 
the acid gases (CO2 and H2S) are introduced into the packer fluids. The difficult 
applications are at high temperatures (above 350°F), high-pressures above 10,000 psi 
(because of partial pressure of acid gases), and for over pressurized wells (because of 
need for Zn containing fluids). The HPHT wells and the deep-water subsea wells are two 
examples. With increased usage of corrosion resistant alloys, stress corrosion cracking in 
packer fluid service has been seen for duplex stainless steels and super 13Cr Martensitic 
alloys. 


CONCLUSIONS 


e The oxygen content of highly saturated salt is low. Oxygen corrosion can occur 
more readily in lightweight brines, where the solubility of oxygen is greater 


e Zn containing brines are not used in sour environment because of solids (ZnS) 
precipitation 


e The solubility of salts establishes a minimum use temperature to prevent 
precipitation (solids) when using high concentration clear brines 


e The corrosion inhibitors have temperature limitations, often to a maximum of 
350°F. Inhibitors perform best in low-density brines. 


e Galvanic coupling to steel generally decreases corrosion rates of corrosion 
resistant alloys and increases corrosion of steel. 


e Decomposition of a sodium thiocyanate packer fluid inhibitor (Baracor 450) has 
caused cracking of corrosion resistant alloys. Zinc salts (1%) should always be 
added to packer fluids that use thiocyanate corrosion inhibitors to prevent 
cracking. 


e The presence of acid gases similarly increases the corrosion rate of 13CrL80 
stainless steel in packer fluids 


e Stress corrosion cracking has occurred with duplex and super Martensitic 13Cr 
alloys in packer fluids. Oxygen scavengers are required in packer fluids when 
modified 13Cr alloys and duplex stainless steels are used in wells. 


e The standard API 13Cr L80 is not susceptible to stress corrosion cracking in 
packer fluids. 


Page 3 
Report CU7871-1-2006, Rev 1 


INTRODUCTION 


There is renewed interest in revisiting the technology of packer fluids because of the 
industry focus on HPHT (high pressure, high temperature) wells and because of need for 
high-density brines. 


Much of the interest in evaluating the compatibility of packer fluids and steels was 
developed in the 1980’s. Data was obtained for the high temperature developments in 
Mobile Bay, Deep Smackover and others where the reservoir temperatures exceeded 
400°F. This report tries to update the information developed recently. 


In addition, since the 1980’s, there has been considerable use of corrosion resistant alloys. 
The influence of packer fluids, especially on API 13Cr L80 stainless steel was searched, 
and has been included. 


This report is intended to be a continuing guide, and user of this information is encouraged 
to send updated data or corrections, so that the best use of packer fluids is realized. 


DISCUSSION 


Stability of brines 


The thermodynamics of these reactions are not accurately predicted because 
thermodynamic data has not been generated for the high temperatures and the high salt 
contents (low activity of water) in the cases of interest. The presence of sulfide ions can 
also come from decomposition of corrosion inhibitors or oxygen scavengers. 


The oxygen contents of highly saturated salts are low. Even at atmospheric conditions, the 
oxygen contents are as below: 


11.6 ppg CaCl, 0.1-0.2 ppm oxygen 
14.2 ppg CaBr, 0.05-0.1 ppm oxygen 
19.2 ppg ZnBr2 0.4-0.6 ppm oxygen 


Oxygen corrosion occurs more in lightweight brines, where the solubility of oxygen is 
greater.* 


As a rule, wells containing high partial pressures (concentrations) of CO2 do not use Ca 
containing brines in order to eliminate the possibility of solids formation. Likewise, Zn 
containing brines are not used in sour environment because of ZnS precipitation. These 
precipitates can cause the sticking of packers. 


Acid gases are released from precipitation. This increases corrosivity. There are 
exceptions on the effect of pH where CaB; brine at 275°F decreased corrosion rate by only 
a factor of 2 from pH = 7.0 to 10.7.° 


There is a minimum temperature for use of dense brines. The solubility of salts is 
temperature dependant. Below certain temperatures, brines will crystallize** (do not 
remain in solution). Thus brine might be used in a hot climate but not a cold climate. 
Alternatively, brines may be heated above a minimum temperature to prevent 
crystallization. 
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Table 1, Attainable densities of brine completion fluids (after Hudson) 


Brine Salt Conc. Density 70F Density 70F Pressure Gradient 
% wt ppg g/cc psi/ft 
NH, Cl 24 8.9 1.07 0.462 
KCl 26 9.8 1.17 0.509 
NaCl 26 10.0 1.20 0.519 
Sodium Formate” 11.1 1.33 
(NaCOOH) 
KBr 39 11.4 1.37 0.592 
CaCl, 38 11.6 1.39 0.602 
NaBr 45 12.4 1.49 0.644 
Potassium Formate 13.3 1.59 
(KCOOH) 
CaCl,/CaBr, 60 15.1 1.81 0.784 
CaBr> 62 15.2 1.82 0.789 
Cesium Formate 
(CsCOOH) 
CaCl,/CaBr./ZnBr> 77 19.2 2.30 0.997 


Corrosion of carbon steels 


The corrosivity of packer fluids is considered both with and without the presence of acid 
gases (CO, and H2S). Generally the acid gases increase corrosivity. Thus annulus 
communications increases corrosivity of the packer fluid. Many packer fluids are not 
corrosive in the absence of acid gases. The annulus fluid in gas lifted wells is therefore 
more corrosive than annuli in many other oil or gas wells. 


The Cesium Formate (HCOOCs) brines are less corrosive than the inorganic salt brines 


(CI/Br). 
Table 2, Corrosivity of packer fluids on steel 
Fluid Weight | Temperature Pressure Gases Reference Corrosion Rate 
ppg F psig mpy 
CaBrz 14.1 450 250 200 CO,, 50 psia Kane? 26 @ 6 months 
HS 

CaBr, 11.4 375 8000 400 CO, Buck 18 @ 30 days 
CaCl, 10.0 375 8000 400 CO, Buck 11 @ 30 days 

CaCl,** 11.25 340 580 580 CO;, 0.45 H-S | Piccollo’ 4 @ 30 days 

CaCl 12 350 400 CO, Wilhelm® 5 @ 30 days 
CaBr, 11.4 375 8000 - Buck 0.8 @ 30 days 
KCl 9.6 140-400 na - Ikeda’ * | <0.6 @ 30 days 
NaCl 9.6 140-400 na - Ikeda <0.6 @ 30 days 
CaCl, 10.4 140-400 na - Ikeda <0.6 @ 30 days 
CaCl, 10.0 375 8000 - Buck® | 0.5 @ 30 days 
NaCl/NaBr 11.8 175-400 na - Ikeda <0.2 @ 30 days 
CaCl, 11.3 175-400 na - Ikeda <2 @ 30 days 
CaCl;/CaBr- 14.6 175 na - Ikeda 0.6 @ 30 days 

CaCl,/CaBr,** 14.6 340 580 580 CO,, 0.45 H-S | Piccollo 7 @ 30 days 
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CaCl,/CaBr, 14.6 400 na - Ikeda 11 @ 30 days 
CaCl,/CaBr./ZnBr, | 17.5 175 na - Ikeda 8 @ 30 days 
CaCl,/CaBr,/ZnBr, | 17.5 175 na - Ikeda 19 @ 30 days 

NaBr 12.4 450 1600 1000 CO;, 600 psi | Frick"! 36 @ 28 days 
HS 
CaCl, 12.5 450 1600 1000 CO:, 600 psi Frick 60 @ 28 days 
HS 
NaCl 10 250-350 500 No Ezzat <1.5 @ 30 days 
KCl 9.7 250-350 500 No Ezzat <1.6 @ 30 days 
NaBr 12.5 250-350 500 No Ezzat <0.5 @ 30 days 
KBr 11.4 250-350 500 No Ezzat <0.5 @ 30 days 
CaCl, 11.6 250-350 500 No Ezzat <1.3 @ 30 days 
CaBr> 14.2 250 500 No Ezzat 3.1 @ 30 days 
CaBrə 14.2 350 500 No Ezzat 9.7 @ 30 days 
HCOOCs 16.2 340 580 580 CO, 0.45 H-S | Piccollo 2 @ 30 days 
ZnBr,/CaBr> 19.2 250 500 N> Ezzat 7.2 @ 30 days 
ZnBr.2/CaBr> 19.2 350 500 No Ezzat 29 @ 30 days 


*Thorough overview paper 
**Contains oxygen scavenger and corrosion inhibitor 


Chemical Treatment for brines 


Packer fluid additives often contain a number of components for service in wells. One 
additive! contains an amine corrosion inhibitor, hydrazine oxygen scavenger, and 
ammonium hydroxide pH control agent. All of these components affect corrosion and 
cracking susceptibility. Other additives may include surfactants and/or defoamers. These 
products may or may not require individual supplements of these individual components. 


The need for biocides must be established for packer fluids. Biological growth occurs most 
frequently at temperatures below 90°C but has been documented as high as 121°C.1 
High density packer fluids exceeding 10 ppg and a pH in excess of 10.0 *”” often do not 
require biocides. When biocides are used, the chemical selection must consider 
compatibility with oxygen scavengers and corrosion inhibitors, as many biocides react with 
bisulfite-based oxygen scavengers.’*° The biocide selection must also consider the 
reactions with H2S. Finally, biocides degrade with time as a function of both pH and 
temperature. The duration of exposure and the frequency of chemical replenishment must 
be considered. Finally, biocides by their very nature are toxic therefore; HSE issues 
should be considered and will be specific to the geographic area of application. 


Biocides used in packer fluids include: 
e Glutaraldehyde 
e THPS 
e Alkyl or Benzyl Quaternary Amines 


The control of corrosion by packer fluids can often be realized by pH control.** As the pH 
increases, many of these chemicals will precipitate and produce sludge. The monovalent 
salts (NaCl, KCI, KBr) are more suitable for pH control as the precipitation is not very 
sensitive to pH. The pH control should be practiced to prevent solids formation. As the 
packer fluid pH can be dynamic, monitoring and control may be needed to maintain the 
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proper pH. High pH’s above 9 can cause formation damage, Tests at these high pH must 
be performed to confirm absence of formation damage. 


Some chemicals are volatile at packer fluid operating conditions. Bleeding down of annulus 
pressure may also deplete some chemicals and thus require chemical replenishment. 


Some packer fluids additives contain high concentrations of amines. At high 
concentrations in packer fluids, the compatibility with elastomers must be considered, if 
these elastomers are contacted by the fluids. 


The inhibitors have temperature limitations, often to 350°F.** However, at the Tuscaloosa 
bottom hole temperatures (380°F), inhibitors performed poorly in ZnBr2 containing brines.*° 


At 375°F, Baracor 450 provided no protection for steel.*® However, this chemical must be 
used in the presence of zinc salts,” and many laboratory (including this study) studies 
have ignored this requirement. The presence of around 1% Zn salts enhances the 
protective nature of the inhibitor, scavenges any sulfides associated with the 
decomposition of the inhibitor, and is involved with the inhibition mechanism of the 
thioocyanide. This corrosion inhibitor is required at temperatures exceeding 350°F. 


Even though the oxygen concentrations in brines may be low, and even though corrosion 
consumes oxygen, corrosion damage to steel casing can occur in the early exposure to 
untreated brines. The brine treatment is a batch treatment and therefore is fairly 
inexpensive. Brine treatment is recommended for high temperature wells. 


Oxygen scavengers used in packer fluids include: 
e Erythorbate (Oxygon™), Halliburton?’ 
e Sodium sulfite (Barascav-D) 
e Hydrazine 


Effects on corrosion resistant alloys 


Table 3, Corrosivity of packer fluids on 13 Cr Martensitic stainless steel 


Fluid Weight | Temperature Pressure Gases Reference Corrosion Rate 
ppg F psig mpy 
CaBrp 11.4 375 8000 - Buck 1.7 @ 30 days 
CaBrp 11.4 375 8000 400 CO, Buck 2.8 @ 30 days 
CaCl, 10.0 375 8000 400 CO, Buck 3.8 @ 30 days 
CaCl, 12 400 400 200 psi CO2 Wilhelm 5 @ 30 days 
CaCl, 10.0 375 8000 - Buck 0.5 @ 30 days 
NaCl/NaBr 11.8 175-400 na - Ikeda resistant 
CaCl, 11.3 175-400 na - Ikeda resistant 
CaCl;/CaBr> 14.6 175-400 na - Ikeda resistant* 
NaBr 12.4 450 1600 1000 COs, 600 psi Frick 50 @ 28 days** 
H2S 
CaCl, 12.5 450 1600 1000 COs, 600 psi Frick 50 @ 28 days** 
H2S 


*also applies to S13Cr95 


** pitting and crevice attack 
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Generally the corrosion resistant alloy tubing is galvanically coupled to carbon steel casing. 
The couple reduced the likelihood of localized corrosion. In some locations, as in a PBR, 
the galvanic couple with the casing is not present, and corrosion without coupling with steel 
should be considered. 


Galvanic coupling in a CaCl, brine can affect steel coupled to CRA and 13Cr coupled to 
higher alloy stainless steel. Corrosion rates can increase in a range of 2-4 depending on 
area ratios and environment. 


Because galvanic contact does not exist with completion fluids inside tubing, the chemical 
treatments of completion these fluids are critical. Oxygen scavengers should always be 
used when placing fluids into CRA tubing. 


Generally the work of Ikeda showed that galvanic contact of 13Cr with steel had only a 
mild beneficial effect on 13 Cr. In the higher severity brines the effect of galvanic corrosion 
of 13Cr on steel was insignificant to 300°F. At higher temperatures, the steel was affected 
only in the corrosive brines, where corrosion rates on carbon steel increased over a factor 
of 5 in the 14.6 ppg CaCl. + CaBrz brine. 


For 13Cr, corrosivity of brines needs to be considered above 350°F. 


The work of Buck showed that the corrosion rate of 13Cr stainless is lower than carbon 
steel in CO, contaminated CaCl. and CaBr, brines at 375°F. 


Cracking of Corrosion Resistant Alloys 


The classical paper’? by A P Bond and H J Dundas demonstrated that ferritic and 
Martensitic stainless steels with greater than 1% Ni or 0.5% Cu are susceptible to chloride 
stress corrosion cracking at elevated temperatures. 


Laboratory work shows that most aerated solutions will crack the common duplex stainless 
steels and nickel alloys, depending on the temperature and type of brine tested. The key 
parameter is temperature.” The critical temperature for some alloys exceeds 500F. 


The modified 13Cr alloys (13 Cr/5 Ni/ 1 to 2Mo) alloys crack in chloride containing packer 
fluids. Examples of these alloys are Sumitomo 13C CRM and CRS, JFe Hyper 1 and 
Hyper 2, F6NM, and 15Cr stainless. Martensitic alloys are susceptible to cracking at high 
temperatures; a typical temperature limit for deaerated solutions is around 250°F. Cracking 
can occur in CaCl, CaCl./CaBr2, ZnClp/CaClo/CaBr2, and HCOOCs brines (Piccolo). The 
addition of oxygen scavengers will significantly reduce cracking.” Use of oxygen 
scavengers is a must with modified 13Cr alloys in packer fluids. Corrosion inhibitors do not 
prevent cracking. Acid gases increase incidence of cracking in the packer fluid. 


Some packer fluids contain free halogen (Brz). The free halogen is an oxidant like oxygen, 
and greatly increases the susceptibility to cracking. The source of free halogen is not 
known, but reaction with oxygen may be one possible source. Oxygen scavengers are 
likely to remove free halogen from packer fluids. 


While cracking of modified Martensitic stainless steels can occur in mixtures of 
CaCl./CaBrp, it does not occur in oxygen free CaBr.. The relative brine severity” is: 
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Greatest severity CaCl, ~ CaClp/CaBr. > ZnBr2 > ZnBr2/ CaBr >> CaBr Least 
severity 


Duplex stainless steels demonstrate the cracking behavior in CaCl, CaCl/CaBro, 
ZnCl,/CaCl/CaBr. brines but susceptibility is less than for the modified Martensitic 
stainless steels. 


The standard API L80 13Cr stainless steel does not crack in these environments. 


The Erskine Field experienced chloride stress corrosion cracking of 25Cr duplex stainless 
steel from the annulus above CaCl, packer fluid. The well was a high temperature (350°F) 
production.” 


The Resak A-6 well failed by stress corrosion cracking of super duplex Martensitic 
stainless steel in 11 ppg CaCl, brine contaminated with CO, and H2S. Cracking was 
intergranular. The reservoir temperature was to 156°C (313°F) with partial pressures of 
640 psi CO; and 0.2 psi H2S. The NaBr and CaBrz fluids did not cause comparable 
cracking in the laboratory. 


Laboratory tests have shown that CaCl, contaminated with CO; can crack 22Cr duplex 
stainless steel at 150°C (300°F).” 


As the salt content of packer fluids increases, the low water activity presents a hazard 
toward stress corrosion cracking of high strength titanium (Beta C) alloys.*° 


Decomposition of a sodium thiocyanate packer fluid inhibitor caused cracking” of 125-ksi 
grade of 22Cr duplex stainless steel in a CaCl brine at 370°F (Deep Alex). In general, 
packer fluid corrosion inhibitors are not effective on corrosion resistant materials.*° In the 
presence of SCN (thiocyanate) inhibitor, significant reduction in elongation of 13Cr was 
found even to 90°C (200°F) in constant extension rate tests. Blunt cracking (fissuring) was 
observed in static tests.2? However, these investigations did not add the recommended Zn 
salts that should eliminate the H2S in the solution. 


Heavy weight packer fluids” 


Zinc bromide packer fluids are corrosive at elevated temperatures, as shown in numerous 
references, **'*?:33:45:° Corrosion inhibitors are not adequately effective at elevated 
temperatures. 


The literature shows that temperatures around 200°F are acceptably low for adequately 
inhibited fluids. Table 4 presents the results. Without inhibitors, the corrosion rates are 
around 10-40 mpy. However, longer exposure times usually reduce the corrosion rates. 
These corrosion rates are higher than desirable. The rates can be reduced by two 
methods: 1) corrosion inhibitors can be selected and/or 2) the brine can be partly 
neutralized with controlled additions of zinc hydroxide.*”"** The supplier of the packer fluid 
should be contacted to determine whether the pH of the fluid has already been controlled. 


Previous tests? at 375°F in Conoco have shown that BARACOR 450 (an SCN’ containing 
inhibitor) can decompose, lose effectiveness, and even accelerate corrosion. 


TABLE 4 
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CORROSION RATES OF STEEL IN ZnBr, PACKER FLUIDS FROM 
LITERATURE 44142434445, 13, 23, 24 


Temperature Density Test Duration Inhibited Corrosion Rate, 


PPG Days 


Inorganic 


Amine 


No oxygen or 
inhibitor 


Oxygen 


Yes 


Inorganic 


Amine 


Inorganic 


Amine 
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Summary 


This document presents casing design guidelines used by ConocoPhillips Gulf of Mexico Deepwater 
Operations. The design guidelines are based on past ConocoPhillips floating drilling design and experiences, 
and networking with other operators participating in Gulf of Mexico deepwater drilling programs. The guidelines 
do not suggest worst-case load conditions, but exceed loads experienced during normal drilling operations. 


ConocoPhillips GOM uses the Landmark Stress Check casing design application as the primary tool to model 
loads on casings. Stress Check is widely used industry product and all technical correlations are assumed 


correct. 


Casing Nomenclature 


The 36" casing is Structural Casing as described in 30 CFR 250.404. 

The 28” or 26" casing (if used) is a structural extension since its primary role is extending the 36" shoe 
depth to achieve additional structural support. It will be exposed without attaching the marine riser. The 
structural extension will not be required to be tested to conductor casing requirements as outlined in 30 
CFR 250.405. 

The 22” or 20" casing is the conductor casing as described in 30 CFR 250.404 and will meet the 
cementing and casing test requirements as outlined in 30 CFR 250.405. If a surface liner is installed, 
the conductor casing must meet the load conditions of surface casing. 

The next casing installed after the 22” or 20” conductor is either a surface liner or intermediate casing. 
The surface liner is installed in a sub-mudline hanger that is not integral to the subsea wellhead 
housing. Intermediate casing is a casing string that lands in the subsea wellhead housing. Cementing 
and casing test requirements are as outlined in 30 CFR 250.404 and 250.405. 

All subsequent casings including intermediate, production casing or liner meets the cementing and 
casing test requirements as outlined in 30 CFR 250.404 and 250.405. 
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Conductor Casing 


Design as Stress Check Stress Check 
Assumed'Lond Condition Internal Pressure Profile External Pressure Profile 


Gas Kick at Deepest Open Hole Depth and the well | Displacement to Gas (input 
displaced to gas as described in the Displacement mud / gas interface based 


to Gas Rule [included]. The internal pressure 
profile is limited to the fracture of the deepest 
exposed shoe. 


Fracture of the deepest exposed shoe and gas to 
mudline. If a surface liner is run, this is the depth 


on Displacement to Gas 
Rule) with a y= 0.65. 
Insure that “Limit to Frac at 
Shoe” is checked in the 
design parameters screen. 


Frac at Shoe and Gas 
Above ) with a yg = 0.65. 


of the surface shoe. Consider running heavier 
weight or higher grade casing above the sub- 
mudline hanger to accommodate surface casing 
burst loads [in most deepwater applications, 
surface liners are supported in a sub-mudline 


hanger]. 


GOM operations are required to pressure test 


Pressure Test. Input 


casing to MASP or 70% of Minimum Internal Yield surface pressure and mud 


Pressure (MYI) — MMS requirement. MASP for 
subsea operations will be the internal pressure at 
the wellhead [MASP] for either Displacement to 


weight required to obtain 
MASP (at the wellhead) or 
70% of MYI. 


Gas or Fracture of the Shoe and Gas to mudline. 
After determining MASP, create load case for 
pressure testing casing. Verify that 70% of MYI is 
not exceeded during testing to MASP, and adjust 


test pressure if necessary. 


Cementing load with cement density as external 
pressure profile and casing filled with 8.6 ppg 
seawater if the conductor installation is riserless. 
Stress Check generates both internal and external 
case. 


Collapse 


~ p 


Combined loads with specified burst, collapse and 
Triaxial 1 axial loads. 


drop prior to casing collapse. In vugular 
formations this load case is more applicable. 


Tension is the buoyed weight of casing in mud 
adjusted for overpull or slackoff weight. Axial loads | to describe tension. 
will change based on internal and external 

pressure profiles. Include any pressure applied 

immediately after bumping plug as a green cement 

pressure test. Applied pressure during the casing 

test is included the burst and triaxial load designs. 


The lesser of the fracture gradient of the deepest 
exposed shoe [MMS Frac. Grad A.S.P Method], or | mud / gas interface based 
the Displacement to Gas [MMS BHP A.S.P. 
Method]. In most cases, the Displacement to Gas Rule) 


Displacing cement with 8.6 
ppg displacement fluid 


load pressures profiles for the cementing load 


Load case after cement is set and casing filled with | Full/Partial Evacuation with 
seawater. If conductor is set in salt, the external 
load will include overburden. 


1.0 

1.0 
Load case generated by lost returns with mud drop. | Lost Returns with Mud 
In GOM exploration drilling of normally pressured Drop. Input known lost 
sand / shale, severe loss returns are not common, zone depth or previous 
this load case is run to check maximum fluid level 

Check 
1.6 
.25 


8.6 ppg displacement fluid 
with fluid level equal to 0. 


shoe depth, lost zone 
pressure if known or 9.0 
ppg and maximum mud 
weight at DOHD. Limit 
fluid level drop to +3000’. 
Check all loads that apply 


Displacement to Gas (input 


on Displacement to Gas 


is the lesser of the two methods. 


Reported in 
the APD 


MASP 


Frac at Shoe and Gas 


Note on APD if MASP corresponds to Frac Grad Above 
A.S.P. or BHP A.S.P. 


Fluid Gradient with Pore 
Pressure. For conductor 
casing, seawater hydrostatic to 
the mudline, and fluid gradients 
with pore pressure below. 
External pressure effects due 
to the presence of salt are not 
considered in the external load 
when this load case is selected 
for a burst design. 

Fluid Gradients with Pore 
Pressure as outlined above. 


Fluid Gradients with Pore 
Pressure as outlined above. 


Cement densities identified in 
initial conditions. 


Fluid Gradients with Pore 
Pressure and if salt is present, 
overburden pressure is 
included through the salt 
section. 

Fluid Gradients with Pore 
Pressure and if salt is present, 
overburden pressure is 
included through the salt 
section. 


Check all loads that apply to 
describe tension. 
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Surface Liner —- If Applicable 


Design se Stress Check Stress Check 

Gas Kick at Deepest Open Hole Depth and the well | Displacement to Gas (input | Fluid Gradient with Pore 

displaced to gas as described in the Displacement mud / gas interface based Pressure. External pressure 

to Gas Rule [included]. The internal pressure on Displacement to Gas effects due to the presence of 

profile is limited to the fracture of the deepest Rule) with a yg = 0.65. salt are not considered in the 

exposed shoe. Insure that “Limit to Frac at | external load when this load 
Shoe” is checked in the case is selected for a burst 
design parameters screen. | design. 


` mudline. Above ) with a yg= 0.65. Pressure as outlined above. 
Burst GOM operations are required to pressure test Pressure Test. Input Fluid Gradients with Pore 
casing to MASP or 70% of Minimum Internal Yield surface pressure and mud Pressure as outlined above. 
Pressure (MYI) — MMS requirement. MASP for weight required to obtain 
subsea operations will be the internal pressure at MASP or 70% of MYI. 
the wellhead [MASP] for either Displacement to 
Gas or Fracture of the Shoe and Gas to mudline. 
After determining MASP, create load case for 
pressure testing casing. Verify that 70% of MYI is 
not exceeded during testing to MASP, and adjust 
test pressure if necessary. 
Cementing load with cement density as external Displacing cement with Cement densities identified in 
pressure profile and cement displaced with mud MW casing run in [check initial conditions. 
weight casing run in. Stress Check generates both | initial conditions to insure 
internal and external load pressures profiles for the | displacement fluid density]. 
cementing load case. 


Load case after cement is set and casing internal Full/Partial Evacuation with | Fluid Gradients with Pore 
pressure profile is an EMW equal to seawater to EMW described in Pressure and if salt is present, 
the mudline and MW casing run from mudline to Assumed Load Condition. overburden pressure is 


the casing shoe. This load case represents the Set fluid level at O ft. included through the salt 
load for removal of the BOP’s and riser. If casing section. 

is set in salt, overburden pressure is included in the 

external load. 


Load case generated by lost returns with mud drop. | Lost Returns with Mud Fluid Gradients with Pore 

In GOM exploration drilling of normally pressured Drop. Input known lost Pressure and if salt is present, 

sand / shale, severe loss returns are not common, zone depth or previous overburden pressure is 
Check 


this load case is run to check maximum fluid level shoe depth, lost zone included through the salt 
drop prior to casing collapse. In vugular pressure if known or 9.0 section. 
formations, this load case is more applicable. ppg and maximum mud 

weight at DOHD. Limit 


Collapse 


1.0 

1.0 
Tension is the buoyed weight of casing in mud Check all loads that apply Check all loads that apply to 
adjusted for overpull or slackoff weight. Axial loads | to describe tension. describe tension. 
will change based on internal and external 

Tension 1.6 pressure profiles. Include any pressure applied 

immediately after bumping plug as a green cement 
pressure test. Applied pressure during the casing 
test is included the burst and triaxial load designs. 

1.25 


Combined loads with specified burst, collapse and 
a axial loads. 
Triaxial 


The lesser of the fracture gradient of the deepest Displacement to Gas (input 
exposed shoe [MMS Frac. Grad A.S.P Method], or | mud/ gas interface based 
: the Displacement to Gas [MMS BHP A.S.P. on Displacement to Gas 
MASP Method]. In most cases, the Displacement to Gas Rule) 


fluid level drop to +3000’. 


is the lesser of the two methods. 


the APD 


Frac at Shoe and Gas 
Note on APD if MASP corresponds to Frac Grad Above 
A.S.P. or BHP A.S.P. 


Reported in 


GOM Deepwater Operations 
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Intermediate (Protective) Casing and Drilling Liners 


Design = Stress Check Stress Check 
AssuümédLoad Condition Internal Pressure Profile External Pressure Profile 


Insure that “Limit to Frac at | external load when this load 
Shoe” is checked in the case is selected for a burst 
design parameters screen. | design. 


casing to MASP or 70% of Minimum Internal Yield surface pressure and mud Pressure as outlined above. 
Pressure (MYI) — MMS requirement. MASP for weight required to obtain 
subsea operations will be the internal pressure at MASP or 70% of MYI. 
the wellhead [MASP] for either Displacement to 

Gas or Fracture of the Shoe and Gas to mudline. 

After determining MASP, create load case for 

pressure testing casing. Verify that 70% of MYI is 

not exceeded during testing to MASP, and adjust 

test pressure if necessary. In case of liners, the 

MMS requires only a test greater than the pressure 

required to obtain a pressure integrity test of the 

liner shoe [plan on 500 psi above expected FG to 


Gas Kick at Deepest Open Hole Depth and the well | Displacement to Gas (input | Fluid Gradient with Pore 
displaced to gas as described in the Displacement mud / gas interface based Pressure. External pressure 
to Gas Rule [included]. The internal pressure on Displacement to Gas effects due to the presence of 
profile is limited to the fracture of the deepest Rule) with a yg= 0.65 salt are not considered in the 
exposed shoe. 
Gas Kick equal to 200 bbl influx volume. Compare | Gas Kick at DOHD witha Fluid Gradients with Pore 
pressures to the Displacement to Gas load Ya = 0.65. Pressure as outlined above. 
condition. 

i GOM operations are required to pressure test Pressure Test. Input Fluid Gradients with Pore 

Burst 


account for uncertainty in estimated FG]. 
Cementing load with cement density as external Displacing cement with Cement densities identified in 
pressure profile and cement displaced with mud MW casing run in [check initial conditions. 
1.0 weight casing run in. Stress Check generates both | initial conditions to insure 
internal and external load pressures profiles for the | displacement fluid density]. 


cementing load case. 


Load case after cement is set and casing internal Full/Partial Evacuation with | Fluid Gradients with Pore 
pressure profile is an EMW equal to seawater to EMW described in Pressure and if salt is present, 
the mudline and MW casing run from mudline to Assumed Load Condition. overburden pressure is 

the casing shoe. This load case represents the Set fluid level at O ft. included through the salt 


Collapse 


external load. 


load for removal of the BOP’s and riser. If casing section. 
is set in salt, overburden pressure is included in the 


Load case generated by lost returns with mud drop. | Lost Returns with Mud Fluid Gradients with Pore 

In GOM exploration drilling of normally pressured Drop. Input known lost Pressure and if salt is present, 
sand / shale, severe loss returns are not common, zone depth or previous overburden pressure is 

this load case is run to check maximum fluid level shoe depth, lost zone included through the salt 

drop prior to casing collapse. In vugular pressure if known or 9.0 section. 

formations, this load case is more applicable. ppg and maximum mud 


weight at DOHD. Limit 
fluid level drop to +3000’. 


Tension is the buoyed weight of casing in mud Check all loads that apply Check all loads that apply to 
adjusted for overpull or slackoff weight. Axial loads | to describe tension. describe tension. 
will change based on internal and external 


immediately after bumping plug as a green cement 
pressure test. Applied pressure during the casing 


pressure profiles. Include any pressure applied 


test is included the burst and triaxial load designs. 


Combined loads with specified burst, collapse and 
Triaxial 1.25 axial loads. 


Reported on 
APD 


The lesser of the fracture gradient of the deepest Displacement to Gas (input 
exposed shoe [MMS Frac. Grad A.S.P Method], or | mud/ gas interface based 
the Displacement to Gas [MMS BHP A.S.P. on Displacement to Gas 
Method]. In most cases, the Displacement to Gas Rule) 

MASP 
is the lesser of the two methods. 
Form intermediate casing and liners, the BHP 
A.S.P. will be reported and noted on the APD. 
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Displacement to Gas Rule 


Displacement to gas a represents a shut-in condition following a large kick, and is commonly used as a worst- 
case burst criterion for intermediate (protective) and surface casing. It is described as the "maximum 


anticipated surface pressure", or MASP. The gas column extends from the deepest open hole depth with a 


mud column of TD mud weight on top of gas to the mudline. The gas column length is represented as a 
percentage of the below mudline wellbore length filled with gas. Gas is assumed to have a Specific Gravity (yg) 


of 0.65 [common industry assumption]. The guidelines for percent of the wellbore below mudline filled with gas 
are recommended as follows: 


Interval Below Mudline % Gas % Mud 
0 — 12 Kft bml 70% 30% 
12Kft — 15Kft bml 60% 40% 
> 15Kft bml 50% 50% 


Example Calculations for Displacement to Gas Rule 


Water Depth 6643 
Air Gap (MSL — RT) 79 
RT — ML 6722 


ee ee 
(E x D) (C -— F) 
Casing Shoe Depth DOHD DOHD BML % Well [bml] | Gas Column Mud/Gas Interface 
Displaced to Height (Input in Stress Check) 
Gas 


DOHD — (RT -ML 
10000 18500 11778 8245 10255 


Elevation) 


13500] 18500 11778 8245 10255 


13 5/8" 12139 18861 


18500| 31000 
11 7/8" 23000] 31000 24278 12139 18861 
9 5/8" 28000] 31000 24278 12139 18861 
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GOM Deepwater Operations 


LOAD Case Descriptions from Stress Check Help 


Frac @ Shoe wi Gas Gradient Above Description (Burst Load Internal Pressure Profile 

This drilling load case models a shut-in well, after taking a large kick, where the formation fracture pressure at 
the shoe depth for the string above the open hole interval from whence the kick evolves is exceeded, and the 
mud in the casing is completely displaced by gas. It is commonly used as a worst-case burst criterion for 
protective (intermediate) and surface casing. It applies only to burst design. 


The internal pressure profile is based on a gas gradient and the fracture pressure at the shoe above the open 
hole TD. This load case is very similar to the Displacement to Gas load case, except that pressure at the shoe 
above the open hole TD is always controlled by the fracture pressure. The Displacement to Gas load case is 
normally only controlled by fracture pressure if the calculated pressure at the shoe above the open hole TD 
exceeds the fracture pressure. 


ConocoPhillips GOM - Load case limited to conductor and surface casing, to severe for intermediate casing strings. 


Displacement to Gas Description (Burst Load Internal Pressure Profile) 


This drilling load case models displacement of the drilling mud in the casing by gas. It applies only to burst 
design. 


By default, the gas column extends from the shoe depth (above open hole TD ) to the wellhead, but you can 
specify the depth of a gas/mud interface, where the mud column is on top of the gas column. This load case 
represents a shut-in condition following a large kick, and is commonly used as a worst-case burst criterion for 
protective (intermediate) and surface casing. It is sometimes described as the "maximum anticipated surface 
pressure", or MASP. Load and the load-case formulation is consistent with so-called "maximum load" casing 
design principles. 


The internal pressure profile is based on a mud density, a gas gradient, and the pore pressure at the influx 
depth. It is normally constrained by the fracture pressure at the shoe above the open hole TD. 


ConocoPhillips GOM - Primary load case for intermediate, and liners. Since this is the primary load case in many deep 
intermediate casing strings, do not limit the pressure to the fracture gradient at the shoe - yields higher internal pressures. 


Gas Kick Profile Description (Burst Load Internal Pressure Profile) 


This drilling load case creates an internal pressure profile that simulates the maximum pressures imposed on 
the current string while circulating a gas kick to the surface. This "limited kick" burst criterion is less 
conservative than the full Displacement to Gas load case. It applies only to burst design. 


The internal pressure profile is determined based on specification of a kick volume and intensity at a kick depth, 
where kick intensity is the difference between the EMW for the kicking interval and the mud density in the open 
hole interval from whence the gas kick evolves. 


ConocoPhillips GOM - Run this load case for an comparison of Gas Kick Volume to the Displacement to Gas Rule Set - 
determines the critical influx volume. A reasonable maximum volume is a 200 bbl influx. 


Fluid Gradients w/ Pore Pressure Description (Burst External Pressure Profile) 


This external pressure profile is constructed from a mud density above the TOC, a fluid gradient from the TOC 


to the prior shoe (when applicable, and is equal to the mix water of the cement, usually 8.33 ppg), and in open 


hole, either the fluid gradient below the TOC or the pore pressure profile. 


Cementing Description (Collapse External and Internal Pressure Profile) 


The external pressure profile for this drilling load case is self-described, modeling the differential pressure due to 
the higher lead and tail cement slurry densities on the outside of the casing, from the TOC to the shoe, 
immediately after the cement is displaced. It is unaffected by external pressure profile selections made on the 
Collapse Loads > Select tab. This load case applies only to collapse design. 
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If a displacement fluid is used that has a lesser density than the current-string value for Mud at Shoe in the 
Casing Scheme spreadsheet (for example, seawater), the addition to collapse loading is considered both above 
and below the TOC. 


Full/Partial Evacuation Description (Collapse Internal Pressure Profile) 


This drilling load case models casing evacuation due to lost circulation or during air drilling. It applies only to 
collapse design. 


The internal pressure profile is determined from a selected mud density and mud level. The evacuated portion 
of the casing above the mud level is assumed filled with an air column for which the density profile is calculated 
with a temperature-dependent and pressure- dependent compressibility factor. 


ConocoPhillips GOM - Utilize this load case to model collapse pressures generated by removal of the BOP and riser. The interal 
pressure profile is an equivalent mud weight equal to seawater to the mudline and MW casing run in to the casing shoe. 
Manually input the equivalent mud weight with a corresponding mud level equal to 0 ft. For conductor casing, the internal 
pressure profile should be equal to seawater. 


Lost Returns with Mud Drop Description (Collapse Internal Pressure Profile) 


This drilling load case models evacuation of the casing due to lost circulation. It applies only to collapse design. 


The internal pressure profile corresponds to a mud drop that can occur due to drilling below the shoe. This mud 
drop is calculated by assuming the hydrostatic column of mud in the hole equilibrates with a specified pore 
pressure at a specified depth. 

The default depth corresponds to the depth with a pore pressure resulting in the lowest EMW in the open hole 
section. For prospects where there is uncertainty about the pore pressure profile, a seawater or normal 
pressure gradient is often used to calculate the mud drop depth. 


ConocoPhillips GOM - This load case can be run if known lost circulation is present. Historically in GOM sand / shale sequences, 
lost circulation that yields severe drop in fluid level does not occur. This is not the case if carbonates are to be encountered were 
vugular and highly fractured formations are present. 


Fluid Gradients w/ Pore Pressure Description (Collapse External Load Pressure Profile) 


This external pressure profile is constructed from a mud density above the TOC, a fluid gradient from the TOC 
to the prior shoe (when applicable), and in open hole, either the fluid gradient below the TOC or the pore 
pressure profile. 


ConocoPhillips GOM - When this option is run as a collapse load external pressure profile, the external pressure profile is equal 
to the hydrostatic of the mud weight the casing was run in. The exception is when the squeezing salt or shale is input during well 
set up. In this case the section through the salt equals overburden. 


Squeezing Salt/Shale Spreadsheet (Collapse External Load Pressure Profile) 


Use the Squeezing Salf/Shale spreadsheet to define squeezing salt or shale sections for collapse design. This 
spreadsheet is used to enter collapse loads due to formations, such as salt zones that exhibit plastic flow or 
creep behavior. Over the depth interval(s) for which they are specified, these loads will replace the external 
pressure profile specified in the Collapse Loads dialog. The external collapse load is normally assumed to be 
equal to the overburden pressure and this load is applied uniformly to the pipe OD. 


Note that pressures must be specified at both the top and base of a zone; pressures at intermediate depths 
within a zone are determined by linear interpolation. 


ConocoPhillips GOM - Input overburden to top of salt and base of salt to generate this load case. 


Green Cement Pressure Test Description 
Selecting this load case and specifying a test pressure generates the axial load distribution that develops, with 


the casing at the current-string shoe depth specified in the Casing Scheme spreadsheet, immediately after 
completing the cement job (top plug landed and cement still a fluid) and on applying a surface pressure. 
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Since the casing string is not yet constrained from movement over the cemented length by hardened cement, 
the piston force resulting from the test pressure acting on the top plug causes a significant increase in the axial 
load. If atest pressure of zero is specified, the case will be identical to the Post-Cement Static load case. 


The following factors are considered: 


The specified test pressure, applied to the inside of the casing and acting on a cross-sectional area 
corresponding to the casing ID at the float collar depth, which is specified on the Cementing and 
Landing tab of the Initial Conditions dialog. 

The buoyed weight of the casing, based on the mud at shoe value specified for the current string on the 
Casing Scheme spreadsheet, and the displacement and cement slurry densities specified on the 
Cementing and Landing tab of the Initial Conditions dialog. 

Wellbore inclination, which will only be considered if the Deviated check box is marked on the General > 
Options tab and a valid well trajectory is defined in the Survey Editor spreadsheet. 

Any bending-related axial pseudo-loads due to dogleg severities defined in the Survey Editor or Dogleg 
Severity Overrides spreadsheets. These loads are superimposed on the axial load distribution as a 
local effect using the formulation presented in the Running in Hole load case description. 


Pressure Test Description 
This drilling load case generates an internal pressure profile based on mud density, applied pressure at the 


wellhead, and an option for specifying a plug depth other than the shoe depth for the current string. If an 
alternative plug depth is specified, the applied pressure is only seen above that depth. This load case applies 
only to burst design. 


